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Q. Please state your name, business address, and present position with PacifiCorp 1 

d/b/a Pacific Power (PacifiCorp or the Company).  2 

A. My name is Dana M. Ralston.  My business address is 1407 West North Temple, 3 

Suite 210, Salt Lake City, Utah 84116.  My title is Senior Vice President of Thermal 4 

Generation and Mining. 5 

  QUALIFICATIONS 6 

Q. Briefly describe your education and professional experience. 7 

A. I have a Bachelor of Science Degree in Electrical Engineering from South Dakota 8 

State University.  I was previously the Vice President of Coal Generation and Mining 9 

from March 2015 to November 2017, and Vice President of Thermal Generation from 10 

January 2010 to March 2015.  For 29 years before that, I held a number of positions 11 

of increasing responsibility within Berkshire Hathaway Energy’s generation 12 

organizations, including the plant manager position at the Neal Energy Center.  In my 13 

current role, I am responsible for operating and maintaining PacifiCorp’s coal- and 14 

natural gas-fired generation fleet, coal fuel supply, and mining. 15 

Q. Have you testified in previous regulatory proceedings? 16 

A. Yes.  I have filed testimony on behalf of the Company in proceedings before the 17 

Public Utility Commission of Oregon (Commission) and public utility commissions 18 

in California, Utah, and Washington, Wyoming. 19 

  PURPOSE OF TESTIMONY 20 

Q. What is the purpose of your reply testimony in this case? 21 

A. My reply testimony responds to the direct testimonies of Sierra Club and the Alliance 22 

of Western Energy Consumers (AWEC), challenging the prudence of the Company’s 23 
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decision to install selective catalytic reduction systems (SCR) on Units 3 and 4 of the 1 

Jim Bridger plant.  I rebut Sierra Club’s contention that, as a result of mine plan 2 

changes at Bridger Coal Company (BCC) in the fall of 2013, coal costs increased and 3 

invalidated the Company’s economic analysis.  I also rebut AWEC’s argument that 4 

PacifiCorp failed to accurately forecast future coal costs or to account for the 5 

potential value of water rights in evaluating the Jim Bridger and Hunter 6 

environmental investments.  Finally, my reply testimony responds to Sierra Club’s 7 

testimony challenging the prudence of the Company’s investment in SCRs at Hayden 8 

Units 1 and 2.  9 

Q. Are you adopting portions of the direct testimony of Mr. Chad A. Teply?  10 

A.  Yes.  I am adopting portions of Mr. Teply’s direct testimony related to the 11 

Participation Agreements at the Hayden and Craig plants and how those agreements 12 

impacted the emissions control investments at the plants.  Specifically, I am adopting 13 

PAC/800, Teply/3:3-3:17 (related to the Craig and Hayden projects), 4:20-4:26 14 

(related to Craig and Hayden projects), 43:16- 51:14, and 54:22- 55:7.1  15 

   SUMMARY OF TESTIMONY 16 

Q. Please summarize your testimony. 17 

A. PacifiCorp’s 2013 decision to install SCRs at Jim Bridger Units 3 and 4 was prudent, 18 

and was based on the best information available when the Company made the 19 

decision to proceed in May 2013 and when it issued the full notice to proceed (FNTP) 20 

on December 1, 2013.  PacifiCorp’s economic analysis for the Jim Bridger SCRs was 21 

appropriately based on the January 2013 long-term fueling plan (also known as the 22 

                                                 
1 For the purposes of my testimony, I continue to refer to PAC/800 as Mr. Teply’s testimony. 
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long-term fueling forecast) for the Jim Bridger plant.  This analysis compared 1 

installing the Jim Bridger SCRs (also known as the four-unit scenario) with 2 

converting Units 3 and 4 to natural gas (also known as the two-unit scenario). 3 

  Sierra Club argues that the decision to install the Jim Bridger SCRs was 4 

imprudent because coal costs increased between the May decision to proceed and 5 

when the Company issued the FNTP on December 1, 2013.2  Specifically, Sierra Club 6 

claims that a new mine plan adopted by BCC in October 2013 demonstrated that the 7 

relative benefits of the four-unit/SCR scenario had decreased by $59.3 million.3     8 

  Sierra Club is incorrect because the BCC October 2013 mine plan did not 9 

indicate that the Company’s analysis was out of date or that coal costs had 10 

significantly increased.  This mine plan reflected a decision to close the underground 11 

mine (decreasing capital costs) and shift all operations to the surface mine (increasing 12 

operating costs—also known as cash costs, or the variable cost of production).  The 13 

BCC October 2013 mine plan is not directly comparable to the Company’s 2013 14 

long-term fueling plan for the Jim Bridger plant because a mine plan is only a subset 15 

of a fueling plan and does not include third-party coal costs.  In fact, based on 16 

information actually available to the Company at the time, the October 2013 mine 17 

plan would not have materially changed the overall economics of the SCR 18 

investments.  19 

  Moreover, Sierra Club’s $59.3 million adjustment is not actually based on the 20 

BCC October 2013 mine plan, but rather on a modified version of Sierra Club’s 21 

previous analysis—presented to and rejected by the Washington Utilities and 22 

                                                 
2 Sierra Club/100, Fisher/41. 
3 Sierra Club/100, Fisher/44. 



PAC/2600 

Ralston/4 

Reply Testimony of Dana M. Ralston  

Transportation Commission (Washington commission) and California Public Utilities 1 

Commission (California commission)—of coal cost changes between the January 2 

2013 and November 2014 long-term fueling plans.  Relying on the November 2014 3 

long-term fueling plan is inappropriate because this information was not available to 4 

the Company when the FNTP was issued on December 1, 2013.  Even using the 5 

November 2014 long-term fueling plan, coal cost changes decreased the present value 6 

revenue requirement (PVRR) differential (PVRR(d)) for the four-unit/SCR scenario 7 

by only $31 million, or 1.2 percent of the total $2.5 billion PVRR, instead of by 8 

$59.3 million as Sierra Club claims.4  Sierra Club’s increase of $59.3 million double 9 

counts the final reclamation contributions and overstates the increase by 10 

$28.3 million. The $31 million is a relatively small change to the PVRR(d) for the 11 

four-unit/SCR scenario that would not have materially impacted the Jim Bridger SCR 12 

analysis, even if it had been known in the fall of 2013.   13 

  AWEC’s claim that PacifiCorp should have applied a 20 percent escalator to 14 

the Company’s coal cost forecasts is baseless.5  AWEC’s argument relies entirely on 15 

hindsight, yet offers no reason why PacifiCorp should have known in 2013 that its 16 

coal cost forecasts would be exceeded.  In addition, AWEC’s analysis is incorrect 17 

because it does not account for the lower actual coal consumption in determining the 18 

unit cost of coal.  In any event, AWEC’s conclusion that the Company routinely 19 

under-forecasts its annual coal costs by 20 percent overstates the magnitude of the 20 

coal cost increase by using incorrect data comparisons.   21 

 AWEC’s claim that PacifiCorp should have included the potential resale value 22 

                                                 
4 Sierra Club/100, Fisher/44. 
5 AWEC/300, Kaufman/36. 
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of the Company’s water rights in its economic analysis of emissions control 1 

investments at the Jim Bridger and Hunter plants is based on incomplete and highly 2 

speculative analysis.  At Jim Bridger, AWEC inappropriately assumes that the 3 

entirety of the Company’s surface water rights of record can be transferred and sold, 4 

regardless of the Company’s historical diversions.  Moreover, AWEC’s proposed 5 

methods for valuing water rights misconstrue both the amount of water rights 6 

available and the economic realities of water availability for water-dependent 7 

industries in Wyoming.  At Hunter, AWEC makes similarly speculative and incorrect 8 

assumptions and applies water rights from a water source that is the primary source 9 

for the Huntington plant, not the Hunter plant.  The inaccuracies of the AWEC 10 

analysis should disqualify it from use for any evaluation of water rights at the Jim 11 

Bridger or Hunter plants.  The Company appropriately excluded water rights 12 

valuation from the Jim Bridger and Hunter emissions control analyses. 13 

PacifiCorp’s decision to install SCRs at Hayden Units 1 and 2 was prudent, 14 

and was based on applicable laws and regulatory requirements in conjunction with the 15 

obligations the Company has with respect to the Hayden Participation Agreement.  16 

Following the Company’s assessment of applicable law and its rights and obligations 17 

under the Hayden Participation Agreement, the Company concluded that it was 18 

reasonable to support the SCR additions for Hayden Units 1 and 2 because: (1) they 19 

were required by applicable law; and (2) Hayden Units 1 and 2 are required to be 20 

operated in accordance with applicable law. 21 
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Q. Do you have any additional comments regarding other parties’ testimony on 1 

these issues? 2 

A. Yes.  As discussed in more detail in the reply testimony of Mr. Michael G. Wilding, 3 

PacifiCorp is concerned that Staff is delaying taking a position on significant issues in 4 

this case.  This includes the prudence of the Company’s decision to invest in 5 

emissions control equipment for Hunter Unit 1, Hayden Units 1 and 2, and Craig 6 

Unit 2, where Staff states that it “plans to provide its recommendation regarding the 7 

prudence of these investments in subsequent rounds of Testimony.”6  This approach 8 

of submitting “placeholder” positions is inconsistent with the iterative nature of the 9 

procedural schedule and denies the Company a fair opportunity to engage with Staff’s 10 

potential concerns.  Logically, the rebuttal and surrebuttal phases of testimony are 11 

intended to respond to issues previously identified—not to raise new issues.  12 

Moreover, Staff has functionally extended its opportunity to present an opening 13 

position by seven weeks, while the Company will have a single three-week window 14 

to fully respond.7 15 

   LONG-TERM FUELING PLAN AND MINE PLANS 16 

Q. Please explain the purpose of a long-term fueling forecast for PacifiCorp’s 17 

power plants and how it differs from a mine plan. 18 

A. A long-term fueling forecast, also referred to as a long-term fueling plan, is an 19 

evaluation and analysis of the available fueling options at a coal plant to determine 20 

the least-cost fuel supply, adjusted for uncertainty and risk on a multi-year basis.  If 21 

                                                 
6 Staff/700, Soldavini/20. 
7 Staff’s initial deadline for filing opening testimony was June 4, 2020.  Staff’s deadline to file rebuttal 

testimony is July 24, 2020. 
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one of the fuel supply sources is a Company-owned mine, the Company also develops 1 

a mine plan to support the long-term fueling plan.  The costs from all sources are 2 

combined and evaluated to create the least-cost, least-risk fueling plan.   3 

Q. How frequently does the Company prepare long-term fueling plans for the Jim 4 

Bridger plant? 5 

A. Generally, the Company prepares long-term fueling plans approximately every two 6 

years as part of its integrated resource plan (IRP) process.  Preparing a long-term 7 

fueling plan typically takes several months and can involve many models and 8 

iterations.  Between January 2013 and November 2014, the Company did not prepare 9 

a new long-term fueling plan for the Jim Bridger plant because no significant cost 10 

events occurred to suggest that a material change would result.  11 

Q. Please describe the January 2013 long-term fueling plan used in the analysis of 12 

the Jim Bridger plant SCRs. 13 

A. The January 2013 long-term fueling plan for all four units included a BCC mine plan 14 

finalized in January 2013, with the surface and underground mines operating together 15 

through 2037 (the operating life of the plant).  Third-party coal was also incorporated 16 

from the Black Butte mine located nearby.  Fueling plans for Jim Bridger have 17 

historically included approximately two-thirds of the coal coming from BCC and one-18 

third from Black Butte.  The January 2013 long-term fueling plan costs were the basis 19 

for the SCR economic analysis performed during 2013.  The January 2013 fueling 20 

plan was also used for the SCR analysis in the Certificate of Public Convenience and 21 

Necessity (CPCN) filings in Utah and Wyoming and the IRP filed in 2013. 22 
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Q. Did the Commission review the 2013 Jim Bridger long-term fueling plan in the 1 

summer and fall of 2013 in docket UE 264, the 2014 Oregon Transition 2 

Adjustment Mechanism?  3 

A. Yes.  The Commission approved the fueling strategy as fair, just and reasonable.  The 4 

Commission also found that, while the costs of coal supplied to Jim Bridger 5 

fluctuated over the years, when viewed over the long term, it remained reasonably 6 

priced and stable.8  7 

Q. When did PacifiCorp complete its next long-term fueling forecast for the Jim 8 

Bridger plant? 9 

A. PacifiCorp completed its next long-term fueling forecast for the Jim Bridger plant in 10 

November 2014.  This long-term fueling forecast was then used in the Company’s 11 

2015 IRP. 12 

Q. Please describe the BCC October 2013 mine plan. 13 

A. The October 2013 mine plan is the budget that BCC developed in the summer and fall 14 

of 2013 for PacifiCorp’s 10-year business plan beginning in 2014.  PacifiCorp 15 

prepares a 10-year plan each year, which is generally finalized and approved in 16 

December. 17 

Q. Did BCC’s October 2013 mine plan change BCC’s mining operations?  18 

A. Yes, over the long-term.  BCC’s October 2013 mine plan proposed to close the 19 

underground mine in approximately 2022 and shift all operations to the surface mine.  20 

The October 2013 mine plan had no material impact on the volume or costs of fuel 21 

from BCC, nor did it change the fuel supply plan from the Black Butte mine.   22 

                                                 
8 In the Matter of PacifiCorp, dba Pacific Power, 2014 Transition Adjustment Mechanism, Docket No. UE 264, 

Order No, 13-387 at 6 (Oct. 28, 2013). 
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Q. Is Sierra Club correct that the Company’s fueling plan for the Jim Bridger plant 1 

“was thrown into disarray” in 2013, resulting in the October 2013 mine plan?9  2 

A. No.  As a part of ensuring the lowest-cost fuel supply to its plants, the Company 3 

regularly reviews and adjusts its mine plans.  The October 2013 mine plan was a 4 

result of a careful, ongoing planning process, not disarray.  Because the October 2013 5 

mine plan decreased capital costs in the underground mine in an amount that 6 

approximately offset the increase in operating costs for the surface mine, the 2013 7 

mine plan did not forecast material changes in BCC costs either short- or long-term.  8 

Q. Sierra Club claims that the changes in the October 2013 mine plan would have 9 

made the two-unit/no SCR scenario lower cost.10  Do you agree? 10 

A. No.  Sierra Club incorrectly assumes that an updated analysis based on the 11 

October 2013 mine plan would have reduced costs for the two-unit/no SCR scenario 12 

by $59.3 million.  This amount is comprised of $31 million in reduced coal costs 13 

based on a comparison of the January 2013 long-term fueling plan and the 14 

subsequently prepared November 2014 long-term fueling plan, as well as an 15 

additional $28.3 million in reduced remediation costs associated with the mine 16 

closure.  As noted earlier in my testimony, Sierra Club incorrectly double counts final 17 

reclamation contributions and overstates the increase by $28.3 million.   18 

Q. Is the October 2013 mine plan directly comparable to the January 2013 long-19 

term fueling plan? 20 

A. No.  As noted above, the plans are not comparable given the differences in their 21 

purpose, scope, and planning horizons.  The Company never relied on the October 22 

                                                 
9 Sierra Club/100, Fisher/33-34. 
10 Sierra Club/100, Fisher/44. 
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2013 mine plan as a long-term fueling forecast for the Jim Bridger plant. 1 

Q. Sierra Club claims that the October 2013 mine plan resulted in increased coal 2 

costs for the four-unit/SCR scenario by $31 million.11  Is this correct? 3 

A. No.  Sierra Club’s $31 million figure is based on a modified version of analyses that 4 

it previously submitted to the Washington and California commissions, comparing 5 

the change in coal costs between the January 2013 and November 2014 long-term 6 

fueling plans.12  Initially, Sierra Club had claimed that the Company’s coal costs 7 

increased by $143 million during this period.  In response, PacifiCorp explained that 8 

Sierra Club’s reliance on the November 2014 long-term fueling plan, prepared for 9 

and used in the 2015 IRP, was not appropriate because the information was not 10 

available to the Company prior to making a final decision on the SCRs.  The 11 

Company also corrected Sierra Club’s analysis and explained that, even applying the 12 

long-term fueling plan used in the 2015 IRP, relative coal costs for the four-unit/SCR 13 

scenario increased by only $31 million, or 1.2 percent of the PVRR.13  This minor 14 

fluctuation in long-term coal costs was not material enough to have caused the 15 

Company to modify its decision to move forward with the SCR system installations.   16 

Q. Did the October 2013 mine plan indicate a significant increase in coal costs 17 

compared to the January 2013 long-term fueling plan?   18 

A. No.  For those costs covered by the October 2013 mine plan, coal costs for the Jim 19 

Bridger plant increased by only 2.8 percent during the 10-year budget horizon (2014-20 

                                                 
11 Sierra Club/100, Fisher/42-43. 
12 Confidential PAC/2601 (Washington Utilities and Transportation Commission v. PacifiCorp, Docket UE-

152253, Corrected Response Testimony Fisher, Exh. No. JIF-1CT 24:19 (Apr. 13, 2016)). 
13 Confidential PAC/2602 (Washington Utilities and Transportation Commission v. PacifiCorp, Docket UE-

152253, Rebuttal Testimony Ralston, Exh. No. DR-1CT 6:4-9; 7:14 – 10:16(Apr. 2016)). 
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2023).  This amount is materially the same as the 2.6 percent increase reflected in the 1 

Company’s subsequent November 2014 long-term fueling plan for the Jim Bridger 2 

plant, for the 2014-2030 period.14  If the Company had updated costs by this 3 

percentage increase (2.8 percent) in both the two-unit/no-SCR scenario and four-4 

unit/SCR scenario, the SCR benefits would have decreased by approximately 5 

$16.7 million over the 10-year budget period, as set forth in Confidential Exhibit 6 

PAC/2603.   7 

Q. Are there any other changes in coal costs in the fall of 2013 that are reflected in 8 

the $16.7 million decrease in the SCR analysis? 9 

A. Yes.  Based on what the Company knew in the fall of 2013, during the 10-year budget 10 

horizon, third-party coal costs (inclusive of coal inventory changes) actually 11 

decreased by  relative to the third-party costs assumed in the SCR 12 

analysis.  This decrease further offsets the modest increase in BCC costs reported in 13 

the October 2013 mine plan’s 10-year budget horizon. 14 

Q. Why did the Company continue to rely on the January 2013 long-term fueling 15 

plan even after the October 2013 mine plan was developed? 16 

A. During the budgeting process in the fall of 2013, the Company recognized that 17 

increases in BCC operating costs would be substantially offset by reduced BCC 18 

capital spending and third-party fuel costs.  Nothing in the October 2013 mine plan 19 

signaled that the January 2013 long-term fueling plan’s overall costs had significantly 20 

changed.  21 

                                                 
14 The long-term fueling costs used in the 2015 IRP were based on the Company’s July 22, 2014 BCC mine 

plan.  The long-term fueling plan was finalized in November 2014 after the Company had updated third-party 

coal costs. 

P43958
or conf
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Q. Why didn’t the Company update its two-unit/no-SCR scenario coal costs in the 1 

fall of 2013? 2 

A. As I discussed above, nothing in the October 2013 mine plan raised concerns that the 3 

January 2013 long-term fueling plan overall costs had significantly changed or that 4 

costs in the two-unit scenario were decreasing relative to costs in the four-unit/SCR 5 

scenario.  Under these circumstances, updating the two-unit scenario was 6 

unnecessary.  7 

Q. If the Company had developed a two-unit scenario based on the October 2013 8 

mine plan, would the relative costs have been less than the January 2013 two-9 

unit scenario? 10 

A. No.  Both the January 2013 two-unit scenario and the October 2013 mine plan 11 

considered varying levels of underground coal production through 2023.  The primary 12 

difference between the January 2013 two-unit scenario and a two-unit scenario based 13 

on the October 2013 mine plan is that, under the January 2013 mine plan, surface 14 

mine closure occurs in 2018 and, under the October 2013 mine plan, the surface mine 15 

continues to operate.   16 

Q. For the two-unit/no-SCR scenario, please explain why the surface mine closure 17 

occurred in 2018 under the January 2013 mine plan versus 2037 under the 18 

October 2013 mine plan. 19 

A. The January 2013 mine plan for the two-unit/no-SCR operating scenario assumed the 20 

underground mine would operate through 2037 and have the capacity to provide the 21 

entire fuel supply to the Jim Bridger plant.  The October 2013 mine plan assumed that 22 

underground mine reserves would be depleted by 2023 and that the surface mine 23 
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would continue to operate through 2037.  The change in the underground mine’s 1 

operating life to 2023 or earlier was based on an evaluation of drilling information 2 

relative to the D4 seam in early 2013.  The Company concluded that the projected 3 

new underground area northeast of Ramp 5 did not provide a suitable underground 4 

coal reserve base and that existing underground coal reserves would be depleted by 5 

2023.  In order to meet the projected consumed fuel requirements in the two-unit 6 

scenario, higher-cost external third-party coal purchases were required to supplement 7 

BCC surface mine coal deliveries. 8 

Q. Sierra Club claims that, because the surface mine would remain open under the 9 

revised two-unit scenario, there would have been no need for expedited 10 

remediation payments and the costs of the two-unit scenario would have been 11 

reduced by $28.3 million.15  Please respond. 12 

A. While Sierra Club is correct that a two-unit analysis based on information available in 13 

the fall of 2013 would remove the increased costs associated with accelerated 14 

remediation, this cost decrease is only one component of the overall total differential 15 

between the two-unit and four-unit analysis.  To fully quantify the impact of the 16 

October 2013 mine plan on the two-unit and four-unit scenario differential, the 17 

Company compared BCC surface mine cash costs, BCC surface mine capital costs 18 

expressed on a revenue requirement basis, and external coal costs in the January 2013 19 

fueling plan to the October 2013 mine plan when developing the two-unit and four-20 

unit scenarios.  This analysis shows a $16.7 million differential, not the $59.3 million 21 

stated by Sierra Club.16 22 

                                                 
15 Sierra Club/100, Fisher/43. 
16 Confidential PAC/2603. 
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Q. Please summarize Sierra Club’s proposed net adjustment relative to Jim Bridger 1 

plant coal fueling costs. 2 

A. Sierra Club asserts that the Company should have known in the fall of 2013 that coal 3 

costs would significantly increase and thus reduce the relative value of the four-unit 4 

scenario by $59.3 million.17  Sierra Club is incorrect because, even if the results of the 5 

November 2014 long-term fueling forecast—developed after the FNTP—had been 6 

available in the fall of 2013, the resulting fuel costs would have increased by only 7 

2.6 percent and the installation of the Jim Bridger SCRs would have remained 8 

economic.  As noted earlier in my testimony, Sierra Club incorrectly double counts 9 

final reclamation contributions and overstates the increase by $28.3 million.  The 10 

modest $31 million PVRR(d) increase, associated with a net present value total of 11 

$2.5 billion PVRR, would not have changed the substantial customer benefit of the 12 

Jim Bridger SCRs.  Moreover, even applying the October 2013 mine plan and all 13 

relevant inputs available in the fall of 2013, the overall coal costs of the Jim Bridger 14 

plant increased by only $16.7 million or 2.8 percent for the 10 year budget horizon.18  15 

This analysis accounts for the reduced remediation expenses associated with ongoing 16 

operation of the surface mine in the two-unit scenario.   17 

  ACCURACY OF COAL COST FORECASTS 18 

Q. AWEC argues that the Company’s SCR analysis failed to place appropriate 19 

weight on coal costs due to systemic under-forecasting concerns.  Do you agree? 20 

A. No.  AWEC’s argument that the Company has systematically under-forecast coal 21 

                                                 
17 Sierra Club/100, Fisher/44. 
18 Confidential PAC/2603. 
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costs by an average of 20 percent is based on hindsight, mistaken analysis, and a 1 

limited amount of actual data.19  First, AWEC relies entirely on coal cost data from 2 

2013-2020—information plainly available only after the Company had made its final 3 

decision to proceed with the Jim Bridger SCRs.  AWEC does not explain why the 4 

Company should have known about subsequent coal cost increases.  Indeed, certain 5 

cost increases, such as the Joy Longwall incident in 2016, were plainly unforeseeable 6 

in 2013. 7 

  Second, AWEC’s analysis does not compare Jim Bridger plant forecasts with 8 

Jim Bridger plant costs, but rather compares Jim Bridger plant consumed forecasts 9 

with BCC delivered coal costs, which is only one component of the Jim Bridger plant 10 

costs.  In addition, as discussed in more detail below, AWEC’s analysis does not 11 

adjust for volume-related price changes. 12 

  Third, AWEC’s claim to have compared “21 different Bridger Coal Company 13 

annual coal cost forecasts” is misleading.20  AWEC did not examine 21 different 14 

forecasts, but rather three 10-Year Plans—from 2013, 2014, and 2015.  AWEC then 15 

compared these three plans to less than eight years’ worth of data—2013 through 16 

April of 2020.  As a result, after 2014, each year of actual coal costs is compared with 17 

three different business plan forecasts. 18 

Q. Is AWEC correct that actual coal costs have exceeded the Company’s forecasts? 19 

A. Yes, on a dollar per one million British Thermal Units (MMBtu) basis.  However, 20 

when costs are analyzed on a price and volume variance basis, the coal price variance 21 

actually decreased by  per MMBtu.    22 

                                                 
19 AWEC/300, Kaufman/36. 
20 AWEC/300, Kaufman/36. 

P43958
or conf
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Q. Can you summarize the primary factor contributing to increased consumed coal 1 

costs at the Jim Bridger plant? 2 

A. Yes.  Per-unit cost increases are primarily driven by consuming less coal than forecast 3 

in the 2013, 2014 and 2015 10-Year Plans.  Please refer to Confidential Table 1 4 

below: 5 

Confidential Table 1 Jim Bridger Plant Plan to Actual Comparison 6 

 

As shown in Confidential Table 1, actual cost increases as compared to the 2014 and 7 

2015 10-Year Plans are due solely to reduced coal consumption or volume-related 8 

changes.  As compared to the 2013 Plan, actual costs are higher than forecasted costs 9 

in the 2013 Plan.  The increase is primarily due to reduced coal consumption or 10 

volume-related changes.  Clearly, higher coal costs expressed on an MMBtu basis are 11 

primarily driven by diminishing coal consumption at the Jim Bridger plant relative to 12 

forecasted quantities contained in the 2013, 2014 and 2015 Ten Year Plans. 13 

Q. Can you please summarize why coal consumption quantities decreased? 14 

A. Yes.  Although PacifiCorp’s coal generation remains important to the Company’s 15 
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ability to provide reliable electricity and balance load requirements, coal consumption 1 

is diminishing because increasing quantities of cost-effective renewable energy and 2 

lower natural gas prices have reduced consumption relative to projections made in the 3 

2013 through 2015 timeframe.  With a constantly changing market, the ability to 4 

cycle coal plants to lower minimum loads and to leverage lower-cost market 5 

alternatives when available results in overall customer savings.   6 

Q. Do you agree with AWEC’s assertion that Jim Bridger coal costs increased by 7 

 annually or  on a net present value basis? 8 

A. No.  AWEC does not consider changes in coal consumed volumes and assumes coal 9 

costs increase by 20 percent.  As noted above, coal costs did not increase 20 percent 10 

and coal consumed volumes were not constant and actually were lower.  By failing to 11 

recognize these changes, AWEC incorrectly calculated the changing coal costs.   12 

Q. AWEC states that the Company should have tested the sensitivity of the SCR 13 

investments to higher-than expected coal prices.21  Do you agree? 14 

A. No.  Coal costs are typically not as volatile as natural gas and carbon prices, meaning 15 

that a sensitivity analysis to examine coal price fluctuations was unnecessary based 16 

on the information the Company had at the time.  The Company appropriately relied 17 

on the most recent comprehensive long-term fueling plan to compare the two-unit and 18 

four-unit scenarios and the relative costs of the SCR investments. 19 

 

 

 

                                                 
21 AWEC/300, Kaufman/37. 
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   WATER RIGHTS VALUATION 1 

Q. AWEC argues that PacifiCorp’s analysis of the Jim Bridger SCRs should have 2 

accounted for the value of the Company’s water rights that could be sold if Jim 3 

Bridger Units 3 and 4 had retired.22  Please briefly summarize your 4 

understanding of AWEC’s proposed water rights valuation. 5 

A. AWEC claims that there are two “relatively easy ways” to forecast the resale value of 6 

water rights: (1) evaluating the incremental value of irrigated farmland and (2) relying 7 

on recent water rights transactions.23  For the first method, AWEC calculates the 8 

incremental value of irrigated farmland by multiplying the number of acres of alfalfa 9 

that Jim Bridger water could irrigate by the incremental value of alfalfa over other 10 

crops grown on non-irrigated cropland.24  Based on this calculation, AWEC 11 

concludes that water currently dedicated to Jim Bridger Units 3 and 4 would be worth 12 

approximately $37 million.  For the second method, AWEC relies on an average price 13 

of 1 cent/gallon for water used in the oil and gas industry in Cheyenne, Wyoming.  14 

AWEC then attempts to model the cost of conveying the water to Cheyenne, and 15 

concludes that the water currently dedicated to Jim Bridger Units 3 and 4 has a net 16 

present value of $399 million.25  Both of these methods are highly speculative and 17 

significantly overstate the likely value of any water rights under the assumed 18 

scenarios that could potentially be transferred upon retirement of Jim Bridger Units 3 19 

and 4. 20 

                                                 
22 AWEC/300, Kaufman/39. 
23 AWEC/300, Kaufman/39. 
24 AWEC/300, Kaufman/40. 
25 AWEC/300, Kaufman/41. 



PAC/2600 

Ralston/19 

Reply Testimony of Dana M. Ralston  

 

Q. Does AWEC’s analysis rely on mistaken background assumptions regarding the 1 

transferability of PacifiCorp’s water rights? 2 

A. Yes.  AWEC’s analysis erroneously assumes that all of PacifiCorp’s surface water 3 

rights of record can be transferred and sold.  AWEC significantly overestimates the 4 

amount of water potentially available for transfer under Wyoming law and ignores the 5 

fact that any changes must first be approved through an extensive evaluation process 6 

by the Wyoming State Board of Control. 7 

Q. What is your understanding of the relevant restrictions on transfers of water 8 

rights in Wyoming? 9 

A. In Wyoming, water rights are appurtenant and are limited to beneficial use.26  The 10 

Wyoming State Board of Control must approve any proposal to change the use of a 11 

water right.  Statutory limitations on changing the use of a water right allow a transfer 12 

of only the amount of water that has been historically diverted under the existing use.  13 

Transfers may not exceed the historic rate of diversions or increase the historic 14 

consumptive use or decrease the historic amount of return flow under the existing use, 15 

nor cause injury in any manner to other lawful appropriators.  These limitations apply 16 

irrespective of the quantity of water reflected in paper water rights of record.27 17 

 

 

 

 

                                                 
26 Wyo. Stat. § 41-3-101. 
27 Wyo. Stat. § 41-3-104(a). 
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Q. Has PacifiCorp performed preliminary analysis suggesting that AWEC’s 1 

calculations significantly overestimates the likely amount of water that could be 2 

sold? 3 

A. Yes.28  AWEC’s calculations assume that one-half of PacifiCorp’s total surface water 4 

rights of record for all four Jim Bridger units would be available for sale, totaling 5 

 acre-feet.  By contrast, historic diversions from the Green River show that, 6 

between 2013 and 2016, the diversion of surface water rights for all four Jim Bridger 7 

units ranged from  acre-feet and averaged only  acre-feet.  8 

Using AWEC’s assumption that Units 3 and 4 consume one-half of the total amount 9 

for the four units, the consumptive use of surface water for Jim Bridger Units 3 and 4 10 

would be closer to an average of  acre-feet—or  of the total amount 11 

of water assumed by AWEC’s calculations. 12 

Q. To value the water rights that can be sold, AWEC proposes using the 13 

incremental value of irrigated Wyoming farmland.  Are you familiar with 14 

AWEC’s proposed method? 15 

A. No.  AWEC’s proposed method for valuing the Company’s water rights based on the 16 

incremental value of irrigated Wyoming farmland appears entirely speculative.  Even 17 

if AWEC’s approach to valuing the Company’s water rights were appropriate, 18 

AWEC’s proposal does not align with the realities of agriculture in the Green River 19 

                                                 
28 PacifiCorp’s assessment here is solely to demonstrate that AWEC’s two scenarios for water rights sales are 

speculative and do not conform to legal requirements or the process for water rights changes in Wyoming.  It is 

not intended to establish or limit PacifiCorp’s independent evaluation of how it might manage or pursue 

changes to its water rights portfolio by virtue of retiring Jim Bridger Units 3 and 4, or other options available 

for addressing or disposing of water rights or addressing consumptive use issues in the future.  Any assessment 

of water rights available for a change of use involves considerable speculation because every proposed change 

must be submitted in a detailed petition to the Wyoming State Board of Control, where it can be subject to 

third-party objections and a contested case. 
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Basin, including the different demands of agricultural users, the relative priority date 1 

of irrigation water rights, and the practicability of substantially increasing the volume 2 

of irrigable land. 3 

Q. AWEC’s agricultural analysis assumes that the Company’s industrial water 4 

rights would be equally available to agricultural users.  Is this a reasonable 5 

assumption? 6 

A. No.  While PacifiCorp’s industrial water rights divert year-round, agricultural uses 7 

are generally seasonal, with diversions confined to the limited irrigation season.  8 

Given the statutory limitation on increasing the historic rate of diversion, agricultural 9 

users would likely need to either substantially reduce their consumption from 10 

PacifiCorp’s annual water use so that diversions in the irrigation season do not 11 

increase the historic diversion rates, or an alternative method for addressing the 12 

limitation on increasing the historic diversion rate would have to be approved, such as 13 

storing a portion of the water rights during the non-irrigation season for release 14 

during the irrigation season—entailing increased costs. 15 

Q. AWEC assumes that potential agricultural users would be motivated to 16 

purchase PacifiCorp’s existing water rights rather than appropriate new direct 17 

flow.  Is this a reasonable assumption? 18 

A. No.  Agricultural users may seek to appropriate water from the mainstem of the 19 

Green River, rather than procuring existing industrial water rights for agricultural use.  20 

Permitting costs for this type of appropriation are nominal.  For instance, in 2006, the 21 

State Engineer granted PacifiCorp an enlargement permit to appropriate up to an 22 

additional 50 cubic feet per second of water from the Green River for the Company’s 23 
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existing point of diversion.  The mainstem of the Green River in the vicinity of 1 

PacifiCorp’s diversion is not typically subject to calls from senior appropriators to 2 

curtail junior priority water rights.  Indeed, since 1969, PacifiCorp has held a contract 3 

with the State of Wyoming with an option to purchase up to 35,000 acre-feet of 4 

reservoir water, but has never exercised the option because water has been available 5 

from the Company’s direct flow water right, despite the fact that the Company’s right 6 

is relatively junior in the system. 7 

Q. AWEC assumes that the incremental value of irrigated and unirrigated land 8 

directly reflects the value of the water used to irrigate.  Is this a valid 9 

assumption? 10 

A. No.  AWEC’s analysis assumes that the incremental difference in the value of 11 

irrigated and unirrigated farmland is entirely associated with water, thus assuming 12 

zero value associated with the land’s infrastructure, water delivery facilities, land 13 

clearing and leveling to a standard required for irrigation, or other associated costs.   14 

Q. AWEC assumes that there is a reliable market for more than 18 thousand 15 

additional acres of irrigated alfalfa in Wyoming’s Green River Basin.  Is this a 16 

valid assumption? 17 

A. No.  AWEC’s assumption that more than 18 thousand additional acres of alfalfa could 18 

be added to the Green River Basin at the water cost calculated by AWEC is pure 19 

speculation and inconsistent with observed realities.  According to the Wyoming 20 

Water Development Commission’s 2010 Green River Basin Plan, “bringing new 21 

irrigated acreage into production is a capital-intensive option that has not been 22 
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financially feasible for most producers.”29  Irrigated agricultural production is 1 

predominantly grass hay and pasture for forage, as opposed to alfalfa crops,30 and 2 

revenue from forage production is “typically not sufficient to justify the costs of new 3 

water storage projects or major canal rehabilitation projects without some form of 4 

financial assistance.”31  Clearly, AWEC’s assumption that there is demand for more 5 

than 18 thousand acres of new irrigated lands at a water cost of $86.24/acre annually 6 

is unreasonable and contradicts the actual economic and agricultural conditions in the 7 

Green River Basin. 8 

Q. Do other water rights contracts suggest that AWEC is significantly overstating 9 

the likely value of water for agricultural use in the region?  10 

A. Yes.  PacifiCorp currently leases water to the Hams Fork Irrigation District in the 11 

Green River Basin for a contract price of $15.00/acre-foot.32  While 4,000 acre-feet 12 

are available annually under the contract, only 638 acre-feet were purchased in 2018 13 

and only 254 acre-feet were purchased in 2019.  PacifiCorp has recently considered 14 

reducing the asking price because of this low demand. 15 

  Similarly, the State of Wyoming has 120,000 acre-feet of water storage under 16 

contract from the Bureau of Reclamation in Fontenelle Reservoir to make available 17 

through contracts to Wyoming water users.  The majority of the available water is 18 

uncontracted, despite the current price of approximately $71.00/acre-foot (plus some 19 

allocation of operation, maintenance and replacement expenses).   20 

                                                 
29 Wyoming Water Development Commission, Basin Planning Program, “Green River Basin Plan,” at 6-102 

(Dec. 2010) available at http://waterplan.state.wy.us/plan/green/2010/finalrept/finalrept-GRB.pdf (hereafter, 

“Green River Basin Plan”). 
30 Green River Basin Plan at 5-59 (Table 5-2). 
31 Green River Basin Plan at 6-103. 
32 The Hams Fork Water Users Association lease was not included in the response to AWEC data request 008 

because it is not associated with post-closure water rights disposition and was thus not responsive. 

http://waterplan.state.wy.us/plan/green/2010/finalrept/finalrept-GRB.pdf
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Q. AWEC also proposes valuing the water rights associated with Jim Bridger Units 1 

3 and 4 by positing that a 232-mile pipeline could be built to Cheyenne and allow 2 

the sale of water at a rate of 1 cent/gallon.  Is this a realistic approach? 3 

A. No.  AWEC’s proposal to build a water pipeline is not within PacifiCorp’s core 4 

business and building a pipeline to facilitate sale of water rights would be a risk to 5 

customers.  AWEC’s proposal ignores crucial permitting barriers and costs associated 6 

with developing such a substantial diversion project, which would involve a trans-7 

basin pipeline to divert water from the Colorado River Drainage to Cheyenne.  Such 8 

projects, which implicate interstate compact and environmental considerations, take 9 

many years to plan and to obtain the necessary government approvals—assuming 10 

they are granted at all.  Previous proposals for this type of trans-basin development, 11 

such as the Flaming Gorge Pipeline project, have been unsuccessful despite years of 12 

effort and considerable investment.33   13 

Q. AWEC assumes that revenues from a trans-basin pipeline water sale would 14 

begin in 2015.  Is this a reasonable assumption? 15 

A. No.  As described above, a trans-basin pipeline project would involve a lengthy 16 

planning, permitting, and construction timeline.  There is no reason to assume that 17 

any revenues from water sales would be immediately available. 18 

 

 

 

                                                 
33 See The Salt Lake Tribune, “Entrepreneur revives proposed pipeline to carry Green River water from Utah to 

Colorado” (Feb. 27, 2018), available at: https://www.sltrib.com/news/environment/2018/02/27/entrepreneur-

revives-zombie-pipeline-proposal-to-carry-green-river-water-from-utah-to-colorado/.  

https://www.sltrib.com/news/environment/2018/02/27/entrepreneur-revives-zombie-pipeline-proposal-to-carry-green-river-water-from-utah-to-colorado/
https://www.sltrib.com/news/environment/2018/02/27/entrepreneur-revives-zombie-pipeline-proposal-to-carry-green-river-water-from-utah-to-colorado/
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Q. AWEC asserts that water for oil and gas uses is valued at 1 cent/gallon on 1 

average, and as high as 1.5 cents/gallon in Cheyenne.34  Is it reasonable to 2 

assume that the entirety of PacifiCorp’s transferable water rights could obtain 3 

this rate? 4 

A. No.  There is no support suggesting that a market for water at these rates exists on a 5 

long-term basis.  Long-term rates would be necessary to justify construction of a 6 

pipeline.  Typical uses for water in the oil and gas industry in the Cheyenne area 7 

involve fracking and drilling—both of which are temporary uses.  The premium price 8 

of water for fracking reflects the temporary and limited need.  Users in the oil and gas 9 

industry are often willing to pay a higher temporary price for nearby water to avoid 10 

the time and expense of hauling water over long distances.  Moreover, regular 11 

industrial and commercial water users with metered water service in the City of 12 

Cheyenne are charged at a much lower rate of approximately 0.508 cents/gallon, plus 13 

monthly service charges.35  AWEC’s calculations also make no provision for the cost 14 

of any water treatment that may be necessary.  15 

Q. Would it have been appropriate for the Company to include the resale value of 16 

water rights as part of its analysis of the Jim Bridger SCRs? 17 

A. No.  As demonstrated by the above analysis, the value of water rights is extremely 18 

difficult to forecast and would have been highly speculative as part of the SCR 19 

analysis.  The evidence shows that any sales revenues would be lower than AWEC’s 20 

estimates, would be difficult to obtain, and would not occur immediately.  This item 21 

                                                 
34 AWEC/300, Kaufman/40. 
35 City of Cheyenne Board of Public Utilities, “Rates” (accessed June 15, 2020) (listing commercial/industrial 

rates as $5.08/1000 gallons, plus metering charges), available at https://www.cheyennecity.org/944/Rates. 

https://www.cheyennecity.org/944/Rates
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was appropriately excluded from PacifiCorp’s assessment of the Jim Bridger SCR 1 

investments. 2 

Q. AWEC further argues that the Company should have considered the value of 3 

water rights when analyzing the emissions control investments at Hunter Unit 4 

1.36  Does AWEC correctly characterize Hunter’s water rights? 5 

A. No.  Most importantly, PacifiCorp does not own any actual water rights associated 6 

with the Hunter plant.  The Hunter plant’s water supply comes from share ownership 7 

in local irrigation companies (Ferron Canal and Reservoir Company and Cottonwood 8 

Creek Consolidated Irrigation Company), and contractual rights to use of storage 9 

water from two nearby reservoirs.  Both the irrigation shares and the contractual 10 

rights are limited to the current service area and could not be redirected towards Lake 11 

Powell as AWEC suggests without the consent of the irrigation companies and the 12 

state of Utah.  13 

AWEC mistakenly asserts that Hunter’s water supply flows from Electric 14 

Lake and Huntington Creek.  Electric Lake is the primary water source for the 15 

Huntington plant.  While the Huntington Creek exchange water is available for use at 16 

the Hunter plant, it is only during years when Electric Lake storage capacity is not 17 

needed by the Huntington plant.  The Hunter plant has not drawn from these sources 18 

for its operational needs for more than 20 years.  As the primary source of water 19 

supply for the Huntington plant, the Electric Lake and Huntington Creek water rights 20 

could not have been sold as part of the Hunter plant’s water supply as AWEC asserts. 21 

 

                                                 
36 AWEC/300, Kaufman/47. 
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Q. AWEC assumes that there is a reliable market for the water used by the Hunter 1 

plant if it were moved south to Lake Powell.37  Is this accurate? 2 

A. As noted above, AWEC’s assumption about the Hunter water rights is inaccurate.  3 

Aside from that, its suggestions about moving water south to obtain more value are 4 

highly speculative.  While PacifiCorp has not completed a market analysis to 5 

determine if there is a demand for water between Hunter and Lake Powell, such 6 

analysis would need to consider downstream rights and the Colorado River compact.  7 

There is very little demand for water in the Cottonwood Creek or Huntington Creek 8 

drainage, as agricultural needs are already being met.  Once the water flows past the 9 

Hunter plant, it would be subject to existing rights between the Cottonwood Creek 10 

drainage and Lake Powell, and any change in use would require approval by the Utah 11 

Division of Water Rights. 12 

Q. Would it have been appropriate for the Company to include the resale value of 13 

water rights as part of its analysis of the Hunter pollution controls? 14 

A.  No.  As discussed above, Hunter does not own any actual water rights in association 15 

with the Hunter plant, so speculation about values and sales options would not have 16 

been relevant to its analysis of the Hunter pollution controls.  This item was 17 

appropriately excluded from PacifiCorp’s assessment of the Hunter pollution control 18 

investments. 19 

 

 

 

                                                 
37 AWEC/300, Kaufman/47. 
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 HAYDEN SCR INVESTMENTS 1 

Q. Sierra Club begins its discussion of the SCRs at Hayden Units 1 and 2 by stating 2 

that the Company’s dates were incorrect.38  Has Sierra Club identified any 3 

errors in the Company’s dates? 4 

A. Dr. Fisher notes a date correction regarding the timing of the Colorado Public 5 

Utilities Commission’s (Colorado commission) approval of the installation of SCR 6 

systems on Hayden Units 1 and 2, replacing January 26, 2011, with December 9, 7 

2010.39  While PacifiCorp acknowledges that the January 26, 2011 date included in 8 

Mr. Teply’s testimony40 was errant, the error was immaterial, and the date was stated 9 

correctly (and thus the error was corrected) in Mr. Teply’s testimony two pages 10 

later.41  Furthermore, Dr. Fisher made his own error regarding the date on which the 11 

SCR for Hayden Unit 2 was placed in service: PacifiCorp states that this investment 12 

entered service in August of 2016, while Dr. Fisher states that it entered service in 13 

August of 2015.42  Dr. Fisher’s “correction” is mistaken; the SCR for Hayden Unit 2 14 

was placed in service in August of 2016. 15 

Q. Sierra Club states that it provided a “more complete and corrected timeline” 16 

than what was provided by Mr. Teply regarding the milestones of the Hayden 17 

SCR project.43  Are there significant and relevant milestones that Dr. Fisher 18 

failed to include in his timeline? 19 

A. Yes.  Dr. Fisher failed to include the relevant dates and milestones regarding 20 

                                                 
38 Sierra Club/100, Fisher/67. 
39 Sierra Club/100, Fisher/68; PAC/800, Teply/49. 
40 PAC/800, Teply/49. 
41 PAC/800, Teply/51. 
42 PAC/800, Teply/50; Sierra Club/100, Fisher/68. 
43 Sierra Club/100, Fisher 67-68. 
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Colorado’s Best Available Retrofit Technology (BART) determination and the state’s 1 

enforceable requirements for emission limits and SCR installation on Hayden Units 1 2 

and 2.  The following timeline supplements Mr. Teply’s testimony, reiterates 3 

significant milestones, and provides additional relevant milestones that are missing 4 

from Sierra Club’s timeline: 5 

 April 19, 2010 – Colorado’s Clean Air Clean Jobs Act (HB 10-1365) was 6 

passed. 7 

 August 13, 2010 – Public Service Company of Colorado (PSCo) filed a 8 

proposed nitrogen oxides (NOX) reduction plan to meet the requirements of 9 

the Clean Air Clean Jobs Act.  The plan included the installation of SCRs on 10 

Hayden Units 1 and 2. 11 

 August 26, 2010 – The Colorado Air Pollution Control Division provided 12 

notice of a public rulemaking hearing regarding the state’s BART 13 

determination and revised regional haze state implementation plan (SIP) for 14 

the Hayden Units. 15 

 September 2, 2010 – The Colorado Air Pollution Control Division released a 16 

draft version of its BART determination and revised regional haze SIP, which 17 

required SCRs for Hayden Units 1 and 2. 18 

 October 27, 2010 – PacifiCorp filed a challenge to Colorado’s BART 19 

determination, citing improper application of the Environmental Protection 20 

Agency’s (EPA) BART Guidelines.  Colorado was undeterred and 21 

PacifiCorp’s challenge was ultimately unsuccessful. 22 

 November 19, 2010 – The Colorado Air Quality Control Commission 23 
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(AQCC) made a preliminary final determination that BART for the Hayden 1 

plant is SCR for NOX reduction, and “adopted a BART equivalent emission 2 

rate for the regional haze SIP.”44 3 

 December 2010 through January 2011 – The Colorado Air Pollution Control 4 

Division held final public hearings to receive public input on its BART 5 

determination for the Hayden Units. 6 

 December 9, 2010 – The Colorado commission approved PSCo’s NOX-7 

reduction plan, stating that “[i]n light of the AQCC’s BART determination, 8 

we find that SCR controls on Hayden 1 and 2 are needed and in the public 9 

interest for emission reduction purposes.  We further find that the including of 10 

the emission control projects at Hayden in the Company’s plan allows for a 11 

coordinated approach for emission reduction to be adopted on a cost-effective 12 

basis as contemplated by HB 10-1365.”45 13 

 January 7, 2011 – The Colorado AQCC approved and finalized the regional 14 

haze SIP and the BART determination, including the emission limits of 15 

0.08 pounds (lbs.) NOX/MMBtu for Hayden Unit 1 and 0.07 lbs. NOX/MMBtu 16 

for Hayden Unit 2.  The approved SIP states that “[t]he state assumes that the 17 

BART emission limits can be achieved through the installation and operation 18 

of selective catalytic reduction (SCR)”.46  The state made this clarification 19 

                                                 
44 See PAC/2604 (In the Matter of Commission Consideration of Public Service Company of Colorado’s Plan in 

Compliance with House Bill 10-1365, “Clean Air-Clean Jobs Act,” Colorado Public Utilities Commission Docket 

No. 10M-245E. Decision No. C10-1328 at 44 (Dec. 9, 2010) (describing that AQCC’s actions)). 
45 PAC/2604. 
46 PAC/2605 (AQCC Revised Regional Haze Plan, “Colorado Visibility Regional Haze State Implementation 

Plan for the Twelve Mandatory Class I Federal Areas in Colorado: Colorado Air Pollution Control Division” at 

77 (Jan. 7, 2011)). 
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because SCRs were the only technically feasible method to achieve the 1 

approved BART limits.  This approval of the state’s regional haze SIP created 2 

a state-enforceable requirement for SCRs to be installed on Hayden Units 1 3 

and 2, by the end of 2015 and 2016, respectively.  4 

 May 25, 2011 – Colorado submitted the revised regional haze SIP to the EPA 5 

for review and approval. 6 

 November 14, 2011 – PSCo applied to the Colorado commission for a 7 

CPCN.47 8 

 July 18, 2012 – The Colorado commission approved PSCo’s requests for a 9 

CPCN.48 10 

 December 31, 2012 – The EPA approved Colorado’s regional haze SIP.  This 11 

approval of the state’s regional haze SIP created a federally enforceable 12 

requirement for SCRs to be installed on Hayden Units 1 and 2, by the end of 13 

2015 and 2016, respectively.49 14 

 May 2015 – Hayden Unit 1’s SCR system was placed in service. 15 

 August 2016 – Hayden Unit 2’s SCR system was placed in service. 16 

 

 

 

                                                 
47 PAC/2606 (In the Matter of the Application of Public Service Company of Colorado for a Certificate of 

Public Convenience and Necessity for the Hayden Emissions Control Project, Colorado Public Utilities 

Commission Docket No. 11A-917E, Decision No. C12-0843 at 3 (July 18, 2012) (describing PSCo’s 

application)). 
48 PAC/2606. 
49 PAC/2607 (Approval and Promulgation of Implementation Plans; State of Colorado; Regional Haze State 

Implementation Plan, 77 FR 76871 (Dec. 31, 2012)).  
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Q. Sierra Club argues that the Company was imprudent for supporting the decision 1 

of its co-owner and plant operator, PSCo, to install SCRs at Hayden Units 1 and 2 

2.50  Did the Company appropriately assess its options regarding participation in 3 

the Hayden SCR projects? 4 

A.  Yes.  Based on the Company’s analysis, it was prudent to allow installation of SCRs 5 

at the Hayden plant.   6 

Q. What are the primary ownership agreement considerations regarding the 7 

Company’s participation in the Hayden SCR projects? 8 

A. As described in the direct testimony of Mr. Teply,51 the Hayden Participation 9 

Agreement common to both Hayden Units 1 and 2 requires the facilities to be 10 

operated in compliance with all applicable laws.  The Hayden Participation 11 

Agreement also places an independent obligation on PSCo, as the Operating Agent, to 12 

operate the Hayden units in accordance with all environmental laws.  Considerations 13 

under the agreement fall into two primary classes.  First, PacifiCorp must consider the 14 

applicable laws, such as the Colorado Regional Haze SIP and the Colorado Clean Air 15 

Clean Jobs Act.  Second, PacifiCorp must consider its contractual rights and 16 

obligations under the Hayden Participation Agreement with regard to the applicable 17 

law.  I have included relevant sections of the Hayden Participation Agreement as 18 

Highly Confidential Exhibit No. PAC/2608. 19 

 

 

 

                                                 
50 Sierra Club/100, Fisher/72. 
51 PAC/800, Teply/50. 
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Q. Following PacifiCorp’s assessment of applicable law and its rights and 1 

obligations under the Participation Agreement for Hayden Units 1 and 2, what 2 

position did the Company take with respect to the SCR additions for the units? 3 

A. Following its assessment of applicable law and its rights and obligations under the 4 

Hayden Participation Agreement, the Company concluded that it was reasonable to 5 

support the SCR additions for Hayden Units 1 and 2 because: (1) they were required 6 

by applicable law; and (2) Hayden Units 1 and 2 are required to be operated in 7 

accordance with applicable law. 8 

Q. Please summarize your understanding of the law applicable to the Hayden Units 9 

1 and 2 SCRs. 10 

A. As noted in the timeline above, the state of Colorado promulgated, and the EPA 11 

approved, a Regional Haze SIP for the state of Colorado requiring SCRs for the units.  12 

Failure to comply with the requirements of a state and EPA-approved SIP would 13 

likely result in state and/or federal enforcement action, substantial penalties, and a 14 

requirement to cease operation of a unit until it is brought into compliance.  15 

Further, in 2010, the state of Colorado adopted the Clean Air Clean Jobs Act 16 

that required PSCo to submit a plan to reduce NOX emissions by 70 to 80 percent by 17 

2017.  PSCo’s NOX reduction plan, reviewed and approved by the Colorado 18 

commission, included installation of SCR retrofits on Hayden Units 1 and 2.  To 19 

comply with the Colorado Regional Haze SIP and PSCo’s approved Clean Air Clean 20 

Jobs Act NOX-reduction plan, PSCo—as Operating Agent for the Hayden facility—21 

installed SCRs on Hayden Units 1 and 2. 22 
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Q. What would have happened if the Company had not agreed to the installation of 1 

SCRs at Hayden? 2 

A. The Hayden Participation Agreement requires the unanimous consent of all owners to 3 

proceed with a capital improvement.  If the Operating Agent proposes a capital 4 

improvement (such as the installation of SCR equipment) to meet applicable law, as 5 

occurred at Hayden Units 1 and 2, a non-consenting owner has the option to assert 6 

that the Operating Agent (and other owners) are in default under the Hayden 7 

Participation Agreement if it cannot be demonstrated that applicable law requires the 8 

addition.  In that case, whether or not a default had occurred would be decided by 9 

arbitration. 10 

Q. Did the Hayden Operating Agent and joint owner, PSCo, and the state of 11 

Colorado determine that installation of SCRs on Units 1 and 2 was in the best 12 

interests of customers? 13 

A. Yes.  As described in the direct testimony of Mr. Teply,52 PSCo found that the 14 

installation of SCRs on Units 1 and 2 was in the best interests of customers and 15 

received approval of CPCNs from the Colorado commission for the projects. 16 

Q. Considering the terms and conditions of the Hayden Participation Agreement, 17 

did the Company pursue arbitration of the decision to install SCRs at Hayden 18 

Units 1 and 2? 19 

A. No, because there was no dispute that applicable law required the installation of 20 

SCRs.  The Company concluded that it had no sound basis to challenge PSCo’s 21 

decision, and therefore the Company chose not to pursue litigation against its co-22 

                                                 
52 PAC/800, Teply/49-50. 
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owner.  The Company does not take litigation against its partners lightly and would 1 

not, in the case of Hayden, have pursued litigation at any cost and without sound 2 

basis, which is effectively what Sierra Club claims a reasonable utility would have 3 

done.53 4 

Q. Sierra Club argues that PacifiCorp imprudently concluded that the Company 5 

would not prevail at arbitration because PSCo’s decision to install the SCRs was 6 

inconsistent with reasonable utility practice.54  Do you agree? 7 

A. No.  As an initial matter, Sierra Club’s argument muddles the distinction between a 8 

prudence inquiry for PacifiCorp and an analysis of whether PSCo’s decision to pursue 9 

the SCRs was consistent with reasonable utility practice.  Here, the relevant question 10 

is whether PacifiCorp was prudent in deciding not to pursue litigation.  Had litigation 11 

been pursued, PSCo’s decisions would presumably have been examined based on that 12 

utility’s circumstances.  Regardless of Sierra Club’s specific concerns with the details 13 

of PSCo’s analysis, there is no reason to conclude that PSCo’s ultimate decision to 14 

continue operating the Hayden units, as part of that company’s broader portfolio of 15 

environmental compliance and resource options, was “inconsistent with reasonable 16 

utility practice.”55   17 

  Moreover, Sierra Club’s specific argument that PSCo installed the Hayden 18 

SCRs prematurely is unfounded.56  Sierra Club claims that PSCo acted prematurely 19 

because the Colorado Regional Haze SIP deadline to install the Hayden SCRs by 20 

December 31, 2016, was not “specifically enforceable” under the federal Clean Air 21 

                                                 
53 Sierra Club/100, Fisher/82.  
54 Sierra Club/100, Fisher/70. 
55 Sierra Club/100, Fisher/74. 
56 Sierra Club/100, Fisher/73. 
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Act, and that the actual deadline for compliance was January 30, 2018.57  Sierra Club 1 

is simply mistaken.  The Colorado Regional Haze SIP required installation of SCRs 2 

on Hayden Units 1 and 2 by December 31, 2016.  As already explained in the Direct 3 

Testimony of Mr. Teply,58 this requirement was enforceable under both state law and, 4 

after the EPA’s approval on December 31, 2012, under federal law.  5 

Sierra Club also claims that the Colorado commission’s approval of PSCo’s 6 

plan to comply with the Colorado Clean Air Clean Jobs Act did not establish actual 7 

deadlines, but merely an optional “plan.”59  Again, Sierra Club is incorrect.  The 8 

Colorado commission approved a plan for PSCo to achieve specific emissions 9 

reductions goals, and this plan included the installation of SCRs on Hayden Unit 1 by 10 

December 31, 2015, and Hayden Unit 2 by December 31, 2016.  Indeed, Sierra 11 

Club’s position that the Clean Air Clean Jobs Act required the adoption of a plan, but 12 

not compliance with that plan, is absurd—especially after SCRs were approved as 13 

“needed and in the public interest” by the Colorado commission.60   14 

Q. Did the terms and conditions of the Hayden Units 1 and 2 Participation15 

Agreement drive the Company to take a different approach in responding to the16 

Hayden SCRs installation when compared to the Company’s response to the17 

Craig Unit 2 SCR installation?18 

A. Yes.  Although the Hayden Participation Agreement includes a unanimous approval19 

provision, the Company understood the other provisions of the Hayden Participation20 

57 Sierra Club/100, Fisher/76. 
58 PAC/800, Teply/48-49. 
59 Sierra Club/100, Fisher/73. 
60 PAC/2604 (Colorado Public Utilities Commission Docket No. 10M-245E, Decision No. C10-1328 at 45 

(“[W]e find that SCR controls on Hayden 1 and 2 are needed and in the public interest for emission reduction 

purposes.”)). 
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Agreement to allow the Operating Agent to proceed with the SCR projects even over 1 

the Company’s objection, especially with no dispute that applicable law required the 2 

installation of SCRs.  The Hayden Participation Agreement also does not grant the 3 

Company a unilateral right to decide an alternate route, such as retirement or natural 4 

gas conversion.  The Craig Participation Agreement, on the other hand, provides the 5 

Company the option of voting against capital project budget items, with a successful 6 

vote requiring at least a 50 percent participation share among the owners.  The 7 

Company voted against the Craig Unit 2 SCR project utilizing this available 8 

provision, but was unsuccessful in obtaining 50 percent participation share of votes 9 

against the SCR project. 10 

Q. Sierra Club claims that the Company’s own analysis demonstrated that it was11 

uneconomic to install SCRs at Hayden Unit 1.61  Do you agree?12 

A. No.  Sierra Club focuses on the Company’s analysis of a “hypothetical” early13 

retirement in 2015 of Hayden Unit 1 versus an SCR retrofit, where no take-or-pay14 

coal contract termination costs applied.  In the case where coal contract termination15 

costs did not apply, the results showed a  dollar benefit if Hayden Unit 116 

was assumed to hypothetically retire in 2015 versus making the SCR investment.17 

However, in the case where coal contract termination costs apply, the installation of18 

the SCR was more beneficial to customers by .19 

Q. Would coal contract termination costs have applied if Hayden Unit 1 had been20 

retired early in 2015?21 

A. Yes.  Coal contract termination costs would have applied because PacifiCorp did not22 

61 Sierra Club/100, Fisher/77. 
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have legal grounds to trigger the change-in-law provision or the CPCN termination 1 

provision in the Hayden coal supply agreement (CSA). 2 

Q. Sierra Club states that PacifiCorp “speculated” that the Hayden CSA’s take-or-3 

pay provision could be avoided through the CSA’s change-in-law provision.624 

Could the Company have used the change-in-law provision to terminate the5 

CSA?6 

A. No.  The Company could not have relied on the change-in-law provision to terminate7 

the Hayden CSA because both PSCo and Salt River Project (SRP) had determined8 

that the change of law requiring SCRs at Hayden was economic.63  Under the CSA, in9 

order to exercise the change-in-law provision, the Buyer may terminate the CSA “if10 

a . . . 11 

12 

.”64  13 

14 

  In this instance, PSCo had presented15 

economic models to the Colorado commission that were found sufficient, and PSCo16 

eventually received the CPCN for the installation of SCRs at Hayden Units 1 and 2,17 

establishing a strong public record that the SCRs were prudent and not18 

“uneconomic.”6519 

Sierra Club’s assertions about the take-or-pay and change-in-law provisions 20 

62 Sierra Club/100, Fisher/82. 
63 PAC/2609 (Colorado Public Utilities Commission Docket No. 11A-917E, Recommended Decision of 
Administrative Law Judge Paul C. Gomez Granting Certificate of Public Convenience and Necessity, ¶¶ 82-84, 
90 and 91 (June 1, 2012)). 
64 Highly Confidential PAC/2610 (Except from Hayden CSA - Section 12-F). 
65 PAC/2609. 
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do not appear to account for the fact that PacifiCorp is a minority owner of Hayden 1 

Units 1 and 2 (with a 17.5 percent ownership stake, compared to 82.5 percent for 2 

PSCo and SRP combined).  The Hayden CSA was executed by the three owners as a 3 

single entity, “Buyer,” with the coal company as the single entity, “Seller.”  The 4 

determination about whether the change in law requiring installation of the SCRs was 5 

uneconomic would have needed to be based on the economics of all the units’ 6 

owners.  Thus, PacifiCorp would have been unable to exercise any provision of the 7 

CSA unilaterally.   8 

If the Company’s position differed from that of the other two owners, 9 

PacifiCorp would have needed to either convince PSCo and SRP to agree or convince 10 

an arbitrator to rule in favor of the Company’s position over the objections and 11 

analyses of the other two owners.66  Neither PSCo nor SRP had any interest in 12 

terminating the CSA, and both had determined that installation of SCRs was in the 13 

best interest of their companies and customers.67  PSCo, as the operator, was also 14 

required to operate the plant “  15 

”68  With PSCo’s and SRP’s positions that the 16 

installation of SCRs was a legal requirement that was economic, it would have been 17 

imprudent for PacifiCorp to try to use the change-in-law provision to terminate the 18 

CSA. 19 

 

 

                                                 
66 See Highly Confidential PAC/2608, Hayden Participation Agreement Section 30.1. 
67 See PAC/2609. 
68 Highly Confidential PAC/2608, Hayden Participation Agreement Section 24. 
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Q. Did the CSA have a provision included that would permit termination if the 1 

CPCN had not been approved? 2 

A. Yes.  The CSA contained a provision that permitted termination in the event an 3 

acceptable CPCN was not obtained.  4 

Q. Sierra Club argues that the Company’s decision to enter into the CSA for 5 

Hayden should have been assessed jointly with the decision to move forward 6 

with the SCRs.69  Please explain how and why the Company examined the 7 

decision to enter into the CSA. 8 

A. PacifiCorp negotiated the CSA in collaboration with PSCo and SRP in order to secure 9 

future fuel requirements for Hayden from nearby coal sources owned and operated by 10 

Peabody Energy Corporation.  The coal supply agreement was finalized and executed 11 

on December 12, 2011.  Thus, PacifiCorp was aware at the time the agreement was 12 

executed that PSCo was required to install SCR systems on Hayden Units 1 and 2, by 13 

the end of 2015 and 2016, respectively.  As stated above, SCR installations on both 14 

Hayden units were required by PSCo’s approved plan to comply with the Clean Air 15 

Clean Jobs Act, which was approved by the Colorado commission on December 9, 16 

2010.  SCR installations on both units were also required by the Colorado Regional 17 

Haze SIP, which was approved by the Colorado AQCC on January 7, 2011.  These 18 

approvals created state-enforceable requirements for the installation of SCRs on 19 

Hayden Units 1 and 2, and were deemed by PacifiCorp as proper justification for 20 

negotiating and executing the CSA.  Because the CSA was executed before the actual 21 

construction and installation of the SCR systems were completed, PacifiCorp ensured 22 

                                                 
69 Sierra Club/100, Fisher/86. 
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that the agreement had a specific termination provision that would allow PacifiCorp 1 

to opt-out of the contract in the event that PSCo’s CPCN was not approved by the 2 

Colorado commission.  The CPCN was approved by the Colorado commission on 3 

July 18, 2012.70  CPCN approval was needed before any construction and installation 4 

of the SCRs could take place, and the CSA’s continuation also relied on approval of 5 

the CPCN.  Thus, the CSA was clearly assessed jointly with decisions regarding 6 

construction of the SCRs.  Sierra Club’s argument that decisions made regarding the 7 

SCRs and the new CSA were not jointly assessed is simply inaccurate. 8 

Q.  Did the Company pursue the option of selling its interests in Hayden Units 1 and 9 

2 as an alternative to incremental environmental compliance costs? 10 

A.  Yes.  To ensure that all reasonable alternate compliance approaches were pursued on 11 

behalf of PacifiCorp’s customers, in March of 2014, the Company initiated an open-12 

ended Request for Expressions of Interest in Hayden Units 1 and 2, with a requested 13 

response date of April 18, 2014.  No expressions of interest were ever received. 14 

Q. Sierra Club states that the Company’s analysis did not “independently” assess 15 

the economics of the SCR installation at Hayden Unit 2.71  Did the Company 16 

assess the economics of the SCR installation at Hayden Unit 2? 17 

A. Yes.  The Company considered the same factors for SCR installation at both Hayden 18 

units.  Given the similarity of the SCR projects at Hayden Units 1 and 2 as well as the 19 

overarching limitations of the Hayden Participation Agreement, a separate economic 20 

analysis of the Hayden Unit 2 SCR project was unnecessary. 21 

 

                                                 
70 PAC/2606. 
71 Sierra Club/100, Fisher/78. 
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Q. Does Sierra Club also recommend that the Commission disallow costs associated 1 

with the minimum take provisions of the Hayden CSA?72  2 

A. Yes, but Sierra Club has not demonstrated that the Hayden CSA is imprudent.  The 3 

Hayden CSA has been included in Oregon rates since its execution in 2011 without 4 

challenge.  Sierra Club’s argument to disallow the Hayden CSA nine years after its 5 

execution is also inconsistent with Sierra Club’s testimony in concurrent docket 6 

UE 375, where Sierra Club agreed that it was reasonable to exclude CSAs in effect 7 

for many years—including the Hayden CSA—from Sierra Club’s prudence challenge 8 

related to their minimum take provisions.73   9 

Q. Has any other commission addressed Sierra Club’s arguments related to the 10 

prudence of the Hayden Unit 1 and 2 SCR investments? 11 

A. Yes.  Sierra Club raised similar arguments before the Wyoming commission 12 

concerning Hayden Unit 1.  The Wyoming commission rejected Sierra Club’s 13 

argument that the Company “should have either immediately divested itself of its 14 

share of Hayden Unit 1 rather than participate in the costs, or contested the 15 

installation of SCR through arbitration.”74  The Wyoming commission noted, among 16 

other things, that the Company “pursued selling its interest in Hayden Unit 1 as an 17 

alternative to incurring environmental compliance costs, including an open-ended 18 

Request for Expressions of Interest in Hayden Units 1 and 2” but that the Company 19 

                                                 
72 Sierra Club/100, Fisher/88. 
73 In the Matter of PacifiCorp dba Pacific Power 2021 Transition Adjustment Mechanism, Docket UE 375, Sierra 

Club’s Opening Testimony of Ed Burgess, Sierra Club/100, Burgess/76 (May 15, 2020). 
74 PAC/2611 (In the Matter of Rocky Mountain Power Company Request for Approval of a General Rate Increase, 

WYPSC Docket No. 20000-446-ER-14 (Record No. 13816), Findings of Fact, Conclusions of Law, Decision, 

and Order at ¶ 82 (Dec. 30, 2014)). 
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“did not receive any responses to the Request for Expressions of Interest.”75   1 

  Sierra Club also challenged the prudence of the Company’s SCR investments 2 

for both Hayden Units 1 and 2 in the Company’s recent California rate case 3 

proceeding.  However, Sierra Club subsequently abandoned its challenge to these 4 

investments in that proceeding.76  The California commission concluded that the 5 

Company’s SCR investments at Hayden were reasonable and necessary, approving 6 

full cost recovery.77 7 

Q. What is your conclusion regarding the Hayden Units 1 and 2 SCR projects 8 

included for review in this docket? 9 

A. The Company prudently reviewed and pursued its obligations, rights, and options 10 

under the Hayden Participation Agreement for this jointly owned coal-fueled resource 11 

as they pertain to the subject environmental compliance projects.  The terms, 12 

conditions, and remedies of the Hayden Participation Agreement ultimately dictated 13 

the Company’s participation in the Hayden Units 1 and 2 SCR projects, which were 14 

necessary to maintain compliance of these resources with legally enforceable 15 

requirements.   16 

Q. Does this conclude your reply testimony? 17 

A. Yes. 18 

                                                 
75 Id. at ¶ 80. 
76 PAC/2612 (California Public Utility Commission A.18-04-002, Reply Brief of PacifiCorp at 38 (Feb. 8, 2019)). 
77 PAC/2613 (California Public Utility Commission A.18-04-002, D.20-02-025 at 35 (Feb. 6, 2020)). 
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1. INTRODUCTION AND PURPOSE OF TESTIMONY 1 

Q Please state your name, business address, and position. 2 

A My name is Jeremy Fisher. I am a Principal Associate with Synapse Energy 3 

Economics, Inc. (“Synapse”), which is located at 485 Massachusetts Avenue, 4 

Suite 2, in Cambridge, Massachusetts. 5 

Q Please describe Synapse Energy Economics. 6 

A Synapse Energy Economics is a research and consulting firm specializing in 7 

energy and environmental issues and policies for electricity sector issues, 8 

including fossil generation, efficiency, renewable energy, ratemaking and rate 9 

design, restructuring and market power issues, and environmental regulations. 10 

Q Please summarize your work experience and educational background. 11 

A I’ve worked in electricity system energy planning for a decade, evaluating and 12 

helping to shape integrated resource plans, performing planning on behalf of 13 

states and municipalities, and helping regulators navigate environmental rules.  14 

I have provided consulting services for a wide variety of public sector and public 15 

interest clients, including the U.S. Environmental Protection Agency (“EPA”), the 16 

National Association of Regulatory Utility Commissioners (“NARUC”), the 17 

National Association of State Utility Consumer Advocates (“NASUCA”), 18 

National Rural Electric Cooperative Association (“NRECA”), the states of 19 

Alaska, Arkansas, Michigan, and Utah, the Commonwealth of Puerto Rico, 20 

Tennessee Valley Authority Office of Inspector General (“TVA OIG”), the 21 

California Division of Ratepayer Advocates (“CADRA”), the California Energy 22 

Commission (“CEC”), the Regulatory Assistance Project (“RAP”), the Western 23 

Grid Group, the Union of Concerned Scientists (“UCS”), Sierra Club, 24 

Earthjustice, Natural Resources Defense Council (“NRDC”), and other 25 

organizations.  26 
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I have provided testimony in electricity planning and general rate case dockets in 1 

Indiana, Louisiana, Kansas, Kentucky, Oklahoma, Oregon, Nevada, New Mexico, 2 

Utah, Wisconsin, and Wyoming. 3 

I hold a doctorate in Geological Sciences from Brown University, and I received 4 

my bachelor degrees from University of Maryland in Geology and Geography.  5 

My full curriculum vitae is attached as Exhibit JIF-1 2. 6 

Q On whose behalf are you testifying in this case? 7 

A I am testifying on behalf of Sierra Club.  8 

Q Have you testified in front of the Washington Utilities and Transportation 9 

Commission previously?  10 

A No, I have not.  11 

Q Have you testified in other states with regards to planning by PacifiCorp? 12 

A Yes. I submitted testimony in PacifiCorp 2011 general rate case (“GRC”) in 13 

Oregon UE-246.  14 

I have provided testimony in PacifiCorp (d.b.a Pacific Power in Washington, or 15 

the “Company”) rate cases and pre-approval dockets in multiple jurisdictions, 16 

including the 2010 general rate cases (“GRC”) in Wyoming and Utah (WY 17 

20000-384-ER-10, UT 10-035-124), the 2011 GRC in Oregon (UE-246), the 2013 18 

GRCs in Wyoming and Utah (WY 20000-446-ER-14, and UT 13-035-184). 19 

Relevant to this case, I provided testimony on the 2012 Certificate of Public 20 

Convenience and Necessity (“CPCN”) docket to install Selective Catalytic 21 

Reduction (“SCR”) at Jim Bridger units 3 &4 (WY 20000-418-EA-12) and a Utah 22 

docket seeking pre-approval of those expenses (UT 12-035-92) when the plan was 23 

first submitted for approval. 24 

I have also submitted comments in multiple PacifiCorp states on behalf of Sierra 25 

Club in the Company’s 2011, 2013, and 2015 Integrated Resource Plans (“IRP”). 26 
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Q What is the purpose of your testimony? 1 

A I reviewed the prudence analysis conducted by PacifiCorp as part of its decision 2 

to move forward with the installation SCRs at Jim Bridger units 3 and 4 to 3 

comply with the Regional Haze Rule in Wyoming. I also reviewed and analyzed 4 

critical information that was in the Company’s possession at the time the final 5 

decision was made to install SCR at Bridger 3 & 4, but which the Company did 6 

not include in its economic analysis supporting that decision. I also reviewed the 7 

Company’s western control area sub-analysis, and reject it as a basis for a 8 

prudence decision in Washington or any other state. Finally, I reviewed and 9 

support the Company’s request to accelerate the depreciation schedule of Jim 10 

Bridger to 2025.  11 

Q What are your conclusions regarding the Company’s economic analysis that 12 

led to the decision to install the SCRs at Jim Bridger 3 & 4? 13 

A The Company’s analysis significantly overestimated the relative value of 14 

continuing to operate Bridger 3 & 4 as a coal plant. Based on a review of the data 15 

available to the Company at the time that it released contractors to begin work on 16 

the SCRs, PacifiCorp should have concluded that the SCRs were non-economic 17 

compared to an alternate compliance plan of converting Bridger 3&4 to run on 18 

natural gas. My adjustments to the Company’s analysis indicate that natural gas 19 

fuel conversion of Bridger 3 & 4 would have saved customers approximately 20 

 over the study period compared to the decision to install SCRs.  21 

Q What are your adjustments to the Company’s SCR analysis? 22 

A The Company’s analysis, presented by Mr. Link, concluded that the installation of 23 

SCR at Bridger 3 & 4 would result in a benefit of .1 However, this 24 

analysis, which the Company conducted in early 2013,2 relied on data and 25 

information that was both overly optimistic and significantly out of date by the 26 

                                                           
1 Direct Testimony of Mr. Rick Link (RTL-1CT) page 2 at line 8. 
2 The Company’s early 2013 analysis presented in this docket is the same analysis it originally presented in 
two separate pre-construction dockets: Wyoming PSC Docket 20000-418-EA-12 and Utah PSC Docket 12-
035-92. Those dockets concluded in May 2013.  
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time the Company released its contractors to begin substantial work on the project 1 

in December 2013.3 In the intervening period, significant new information was 2 

available to the Company that should have indicated the decision to retrofit was 3 

not the least cost alternative available to the Company. 4 

My adjustments to the Company’s assessment are as follows: 5 

1. Coal prices at Bridger mine: In mid-2013, PacifiCorp discovered problems6 

at the Bridger coal mine, and by late 2013 had adjusted its expectations for the7 

mine and anticipated significantly higher costs for delivery. To account for8 

these higher costs in the base case, I adjusted the benefit of the SCR down by9 

.10 

2. Natural gas prices: Gas price forecasts fell sharply through 2013,11 

significantly reducing the benefit of the retrofit. Following a methodology12 

propounded by Mr. Link, and contemporaneous gas price forecasts provided13 

and used by the Company, I adjusted the benefit of the SCR down by 14 

.15 

Taken together and as illustrated in the table below, these adjustments show that 16 

the overall impact to ratepayers from the SCR installation at Bridger 3 & 4 will 17 

not result in a benefit, but instead will result in a cost to customers 18 

(2012$).  19 

PacifiCorp PVRR(d) 
Coal cost adjustment 
Gas price adjustment 
Adjusted PVRR(d) (2012$) 

These adjustments are described in more detail in my testimony below. 20 

Q What are your recommendations to this Commission? 21 

A I recommend the following: 22 

3 Direct Testimony of Mr. Rick Link (RTL-1CT) page 20 at line 12. 
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• That the Commission determine that the Company’s decision to install SCR at 1 
Bridger 3 & 4 was imprudent based on the information that the Company knew, 2 
or should have known, at the time it committed to spend over on the 3 
projects.4 Rather than providing a benefit to ratepayers, the SCRs will result in an 4 
estimated loss of  for ratepayers, relative to the lower cost option of 5 
converting the units to operate on natural gas.  6 
 7 

• That the Commission disallow a portion of the costs of the SCRs that PacifiCorp 8 
has requested to be put in rate base. I recommend that the Commission calculate 9 
the disallowance for the SCRs by taking into account information known today, 10 
including the substantially lower gas prices compared to 2013. I roughly estimate 11 
that the decision to install SCRs will cost ratepayers between $132 and $194 12 
million on a system-wide basis,5 or roughly $30 to $43 million on a Washington-13 
allocated basis.6 Therefore, I recommend that this Commission disallow $35 14 
million of the Company’s request to add   to Washington rate base 15 
for the SCRs at Bridger 3 & 4.  16 

 17 
• Finally, I recommend approval of the Company’s request to accelerate 18 

depreciation of the existing plant balance for Jim Bridger to 2025 in recognition 19 
of the risks entailed in the continued operation of the Jim Bridger plant and the 20 
likelihood that it will not be economic to operate the plant to the currently 21 
scheduled depreciation date of 2037. 22 

2. SUMMARY OF COMPANY’S ANALYSIS AND SUBSEQUENT ADJUSTMENTS 23 

Q Please describe the Jim Bridger plant. 24 

A The Jim Bridger power plant is a 2,100 MW coal-fired plant made up of four units 25 

(Jim Bridger units 1, 2, 3, and 4). PacifiCorp owns two-thirds of each unit and 26 

Idaho Power Company owns the remaining one-third. Jim Bridger is located in 27 

southwest Wyoming and contributes to haze pollution in several national parks 28 

and wilderness areas: Yellowstone National Park, Grand Teton National Park, 29 

Rocky Mountain National Park, Teton Wilderness Area, Bridger Wilderness 30 

                                                           
4 CAT-7C 
5 See Section 9 below for a full description of this range.  
6 In the alternative, the Commission could require the Company to run its model from a 2013 standpoint 
with updated data (i.e. known today) to calculate the total harm to ratepayers. 
7 CAT-1CT at 15, line 3 and 24, line 1. 

CONFIDENTIAL PER PROTECTIVE ORDER IN WUTC  
DOCKET UE-152253 

Exhibit PAC/2601 
Ralston/9

PROTECTED INFORMATION SUBJECT TO GENERAL PROTECTIVE ORDER

P43958
Redacted



Washington Docket UE-152253 
Sierra Club Response Testimony of Jeremy Fisher  

Exhibit No. JIF-1CT 
Page 6 

 
 

Area, Fitzpatrick Wilderness Area, Mt Zirkel Wilderness Area, Rawah 1 

Wilderness Area, and Washakie Wilderness Area. 8  2 

Jim Bridger is a mine-mouth plant, which means that it receives the bulk of its 3 

coal fuel from a mine that is adjacent to (or at least near) the plant. The majority 4 

of Jim Bridger plant (“Bridger plant”) is supplied by the Bridger coal mine 5 

(“Bridger mine”), which like the power plant is jointly owned by PacifiCorp and 6 

Idaho Power Company. The Bridger coal mine consists of both a surface mine 7 

and an underground mine. 8 

Q What led PacifiCorp to install SCR at Jim Bridger 3 & 4? 9 

A Regional haze results from small particles in the atmosphere that impair a 10 

viewer’s ability to see long distances and color. The main haze-forming pollutants 11 

are sulfur dioxide (SO2), nitrogen oxides (NOX) and fine particulate matter (PM). 12 

These air pollutants contribute to the deterioration of air quality and reduced 13 

visibility in our national parks and wilderness areas, designated as Class 1 areas. 14 

In 1977, Congress declared as the nation’s goal, the “prevention of any future, and 15 

the remedying of any existing, impairment of visibility in the mandatory class I 16 

Federal areas which impairment results from manmade air pollution.”9  In order 17 

to meet this goal, states are required to design implementation plans (“SIP”) to 18 

reduce, and ultimately eliminate, haze from air pollution sources within its 19 

borders that may reasonably be anticipated to cause or contribute to visibility 20 

impairment for any protected area located within or beyond that state’s 21 

boundaries.  22 

The Clean Air Act imposes a legal obligation on both states and EPA to abate 23 

haze pollution in our Class 1 areas.10 One of the Clean Air Act’s mechanisms for 24 

achieving this goal is the requirement for certain haze-causing sources, like coal 25 

                                                           
8 79 FR 5031, 5041 (Jan. 30, 2014). 
9 42 U.S.C. §7491(a)(1). 
10 Id.  
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plants, to install “best available retrofit technology” (“BART”).11 Bridger units 3 1 

& 4 are subject to BART.  2 

In 2011, Wyoming submitted to EPA its state implementation plan to comply 3 

with the BART provisions of the Regional Haze Rule. After several years of back 4 

and forth, EPA disapproved several elements of Wyoming’s plan, which triggered 5 

EPA’s obligation to promulgate a federal implementation plan (“FIP”) to replace 6 

these disapproved elements.12  7 

On January 30, 2014, EPA issued its FIP and upheld the portion of Wyoming’s 8 

state plan that required the installation of SCR at Jim Bridger Units 1 & 2 by 2021 9 

and 2022, respectively, and SCR at Jim Bridger Units 3 & 4 by 2015 and 2016, 10 

respectively. EPA’s regional final haze rule required SCR on six units of 11 

PacifiCorp’s Wyoming coal fleet.  12 

The current question before this Commission is whether PacifiCorp’s decision to 13 

retrofit Jim Bridger 3 & 4 with expensive SCRs, as opposed to an alternative 14 

compliance path, was prudent.  15 

Q Were alternative compliance paths available to the Company? 16 

A Yes. The Regional Haze Rule’s requirements are based on both a control 17 

technology and an emissions limit at each unit. PacifiCorp could therefore comply 18 

with the rule either by installing the required pollution controls necessary to meet 19 

that limit, or by shutting down or converting Jim Bridger units to run on natural 20 

gas. There are several examples of coal plants shutting down or switching to 21 

natural gas fuel as an alternative compliance path under the Regional Haze 22 

Rule,13 and examples wherein a unit committed to a firm future shut down date in 23 

exchange for less expensive near-term controls.14 24 

                                                           
11 Id. § 7491(a), (b)(2). 
12 42 U.S.C. § 7410(c)(1)(A).   
13 Apache Unit 2, Arizona (80 FR 19220); Naughton Unit 3, Wyoming (79 FR 5045); Muskogee 4 & 5, 
Oklahoma. 
14 PGE Boardman, Oregon (2008 Oregon Regional Haze Plan p154-156, and 76 FR 38997); Transalta 
Centralia, Washington (Washington Department of Ecology, Order 6426, 2011) 
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Q When did the requirement to install SCRs at Bridger 3 &4 become final?  1 

A As described above, EPA did not issue its final BART determination for 2 

Wyoming until January 30, 2014. EPA generally provides up to five years to 3 

install BART retrofits.15 In this case, however, PacifiCorp appears to have 4 

supported the proposed 2015/2016 installation dates from the Wyoming plan, 5 

which EPA approved as within the five year requirement.16  6 

Q When did the Company make the decision to proceed with the SCRs at 7 

Bridger 3 & 4? 8 

A The Company appears to have decided to move forward with the SCRs long 9 

before EPA issued its final Regional Haze FIP. As early as August 7, 2012, 10 

PacifiCorp filed an application in Wyoming for a certificate of public 11 

convenience and necessity (“CPCN”) and on August 24, 2012, PacifiCorp sought 12 

a voluntary preapproval decision in Utah to install the SCRs at Bridger 3 & 4.17 13 

PacifiCorp did not execute an engineering, procurement and construction (“EPC”) 14 

contract until May 31, 2013, after the Wyoming and Utah dockets had closed.  15 

The Company did not issue a Full Notice to Proceed (FNTP) until December 2, 16 

2013.18 Prior to this date, the Company had spent less than percent of the 17 

total cost of the project for various engineering and scoping work and could have 18 

exited the contract without incurring substantial contractual penalties.19 19 

Therefore, the Company could have and should have continued to update its 20 

analysis of the SCR expenditures until at least December 2, 2013. 21 

                                                           
15  40 CFR 51.308(e)(iv). 
16 79 FR 5031, 5046 (Jan. 30, 2014). 
17 These proceedings included an analysis of the SCRs at Jim Bridger that are substantially similar to the 
analysis presented by Mr. Link in this docket. 
18 Ex. JIF-2 3C, Confidential Attachment Sierra Club 1.3 1st Supplemental. 
19 Ex. JIF-3 4C, Confidential WUTC Data Request 161, 1st Supplemental.  
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Q Why did the Company contractually commit to the SCR projects prior to 1 

EPA issuing the final Regional Haze FIP?  2 

A I do not know. Arguably, the Company should have left open the opportunity to 3 

adjust its plans pending issuance of the final Regional Haze FIP by EPA, which 4 

ultimately occurred on January 30, 2014.20 At a minimum, the Company should 5 

have allowed itself an off-ramp in the EPC contract that would have allowed it to 6 

continue to evaluate whether the SCR was in the best interests of ratepayers at the 7 

time that EPA issued the FIP.21  8 

Notably, the Company’s issuance of the FNTP on December 2, 2013 came nearly 9 

two months before EPA issued its final Regional Haze FIP that required the  10 

installation of SCRs on Bridger 3 & 4. Irrespective of the approvals provided by 11 

Utah and Wyoming earlier in the year, the Company still had an obligation to test, 12 

and re-test, its assumptions. This is particularly true because the case for the 13 

Bridger SCR retrofits became increasingly marginal leading up to the issuance of 14 

the Wyoming Regional Haze FIP.  15 

It is also not clear why the Company appeared to support a deadline to install 16 

SCR in 2015 and 2016 when the EPA allows up to five years to install the 17 

controls once a final decision is made, which would have delayed the need to 18 

install SCRs until 2019.22  19 

                                                           
20 PacifiCorp filed suit challenging EPA’s Wyoming FIP with regard to SCR requirements for other units in 
Wyoming. The Company successfully obtained a stay of the FIP with respect to those other units, but it did 
not challenge or seek a stay of the EPA's decision to require the Jim Bridger SCRs.  See, PacifiCorp v. 
United States Environmental Protection Agency, Case No. 14-9534 (10th Cir.)(filed March 31, 2014). 
PacifiCorp's motion to stay implementation of the FIP granted September 9, 2014. Implementation of the 
FIP remains stayed as of this writing. 
21 Even after it issued the FNTP, the Company still could have terminated the project with minimal costs. 
The termination schedule in the EPC contract indicates that by January 2014, less than  of the 
costs were committed, and by February 2014, less than  of the costs were committed. 
22 40 CFR 51.308(e)(iv). 
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Q Please summarize the Company’s analysis process to determine if the SCRs 1 

should be built at Bridger 3 & 4.  2 

A Since 2012, PacifiCorp has used the System Optimizer model, its primary forward 3 

planning and integrated resource planning platform, to determine if large capital 4 

investments were economic at existing coal-fired units. This model structure is 5 

able to test the costs of two alternative worlds: one in which the retrofit is 6 

pursued, the other in which the plant is retired or, as in this case, repowered. Since 7 

both paths have implications beyond the units in question, the method can 8 

theoretically reveal the replacement value of the decision. To the extent that the 9 

decision to retrofit is lower cost than the next best alternative, the value of the 10 

decision, and thus the value of the unit(s), is positive.  11 

This methodology, like all other models, is highly sensitive to inputs and the 12 

quality of the data used in the model. Specifically, the value of the unit(s) can 13 

change substantially as the market shifts, and decisions need to be evaluated using 14 

the very best information available up to the moment the decision is finalized, and 15 

even beyond.  16 

The Company’s initial filing in this case was a CPCN submitted to the Wyoming 17 

Public Service Commission on August 1, 2012, based on an analysis conducted 18 

using December 2011 data.23 In that initial analysis, the Company argued that the 19 

Bridger 3 & 4 SCRs had a value of , 40% higher than the results 20 

from the analysis in the instant docket. Intervenors pointed out that, amongst other 21 

flaws, the analysis used outdated data. On rebuttal, the Company provided an 22 

updated analysis, populated with September 2012 data, showing a  23 

value - the results of this revised analysis are before this commission today.24 The 24 

Wyoming Commission docket was concluded in May 2013. 25 

                                                           
23 Direct Testimony of Mr. Rick Link in Utah Docket 12-035-92, page 10 at 209 
24 Direct Testimony of Mr. Rick Link, RTL-1CT, page 9 at 5 
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Q How has the Company’s analysis of the Bridger 3 & 4 SCRs changed?  1 

A Since the conclusion of the pre-construction dockets in Utah and Wyoming, the 2 

value of the decision to install SCRs has continued to fall substantially. In this 3 

docket, Mr. Link testified that the Company re-assessed the decision prior to 4 

executing the FNTP in December 2013, and found that the margin had shrunk 5 

another 30% to  using September 2013 gas price data.25  6 

However, the updated analysis provided by Mr. Link is still deficient because it 7 

relied on inadequate and stale data when there was substantial evidence that the 8 

decision to install SCR continued to rapidly lose value. In fact, by the time 9 

PacifiCorp executed the FNTP on December 2, 2013, the SCR projects had 10 

become a substantial liability. The originally purported benefit of the SCRs had 11 

declined so far as to indicate an overall harm to ratepayers of  (see 12 

Confidential Figure 1, below). 13 

14 
15 

16 
17 
18 
19 

                                                           
25 Direct Testimony of Mr. Rick Link, RTL-1CT, pate 20 at 17-21. 
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3. ADJUSTMENT #1: NEW INFORMATION AT BRIDGER COAL COMPANY MINE 1 

DRIVES HIGHER COST OF COAL OPERATION 2 

Q Please describe the first adjustment you made to the Company’s analysis.  3 

A The first adjustment accounts for substantially higher costs at the Bridger coal 4 

mine, which reduces the relative value of maintaining Bridger 3&4 as a coal plant 5 

compared to conversion to natural gas.  This adjustment modifies the cost-6 

effectiveness of the SCR decision on the basis of new information, or new 7 

decisions, made about the long-term future of the Bridger coal mine. Based on 8 

these higher coal costs, I adjusted the value of the SCR decision for Bridger 3 & 4 9 

decision down by   10 

Q How does the Bridger mine affect the Jim Bridger power plant? 11 

A The Jim Bridger power plant is a mine mouth plant that receives most of its coal 12 

fuel from the adjacent Bridger mine, operated by the Bridger Coal Company 13 

which is in turn owned by PacifiCorp and Idaho Power Company. The Bridger 14 

Coal Company operates both a surface mine and an underground mine.  15 

 16 
   17 

 18 

PacifiCorp’s analysis of the SCRs in this case assumes that the Bridger mine 19 

plans have a significant impact on the economics of the decision to install SCR 20 

because the SCR decision determines whether Jim Bridger operates as a two-unit 21 

versus four-unit scenario. Under Mr. Link’s analysis, coal prices at the Bridger 22 

mine  under a scenario where two units of 23 

the power plant stop burning coal (i.e. gas conversion alternative). These 24 

 are premised on the assumption that the surface mine at Bridger would 25 

be closed if Bridger 3 & 4 were converted to gas.27 When the initial analysis for 26 

                                                           
26 “Cash cost” is a term used by PacifiCorp to refer to effectively variable costs of production, excluding 
amortized capital and new capital at the mine. 
27 Direct Testimony of Mr. Rick Link, page 6 line 19 through page 7 line 5 
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the SCRs was conducted, PacifiCorp assumed that the best future coal resources 1 

would come from the underground mine, while the surface mine would be closed 2 

under a two-unit operation scenario. Under a four-unit operation scenario (i.e. the 3 

SCR retrofit goes forward), the Company assumed that it would keep mining both 4 

the surface and underground mines, with the majority of the coal coming from the 5 

underground mine.  6 

Q Why is the cost of coal different between the two-unit and four-unit 7 

operation scenarios in the Company’s analysis? 8 

A In the case where Bridger 3&4 are converted to gas or retired, the Company’s 9 

mine plans and remediation plans changed to a “two-unit” scenario that account 10 

for a lower demand for coal. Under the Company’s analysis, this two-unit 11 

scenario increased coal costs because it assumed that the surface mine would 12 

close and that remediation costs would therefore accelerate. In contrast, the 13 

Company’s analysis of the SCR installation assumed that if the SCR were 14 

installed, then the mine would continue to operate under a “four-unit” scenario 15 

where the surface mine would remain open and the remediation costs would be 16 

delayed.28 17 

Q Has the expected cost of coal from Bridger mine changed compared to the 18 

assumptions in the Company’s analysis? 19 

A Yes. In mid-2013, the Company changed its previous plans and determined that 20 

the Bridger surface mine would  21 

 and the . This shift in 22 

assumptions had two effects on the SCR analysis. First, it increased the cost of 23 

coal to be delivered to Bridger in the base case. Second, the fact that the Bridger 24 

 largely eliminated the relative cost 25 

differentials between the two and four-unit operation scenarios that the Company 26 

                                                           
28 Direct Testimony of Mr. Rick Link, page 6 line 19 through page 7 line 5 
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had previously relied on to support the SCR retrofit.29 For example, the large 1 

near-term increase in costs assumed in a two-unit scenario compared to the four-2 

unit scenario were no longer applicable because the Company’s mine remediation 3 

plans would likely be similar under both the two-unit and four-unit scenarios.  4 

Q Did you calculate the magnitude of the Bridger mine’s impact on the SCR 5 

analysis?  6 

A Yes. In late 2013, the Company filed rate cases in Utah and Wyoming seeking to 7 

recover increased costs of operation at Bridger due to lower coal quality than 8 

expected at the underground mine.30 The long-run cash cost of coal from Bridger 9 

mine presented in that case were substantially higher than the costs used in the 10 

SCR analysis,31 but those costs were consistent with the cash cost of coal from 11 

Bridger mine in the recent 2015 IRP.32 Because the Company did not provide an 12 

“all source”33 long-term coal fueling plan for Bridger vintage late 2013, I used the 13 

2015 IRP as a proxy for the 4-unit scenario. Substituting in those cash coal costs 14 

for the Bridger plant, I estimated that the four-unit scenario (i.e. installing SCR) 15 

would have increased cost by about . Separately, I roughly estimated 16 

that the two unit scenario (i.e. gas conversion or retirement) would have increased 17 

cost by about  In total, these changes mean that the relative cost of 18 

installing the SCRs would have increased by  relative to Mr. Link’s 19 

assessment shown in this case.34  20 

                                                           
29The Company prepared two 2013 Mine Plans. One in January 2013, which was incorporated into this 
case, and another in October 2013, which was not incorporated into this case. In response to WUTC Data 
Request 11, the Company responded that “there were no significant increases between [the 2013 Mine 
Plan] and the time of the September 2013 official forward price curve (OFPC).” This response failed to 
disclose that the Company was preparing a new mine plan that did, in fact, have substantial increases in 
coal cost. Ex. JIF-4 5. WUTC 11. 
30 Direct Testimony of Ms. Cindy Crane, Utah Docket 13-035-184, page 22. 
31 Approximately 9% higher on a nominal levelized cost basis 2014-2030. 
32 Approximately 2% difference, nominal levelized cost 2014-2030.  
33 “All source” in this case means coal both from the Bridger mine, as well as third-party sources. 
34 Difference due to rounding. 
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4. EVIDENCE FOR ADJUSTMENT #1 – RISING COSTS AT BRIDGER COAL MINE 1 

Q Please explain how you arrived at the  increase for the four-unit 2 

scenario where Bridger 3 & 4 are retrofit with SCRs. 3 

A I substituted the cash cost of coal delivered to Jim Bridger plant as provided in the 4 

2015 IRP35 for the cash cost for four-unit operations as provided in this case,36 5 

assuming no change in the amount of fuel consumed.37 The difference between 6 

these two scenarios, holding all other elements constant, is an increase of  7 

(2012$), net present value 2014-2030. 8 

Q Why did you rely on the 2015 IRP for coal costs at Bridger in this case? 9 

A I believe that the 2015 IRP costs for coal at Bridger are a reasonable proxy for the 10 

information that would have been known by the Company by December 2, 2013, 11 

the date the FNTP was executed. 12 

The mine plan that PacifiCorp relied on to support the application before this 13 

Commission was developed in January of 2013, prior to the Company’s rebuttal 14 

testimony in the Utah pre-approval docket for the Bridger 3 & 4 SCRs.38 15 

However, by the time the Company committed to proceed with the installation of 16 

the SCRs, that mine plan had changed substantially.  17 

Q Please describe the different mine plans that you reviewed for your analysis. 18 

A Overall, I will discuss three different plans, of which I am aware, for the Bridger 19 

mine. I will refer to several plans throughout my testimony, labeled as follows: 20 

                                                           
35 REF 
36 RTL-3C, Column “4-unit Coal Operation” 
37 See confidential workpapers submitted by Mr. Link: SO Inputs and Outputs, CONF\Base Gas, Base CO2 
(Coal Outputs) CONF\StaMoFuel-C_M1209_16_OPC.out, sum of MMBtus consumed at all four Bridger 
units. 
38 See Rebuttal Testimony of Ms. Cindy Crane in Utah Docket 12-035-92 page 3, lines 65-67. “Subsequent 
to the original filing, Bridger Coal Company completed extensive life 65 of mine planning and cost 
analysis, and as a result, the Company has more current 66 and detailed mine plans to rely on as part of this 
analysis.” 
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• January 2013 mine plan: The plan used to support the coal costs in the 1 

present docket. Plan includes 2 and 4-unit costs for coal provided from 2 

both Bridger mine and other sources.  3 

• October 2013 mine plan: A later plan provided in a Utah General Rate 4 

Case, but prior to the FNTP. Plan includes only 4-unit costs for coal 5 

provided from Bridger mine.  6 

• July 2014 mine plan: The plan used to support the coal cost of Bridger in 7 

the 2015 IRP. Plan includes only 4-unit costs for coal provided from both 8 

Bridger mine and other sources. 9 

In March/April of 2013, Bridger mine conducted drilling that resulted in a finding 10 

that a panel in the underground mine had excessive ash content,39 a finding that 11 

led to a substantial change in mining operations and ultimately contributed to a 12 

rate increase request before the Utah Public Service Commission. That January 13 

2014 Utah rate case presented new costs associated with the Bridger mine. 40  The 14 

workpapers supporting those new costs were prepared in early October 2013, two 15 

months before the FNTP.41,42  16 

The October 2013 four-unit mine plan shows that the Company had significantly 17 

changed its expectations for the Bridger mine since January of 2013. While the 18 

January 2013 mine plan (for four-unit operation) assumed that both the surface 19 

and underground mines would be utilized through , the October 2013 mine 20 

plan indicated that the Bridger  21 

 only through the end of the analysis period. 22 

                                                           
39 See response to SC 4.9 in Utah Docket 13-035-184, April 15, 2014. Attached as Exhibit JIF-5 6. 
40 Utah Docket 13-035-184, filed January 3, 2014. 
41 See public rebuttal testimony of Ms. Cindy Crane in Utah Docket 13-035-184, page 9 lines 198-202. “In 
this test period, based on drilling in March/April 2013, Bridger Coal personnel spent several months re-
engineering the mine plan to bypass the 12th right longwall panel. This re-engineered plan is the basis of 
the 2014 Bridger Coal Business Plan produced in October 2013.” 
42 Bridger workpapers for Utah Docket 13-035-184 available through attachment to Sierra Club 1.6 1st 
SUPP CONF\C.8.f Conf 
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Q How did you use the October 2013 mine plan in your analysis? 1 

A The October 2013 mine plan shows that the Company had, in fact, changed 2 

strategies for the long-term procurement of coal at Bridger mine by mid-2013, a 3 

strategy which remained consistent through the analysis of the 2015 IRP. 4 

However, the October 2013 mine plan did not specifically include “all-in” coal 5 

price forecasts. 6 

During the Utah rate case, the Company claimed that the changed mine plan was 7 

not significant for the SCR decision, and instead asserted that “[t]he Company’s 8 

workpapers serve[d] to support test period costs solely – not a life-of-plant fueling 9 

strategy.”43 The Company pointed out that it had not provided a long-term “all in” 10 

coal price forecast for Jim Bridger in that case. Nonetheless, the workpapers 11 

contained significant information about the Company’s expectations of coal 12 

supplied from the mine as of October 2013.  13 

In the 2015 IRP, the Company provided a long-term coal price and fueling plan 14 

for Jim Bridger dated July 9, 2014.44 While the Company claims that the October 15 

2013 mine plan was not a “fueling strategy,”45 the use and cost of Bridger mine 16 

coal under the October 2013 plan remained consistent with the July 2014 fueling 17 

strategy. Because the October 2013 plan does not provide an all-in cost of coal at 18 

Bridger plant, but the July 2014 plan does, I have used July 2014 data (from the 19 

2015 IRP) as a proxy for information that should have reasonably been known by 20 

the Company in late 2013 at the time the FNTP was executed. 21 

Q How consistent are the October 2013 and July 2014 Bridger mine plans and 22 

costs? 23 

A The October 2013 and July 2014 Bridger mine plans are very consistent. But both  24 

of those plans are inconsistent with the January 2013 plan used to support the 25 

Bridger 3 & 4 SCRs. 26 

                                                           
43 Rebuttal Testimony of Ms. Cindy Crane, Utah Docket 13-035-184 page 7 lines 154-157. 
44 Attachment to Sierra Club DR 3.13 
45 Rebuttal Testimony of Ms. Cindy Crane, Utah Docket 13-035-184 page 4 lines 72-81 
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The striking difference from the earlier plan is the amount of coal the Company 1 

anticipated it would procure from . The January 2013 plan 2 

anticipated that the  operations through 2037. 3 

In contrast, the October 2013 and July 2014 plans anticipated the  4 

, respectfully. Both of these later plans 5 

anticipated roughly the same amount of coal to be procured from  6 

,46 as shown in , below.  7 

8 
9 

10 

The cash costs of coal procured from the Bridger mine are also substantially 11 

different between the January 2013 and October 2013 mine plans,47 but consistent 12 

between the October 2013 and July 2014 plans,48 as shown in  13 

below.  14 

                                                           
46  tons, respectively, or within 4%. 
47 An increase of over 11% from January 2013 to October 2013 on a nominal levelized basis (2014-2030), 
48 A decrease of less than 2% from October 2013 to July 2014 on a nominal levelized basis (2014-2030). 
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1 
2 

3 

Finally, the Company’s strategic planning review of the Jim Bridger Plant, drafted 4 

in mid-2014 and finalized at the end of the year,  5 

 .49 6 

Overall, even through PacifiCorp previously claimed that the October 2013 plan 7 

was meant only to serve as the business plan for the Bridger Coal Company,50 a 8 

comparison of the various mine plans shows that the October 2013 plan was 9 

substantially different from the January 2013 plan in its estimates of near term 10 

and long-term costs. Moreover, PacifiCorp relied on the key elements of this plan 11 

to support a top line item in its Utah rate case, and the elements of the October 12 

                                                           
49 Strategic Planning Review of Jim Bridger Plant, provided as Confidential Attachment to Sierra Club 
2.27. Attached as Exhibit JIF-6 7C.  

 
 

 
 

 See Rebuttal Testimony of Ms. Cindy Crane in 13-035-184, lines 154-157. Attached as Exhibit JIF-7 8. 
Ms. Crane testified that the “Inclusion of the 2014 Bridger Coal Company Business Plan was necessary to 
demonstrate appropriate funding levels for the final reclamation trust.” However, reclamation trust 
contributions are highly dependent on the Company’s anticipated long-term future use of the surface mine, 
and thus should represent the Company’s best estimate of coal procurement strategies from the Bridger 
mine complex. 
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2013 plan were later included in the default strategic planning documents that 1 

persisted through the recent 2015 IRP.  2 

The July 2014 mine plan (2015 IRP) also adds an important layer of information 3 

to the coal price forecast for Bridger that was not made available in the October 4 

2013 forecast – coal from third-parties.  5 

 6 

 7 

 8 
   9 

 10 

 11 

. I use the July 2014 12 

mine plan as a proxy for the all-in cost of coal at Bridger, known in late 2013. 13 

Q Was PacifiCorp aware of these changing coal costs when it considered the 14 

SCRs at Bridger 3 & 4?  15 

A Yes. In October 2013, two months prior to the execution of the FNTP, PacifiCorp 16 

was aware, or should have been aware, that the cost of four-unit operation at the 17 

Bridger Plant would be approximately  more expensive than it had 18 

previously anticipated in January 2013. This increase in the cost of coal 19 

substantially diminished the relative value of installing the SCR at Bridger 3&4 20 

compared to the gas conversion alternative.  21 

Q Please explain how you arrived at the $  increase for the two-unit 22 

scenario where Bridger 3 & 4 are repowered to natural gas. 23 

A When the Company’s plans for the Bridger mine changed in October 2013, the 24 

fueling plan for two-unit operation should have changed as well. In particular, the 25 

                                                           
51 See Jim Bridger Plant 2014 Strategic Planning Review_DRAFT. Provided in response to SC DR 2.27. 
Attached as Exhibit JIF-6 7C. 
52 Provided as discovery response to SC 2.3-2 in Oregon LC 62, 2015 Integrated Resource Plan. See file 
“Bridger.xlsx” 
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two-unit operation plan as of January 2013 assumed the closure of the Bridger 1 

surface operations.53 PacifiCorp did not prepare a new two-unit operation cost in 2 

October 2013 (or indeed anytime after January 2013)54 so we are left in a position 3 

of either assuming that the plan for two units would have stayed the same, in 4 

contrast to the four-unit scenario, or that the plan would have changed to adapt to 5 

the assumption that  6 

.55  7 

Assuming the plan would have (likely) changed, it was necessary to develop a 8 

reasonable proxy for a two-unit coal cost in the absence of information from the 9 

Company. Ultimately, the proxy I chose for consistency and simplicity was the 10 

cash cost of coal for the four-unit scenario, vintage January 2013 This was a 11 

reasonable proxy because the costs were developed at a time when the Company 12 

still planned  13 

. 14 

To arrive at an estimate of the coal costs in the two-unit scenario, I substituted in 15 

the January 2013 four-unit coal cost at Bridger for the two-unit coal cost at 16 

Bridger through the end of the analysis period, assuming the same amount of coal 17 

is consumed. This substitution raised the cost of the two-unit scenario by $  18 

 on a net present value basis. 19 

Q Why did you use the January 2013 four-unit coal cash cost as a proxy for the 20 

cash cost of a two-unit scenario in October 2013? 21 

A The January 2013 four-unit coal cash cost is based on a mix of Bridger mine 22 

surface and underground coal, as well as third-party sources, through the analysis 23 

period. I assessed that at the consumption rate of a two-unit scenario, balanced 24 

with surface consumption and expected third-party sources, the current tract  25 

                                                           
53 See Direct Testimony of Mr. Rick Link, RTL-1C page 7, lines 2-4 
54 See Company response to Sierra Club 3-30(d). Question asked “did PacifiCorp ever evaluate, as of the 
time that the workpapers for UT Docket 13-035-184 were created, a two-unit operation [coal cost 
assessment] at Bridger?” PacifiCorp responded that “the analysis has already been provided in this 
proceeding.”   
55 Note that the  assumes four-unit operation. 
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   I surmised 1 

that although the Company was planning, as of October 2013, to  2 

 3 

.56 4 

This blend of coal sources produces a cash cost roughly in line with the four-unit 5 

cash cost from January 2013. I assumed that  coal would be procured 6 

from the surface and from third party providers, in line with the cash cost of coal 7 

in the updated mine plan, July 2014.  8 

Q What was the impact of your revised two-unit scenario cost on the analysis? 9 

A Assuming that the amount of coal used at Bridger is consistent with Mr. Link’s 10 

analysis, this new stream of coal cash costs raises the price of the two-unit 11 

scenario by  on a net present value basis (2014-2030). 12 

Q Are capital expenditures at the coal mine taken into account in the “cash 13 

cost” of coal delivered to Bridger? 14 

A No. PacifiCorp holds the capital expenses incurred at Bridger coal mine separate 15 

from the “cash cost” of coal paid by the Bridger plant, so in effect Bridger plant 16 

pays for Bridger mine coal at well under the full cost of the coal. Ratepayers see 17 

the capital expenses from Bridger mine through rate base, rather than fuel costs. I 18 

discuss this disconnect between the mine and plant in more depth later in my 19 

testimony. 20 

                                                           
56 Another option that I did not assess here is that the Company could  

 providing the bulk of the coal required by the two units. After such time the 
Company would presumably switch back to the surface mine, or procure coal from a different source. I 
extrapolated that this cost, on a per MMBtu basis, would be approximately the same as maintaining a blend 
over the period of the analysis. 
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Q Does the fact that capital expenses are excluded from cash costs change your 1 

assessment of either the two or four-unit scenario cost updates to October 2 

2013?  3 

A No. Based on the information available, it is reasonable to conclude that the 4 

majority of the capital cost changes from January 2013 to October 2013 would be 5 

approximately the same from the two-unit scenario to the four-unit scenario. 6 

However, as I showed earlier, the Company never created an updated two-unit 7 

scenario in October 2013, so this estimate is based on the best information 8 

available to me. The data I do have indicates that the change from January 2013 to 9 

October 2013 should be consistent from a four-unit and two-unit scenario, 10 

meaning that it is reasonable to disregard these costs in my comparative analysis. 11 

Q Is there evidence that the change in capital spending at Bridger mine is likely 12 

consistent from January 2013 to October 2013 in both the two and four unit 13 

scenarios? 14 

A Yes. The October 2013 mine plan, which is implicitly a four-unit scenario, 15 

includes  at the underground mine despite the fact 16 

the mine is planned to be used to depletion. 57 I expect this to be the case for two-17 

unit operation as well. In January 2013, the Company forecasted approximately 18 

$  58 of capital expenditures at the underground mine for the two-unit 19 

scenario, and $  59 for the four-unit scenario (2016-2030, NPV).  20 

As of October 2013, the capital costs associated with the underground mine under 21 

the implicit four-unit scenario are reported as zero over the same time period, 22 

suggesting a savings of  in the four-unit scenario. I would have no 23 

reason to believe that there would be capital expenses incurred in a two-unit 24 

                                                           
57 Company response to Sierra Club 1-6 
58 NPV (2013 – 2030) of cash flow-adjusted capital expenditures at the underground mine under two-unit 
operation (sum of lines 247 through 249 on “OPEX” sheet in BCC Production-Operating Cost Schedules (2 
unit).xlsx as provided in Company response to Sierra Club 1-8(a)) 
59 NPV (2013 – 2030) of cash flow-adjusted capital expenditures at the underground mine under two-unit 
operation (sum of lines 247 through 249 on “OPEX” sheet in BCC Production-Operating Cost Schedules (2 
unit).xlsx as provided in Company response to Sierra Club 1-8(a)) 

CONFIDENTIAL PER PROTECTIVE ORDER IN WUTC  
DOCKET UE-152253 

Exhibit PAC/2601 
Ralston/27

PROTECTED INFORMATION SUBJECT TO GENERAL PROTECTIVE ORDER

P43958
Redacted



Washington Docket UE-152253 
Sierra Club Response Testimony of Jeremy Fisher  

Exhibit No. JIF-1CT 
Page 24 

 
 

scenario that are not seen in the four-unit scenario, and so I treat the level of 1 

savings at the underground mine as approximately the same   2 

Similarly, the January 2013 mine plan predicts  in capital expenditures 3 

at the surface mine, and close to zero for two-unit operation (as the surface mine 4 

is closed). The October 2013 mine plan predicts only in capital 5 

expenditures at the surface (implicit four-unit operations) despite a similar coal 6 

delivery schedule as January 2013. I would not expect reduced extraction at the 7 

surface from two-unit operations to result in any higher capital costs than the 8 

four-unit option (i.e. $ ), and likely significantly lower.  9 

In sum, I therefore believe that it is appropriate to exclude capital cost changes 10 

from my assessment of the updated costs at Bridger mine from January to October 11 

2013. 12 

Q What is the overall impact of your coal price adjustment? 13 

A Had the Company assessed the value of the Bridger 3 & 4 decision using the 14 

updated October 2013 mine plan, it would have found that the four-unit scenario 15 

was approximately  more expensive than previously anticipated, and 16 

the two-unit scenario was  more expensive than previously 17 

anticipated. Overall, this would have reduced the value of the decision to install 18 

SCR by about , on a net present value basis. This adjustment, by 19 

itself, reduced the expected benefit of the SCR from  down to only 20 

.  Combined with the adjustment to gas prices discussed below, the 21 

coal price and gas price adjustments cumulatively change the value of the 22 

decision to install SCR to a  liability. 23 
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5. ADJUSTMENT #2: FALLING GAS PRICES IN LATE 2013 NEGATE BRIDGER BENEFIT 1 

Q Please describe the second adjustment you have made to the Company’s 2 

analysis. 3 

A Using the December 2013 OFPC, I adjusted the value of the Bridger 3 & 4 4 

decision down from  to , an adjustment of $ million, 5 

to account for rapidly falling gas price forecasts.  6 

The second adjustment is based on the fact that gas prices and gas forwards had 7 

been declining continuously through much of 2013. Gas prices are highly 8 

influential in this analysis because changing gas prices impact the cost of 9 

providing energy from a re-powered Bridger60 and the cost of replacement 10 

energy.61 As Mr. Link demonstrates in RTL-9C, there is a direct correlation 11 

between gas prices and value of the decision to retrofit Bridger 3 & 4. 12 

Mr. Link testified that he can use this relationship between gas prices and the 13 

value of the decision to evaluate the economic merit of the decision under 14 

different gas prices.62 Mr. Link concluded that, while the value had fallen 15 

substantially (30% by September 2013), the Company’s decision was still 16 

economic when using the September 2013 Official Forward Price Curve 17 

(“OFPC”).63 18 

I used the levelized cost of gas in the Company’s December 2013 OFPC using the 19 

same mathematical relationship established by Mr. Link to test the economic 20 

merit of the SCRs at the time the FNTP was executed. Below, I have put these 21 

results in the same figure type as shown by Mr. Link in Exhibit RTL-9C. 22 

                                                           
60 i.e. Bridger as powered by natural gas, as a peaking unit. 
61 i.e. the energy that Bridger as a coal-fired unit would have produced either for customers or for sale off-
system. 
62 Direct Testimony of Mr. Rick Link, RTL-1CT, pate 20 at 17-21. 
63 Id. 
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1 
2 

3 

Confidential Figure 4 shows that, as Mr. Link indicated, the value of the Bridger 4 

retrofit decision had shrunk from September 2012 to November 2013, and then 5 

rapidly fell again by December 2013, when nominal levelized gas prices at 6 

$ MMBtu where nearly as low as the breakeven price of $ MMBtu.  7 

Following Mr. Link’s methodology, I estimate that the value of the decision to 8 

retrofit (the “PVRR(d)”) had fallen from a  benefit in September 9 

2012 to in September 2013, and finally to three months 10 

later in December 2013. This falling value due to gas prices is independent of the 11 

changes due to the new Bridger mine plan, which means that the adjustments are 12 

cumulative. 13 

At the time the FNTP was executed in early December, the Company had, or 14 

should have had, sufficient information to indicate that the Bridger decision was 15 
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non-economic, and as a result the Company should have stopped the project. I 1 

discuss the timing and evidence for this conclusion later in my testimony.  2 

6. EVIDENCE FOR ADJUSTMENT #2 – FALLING GAS PRICE FORECAST 3 

Q Please describe the basis of your natural gas price adjustment. 4 

A The middle of 2013 saw a realignment of expectations about the future of 5 

domestic natural gas supply, and subsequent expectations of long-term pricing. 6 

The forward price of natural gas fell almost continuously through 2013, a fact not 7 

lost on PacifiCorp, and evidenced through both publicly available forecasts, short-8 

term commodity trading prices, and the proprietary gas price forecasts used by 9 

PacifiCorp. The Company states that it had re-assessed the economic viability of 10 

the Bridger SCRs with updated gas price forecasts prior to signing the FNTP,64 11 

but this analysis was superficial and missed both a clear trend and equally clear 12 

data showing that the Bridger SCRs were rapidly becoming only marginally cost 13 

effective (at best), and could readily be rendered non-economic with only small 14 

shifts in gas prices. Had the Company performed a slightly deeper dive prior to 15 

signing the FNTP, it would have found that the Bridger 3 & 4 SCRs barely broke 16 

even on the basis of gas prices alone, much less the updated coal mine plan. 17 

Q Did the Company re-assess the economic merit of the Bridger SCRs prior to 18 

executing the FNTP? 19 

Yes. Mr. Link briefly described this process.65 He reviewed the relationship 20 

between levelized natural gas prices and PVRR(d) (as shown in my Confidential 21 

Figure 4 and RTL-9C), and noted that the September 2013 OFPC Opal gas price 22 

was $  above his “breakeven” price of $  He therefore 23 

he concluded that the decision was still economic. 24 

There are three problems with Mr. Link’s argument.  25 

                                                           
64 Direct Testimony of Mr. Rick Link, page 20 lines 14-21. 
65 Direct Testimony of Mr. Rick Link, page 20 lines 14-21. 
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1. Mr. Link’s September 2013 assessment alone would have indicated that the 1 

SCR decision had lost about 30% of its value (over $  since its 2 

justification before the Utah and Wyoming commissions just a few months 3 

previously. This rapid deterioration in relative value should have provided a 4 

clear signal to the Company to reevaluate the decision very carefully, or to at 5 

least to seek holding off on a decision to allow for additional information to 6 

develop.66  7 

2. From September 2013 (the date of the OFPC used by Mr. Link) to December 8 

2, 2013 (the date the FNTP was signed), gas price forwards continued to fall. 9 

During that period, PacifiCorp would have had access to public data, 10 

including NYMEX pricing and EIA’s Short Term Energy Outlook indicating 11 

a rapid change in forward pricing signals. In addition, it would have likely 12 

received data from one of its vendors indicating falling prices,67 and were 13 

only ten days out from receiving data from another vendor showing 14 

dramatically lower prices.68 15 

3. Mr. Link’s September 2013 assessment set up a clear conflict of interest 16 

between the Company’s prospects for recovery of the SCR costs in Wyoming 17 

and Utah, where it had already received pre-approval of those costs, and its 18 

other state jurisdictions, where the decision to proceed with the SCRs had yet 19 

to be considered. PacifiCorp had recently completed proceedings before two 20 

state commissions justifying the proposed decision, and even a slightly lower 21 

price forecast could have eliminated the economic value of the Bridger SCRs 22 

completely, negating two years of preparation and justification in Wyoming 23 

and Utah. 24 

                                                           
66 This is especially true given the Company had no legal obligation to begin planning for the SCR retrofits 
until January 2014, when EPA issued its final decision. 
67  

as provided in WUTC DR 92 or as provided in WUTC DR 165 file 
IPM_Assumptions_Results_P0913B04.pptx, slide 43. 
68  

 Provided in WUTC DR 92. 
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Q Which gas price forecast did you use in your analysis?  1 

A The Company’s December 2013 OFPC forms an appropriate basis from which to 2 

assess the best known or knowable gas price forecasts at the time the FNTP was 3 

signed. The December 2013 OFPC was released at the end of December, but it 4 

was based on information available before the FNTP and within a week and a half 5 

of executing the FNTP. The December 2013 OFPC is therefore the most 6 

appropriate forecast to use because it reflected the rapidly falling gas price 7 

forecasts in common use at the end of 2013.  8 

Q What other information would have been available to PacifiCorp about 9 

falling gas price forecasts at the end of 2013? 10 

A There are at least two publicly available short-term forecast options. The US 11 

Energy Information Administration (EIA) produces a monthly short-term energy 12 

outlook (STEO) that looks forward two calendar years, also gas futures at the 13 

Henry Hub trade on the New York Mercantile Exchange (NYMEX), and are 14 

readily tracked, with reasonable trading volumes 4-5 years ahead. 15 

STEO prices for 2014 were at $4.00/MMBtu in September 2013. By November 16 

2013, forwards for 2014 had dropped by 2%, which while small, would still have 17 

trimmed another $  from the SCR decision. More importantly, EIA was 18 

reporting that production was at record levels near the end of 2013, with 19 

production high enough to displace international imports. The November 2013 20 

STEO specifically calls out the rapid growth in shale gas production.69  21 

According to NYMEX records 2018 Henry Hub forwards were trading at 22 

anywhere from $4.6 to $5.1/MMBtu (nominal) between July and September, 23 

2013. In the next quarter, prices had fallen to between $4.3 to $4.5/MMbtu before 24 

December 1, 2013, as shown in Figure 6, below. 25 

69 November 2013 STEO: “This month’s STEO raises the projection for marketed natural gas production 
by 0.4% in 2013 and 0.9% in 2014 from the previous STEO. In the past several months, natural gas 
production has hit record high levels, even as prices declined this summer. The Marcellus Shale has been 
the main driver of growth…” http://www.eia.gov/forecasts/steo/archives/nov13.pdf  
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Figure 5. NYMEX Futures for 2018 HH, 2012-2016, indicating fall in forecast 1 
during 2013.  2 

 3 

Retrieved from CME Group, March 15, 2016. January 2018 Henry Hub gas futures with one-week average 4 
open, high, low, close. 5 

This three month drop of about 6-10% was consistent across years projected in 6 

the NYMEX market (i.e. 2014-2020). If this trend were true for longer-term 7 

forecasts, it should have effectively signaled that the SCRs were no longer 8 

economic (a loss in value of between   9 

Q Did PacifiCorp recognize that gas prices were dropping rapidly through 10 

2013? 11 

A Yes. In an October 29, 2013 workshop on a natural gas RFP process, PacifiCorp 12 

developed a slide with series of then-recent OFPCs, dropping from 2008 through 13 
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the September 2013 OFPC.70 The slide, shown below in Figure 6, indicates that 1 

“forward price curves have decreased almost steadily from 2008 to 2013.” The 2 

curves show that the Company, in fact, had revised gas price futures downwards 3 

in recent OFPCs as well, and was therefore aware of the trend. 4 

 5 

Figure 6. PacifiCorp slide on Forward Price Curves. October 29, 2013. 6 

 7 

Q Please summarize your gas price adjustment. 8 

A The Company’s December 2013 OFPC is the correct forecast to use for this 9 

evaluation because it is largely based on information that was available to the 10 

Company prior to the FNTP, and reflects trends that would have been known to 11 

the Company around the time the FNTP was signed.  12 

As discussed above, using Mr. Link’s method of levelizing nominal gas prices, 13 

the gas prices from the December 2013 OFPC would have been approximately 14 

                                                           
70 PacifiCorp. 2013. Public Presentation - RFP Process Improvement Workshop (10-29-2013).  
http://www.pacificorp.com/content/dam/pacificorp/doc/Suppliers/RFPs/RFP_NaturalGas2012/PacifiCorp-
2013NaturalGasRFP-ProcessImprovement_10-29-13.pdf  Attached as Exhibit JIF-8 9. 
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$5.00/MMBtu,71 or just $0.14/MMBtu shy of Mr. Link’s “breakeven” price. This 1 

change should have alerted the Company to the deteriorating relative value of the 2 

SCR decision before the Company had substantially committed resources to that 3 

decision. 4 

The December 2013 OFPC resulted in a downward adjustment of $ million 5 

compared to the Company’s initial estimate of a benefit from 6 

installing the SCRs at Bridger 3 & 4. Based on the gas adjustment alone, the value 7 

of the Bridger 3 & 4 decision dropped to only  Combined with the 8 

increased coal prices discussed earlier, the cumulative change to the SCR analysis 9 

resulted in a net liability of  10 

Q Do you have any other concerns regarding Mr. Link’s assessment of the 11 

valuation of the SCRs that he conducted prior to the execution of the FNTP? 12 

A Yes. Mr. Link bases his “last minute” assessment on the September 2013 OFPC, 13 

which is implied to be a fully third-party forecast, and thus completely external to 14 

any decision making process dependent on said forecast. In fact, PacifiCorp 15 

develops its own forward price curves for natural gas.72 While these forecasts are 16 

based on information gleaned from third-party forecasts, they are – as is any 17 

forecast – partially subjective, and Mr. Link is central to the creation and 18 

derivation of the gas price forecasts.73  19 

In fact, Mr. Link recognized that the September 2013 OFPC would not reflect 20 

even the most up-to-date information he had in his possession at the time. In an 21 

email to an associate, he wrote that one of the vendors had recently updated their 22 

projections, yet he was recommending against incorporating this newer 23 

information .” As 24 

71 December 2013 OFPC provided to Sierra Club in non-confidential discovery in Wyoming Docket 20000-
446-ER-14 (2014 General Rate Case) as SC 11.6. Attached as Exhibit JIF-9 10. 
72 See Response to WUTC DR 92. Attached as Exhibit JIF-10 11. 
73 See communication between Mr. Rick Link and associates, September 23, 2013, wherein Mr. Link 
provides a direct recommendation of forward gas prices to be used in the September OFPC. Provided in 
WUTC 165 1st Supplement. Attached as Exhibit JIF-11 12. 
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such, he recommended maintaining the long-term price curve, effectively 1 

ensuring that the September forecast was not up to date.74 2 

7. WESTERN CONTROL AREA ANALYSIS DOES NOT AFFECT PRUDENCE3 

DETERMINATION 4 

Q Have you reviewed the west control area analysis of the decision performed 5 

by the Company? 6 

A Yes. Mr. Link discusses a west control area analysis in which the decision to 7 

retrofit Bridger 3 & 4 is cast from a Washington state rate policy specific basis.75 8 

I understand that Mr. Link has used the same System Optimizer runs that were 9 

utilized in the full-system Bridger SCR analysis, and extracted the specific costs 10 

and benefits accrued to the west control area (Washington, Oregon, and 11 

California). 12 

Q What is your opinion on the west control area analysis performed by the 13 

Company? 14 

A The results of the west control area analysis are immaterial to the prudence 15 

decision before this Commission. The case before this Commission with regards 16 

to the Bridger SCRs asks a brightline question: was the decision to install SCRs at 17 

Jim Bridger units 3 & 4 reasonable based on information the Company knew or 18 

should have known at the time that it was required to make the decision? The 19 

installation of the SCRs was a binary decision: install or choose an alternate 20 

course of action. The Company must take into account the benefit of ratepayers 21 

when making the decision, but the Company does not, and should not, make 22 

decisions to retrofit the Bridger plant on the basis of Washington’s allocation 23 

scheme alone. Therefore, while Washington’s allocation scheme influences 24 

recovery of costs, the allocation methodology does not dictate the results of the 25 

prudence decision.  26 

74 Id. 
75 Direct Testimony of Mr. Rick Link, pages 14 - 18 
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The west control area analysis may separately provide guidance in fashioning a 1 

remedy based on the harm that PacifiCorp’s imprudent decision caused to 2 

Washington ratepayers. For example, should this Commission find that the 3 

decision to retrofit was imprudent, it would be reasonable for the Commission to 4 

use the west control area analysis to determine the costs that the imprudent 5 

decision imposed on Washington ratepayers. The Commission should also 6 

consider other current information that shows the extent to which PacifiCorp’s 7 

imprudent decision harmed ratepayers, including information on current gas and 8 

coal prices and price forecasts.   9 

8. ACCELERATED DEPRECIATION AT JIM BRIDGER 10 

Q Have your reviewed the Company’s proposal to accelerate depreciation at 11 

the Jim Bridger plant to 2025? 12 

A Yes. The Company states that “this change will provide greater resource planning 13 

flexibility for the Company and its customers as Washington implements state 14 

and federal environmental policies,”76 “including the Clean Power Plan, in 15 

alignment with reasonably anticipated implementation timelines.”77 The 16 

Company further states that it is seeking to “realign depreciable schedules for 17 

west control area coal-fueled generation resources included in Washington rates 18 

with the lives used in Oregon, the largest jurisdiction in the west control area.”78 19 

Q Do you support the Company’s request to accelerate depreciation at Jim 20 

Bridger Plant? 21 

A Yes. Accelerating depreciation at Bridger accomplishes several goals. 22 

1. Accelerated depreciation provides a clear signal to the Company that the23 

State of Washington is interested in PacifiCorp making rational, least cost24 

76 Direct Testimony of R. Bryce Dalley, page 5, lines 3-5 
77 Response to Public Council DR 9, Attached as Exhibit JIF-12 13. 
78 Response to Public Council DR 7. Attached as Exhibit JIF-13 14. 
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planning decisions, even if such decisions require the retirement of 1 

existing resources;  2 

2. Given the increasing likelihood that Jim Bridger and other coal plants will3 

retire sooner than their current depreciation schedule in Washington,4 

accelerated depreciation protects the interests of Company shareholders by5 

allowing recovery of plant assets during the life of the plant.6 

3. Accelerated depreciation protects ratepayers by minimizing the risk of7 

intertemporal cost shifting between current ratepayers who are continuing8 

to receive power from the plant, and future ratepayers who may otherwise9 

be required to pay off undepreciated assets after the plant has stopped10 

providing power;11 

4. Changing the depreciation schedule now allows nine years to mitigate12 

ratepayer impacts from accelerated depreciation, whereas waiting to13 

accelerate depreciation will only increase rate shock in the future;14 

5. Accelerated depreciation aligns with the Company’s expected 15 

16 

17 

18 

Q Does the Company’s justification for the accelerated depreciation schedule 19 

cause any concern for you? 20 

A Yes, in part. While I support the end goal of setting a clear, near-term date at 21 

which Bridger assets will be fully depreciated in Washington, Mr. Dalley’s 22 

justification for the schedule is either unfortunately phrased, or indicative of a 23 

problematic outlook by the Company. 24 

According to Mr. Daley, the accelerated depreciation schedule “will provide 25 

greater resource planning flexibility for the Company and its customers as 26 
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Washington implements state and federal environmental policies.”79 This 1 

assertion is repeated as the primary response to Public Council DR 60 and Staff 2 

DR 29, both of which state that the change in depreciable life “provide[s] greater 3 

resource planning flexibility for the Company and its customers as Washington 4 

implements state and federal environmental policies.”  5 

I’m concerned that the Company links the accelerated depreciation schedule 6 

specifically to planning. As the Company would no doubt agree, existing plant 7 

balance and other sunk costs are necessarily excluded from forward-going 8 

planning. The Company’s existing asset base is not, nor should be, at issue when 9 

considering forward planning. The Company’s rationale for accelerating 10 

depreciation indicates that in the absence of accelerating depreciation, the 11 

Company may choose to avoid making near-term retirement decisions, even 12 

where that is the least-cost decision, if it would result in stranded assets. The 13 

Company’s forward planning should in no way be influenced by its perception of 14 

the ability to recover stranded assets, an all-too-common motivation in utility 15 

resource planning. 16 

While the shorter depreciation schedule does change how new capital is 17 

recovered, and thus influences planning decisions, the recovery of new capital 18 

does not a priori “provide greater resource planning flexibility.” 19 

Q What is the impact of the Company’s proposal to accelerate depreciation on 20 

the decision to retrofit Bridger 3 & 4 with SCRs? 21 

A As with the west control area analysis, the accelerated depreciation schedule at 22 

Jim Bridger for Washington should not substantially change the analysis of 23 

PacifiCorp’s decision process unless the Company knew at the time that there was 24 

a significant risk that Jim Bridger 3 & 4 would become non-economic to operate 25 

or retain on a going-forward basis after 2025 as coal-fueled resources. 26 

79 Direct Testimony of Mr. R. Bryce Dalley, page 5 at 3-5 
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If the Company knew that it was likely that Bridger 3 & 4 would not be operated 1 

as a coal plant post-2025, then the Company should have assessed the value of the 2 

SCRs based on an assumption that a replacement resource for Bridger 3 & 4 3 

would be required in 2025 in the SCR scenario. This assessment would likely 4 

have added significant costs to the SCR alternative compared to a gas conversion 5 

alternative. 6 

Overall, however, the request for accelerated depreciation is subordinate to the 7 

economic decision as a whole, and like the western control area analysis, would 8 

not guide the Company’s decision-making process unless the Company knew that 9 

it was likely to stop operating Bridger 3 &4 as a coal resource in 2025 at the time 10 

that it made the decision to install SCR. 11 

Q Why would the accelerated depreciation request be meaningful to the 12 

decision to retrofit if PacifiCorp were aware that there was a significant risk 13 

that the coal fired units would become non-economic in or around 2025? 14 

A If PacifiCorp was aware that Jim Bridger 3 & 4 were likely to become non-15 

economic on a going-forward basis (i.e. after the SCRs were installed) in or 16 

around 2025, then the entire analysis should have been constructed around 17 

alternative resources coming online after the retirement of Bridger 3 & 4. I 18 

assume that the most significant reason that Bridger 3 & 4 would become non-19 

economic in 2025 would be due to the narrowing margin between gas and coal, 20 

and carbon regulations. Therefore, any such analysis determining that Bridger 3 & 21 

4 might be non-economic after 2025 should be applied only to the case where the 22 

units are coal-fired, not as gas-fired resources. 23 

The Company performed an assessment similar to this issue in response to a 24 

discovery request from Public Council,80 and demonstrated that the economic 25 

value of the Bridger 3 & 4 SCR decision was significantly reduced by the 26 

accelerated depreciation schedule. The value shrinks from  (as shown 27 

80 Company Response to Public Council DR 15. 
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by Mr. Link) to 81 using the September 2012 gas price forecast. 1 

Updating the analysis to September 2013 gas prices as used by Mr. Link in 2 

testimony and following his extrapolation methodology, the relative value 3 

declines to just – a significant degradation from the Company’s 4 

application.  Including my own changes based on either the October 2013 coal 5 

price adjustment or the December 2013 gas price adjustment further impacts the 6 

analysis, with each adjustment on its own rendering the decision to install the 7 

SCRs a significant liability for ratepayer (over $  million for each adjustment 8 

separately).  9 

In short, if the Company was aware at any time prior to the execution of the 10 

FNTP that Bridger 3 & 4 were likely to be non-economic as coal units on a going-11 

forward basis in or around 2025, the Company should have modeled replacement 12 

power and would likely have found that the decision to install SCRs in 2015 and 13 

2016 was highly non-economic and imprudent. 14 

Q What conclusions can you draw about the request for accelerated 15 

depreciation? 16 

A I support the Company’s petition to accelerate its remaining assets towards a 17 

depreciable life in 2025 for the reasons stated above. This does not alter my 18 

assessment that the decision to retrofit Bridger 3 & 4 was imprudent, and in fact 19 

the potential that Bridger 3 & 4 may stop burning coal in 2025 makes the decision 20 

to install SCRs even less favorable. 21 

For purposes of determining whether the decision to install SCR was prudent, I 22 

believe that the accelerated depreciation schedule has minimal bearing on the 23 

decision to move forward on the SCR retrofits unless the Company knew at the 24 

time that it was likely to stop burning coal at Bridger 3 & 4 in 2025. This 25 

conclusion is consistent with my conclusion that the western control area analysis 26 

81 Company Response to Public Council DR 15. Table 1: 2025 Depreciable Life for Coal-Fueled Operation 
Case (SYSTEM). Attach PC 15 -1 1st Supp CONF.xlsx Attached as Exhibit JIF-14 15. 
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should have no bearing on evaluating the prudent of the Company’s SCR 1 

decision. 2 

However, like the western control area analysis, the accelerated depreciation 3 

analysis could be considered a useful tool in assessing the harm to ratepayers 4 

caused by the Company’s imprudent action to retrofit Bridger 3 & 4. Looking 5 

forward, the Commission should assess harm to Washington ratepayers from the 6 

perspective of both the western control area analysis (i.e. the burden carried by 7 

Washington ratepayers) and the accelerated depreciation analysis. PacifiCorp has 8 

provided a starting point in response to Public Council data request 15 in an 9 

analysis combining both of those elements in Table 3. Again, it is critical to stress 10 

that the results shown here should not be used to assess prudence, but instead to 11 

determine the level of harm incurred in Washington.  12 

9. OTHER KEY ISSUES 13 

Q Do you have any other concerns that are relevant to the analysis at hand? 14 

A Yes. I have three specific concerns regarding the Company’s analysis and input 15 

assumptions. These are deeply embedded in the Company’s methodology, but 16 

may individually and collectively bias the outcome of the Company’s assessment, 17 

both here and in other similar cases. 18 

First, the Company treats the Jim Bridger mine, for all intents and purposes, as a 19 

completely separate regulated entity with oversight and planning that is separate 20 

from the Jim Bridger plant. This is a concern because the two entities are 21 

inextricably tied to each other. As a consequence, planning at the mine does not 22 

adequately take into account avoidable opportunities at the plant, and vice versa. 23 

This disconnect means that the plant receives coal at a lower cost than is 24 

reasonable because capital costs are incurred through the mine, not the plant. 25 

Ratepayers, however, still ultimately pay for higher costs because they support the 26 

mine.  27 
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If the mine were operated and owned by a third party, we would expect that all 1 

costs incurred for coal, except for liquidated damages, would be incurred as a 2 

variable cost. At Bridger mine, capital costs are put directly into rate base and are 3 

not included as “cash costs” for coal received at Bridger plant. The equivalent 4 

type of arrangement for a market participant might be a long term contract for 5 

coal procurement with a very large, irrevocable, fixed charge component. 6 

However, when a utility signs a very large, irrevocable, fixed charge mine 7 

contract, it must subject that contract to rigorous economic review, similar to the 8 

way that large capital expenditures are reviewed at plants today (e.g. the instant 9 

case with regards to the SCRs). Such a review is necessary because, if a contract 10 

is going to be signed that contains a significant commitment (such as a take or pay 11 

contract), there is a substantial burden of economic review to ensure that 12 

optionality and least cost procurement are maintained.  13 

PacifiCorp does not exercise either of these principles at Bridger in the current 14 

arrangement, or at least not through any demonstrable mechanism. The mine 15 

planning is based on an assumed procurement of coal on a year by year basis, 16 

with no clear tie in to plant operations, and PacifiCorp simply assumes that it will 17 

operate through the end of the plant’s depreciable life. Therefore, there is no 18 

mechanism by which PacifiCorp vets capital expenses against economic 19 

efficiency, and there is no way for the Company, or ratepayers, to know if the 20 

combination of the mine and plant are actually economically justifiable. Capital 21 

expenses at the mine are simply incurred.  22 

Similarly, the variable cost of coal provided to the Bridger plant is far lower than 23 

would be demanded under market circumstances because many of the costs are 24 

simply siphoned into rate base and are not paid for by the plant. This combination 25 

results in the obtuse result that the plant may simply operate under some 26 

circumstances to consume the coal produced at the mine, not because it is an 27 

economic resource. 28 
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Second, the Company’s forward modeling in System Optimizer treats all 1 

operating and maintenance (O&M) costs at Jim Bridger (and other coal units) as 2 

fixed,82 which significantly underestimates the variable cost of production and 3 

potentially overestimates dispatch as the units become increasingly marginal 4 

under low gas price forecasts. This is a simple and expansive error in assumption. 5 

While it may be the case, historically, that Bridger was so inexpensive on a 6 

variable cost basis that the difference of a variable O&M cost was irrelevant, it is 7 

clearly not the case now. As the units become more marginal on an operating 8 

basis, the inclusion of the variable O&M costs as avoidable (i.e. variable) costs is 9 

increasingly important. Failing to include these costs means that the plant 10 

dispatches at a higher rate than it should economically, which biases the outcome 11 

of the analysis towards the selection of the SCRs. 12 

Third, the model used by the Company to assess the market cost of energy for 13 

forward planning appears to assume that three of the four Jim Bridger units retire 14 

in 2017.83 If this is in fact the case, it would artificially raise the market cost of 15 

energy where Bridger continues to operate, therefore enhancing the off-system 16 

sales benefit of maintaining all four units. This enhancement would bias the 17 

selection of the Bridger retrofits over the gas replacement option, which results in 18 

fewer off-system sales. This inconsistency would also likely persist through the 19 

Company’s other coal and resource planning initiatives. 20 

10. REMEDY ASSESSMENT 21 

Q How should this Commission assess the impact of the Company’s imprudent 22 

decision to retrofit Bridger 3 & 4 with SCRs? 23 

A I recommend that the Commission disallow a portion of the SCR expense based 24 

on the harm that PacifiCorp’s imprudent decision caused to Washington 25 

82 See response to Sierra Club DR 1-13(a). The referenced file “CAPEX_VOM.gms” is the input file that 
holds capital expenditures and variable operation and maintenance (O&M) costs for existing thermal 
resources, including Jim Bridger. Gas plants in this file are populated with variable O&M, but coal units 
are not. 
83 See attachment response to WUTC DR 165, “Midas Inputs P0913B04.” Attached as Exhibit JIF-15 16. 
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ratepayers. As discussed in more detail below, I recommend that the Commission 1 

disallow $35 million of the  84 that PacifiCorp has requested to be put 2 

into Washington rate base for the SCRs at Bridger 3 & 4. 3 

Q Is your recommended disallowance based on information that the Company 4 

knew or should have known at the time it made the decision to install SCR?  5 

A No, I based the calculation of the disallowance on current information as opposed 6 

to information that the Company knew or should have known at the time is made 7 

the decision to move forward with the SCRs. When the Company decided to 8 

execute the FNTP on December 2, 2013, it committed ratepayers to a twenty-9 

three year investment, one that had been rapidly declining in value and increasing 10 

in risk. It is appropriate to assess the prudence of that decision based on 11 

information available to the Company at the time it made that decision, but the 12 

calculation of harm or damage to ratepayers that occurred as a result of that 13 

imprudent decision is a separate question that must consider current information.  14 

My testimony above shows that by the time the decision to install the SCR was 15 

made in December 2013, it was clear that installing the SCRs would be a 16 

significant liability for PacifiCorp’s ratepayers. This Commission is now faced 17 

with deciding how to assess a remedy to protect ratepayers against the Company’s 18 

poor management and decision making.  19 

Q Have other public utility commissions penalized PacifiCorp for imprudent 20 

decision making related to its coal plants?  21 

A Yes. The Oregon Public Utilities Commission considered a similar circumstance 22 

in PacifiCorp’s 2012 rate case concerning imprudent decisions to make large 23 

capital expenditures at several coal plants in or around 2008.  The Oregon 24 

Commission stated that “we agree that new analysis to model the impact on 25 

ratepayers would provide us additional information to determine a disallowance, 26 

[but] requiring the additional analysis would take more time than we are allotted.” 27 

84 CAT-1CT at 15, line 3 and 24, line 1. 
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Ultimately, that Commission opted for a simplified fractional approach, and 1 

disallowed a $17 million portion of the capital recovery sought by the 2 

Company.85 3 

Q How should the Commission calculate a disallowance in this proceeding? 4 

A In this docket, the Company’s assessment provides a layer of analysis that was not 5 

available in the Oregon proceeding. Here, the Company already assessed an 6 

alternative, lower-cost compliance option that it could have pursued if it had 7 

properly rejected the SCR installation. The difference between the Company’s 8 

chosen course of action and the lower-cost alternative provides a basis from 9 

which this Commission can assess the harm incurred as a result of the imprudent 10 

decision. The lower-cost course of action, as analyzed by PacifiCorp, would have 11 

been to convert Bridger 3 & 4 to operate on natural gas. The Commission 12 

therefore has the necessary information available to determine the difference in 13 

costs between the SCR scenario and the gas alternative would have played out 14 

through today and into the future based on a current estimate of fuel prices.  15 

The Company’s System Optimizer model, recently updated for the 2015 IRP, and 16 

used to assess other decisions as well, can also be rapidly modified to assess harm 17 

to ratepayers incurred by this decision. The Commission could require PacifiCorp 18 

to make a compliance filing that re-runs System Optimizer to calculate the level 19 

of harm that Washington ratepayers will suffer based on information that is know 20 

today. Lacking that information, I propose two alternative options to assess harm. 21 

The first takes the perspective of the overall Company. The latter is more specific 22 

to Washington, taking into account both the request for accelerated depreciation 23 

as well as the western control area analysis.  24 

85 Oregon Public Service Commission, Order 12-493 in Docket UE-246. Page 32. 
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Q Please describe your calculation of the harm to ratepayers on a system-wide 1 

basis. 2 

A In order to determine the harm to Washington ratepayers, I first assessed the 3 

system-wide harm to ratepayers that resulted from PacifiCorp’s decision to install 4 

SCR. I started with a baseline of the Company’s analysis that assumed a benefit 5 

of the SCR retrofits on a system-wide basis (at ) and adjusted from 6 

there. As Mr. Teply testified, the ultimate cost of the SCR contract decreased by 7 

.86 However, during the same time period, gas price forwards fell 8 

substantially, even below the forecasts in December 2013. Based on the 9 

Company’s assessment of gas price forwards at Opal in late 2014,87 the relative 10 

value of the SCR decision has dropped by  from the Company’s 11 

initial estimate based on 2012 gas prices. Adjusting coal prices to the October 12 

2013 mine plan (and consistent with the recent 2015 IRP), the relative value of 13 

the SCR dropped another  as a result of higher coal costs incurred 14 

under the four-unit scenario. Without the benefit of another run through System 15 

Optimizer with contemporary capital, coal, gas and energy prices, I estimated that 16 

the decision to install SCRs will result in costs to ratepayers of approximately 17 

$194 million on a system-wide basis, or roughly $43 million on a Washington-18 

allocated basis. The following is a summary of the estimated system-wide harm to 19 

ratepayers:  20 

 million Company’s estimated benefit 
 million Reduced cost of SCRs in final EPC contract 
 million Adjustment to late 2014 gas prices 
 million Adjustment of coal prices at Bridger to October 2013 
million Total Costs (2012$), Company-wide analysis 

21 

86 Direct Testimony of Chad Teply, page 15 line 8 and page 24 line 5, also Exhibits CAT-7C and 13C 
87 OFPC from 12/2014, provided as non-confidential response to discovery in Oregon Docket 1712, SC 
2.13 
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Q Please describe your assessment of the harm to Washington ratepayers. 1 

A From the perspective of Washington ratepayers, I calculated harm to ratepayers 2 

based on the Company’s analysis of the benefit of the SCRs, but included both the 3 

accelerated depreciation schedule and the western control area analysis, provided 4 

in supplemental responses to Public Council data request 15. Table 3 of the 5 

Company’s supplemental attachment to Public Council Data Request 15 shows a 6 

net benefit of the retrofit (after these two adjustments) of  for the 7 

western states.88 Again accounting for the savings in the final SCR cost, updated 8 

gas prices,89 and the revised coal prices, I calculated a total cost to ratepayers of 9 

$132 million, or approximately $30 million on a Washington-allocated basis. 10 

million Company’s estimated benefit 
million Reduced cost of SCRs in final EPC contract 
million Adjustment to late 2014 gas prices 
million Adjustment of coal prices at Bridger to October 2013 
million Total Damages (2012$), Washington-specific analysis 

11 

The calculation of harm to Washington ratepayers is likely a more accurate 12 

prediction of the costs that PacifiCorp’s imprudent decision will impose on 13 

customers in the state. However, the system wide damage assessment is also a 14 

reasonable alternative to calculate harm to ratepayers. Therefore, I recommend 15 

that this Commission consider a disallowance of $35 million, which falls between 16 

the two estimates of $30 million and $43 million.  17 

In the alternative, the Commission could require the Company to run its model 18 

from a 2013 standpoint with updated contemporary coal and gas prices (i.e. 19 

known today) to provide a more accurate calculation of harm to ratepayers. 20 

88 Ex. JIF-14 15, Attach PC 15 -1 1st Supp CONF.xlsx  
89 This assessment is imperfect as gas prices may have a slightly different impact in a west control area 
assessment than in the region as a whole. However, PacifiCorp did not provide bounding data on gas price 
impacts, and therefore this is a rough estimate. 
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Q Do you have any closing thoughts? 1 

A Yes. The Company’s mechanism for assessing individual unit decisions has 2 

improved markedly since my first engagement on such issues with PacifiCorp in 3 

2012. The Company now uses a state of the art model to maintain a database of 4 

unit costs and operations and tests viable alternatives. Despite this improvement, 5 

the Company’s system is not without flaws. In particularly, the assumptions that 6 

the Company uses to populate its modeling assumptions continue to be flawed 7 

and are based on decisions that are completely external to the modeling.  8 

The ultimate decision to retrofit Bridger 3 & 4 was made at a time when the 9 

energy economy was undergoing significant and rapid change; changes that 10 

catalyzed new planning efforts and radically different decisions in utilities across 11 

the country. Lower gas and energy prices along with new environmental 12 

regulations drove many utilities to re-imagine their portfolios. The Company was 13 

not blind to these changes, and it bore a responsibility to assess – and reassess up 14 

to the moment final moment and beyond – decisions that could extend the lives of 15 

its aging coal plants.  16 

The Company had an opportunity to avoid significant expenditures at Bridger 3 & 17 

4, and yet willfully ignored substantial changes occurring at its own coal mine, as 18 

well as clear trends in gas and energy prices – trends that would assuredly have 19 

indicated that the decision was moving towards, and then beyond, a threshold of 20 

cost effectiveness. Nonetheless, the Company failed to pull together these pieces, 21 

and as a result, PacifiCorp committed substantial capital expenditures to a coal 22 

plant that the Company now perceives as a risk and seeks to depreciate in just ten 23 

years. 24 

This Commission must hold PacifiCorp responsible and accountable for its 25 

planning decisions. Running a complex model only to ignore clear data trends or 26 

discard unfavorable results is imprudent, and Washington’s ratepayers should not 27 

have to pay for PacifiCorp’s complacency. I recommend that this Commission 28 

determine that the Bridger 3 & 4 SCR retrofits were imprudent. I further 29 

recommend that the Commission make Washington ratepayers whole by 30 
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disallowing $35 million from the total cost of the SCRs that the Company is 1 

requesting to put in rate base.  2 

Finally, the Commission should move to accelerate the recovery of remaining 3 

plant balance at Jim Bridger so that it can disentangle Washington ratepayers 4 

from future harm incurred at this plant and mine. 5 
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Q. Please state your name, business address, and present position with PacifiCorp.  1 

A. My name is Dana Ralston.  My business address is 1407 West North Temple, Suite 2 

210, Salt Lake City, Utah 84116.  I am employed as the Vice President of Coal 3 

Generation and Mining.  I am testifying on behalf of Pacific Power & Light Company 4 

(Pacific Power or the Company), a division of PacifiCorp. 5 

QUALIFICATIONS 6 

Q. Briefly describe your education and professional experience. 7 

A. I have a Bachelor of Science Degree in Electrical Engineering from South Dakota 8 

State University.  I have been the Vice President of Coal Generation and Mining for 9 

the Company since March 2015.  I was the Vice President Before that, I held a 10 

number of positions of increasing responsibility within Berkshire Hathaway Energy’s 11 

generation organization, including the plant manager position at the Neal Energy 12 

Center, a 1,600 megawatt generating complex.  In my current role, I am responsible 13 

for operation and maintenance of PacifiCorp’s coal-fueled generation fleet, coal fuel 14 

supply, and mining. 15 

Q. Have you testified in previous regulatory proceedings? 16 

A. Yes.  I have filed testimony in proceedings before the public utility commissions in 17 

Washington, Oregon, Utah, and Wyoming. 18 

PURPOSE OF TESTIMONY 19 

Q. What is the purpose of your rebuttal testimony in this case? 20 

A. My rebuttal testimony responds to the direct testimony filed by Staff of the 21 

Washington Utilities and Transportation Commission and the Sierra Club related to 22 

the prudence of the Company’s decision to install selective catalytic reduction 23 

Exhibit PAC/2602 
Ralston/3

PROTECTED INFORMATION SUBJECT TO GENERAL PROTECTIVE ORDER



 

Rebuttal Testimony of Dana Ralston  Exhibit No. DR-1CT 
Page 2 

systems (SCRs) on Units 3 and 4 of the Jim Bridger plant.  In particular, in my 1 

testimony, I do the following: 2 

 Identify errors, omissions, and improper comparisons made by Staff witness 3 

Mr. Jeremy B. Twitchell and Sierra Club witness Dr. Jeremy I. Fisher in their 4 

direct testimonies; 5 

 Rebut Sierra Club’s contention that as a result of mine plan changes at Bridger 6 

Coal Company (BCC), coal costs in the SCR analysis increased substantially; 7 

 Rebut Sierra Club’s claim that capital expenditures would be the same in the SCR 8 

analysis and the 2015 Integrated Resource Plan (IRP) analysis; and 9 

 Refute Sierra Club’s contention that the Company willfully ignored changes at 10 

BCC that moved project economics beyond a cost-effective threshold. 11 

SUMMARY OF TESTIMONY 12 

Q. Please provide a summary of your testimony. 13 

A. The SCR analysis that was used in the Certificate of Public Convenience and 14 

Necessity (CPCN) filings in Utah and Wyoming and that is the basis of the coal 15 

pricing in this filing is based on the January 2013 long-term fueling plan for the Jim 16 

Bridger plant.  The Company’s 2013 long-term fueling forecast for the Jim Bridger 17 

plant is not comparable to the BCC October 2013 mine plan.  Unlike the October 18 

2013 mine plan, the Jim Bridger plant’s long-term fueling plan combines a BCC mine 19 

plan with third-party outside fuel sources to provide a comprehensive life-of-plant 20 

fueling forecast.  In any event, the October 2013 mine plan did not suggest that coal 21 

costs were rapidly increasing, as Staff and Sierra Club assert.  In fact, over the two-22 

year period between the 2013 long-term fueling plan and the long-term fueling plan 23 

Exhibit PAC/2602 
Ralston/4

PROTECTED INFORMATION SUBJECT TO GENERAL PROTECTIVE ORDER



 

Rebuttal Testimony of Dana Ralston  Exhibit No. DR-1CT 
Page 3 

used in the 2015 IRP, the present value revenue requirement differential, or PVRR(d), 1 

for coal costs only increased by , instead of  as Sierra Club 2 

claims.  This increase would not have materially impacted the SCR analysis even if it 3 

had been known in fall 2013.  The conclusions and analyses contained in the direct 4 

testimony of Staff and the Sierra Club are invalid because they contain significant 5 

errors, omissions, and inappropriate comparisons. 6 

MINE PLANS AND LONG-TERM FUELING FORECASTS 7 

Q. Please describe the BCC October 2013 mine plan. 8 

A. The October 2013 mine plan is the budget that BCC developed in 2013 for the 9 

PacifiCorp’s 10-year business plan beginning in 2014.  PacifiCorp prepares a 10-year 10 

plan each year, which is generally finalized and approved in December.  The October 11 

2013 mine plan was also used to develop coal costs in test periods for general rate 12 

cases.  For example, the 2014 Utah general rate case and the initial filing in the 2014 13 

Washington general rate case used the October 2013 mine plan as the basis to develop 14 

test-year coal costs.   15 

Q. Has the Company ever relied on the October 2013 mine plan as a long-term 16 

fueling forecast for the Jim Bridger plant? 17 

A. No.  The Company has never relied on the October 2013 mine plan as a long-term 18 

fueling forecast for the Jim Bridger plant. 19 

Q. Is the October 2013 mine plan the same mine plan used in the SCR analysis? 20 

A. No.  To develop comprehensive analysis related to the SCR investment, the Company 21 

relied on the cost information that was finalized in January 2013, which included an 22 

updated mine plan for BCC and updated long-term forecasts of third-party coal costs.   23 
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  To avoid confusion, I refer to the January 2013 BCC mine plan and 1 

accompanying long-term fueling forecast that was used in the SCR analysis as the 2 

“SCR analysis” in my testimony.  This SCR analysis is also referred to as the “2012 3 

Analysis” in Staff’s testimony and the “January 2013” plan by the Sierra Club.   4 

  In addition, it is important to be clear that BCC developed two mine plans in 5 

2013, one in January 2013, which the Company used in the SCR analysis and 6 

generally referred to as the “2013 mine plan,” and a second mine plan in October 7 

2013, described above.  When referring to the October 2013 mine plan, Staff refers to 8 

it as the “2013 Mine Plan,” which is a different naming convention than the Company 9 

used in its SCR analysis and in this case.1     10 

Q. Did Staff attempt to compare prices used in the October 2013 BCC mine plan to 11 

projections used in the SCR analysis?  12 

A. Yes.  Staff states that it compared Jim Bridger plant cash costs in the SCR analysis to 13 

the Jim Bridger plant costs updated for BCC coal costs in October 2013.  Staff claims 14 

that for the period from 2016 through 2030, coal costs increase by  percent and 15 

therefore PacifiCorp should have updated the SCR analysis to reflect these updated 16 

cost projections.2 17 

Q. Is Staff’s comparative analysis of Jim Bridger plant’s cash cost analysis 18 

accurate? 19 

A. No.  Staff’s analysis contains four significant errors relating to coal costs that 20 

undermine the integrity of its analysis and render its conclusions and analysis invalid. 21 

  

                                                 
1 See e.g., Twitchell, Exh. No. JBT-1CT 29:1-2. 
2 Twitchell, Exh. No. JBT-1CT 34:10-14. 
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Q. Please summarize the significant errors contained in Staff’s analysis. 1 

A. First, as shown in Exhibit No. JBT-5C, Staff did not recognize the differences in BCC 2 

capital between the SCR analysis and the October 2013 mine plan.  In other words, 3 

Staff ignored the capital costs that were properly included in the SCR analysis.   4 

  Second, Staff attempted to compare the Jim Bridger plant costs from the SCR 5 

analysis to only the BCC mine costs which were included in the October 2013 mine 6 

plan, while excluding third-party mine costs.  7 

  Third, Staff attempted to compare the operating costs included in the BCC 8 

October 2013 mine plan to the cash costs included in the SCR analysis.  Operating 9 

costs include non-cash costs and cash costs of coal delivered to the Jim Bridger plant.  10 

  Fourth, Staff performed its calculations of coal adjustments using the same 11 

vintage forecast as in the SCR analysis. Therefore, Staff actually compared the 12 

operating costs to the cash costs from within the same analysis. 13 

  Mr. Link’s testimony further addresses Staff’s erroneous comparison of cash 14 

and non-cash costs and Staff’s computational errors. 15 

Q. Staff alleges that the Company’s response to WUTC Data Request 11 was “both 16 

inaccurate and misleading” because the Company confirmed that its SCR 17 

analysis incorporated the cost increases reported in BCC’s 2013 mine plan.3  18 

Please respond.  19 

A. The Company accurately responded that Exhibit No. RTL-1CT and Exhibit No.   20 

RTL-3C reflect the cost increases in BCC’s 2013 mine plan.  As explained above, the 21 

Company’s SCR analysis relied on the January 2013 mine plan and long-term fueling 22 

forecast.  Staff’s allegation appears to be based on a misunderstanding that two mine 23 
                                                 
3 Twitchell, Exh. No. JBT-1CT 33:14-34:6. 
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plans were prepared in 2013—the January 2013 mine plan that was included in the 1 

comprehensive fueling forecast for the Jim Bridger plant and the October 2013 mine 2 

plan.  3 

Q. Did other intervenors in this proceeding use the BCC October 2013 mine plan as 4 

a proxy for information provided in the SCR analysis? 5 

A. No.  The Sierra Club recognized the October 2013 mine plan “does not provide an 6 

all-in cost of coal at Jim Bridger plant” 4 and therefore compared costs contained in 7 

the 2015 IRP to the SCR analysis.  I will address the flaws in Sierra Club’s analysis 8 

below, but this is an implicit repudiation of Staff’s analytic framework. 9 

Q. Is it reasonable for Staff to compare the coal prices in the October 2013 mine 10 

plan to the coal prices used in the Company’s SCR analysis? 11 

A. No.  The Company’s current filing relies on the long-term fueling forecast for the Jim 12 

Bridger plant that was developed in January 2013.  The Company used this January 13 

2013 fueling forecast to update its PVRR(d) analysis in its CPCN cases in Utah and 14 

Wyoming, and this forecast represented the most up-to-date long-term fuel forecast 15 

available for the Jim Bridger plant when the Company provided its full notice to 16 

proceed to the contractor in December 2013.   17 

  Unlike the January 2013 fueling forecast, the October 2013 BCC mine plan 18 

(or budget) is not a long-term fueling forecast for the Jim Bridger plant.  Forecasting 19 

and budgeting terms are often used interchangeably but are dissimilar.  Forecasts 20 

attempt to predict what will happen in the future.  Budgeting or planning is directly 21 

linked to implementation and execution of a plan to achieve desired results.  To 22 

                                                 
4 Fisher, Exh. No. JIF-1CT 17:18-19. 
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combine the two is inappropriate.  Staff’s comparison of the January 2013 long-term 1 

fueling forecast to the October 2013 budget is not an appropriate or valid comparison.   2 

Q. Why is the October 2013 mine plan not a long-term fueling forecast for the Jim 3 

Bridger plant? 4 

A. The October 2013 mine plan only reflects the cost of coal produced by BCC, which is 5 

one of two mining operations that currently provide fuel to the Jim Bridger plant.  To 6 

develop a long-term fueling forecast for Jim Bridger plant, the Company would need 7 

to develop third-party fuel pricing and sourcing assumptions, coal transportation 8 

costs, and plant operating and capital costs for the plant’s life.  These costs are 9 

combined with BCC operating costs to finalize a long-term fueling forecast.  The 10 

absence of long-term capital costs and third-party coal costs should have been clear 11 

indicators that the October 2013 mine plan was not intended to be a long-term fueling 12 

forecast for the plant.   13 

Q. Was there evidence of a major increase in coal costs in fall 2013 as alleged by 14 

Staff? 15 

A. No.  Exhibit No. DR-4C demonstrates that there was only a  percent increase in 16 

coal costs in the two-year period between the long-term fueling plans used in the SCR 17 

analysis in January 2013 and used in the 2015 IRP.  There was no evidence in fall 18 

2013 of the percent long-term price spike that Staff alleges.  A one or two percent 19 

fluctuation in long-term coal costs during the relevant periods is not material enough 20 

to have caused the Company to modify its decision to move forward with the SCR 21 

system installations.   22 
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Q. Do you agree with Sierra Club’s contention that the BCC October 2013 mine 1 

plan represented a change in fueling strategy for the Jim Bridger plant due to 2 

the changing relationship between the surface and underground operations at 3 

BCC?5 4 

A. Yes.  There is no doubt that the October 2013 mine plan reflects changes in the 5 

relationship between the surface and underground mining operations at BCC.  Both 6 

the October 2013 mine plan and the mine plan that was used to develop the long-term 7 

fueling forecast for the 2015 IRP assume surface operations continue through the 8 

plant’s life and that the underground mine is projected to shutter upon depletion of 9 

existing permitted reserves.  But, as noted, that change did not translate into 10 

materially different long-term coal costs for the Jim Bridger plant.   11 

Q. Does the change in the BCC mine plan between the SCR analysis and the 2015 12 

IRP significantly impact Jim Bridger plant costs? 13 

A. No.  Contrary to the Sierra Club’s assertion that Jim Bridger plant fueling costs 

increased by ,6 plant fueling costs only increased by  as 

shown in Exhibit No. DR-2C.  Sierra Club omits the capital savings associated with 

shuttering the underground mine earlier in the 2015 IRP than assumed in the SCR 

analysis.  The net present value reduction associated with BCC reduced capital 

expenditures is .  Confidential Figure 1 compares Jim Bridger plant cash 

costs for the SCR analysis to the 2015 IRP, expressed on a cost-per-mmBtu basis 

including BCC future capital expenditures.

                                                 
5 Fisher, Exh. No. JIF-1CT 16:10-22. 
6 Fisher, Exh. No. JIF-1CT 24:19. 
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 By excluding future capital cash costs from its analysis, Sierra Club distorts the 1 

analysis to significantly overstate the impact of the mine plan change at BCC. 2 

Q. How frequently does the Company prepare long-term fueling plans for the Jim 3 

Bridger plant? 4 

A. Generally, the Company prepares long-term fueling plans approximately every two 5 

years as part of its IRP process.  Preparing a long-term fueling plan typically takes 6 

several months and involves many models and iterations.  Between January 2013 and 7 

November 2014, the Company did not prepare a new long-term fueling forecast for 8 

the Jim Bridger plant because no significant cost events occurred that would lead it to 9 

believe a material change would result.  10 

Q. Is it appropriate for Sierra Club to compare the 2015 IRP to the SCR analysis 11 

developed in 2013? 12 

A. No.  First and foremost, Sierra Club’s reliance on the 2015 IRP constitutes hindsight 13 
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review, which I understand is not permissible as part of a prudence determination.7  1 

The Jim Bridger fueling forecast included in the 2015 IRP was finalized in November 2 

2014 and used the July 2014 BCC mine plan.  Contrary to Sierra Club’s assumption, 3 

the Company could not have developed the 2015 IRP forecast in fall 2013.  4 

Information contained in the 2015 IRP was not available to the Company before 5 

December 1, 2013, when the full notice to proceed was issued to the SCR contractor. 6 

Q. Please review Sierra Club’s calculations comparing the 2015 IRP to the SCR 7 

analysis. 8 

A. Sierra Club compared Jim Bridger plant cash costs (excluding the mine capital costs) 9 

contained in the SCR analysis to cash costs (excluding mine capital costs) in the 2015 10 

IRP.  The plant-consumed mmBtu volumes were not changed between the plans.  11 

Sierra Club concluded that fuel costs would have increased by  on a net 12 

present basis for the period 2014 through 2030.8  Sierra Club’s comparison is 13 

unreasonable because it fails to recognize the capital cost changes between the SCR 14 

analysis and the 2015 IRP.  If capital costs are included, the differential is 15 

substantially smaller.  16 

Q. Did Sierra Club make adjustments to the two-unit option contained in the SCR 17 

differential analysis? 18 

A. Yes.  The Company did not prepare an updated two-unit operation option in October 19 

2013 because the Company did not develop an updated long-term fueling forecast.  20 

Sierra Club instead substituted the plant cash cost (excluding mine capital costs) in 21 

the four-unit SCR analysis with the two-unit cash cost in the two-unit option.  Sierra 22 

                                                 
7 See e.g., Wash. Utils & Transp. Comm’n v. Puget Sound Power & Light Co., Cause No. U-83-54, Fourth 
Suppl. Order (Sept. 1984) (“It is generally conceded that one cannot use the advantage of hindsight.”). 
8 Fisher, Exh. No. JIF-1CT 20:14-21. 
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Club concluded that fuel costs would have increased by  on a net present 1 

basis for the period 2014 through 2030 in the two-unit option.9  This is not a valid 2 

assumption, however, because the two-unit operation and four-unit operation are not 3 

comparable plans. 4 

Q. Does the Company agree with Sierra Club’s suggestion that the Company 5 

should have been able to update the long-term forecast in late 2013 because 6 

third-party coal costs from the Powder River Basis (PRB) are easily forecast?10 7 

A. No.  Although the Company agrees with Sierra Club that PRB coal is a liquid 8 

commodity, the October 2013 budget did not assume any coal sourced from the PRB. 9 

Because third-party coal was not sourced from the PRB, the ability to forecast PRB 10 

prices was not relevant to the October 2013 business plan.   11 

Q. Please summarize Sierra Club’s proposed net adjustment relative to Jim Bridger 12 

plant coal fueling costs. 13 

A. Sierra Club asserts that coal costs would have increased by  relative to 14 

the SCR analysis if the Company had the same knowledge in 2013 as in November 15 

2014 when it finalized the fueling portion figures contained in the 2015 IRP.11  This 16 

conclusion is incorrect because the basis for the 2015 IRP costs was not known or 17 

capable of being known in fall 2013.  Even if the 2015 IRP analysis is substituted for 18 

the SCR analysis, however, the result does not change—installation of the Bridger 19 

SCRs remains economic. 20 

 

                                                 
9 Fisher, Exh. No. JIF-1CT 20:22-21:19. 
10 Fisher, Exh. No. JIF-1CT 20:3-13. 
11 Fisher, Exh. No. JIF-1CT 24:13-23. 
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Q. In addition to pursuing this incorrect approach, is Sierra Club also relying on 1 

inaccurate calculations? 2 

A. Yes.  Sierra Club made two significant errors that dramatically overstated the 3 

perceived net present value increase between the plans. 4 

Q. Please describe the significant errors made in Sierra Club’s analysis. 5 

A. First, Sierra Club simply ignores the mine capital expenditures that were included in 6 

the Company’s analysis.12  By ignoring the capital cost differential in Jim Bridger 7 

plant fueling forecasts between the SCR analysis and 2015 IRP analysis, Sierra Club 8 

vastly over-estimates the long-term changes in coal costs for the Jim Bridger plant.   9 

  Second, relative to the two-unit adjustment, the Company submits that it is 10 

more reasonable to use a comparative ratio between the SCR and the 2015 IRP 11 

analyses, which are both four-unit scenarios, than to replace costs in a two-unit 12 

scenario with a four-unit scenario.  This would increase costs in the two-unit scenario 13 

from the  calculated by Sierra Club to . 14 

Q. Please quantify the impact of the errors made by Sierra Club. 15 

A. Sierra Club claims the cost of installing SCRs from the period of 2014 through 2030 16 

would increase by  due to coal cost changes.13  This is the differential 17 

between Sierra Club’s SCR four-unit ) and two-unit revised estimates 18 

).  The Company has properly adjusted Sierra Club’s costs to include the 19 

capital differential between the SCR analysis and 2015 IRP analysis by increasing 20 

coal costs in the two-unit plan by the same percentage change calculated between the 21 

SCR analysis and 2015 IRP analysis.  This results in an overall increase of only 22 

                                                 
12 Fisher, Exh. No. JIF-1CT 23:1-11. 
13 Fisher, Exh. No. JIF-1CT 24:13-23. 
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 associated with a Jim Bridger plant fueling PVRR of $ .  Please 1 

see Exhibit No. DR-2C and Exhibit No. DR-3C for details.  2 

Q. Does the Company’s 2015 IRP analysis capture the return on and return of 3 

future capital expenditures associated with the various alternative compliance 4 

options assessed? 5 

A. Yes.  The Company’s 2015 IRP analysis is forward looking and captures the return 6 

on and of future capital expenditures required to support the various alternatives 7 

assessed. 8 

Q. Does the Company agree with Sierra Club’s assertion that capital would be the 9 

same in the SCR analysis and the 2015 IRP analysis?14 10 

A. No.  The difference in capital expenditures between the SCR analysis and the 2015 11 

IRP analysis is  expressed on a PVRR(d) as shown in Exhibit DR-2C.  12 

This is a reduction of  percent relative to the SCR analysis. 13 

Q. Sierra Club claims that if the Company had used the 2015 IRP costs in its 14 

PVRR(d) analysis, instead of the costs from the January 2013 long-term fueling 15 

forecast, then the Bridger SCRs would have been non-economic.15  Is this 16 

correct? 17 

A. No.  Although I disagree that it is reasonable to use the 2015 IRP as the basis for 18 

calculating coal costs in fall 2013, even if the Company had relied on the 2015 IRP 19 

forecast, there is no material change in coal costs for the Jim Bridger plant.  In fact, 20 

the all-in or all-sources coal cost from the 2015 IRP is only  higher than 21 

the coal cost from the January 2013 long-term fueling forecast.  This modest increase 22 

                                                 
14 Fisher, Exh. No. JIF-1CT 23:4-6. 
15 Fisher, Exh. No. JIF-1CT 24:14-23. 
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associated with a net present value total of  in cash costs would not have 1 

changed the substantial customer benefit of the Bridger SCRs.  Exhibit No. DR-2C 2 

demonstrates that there was no dramatic spike in coal costs in fall 2013 that would 3 

have caused the Company to modify its decision to move forward with the Bridger 4 

SCRs.   5 

OTHER ISSUES 6 

Q. Sierra Club claims that BCC mine and Jim Bridger plant are inextricably tied to 7 

each other but operate independently.16  Is this correct? 8 

A. The Company agrees the mine and plant are inextricably tied to each other.  The 9 

Company strongly disagrees the entities operate independently of each other.  The 10 

mine is captive to the Jim Bridger plant, has daily communication with plant 11 

personnel to discuss fueling requirements, and the plant and the mine personnel report 12 

to me.  BCC mine plans are developed after the Company develops annual Btu 13 

consumptions requirements.  As discussed earlier in my testimony, BCC is currently 14 

one of two coal suppliers to the plant.  BCC has been in operation since 1974 and is 15 

an important component of the overall fuel plan for the Jim Bridger plant.   16 

Q. Sierra Club alleges that BCC costs are viewed as a fixed cost to the Jim Bridger 17 

plant and are not subject to economic reviews.17  Is this correct? 18 

A. Absolutely not.  As evidenced by this filing, the Company clearly evaluates least-19 

cost, risk-adjusted fueling forecasts for the Jim Bridger plant.  Sierra Club’s assertion 20 

that long-term fueling evaluations are not considered by the Company is inaccurate 21 

and misleading.    22 

                                                 
16 Fisher, Exh. No. JIF-1CT 39:19-27. 
17 Fisher, Exh. No. JIF-1CT 41:1-12. 
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Q. Sierra Club claims that capital expenses at BCC are “simply incurred” and that 1 

a mechanism does not exist to determine if the combination of mine and plant 2 

fueling options are economically viable.18  Is this correct? 3 

A. Absolutely not.  Long-term fueling forecasts provide an “all-in” present value 4 

revenue requirement evaluation that quantifies total costs projected to be paid by 5 

customers for each option if prudently incurred.  The PVRR(d) quantifies the 6 

differential between each evaluation.  Sierra Club’s suggestion that a mechanism does 7 

not exist to evaluate fueling options or that costs are simply incurred without review 8 

is simply untrue.    9 

CONCLUSION 10 

Q. What is your recommendation to the Commission? 11 

A. The Commission should disregard the adjustments by Staff and Sierra Club because 12 

both analyses are incorrect and, when corrected, result in a minimal change that does 13 

not affect the prudency evaluation of the Bridger SCRs.  The information the 14 

Company used at the time of the full notice to proceed was the best and most current 15 

available.  16 

Q. Does this conclude your rebuttal testimony? 17 

A. Yes. 18 

                                                 
18 Fisher, Exh. No. JIF-1CT 40:14-22. 
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I. BY THE COMMISSION 

A. Statement 

1. This matter comes before the Commission for consideration of an emission 

reduction plan filed by Public Service Company of Colorado (Public Service or Company) 

pursuant to House Bill (HB) 10-1365.   

2. At the highest level, HB 10-1365 reflects the General Assembly’s belief that 

Colorado will realize significant economic and public health benefits by addressing emissions 

from front-range coal-fired power plants in a coordinated fashion.  Having made this 

determination that a comprehensive emission reduction strategy is in the public interest, the 

legislature tasked the Commission and other state agencies with vetting and shaping the plans 

proposed by regulated electric utilities. 

3. Public Service filed its proposed emission reduction plan on August 13, 2010.  

HB 10-1365 requires the Commission to “review the plan and enter an order approving, denying, 

or modifying the plan by December 15, 2010.”  § 40-3.2-205(2), C.R.S.  Having conducted a 

hearing on the plan and fully considered the facts and arguments before us, the Commission 

hereby modifies and approves Public Service’s plan. 

B. House Bill 10-1365 and Docket No. 10M-245E 

1. The Clean Air – Clean Jobs Act 

4. On April 19, 2010, Governor Ritter signed into law HB 10-1365, commonly 

known as the “Clean Air – Clean Jobs Act.”  To assist in achieving the state’s air quality goals, 

HB 10-1365 requires Public Service to submit an emission reduction plan addressing a minimum 

of 900 megawatts of its coal-fired generation no later than August 15, 2010.  § 40-3.2-204(1), 

C.R.S.  This plan must “include a schedule that would result in full implementation of the plan 

on or before December 31, 2017.”  § 40-3.2-204(2)(c), C.R.S.  The Commission must then 
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undertake an evidentiary hearing before entering an order “approving, denying, or modifying the 

plan by December 15, 2010.”  § 40-3.2-205(2), C.R.S.  If the plan or some modified version of 

the plan is approved by the Commission, the plan is subject to further review by the Colorado 

Department of Public Health and Environment (CDPHE).  The Air Quality Control Commission 

(AQCC), a division of the CDPHE, undertakes a proceeding to incorporate the air quality 

provisions of the approved plan into the regional haze element of the State Implementation Plan 

(SIP) Colorado will soon be filing with the Federal Environmental Protection Agency (EPA) 

pursuant to the Federal Clean Air Act (CAA).  

5. HB 10-1365 therefore sets forth independent and complementary roles for the 

CDPHE and this Commission.  Because the relationship between the CDPHE and this 

Commission has been subject to some debate in these proceedings, we will briefly address this 

issue as a preliminary matter. 

2. Role of the CDPHE 

6. The CDPHE plays an integral role in both the implementation of HB 10-1365 and 

in this Docket.  First, prior to submitting its proposed plan, Public Service is required to consult 

and work in good faith with the CDPHE to design a plan that meets the current and reasonably 

foreseeable emission reduction requirements in a cost-effective and flexible manner.  

§ 40-3.2-204(2)(b)(I), C.R.S.   

7. Then, after the proposed plan is submitted, the CDPHE is required to offer its 

perspective on the plan to the Commission.  The Commission is directed to provide an 

opportunity for the CDPHE to comment on the air quality and emission reductions of the plan, 

and to evaluate whether the plan is consistent with reasonably foreseeable requirements of the 

CAA.  § 40-3.2-204(2)(b)(II), C.R.S.  This determination is critical because the Commission 
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shall not approve a plan unless the CDPHE has determined that the plan is consistent with the 

reasonably foreseeable requirements of the CAA.  § 40-3.2-204(2)(b)(IV), C.R.S.  In preparing 

these comments, the CDPHE is also required to make a determination as to “whether any new or 

repowered electric generating unit proposed under the plan, other than a peaking facility utilized 

less than twenty percent on an annual basis or a facility that captures and sequesters more than 

seventy percent of emissions not subject to a national ambient air quality standard or a hazardous 

air pollutant standard, will achieve emission rates equivalent to or less than a combined-cycle 

natural gas generating unit.”  § 40-3.2-204(2)(b)(III), C.R.S.   

8. Further, when evaluating the plan, the Commission is required to consider 

whether the CDPHE believes the plan is likely to achieve at least a 70 percent reduction in 

oxides of nitrogen (NOx).  § 40-3.2-205(1)(a), C.R.S.  In making a determination as to 

achievable emissions reductions, the CDPHE is required to consider emissions from coal-fired 

power plants identified in the plan that will continue to operate with emission control equipment, 

as well as emissions from any facilities constructed as replacement capacity.  Id.   

9. Finally, the CDPHE’s opinion regarding what emission reduction requirements 

are reasonably foreseeable limits the modifications the Commission may adopt in approving the 

final plan.  Section 40-3.2-205(2), C.R.S., provides “[a]ny modifications required by the 

commission shall result in a plan that the [CDPHE] determines is likely to meet current and 

reasonably foreseeable federal and state clean air act requirements.”   

3. Role of the Commission 

10. After preparing its proposed plan in coordination with the CDPHE, Public Service 

is required to file the plan with this Commission for approval.  At a high level, the Commission’s 

role is to ensure the Company’s plan achieves the necessary emissions reductions in a reasonable 
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and cost-effective manner.  Additionally, the Commission is tasked with ensuring the plan meets 

the minimum standards of HB 10-1365, such as satisfaction of the full implementation deadline 

of December 31, 2017, as set forth in § 40-3.2-204(2)(c), C.R.S.  In order to make these 

determinations, the Commission is required to conduct an evidentiary hearing.  

§ 40-3.2-204(2)(b)(IV), C.R.S. 

11. HB 10-1365 identifies nine specific factors the Commission must consider in 

evaluating the plan:  (1) whether the CDPHE has determined the plan is likely to achieve at least 

a 70 percent reduction in NOx; (2) whether the CDPHE made a determination under 

§ 40-3.2-204(2)(b)(III); (3) the degree to which the plan will result in reductions in other air 

pollutant emissions; (4) the degree to which the plan will increase utilization of existing natural 

gas-fired generation; (5) the degree to which the plan enhances the utility’s ability to meet state 

or federal clean energy requirements, relies on energy efficiency, or relies on other low-emitting 

resources; (6) whether the plan promotes Colorado economic development; (7) whether the plan 

preserves reliable electric service; (8) whether the plan is likely to protect Colorado customers 

from future cost increases, including costs associated with reasonably foreseeable emission 

reduction requirements; and (9) whether the cost of the plan results in reasonable rate impacts, 

particularly on low-income customers.  § 40-3.2-205(1)(a), C.R.S.   

12. The plan must also set forth associated costs.  § 40-3.2-204(2)(d), C.R.S.  The 

Company is “entitled to fully recover the costs that it prudently incurs in executing an approved 

emission reduction plan, including the costs of planning, developing, constructing, operating, and 

maintaining any emission control or replacement capacity constructed pursuant to the plan, as 

well as any interim air quality emission control costs the utility incurs while the plan is being 

implemented.”  § 40-3.2-207(1)(a), C.R.S.  The Commission is tasked with evaluating the 
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reasonableness of costs associated with the plan, as well as the mechanisms by which costs will 

be recovered.   

13. Additionally, HB 10-1365 permits the Company to enter into long-term gas 

supply agreements to implement the plan.  § 40-3.2-206(4), C.R.S.  The Commission must 

review any proposed agreement, and determine “whether the utility acted prudently by entering 

into the specific agreement, whether the proposed agreement appears to be beneficial to 

consumers, and whether the agreement is in the public interest.”  Id.   

14. The Commission is required to issue a final order addressing these elements and 

approving, denying, or modifying the plan no later than December 15, 2010.  § 40-3.2-205(2), 

C.R.S.   

4. Role of the AQCC 

15. The AQCC is required to initiate a proceeding “to incorporate the air quality 

provisions of the utility plan into the regional haze element of the [SIP].”  § 40-3.2-208(2)(a), 

C.R.S.  This proceeding can only occur after notice and an opportunity for public participation.  

§ 40-3.2-208(2)(c), C.R.S.  The AQCC may act on the plan only after the Commission has 

approved it.  § 40-3.2-208(2)(a), C.R.S. 

16. If the Commission does not timely approve a plan, if the Company withdraws its 

plan, or if the final approved plan is rejected by the AQCC, HB 10-1365 establishes an 

alternative procedure:  the AQCC is required to vacate the entire proceeding related to the 

Company’s plan and initiate a new proceeding for the consideration of alternative proposals for 
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the appropriate controls of those units covered by the Company’s plan.  § 40-3.2-208(2)(b), 

C.R.S.   

5. Further Action Under HB 10-1365 

17. After the Company’s plan has been approved by the Commission and further 

approved by the AQCC, it proceeds to the General Assembly for consideration as part of the 

Colorado SIP related to regional haze, which is then submitted to the EPA.  If the final approved 

provisions of the SIP are not consistent with the air quality provisions of the plan the 

Commission approved, the Company may file a revised plan with the Commission that modifies 

the original plan to obtain consistency with the SIP.  § 40-3.2-208(3), C.R.S.  

C. Procedural Summary 

1. Procedural Milestones 

18. The Commission opened this Docket by Decision No. C10-0452, mailed on 

May 7, 2010.  Decision No. C10-0452 served as the initial notice, provided an opportunity for 

interested parties to file petitions for leave to intervene, and established a preliminary procedural 

schedule.  Decision No. C10-0452 also identified a unique role for Staff of the Commission 

(Staff) in this proceeding, characterizing their expected participation as “relatively neutral yet 

active, providing the Commission with an analysis of the proffered Plan, alternative plans, and 

responses.”  ¶ 24.  Additionally, Decision No. C10-0452 ordered Public Service to produce 

certain documents and records that would be helpful in developing the record in this case.  Id. at 

¶ 28.  Further, in paragraph 38 of that decision, we permitted “[i]nterested persons, including 

non-parties,” to “file written requests with the Commission asking that the Commission order 
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Public Service to produce additional documents” pursuant to the Commission’s statutory audit 

power.  See § 40-6-106, C.R.S.  These requests became known as “paragraph 38 data requests.”1  

See, e.g., Decision Nos. C10-0596, C10-0639, C10-0678, C10-0850.  In establishing this data 

request process, the Commission intended to accommodate the short timelines of this Docket by 

permitting intervenors to begin developing their cases prior to the August 15, 2010 filing 

deadline. 

19. By Decision No. C10-0545, mailed on June 3, 2010, the Commission noted 

interventions by right and found good cause to grant petitions to intervene by permission filed by 

the following entities: 

• American Coalition for Clean Coal Electricity (ACCCE); 

• Anadarko Energy Services Company (Anadarko); 

• Associated Governments of Northwest Colorado (AGNC); 

• Blanca Ranch Holdings, LLC and Trinchera Ranch Holdings, LLC, jointly; 

• Board of County Commissioners of Weld County, Colorado; 

• Boulder County and the City of Boulder, jointly2 (collectively, Boulder); 

• City and County of Denver (Denver); 

• Climax Molybdenum Company and CF&I Steel, L.P., jointly (collectively, 
CF&I/Climax); 

• CDPHE;  

• Colorado Energy Consumers; 

• Colorado Governor’s Energy Office (GEO); 

• Colorado Independent Energy Association (CIEA); 

• Colorado Interstate Gas Company (CIG) and Wyoming Interstate Company, LLC, 
jointly; 

                                                 
1 Public Service sought an alteration of this data production procedure in its Motion for Reconsideration 

and/or Clarification of Commission Decision No. C10-0452, filed on May 18, 2010.  The paragraph 38 procedure 
was upheld in Decision No. C10-0638, at ¶ 77.   

2 In Decision No. C10-0545, we encouraged the City of Boulder and Boulder County to voluntarily 
withdraw their virtually identical petitions to intervene and to re-file as a joint party.  ¶ 6.  Boulder County and the 
City of Boulder filed a Petition to Join the Approved Interventions on June 16, 2010, which was granted in Decision 
No. C10-0659. 
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• Colorado Mining Association (CMA); 

• Colorado Office of Consumer Counsel (OCC); 

• Colorado Oil & Gas Association (COGA); 

• Colorado Solar Energy Industries Association (CoSEIA); 

• Colorado Springs Utilities and Tri-State Generation and Transmission 
Association, Inc., jointly (collectively, CSU/Tri-State); 

• Federal Executive Agencies; 

• Ms. Leslie Glustrom, pro se; 

• Holy Cross Electric Association, Inc. (Holy Cross); 

• Intermountain Rural Electric Association; 

• Interwest Energy Alliance; 

• Mr. Ronal Larson, pro se; 

• Noble Energy, Inc., Chesapeake Energy, Inc., and Encana Corporation3 
(collectively, Gas Intervenors); 

• Peabody Energy Corporation (Peabody); 

• School District No. 1, in the City and County of Denver, State of Colorado; 

• Southwest Generation (Southwest); 

• Staff; 

• Suncor Energy (U.S.A.), Inc. (Suncor); 

• Thermo Power & Electric LLC (Thermo); 

• Wal-Mart Stores, Inc. and Sam’s West Inc., jointly (collectively, Wal-Mart); 

• Western Fuels – Colorado and Colorado Rural Electric Association, jointly; and 

• Western Resource Advocates (WRA). 

 

20. Further, we found good cause to grant the following petitions to participate in this 

Docket as amici curiae: 

• Colorado Renewable Energy Society; 

• Energy Outreach Colorado; 

• Independence Institute; 

• Industrial Energy Consumers of America; and 

• Luca Technologies. 

 

                                                 
3 Although the Gas Intervenors intervened jointly, we treated them as three distinct parties to this 

proceeding for purposes of discovery.  Decision No. C10-0969, at Ordering ¶ 2. 
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21. The Commission held a pre-hearing conference on May 27, 2010, which was 

memorialized in Decision No. C10-0638 mailed on June 23, 2010.  In that Decision, we further 

clarified Staff’s role in this proceeding and discussed the terms under which Staff would be 

permitted to utilize a consultant to aid in its analysis of the complex issues in this Docket.4  In 

Decision No. C10-0638 we set limits on the amount and timing of acceptable discovery in this 

Docket and established additional hearing dates.  Decision No. C10-0638 also addressed the 

process by which Public Service was to develop its August 13, 2010 filing, which is discussed in 

more detail below. 

22. In Decision No. C10-0808, mailed July 30, 2010, the Commission established a 

process by which motions for extraordinary protection would be resolved by an Administrative 

Law Judge.  We also altered the procedural schedule by, among other things, establishing a date 

and time for a public comment hearing to be held in Denver, Colorado.   

23. Further, Decision No. C10-0808 denied a Notice for Withdrawal of Petition for 

Intervention filed by the CDPHE.  In making that determination, the Commission found the 

CDPHE was a necessary party in this docket, and that its absence would render the Commission 

unable to resolve the matters before it.  However, in order to accommodate the CDPHE’s unique 

role, the Commission delayed the date after which the CDPHE would be subject to discovery.  

See Decision No. C10-0808, at ¶¶ 48-57.   

24. By Decision No. C10-0858, mailed on August 9, 2010, we held the CDPHE 

would be permitted to file its official report analyzing Public Service’s plan no later than 

                                                 
4 Staff utilized two consultants in this proceeding.  The Harris Group, Inc., provided testimony regarding 

retrofit feasibility, constructability, retrofit cost estimates, and replacement generation cost estimates.  
Dr. Harvey Cutler, a professor of Economics at Colorado State University, assessed the statewide economic impacts 
of the proposed plan.  
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September 17, 2010, the deadline for answer testimony.  However, we requested the CDPHE to 

submit a filing on August 13, 2010 concerning the criteria it was using to assess the plan’s 

compliance with reasonably foreseeable emissions reductions requirements.  We further 

addressed the contents of the CDPHE’s September 17, 2010 report in Decision No. C10-0874, 

mailed on August 11, 2010, by ordering the CDPHE to address, in part, the scenario identified as 

“Benchmark 1.1.”5   

25. In Decision No. C10-0874, we also established a public comment hearing to be 

held in Grand Junction, Colorado. 

26. Public Service filed its proposed emission reduction plan on August 13, 2010.  

The plan contained nine potential emissions reduction scenarios (Benchmark 1.0, 

Benchmark 1.1, and Scenarios 2, 3, 4, 5, 6, 6.1, and 7) as well as nine replacement generation 

portfolios (A through I), and a variety of “bolt-on” analyses.  In its August 13, 2010 filing, Public 

Service identified its preferred scenario as scenario 6.1, with replacement portfolio E.  See § 40-

3.2-206(2), C.R.S. (requiring the utility to identify what it believes is the “best way of timely 

meeting the emission reduction requirements” under the circumstances).  This scenario was 

commonly referred to as “scenario 6.1E” or the Company’s “preferred plan.” 

27. The Commission re-noticed these proceedings on August 18, 2010 in a “Notice of 

Filing,” in order to specifically notice the proposed plan as filed by Public Service.  The Notice 

of Filing referred to a request “for approval of an emission reduction plan, for approval of a long 

term gas contract, and for approval of a new rate adjustment clause, called the Emissions 

Reduction Adjustment (ERA)” and specifically referenced that the proposed emission reduction 

                                                 
5 Benchmark 1.1 is an alternative all-controls scenario, which excludes Pawnee.  See Decision No. C10-

0808 at ¶ 27. 
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plan was being filed in accordance with HB 10-1365.  The Notice of Filing further established a 

second period for interventions.  No additional petitions for intervention were filed during this 

second period. 

28. On August 30, 2010, the Commission held a public comment hearing in Grand 

Junction, Colorado. 

29. By Decision Nos. R10-0872-I, R10-0897-I, C10-0910, C10-0944, C10-0957, 

C10-0976, and C10-1021, the Commission addressed the treatment of confidential and highly 

confidential information in this Docket.  See also Decisions No. C10-1040 and C10-1079.  We 

determined that Staff and the OCC would be permitted access to the long-term gas contract 

between Public Service and Anadarko.6  Additionally, we held natural gas and coal suppliers 

would not have access to bids for long-term gas supplies submitted in response to Public 

Service’s May Request for Proposals (RFP).  All other parties, excluding Staff and the OCC, 

were permitted access by outside counsel and outside consultants on an in camera basis.  We 

held COGA, CIEA, Southwest, and Thermo would not have access to detailed cost estimates 

concerning Public Service’s proposed replacement generation.  However, Staff and the OCC 

would have unlimited access to this material, and all other parties were permitted access on an 

in camera basis.  We also held COGA, Southwest, and Thermo would not have access to offers 

from Independent Power Producers (IPPs) to sell their facilities and any related letters of intent 

or other agreements.  We further supplemented this Decision to prevent CSU/Tristate, Holy 

Cross, CoSEIA, Suncor, Boulder, and AGNC from accessing this information.  See Decision 

No. C10-1021.  For other parties, excluding Staff, the OCC, and WRA, outside counsel and 

                                                 
6 This holding was upheld in Decision No. C10-1009. 

Exhibit PAC/2604 
Ralston/14



Before the Public Utilities Commission of the State of Colorado 

Decision No. C10-1328 DOCKET NO. 10M-245E 

 

15 

outside consultants or experts were allowed access to this material on an in camera basis.  

Finally, we held the Company’s STRATEGIST7 input files were highly confidential, and that 

access to those files would be limited to Staff and the OCC.  However, we did allow discovery 

concerning the STRATEGIST inputs. 

30. Parties submitted answer testimony on September 17, 2010.  The CDPHE also 

submitted its report in the form of answer testimony on September 17, 2010. 

31. By Decision No. C10-1036, mailed on September 23, 2010, we permitted Public 

Service to file supplemental direct testimony in support of its long-term gas contract with 

Anadarko.  As part of that Decision, we altered the procedural schedule to allow Staff and the 

OCC to file supplemental answer testimony and for Public Service to file supplemental rebuttal.  

Further, by Decision No. C10-1098, mailed on October 8, 2010, we granted Anadarko and any 

other party leave to file supplemental cross-answer testimony regarding the long-term gas 

contract no later than October 15, 2010. 

32. On September 23, 2010, the Commission held a public comment hearing in 

Denver, Colorado. 

33. On September 29, 2010, the Commission addressed a Motion for Partial 

Summary Judgment in Decision No. C10-1067,8 concerning whether the Company’s preferred 

scenario, scenario 6.1E, was in compliance with HB 10-1365.  Scenario 6.1E included some 

actions to be taken after 2017, which the moving parties argued was in violation of the 

                                                 
7 STRATEGIST is an electric utility planning model that simulates the economic dispatch of the generating 

resources in Public Service’s system in the lowest cost manner.  STRATEGIST can assist in the selection of new 
resources, either to replace retired units or to meet future load growth.  STRATEGIST can also be used to simulate 
power plant emissions, as well as changes in utility rates and revenue requirements over time. 

8 This Motion for Partial Summary Judgment was filed by CIEA, Thermo, and Southwest on August 31, 
2010. 
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December 31, 2017 implementation deadline set forth in § 40-3.2-204(2)(c).  In Decision 

No. C10-1067, we interpreted the phrase “full implementation by December 31, 2017” as 

requiring that all activities necessary to comply with current and reasonably foreseeable 

emissions requirements be completed prior to January 1, 2018.  Decision No. C10-1067 at ¶ 20.  

We therefore accepted the Company’s representations that its preferred scenario would meet 

reasonably foreseeable emissions reduction requirements if only those actions scheduled to occur 

prior to December 31, 2017 were completed.  Id. at ¶ 22.  In other words, we opted to consider 

only those activities scheduled to occur before 2018 as part of Public Service’s preferred 

scenario, which we referred to as “truncated.”  In Decision No. C10-1067, we asked the CDPHE 

to file a statement concerning whether, in its opinion, this truncated scenario would be sufficient 

from an emissions reduction standpoint. 

34. On October 4, 2010, the CDPHE filed a responsive pleading, in which it stated 

the truncated scenario would not meet reasonably foreseeable emissions reduction requirements.  

This pleading, when combined with the rationale in Decision No. C10-1067, essentially 

eliminated Scenario 6.1E from the Commission’s consideration.  The Commission later upheld 

this ruling in Decision No. C10-1164, mailed on October 27, 2010.  In Decision No. C10-1164, 

we further held that we would generally defer to the CDPHE in matters pertaining to determining 

which emissions reduction requirements are reasonably foreseeable, as well as how far into the 

future such requirements can reasonably be foreseen.  See ¶ 41. 

35. On October 8, 2010, parties submitted cross-answer and rebuttal testimony.  Also 

on October 8, 2010, parties filed supplemental answer testimony regarding the long-term gas 

contract. 
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36. On October 15, 2010, parties filed supplemental cross-answer and rebuttal related 

to the long-term gas contract. 

37. At a Pre-Hearing Conference on October 19, 2010, Public Service made an oral 

motion seeking leave to file supplemental direct testimony that would set forth what it 

characterized as a cost-effective alternative to scenario 6.1E (scenario 6.2J), that would include 

the retirement and replacement of Cherokee 4 by 2017, to comply with the requirements we set 

forth in Decision No. C10-1067.  We received a written motion later that same day, which also 

contained proposed modifications to the procedural schedule to accommodate this supplemental 

testimony.  We granted Public Service’s Motion for Leave to File Supplemental Testimony in 

Decision No. C10-1135, mailed on October 22, 2010, but we declined to actually consider that 

testimony until we heard from parties regarding the procedural burden it could create. 

38. On October 25, 2010, Public Service filed supplemental direct testimony in 

accordance with its October 19, 2010 motion.  That supplemental direct testimony identified 

some modified scenarios for the Commission’s consideration, and identified Scenario 5B as the 

Company’s new recommended scenario.9 

39. In Decision No. C10-1193, mailed November 4, 2010, we granted Public 

Service’s Motion for Acceptance of Supplemental Testimony.  In that Decision, we found that the 

goals of HB 10-1365 would be best served by the development of a full and complete evidentiary 

record.  We therefore accepted the supplemental testimony and adopted an alteration to the 

procedural schedule, including additional discovery deadlines and hearing dates, to 

accommodate the supplemental testimony. 

                                                 
9 As its nomenclature suggests, scenario 5B was one of the scenarios originally presented in the Company’s 

August 13, 2010 filing. 
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40. On October 21, 2010, the Commission undertook consideration of a Motion for 

Disqualification concerning Chairman Binz and Commissioner Baker filed by CMA on 

October 12, 2010.  We denied the Motion for Disqualification in Decision No. C10-1326 mailed 

on December 10, 2010. 

41. On October 21, 2010, the Commission began hearings in this matter.  The first 

round of hearings was conducted on October 21, 22, 25, 26, 28, 29 and 30, 2010, as well as 

November 1, 2, and 3, 2010.  The Commission instructed parties that the first round of hearings 

should focus on those elements of the plan, as originally filed, that were not impacted by Public 

Service’s supplemental direct testimony.10  Parties were instructed they would have an additional 

opportunity to cross-examine witnesses on the supplemental testimony, as well as on the 

Company’s new recommended scenario. 

42. Parties filed supplemental answer testimony on November 9, 2010. 

43. Parties filed supplemental rebuttal and cross-answer testimony on November 15, 

2010. 

44. On November 18, 2010, the Commission began the second round of hearings in 

this matter.  The second round of hearings was conducted on November 18, 19, and 20, 2010. 

45. The Commission undertook deliberations in this Docket on December 6, 8, and 9, 

2010. 

                                                 
10 Some of the issues parties covered in these days of hearings were:  fuel costs, foreseeable emission costs, 

existing scenarios, the long-term gas contract, and cost recovery. 
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2. Due Process 

46. Throughout these proceedings, a number of parties have raised broad due process 

arguments.11  Although no party has directly stated as much, many of these pleadings appear to 

assert constitutional procedural due process arguments, by either invoking the United States 

Constitution, or by citing to cases concerning constitutional procedural due process.12   

47. Both the federal and Colorado constitutions prohibit governmental actions that 

deprive individuals of liberty or property without “due process of law.”  U.S. CONST. amend. 

V and XIV; Colo. CONST. Art. II §25.  To raise a successful due process claim, a party must first 

identify the protected liberty or property interest at stake.  See Goss v. Lopez, 419 U.S. 565, 572-

76 (1975).  Once a party has established that procedural due process applies, a court must 

determine what process is due.  Morrissey v. Brewer, 408 U.S. 471, 480 (1972).  Standards of 

due process are flexible and will depend on the situation.  Cafeteria Workers v. McElroy, 

367 U.S. 886 (1961).  At a minimum, procedural due process requires “notice and an opportunity 

to be heard in a meaningful manner.”  Nichols ex. rel. Nichols v. DeStefano, 70 P.3d 505, 

507 (Colo. App. 2002) (citing Goss, 419 U.S. 565).   

48. At no point in these proceedings did any party articulate a liberty or property 

interest of which it would be deprived.  Therefore, the standards of procedural due process, as set 

                                                 

 11 See, e.g., Peabody Motion to Vacate Procedural Schedule and Set a Status Conference, filed October 18, 
2010; Response of CIEA and Thermo to the Motion of Public Service for Leave to File Additional Testimony, filed 
October 27, 2010; Gas Intervenors Response to “Motion of Public Service Company of Colorado for Acceptance of  
Supplemental Testimony” and Response Pursuant to Commission Decision C10-1135, filed October 27, 2010; and 
Peabody Motion for Summary Judgment, filed October 29, 2010. 

12 See, e.g., Peabody Motion for Summary Judgment, at 21 (citing U.S. CONST. amend. V and XIV); 
Response of CIEA and Thermo to the Motion of Public Service for Leave to File Additional Testimony, filed 
October 27, 2010, at 7 (citing Denver Welfare Rights Org. v. Pub. Utils. Comm’n, 190 Colo. 329, 547 P.2d 239 
(1976); and In re Marriage of Salby, 126 P.3d 291 (Colo. App. 2005)).   
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forth in U.S. CONST. amend. V and XIV, and Colo. Const. Art. II, § 25, are inapplicable here.  

See Public Service Co. of Colo. v. Public Util. Comm’n, 653 P.2d 1117, 1121 (Colo. 1982). 

49. However, the Commission is cognizant of the statutory due process to which 

parties are entitled.  Generally, the Commission is required to “conduct its proceedings in such a 

manner as will best conduce the proper dispatch of business and the ends of justice.”  

§ 40-6-101(1), C.R.S.  Specifically, § 40-3.2-204(2)(b)(IV), C.R.S, provides “[t]he commission 

shall not approve a plan except after an evidentiary hearing.”  The Commission held an 

evidentiary hearing in this Docket on October 21, 22, 25, 26, 28, 29, 30, 2010, as well as 

November 1, 2, 3, 18, 19, and 20, 2010.  Further, § 40-6-109(1), C.R.S., provides that all 

intervenors “interested in or affected by any order that may be made” are entitled “to be heard, 

examine and cross-examine witnesses, and introduce evidence.”  The Commission believes that, 

over the course of these proceedings, all parties have been afforded ample opportunity to present 

their cases, examine and cross-examine witnesses, and introduce evidence.  See Decision 

No. C10-0545 (granting Petitions for Intervention); Decision Nos. C10-0452, C10-0638, and 

C10-1193 (establishing procedural schedules and hearing dates). 

50. In short, the Commission has done everything possible to provide parties the 

maximum process possible, while still complying with the December 15, 2010 deadline for a 

final decision, as required by § 40-3.2-205(2), C.R.S.  These proceedings have necessarily been 

time constrained.  However, the Commission is permitted to fashion procedural mechanisms, 

including abbreviated procedures, where necessary to carry out its regulatory function.   

51. For example, in Public Service Co. of Colo. v. Public Util. Comm’n, intervenors 

challenged the emergency procedures fashioned by the Commission as violating standards of 

statutory due process.  In that case, Public Service filed advice letters arguing that the Company 
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was facing a financial emergency that warranted an increase in rates.  The Commission 

suspended the tariffs, conducted three days of limited hearings, and issued a decision 

approximately a month and a half later.  653 P.2d at 1118.  Intervenors in the case argued that the 

abbreviated nature of the proceeding and the limitation of issues to be considered created a 

hearing that was not granted at a meaningful time or in a meaningful manner.  Id. at 1121.  

Intervenors argued they did not have adequate time to conduct discovery and to procure the 

expert witnesses they needed, because the hearing began only 16 days after the Commission’s 

order of suspension.  Id.  The Colorado Supreme Court disagreed, finding the Commission struck 

an appropriate balance between offering procedural protections and ensuring the health of the 

regulated utility.  Id. at 1122.  The Court further agreed with the Commission that it “would be 

derelict in its responsibility if it did not fashion the procedural mechanisms available to it so as to 

minimize, to the extent possible, harmful economic results.”  Id.  As the Court concluded, 

“[p]articipatory values are better served by allowing the commission to conform its procedures to 

the exigencies of the case before it.”  Id. 

52. We believe the reasoning of Public Service Co. of Colo. v. Public Util. Comm’n 

supports the procedural mechanisms the Commission has fashioned in this case. 

D. Public Service’s Plan and Modification Scenarios 

1. Pre-Filing Requirements and Plan Development 

53. In Decision No. C10-0638, we discussed the process by which Public Service was 

to develop the scenarios contained in its August 13, 2010 filing.  In that Decision, we declined to 

adopt any limitations on our authority to consider alternative scenarios and to modify any 

proffered plan.  Decision No. C10-0638, at ¶ 28.  To that end, we encouraged Public Service to 

meet with the parties in a workshop setting to discuss development of the scenarios to be 
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contained in the Company’s proposed emission reduction plan.  Id. at ¶ 26.  We further ordered 

Public Service to submit a filing outlining the contents of the proposed emission reduction plan, 

including any alternative scenarios and major modeling assumptions, on July 1, 2010.   Id. at 

¶ 31.  Following submission of this filing, we permitted comment from parties regarding the 

sufficiency of Public Service’s plan to date, as well as the extent to which the Company was 

responsive in accommodating and modeling their suggested alternatives in STRATEGIST.13  

Id. at ¶ 33.  In so doing, we sought to provide additional process to parties, by providing them 

with substantial information prior to the August 15, 2010 filing deadline and allowing an 

opportunity to assist in the development in Public Service’s proposed plan. 

54. We conducted a status conference to discuss the Company’s July 1, 2010 filing 

and relevant comments on July 9, 2010.  In Decision No. C10-0808, we requested that the 

Company model in STRATEGIST two additional scenarios:  (1) an alternative baseline that 

excluded the installation of a selective catalytic reduction (SCR) at Pawnee station (Benchmark 

1.1); and (2) a variation of one of the Company’s proposed scenarios that would contain higher 

levels of renewable resources, while still maintaining transmission stability (scenario 6H).  

¶¶ 27-29.  While we declined to order the Company to develop any of the other intervenor-

suggested alternatives, we stated, “we will in no way preclude the parties from raising arguments 

in the course of this proceeding concerning the merits of Public Service’s emission reduction 

plan and the alternatives that the Company may not have fully developed for our consideration.”  

Id. at ¶ 30.  See also Decision No. C10-0874 (addressing motions seeking clarification or 

alteration of Decision No. C10-0808). 

                                                 
13 See footnote 7. 
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2. Public Service’s August 13, 2010 Filing 

55. On August 13, 2010, the Company filed its proposed emission reduction plan and 

supporting direct testimony.  See Public Service Emissions Reduction Plan (Hrg. Ex. 2).  Public 

Service represented that it developed its plan by:  (1) identifying the coal units for consideration 

in the plan and the actions (retirement, fuel switch, or emissions controls) feasible for each unit; 

(2) constructing combinations of actions, referred to as scenarios; (3) identifying feasible 

replacement capacity for retired coal facilities; and (4) estimating costs.  Id. at 25.  The Company 

also stated it consulted with the CDPHE throughout this process.  Id. 

56. The result was a proposed plan that identified nine scenarios (Benchmark 1.0, 

Benchmark 1.1, and Scenarios 2, 3, 4, 5, 6, 6.1, and 7) and set forth nine potential portfolios of 

replacement capacity (A through I).  See Id. at 44, fig. 5.5.  Of the combinations of these options, 

the Company identified scenario 6.1E as its preference.   

57. Scenario 6.1E would retire all of the coal-fired electric generating units at 

Cherokee Station (Cherokee 1-4) and Valmont 5.  Cherokee 1 and 2 would be retired before the 

end of 2011. Selective Non-Catalytic Reduction (SNCR) controls would be installed at Cherokee 

4 in 2012. Before Cherokee 3 would be retired, a new 2X1 combined cycle (CC) natural gas-

fired plant would be installed at Cherokee Station.  Then, Cherokee 3 would be retired in 2017.  

A second new 1X1 CC gas plant would come into service in 2022, at which time Cherokee 4 

would be retired.  Valmont 5 would be retired in 2017.  Also, Arapahoe 3 and Cherokee 2 would 

be converted to synchronous condensers in 2014 and 2012, respectively, and 90 MVAR of 

capacitor banks would be installed at Arapahoe and Cherokee for reactive voltage support.  

Arapahoe 4 would be fuel switched to run on gas at the end of 2013.   
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58. Under scenario 6.1E, 213 MW of coal would be retired by 2013; 551 MW of coal 

would be retired by 2018;14 and 903 MW of coal would be retired by 2022. 

59. With respect to controls, scenario 6.1E would include SCR controls at the Pawnee 

Station and at Hayden Station on units 1 and 2.  The SCR installation at Pawnee would be 

completed before the end of 2014 and would be coordinated with the installation of a lime spray 

dryer (LSD) for reductions in the emissions of SO2.  The SCR installation on Hayden 1 and 2 

would be complete by the end of 2015 and 2016, respectively. 

3. Partial Summary Judgment and Elimination of Scenario 6.1E 

60. On August 31, 2010, CIEA, Thermo, and Southwest (collectively, 

the IPP Intervenors), filed a Motion for Partial Summary Judgment, arguing the two post-2017 

elements of Public Service’s plan (construction of the new 1X1 CC unit and retirement of 

Cherokee 4) rendered it fatally flawed under HB 10-1365.  Assuming these post-2017 actions 

were necessary to meet reasonably foreseeable emission requirements, the IPP Intervenors 

argued the Commission could not approve scenario 6.1E because it would not meet all 

reasonably foreseeable emissions reduction requirements by December 31, 2017.  See 

§§ 40-3.2-204(2)(b)(IV), -204(2)(c), C.R.S. 

61. The Commission agreed with the IPP Intervenors that scenario 6.1E did not 

satisfy the implementation deadline set forth at § 40-3.2-204(2)(c), C.R.S., in Decision No. C10-

1067.  We therefore stated we would only consider a truncated version of scenario 6.1E, and 

asked the CDPHE to opine on whether such a truncated scenario would satisfy reasonably 

foreseeable emissions requirements.  The CDPHE stated it would not.  See Response of the 

                                                 
14 The Commission had already approved the early retirement of Arapahoe 3 and 4 by Decision No. C08-

0929 in Docket No. 07A-447E mailed on September 19, 2008. 
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CDPHE to the PUC’s September 29, 2010 Order Denying Motion for Summary Judgment, filed 

Oct. 4, 2010.   

62. The Company sought modification of Decision No. C10-1067 on October 5, 

2010.  The Commission denied Public Service’s Motion to Modify Decision No. C10-1067 in 

Decision No. C10-1164.  In that decision, we further stated that we generally deferred to the 

CDPHE with regard to what emissions reduction requirements were reasonably foreseeable, and 

stated that we declined to utilize our existing organic authority in any way that would circumvent 

the December 31, 2017 implementation deadline. 

63. As a result of these Decisions, Public Service sought leave to file supplemental 

direct testimony on October 19, 2010.  After fully considering the procedural implications of 

supplemental testimony, we granted the Company leave to file and accepted the supplemental 

direct testimony in Decision No. C10-1193.   

4. Public Service’s October 25 Supplemental Direct Testimony 

64. Public Service filed its supplemental direct testimony on October 25, 2010.  The 

supplemental testimony set forth an alternative scenario that achieves retirement of Cherokee 4 

by 2017, but also analyzes cost associated with fuel-switching Cherokee 4 to run on natural gas 

by the end of 2017.  Public Service identified these scenarios as scenario 6.2J (retires Cherokee 4 

by the end of 2017 and constructs both a 1X1 and a 2X1 CC plant at Cherokee Station before the 

end of 2017); scenario 6E FS (modifies scenario 6E by fuel switching Cherokee 4 at the end of 

2017 and completing the retirement of Cherokee 4 and the construction of a new 1X1 CC plant 

at Cherokee Station by the end of 2018); and scenario 6.1E FS (modifies scenario 6.1E by fuel 

switching Cherokee 4 at the end of 2017 and completing the retirement of Cherokee 4 and the 

construction of a 1X1 CC plant at Cherokee Station by the end of 2022). 
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65. In addition to identifying these proposed scenario modifications, the Company 

further stated that scenario 5B was now the Company’s recommended scenario.   

66. In response to this supplemental direct testimony, the CDPHE filed supplemental 

answer testimony of Mr. Paul Tourangeau, in which he stated the CDPHE believes the fuel 

switching scenarios are consistent with current and reasonably foreseeable emissions 

requirements while achieving the necessary levels of NOx reductions.  See Tourangeau Fuel 

Switching Testimony (Hrg. Ex. 200).  The CDPHE believes Scenario 6.2J is similarly consistent 

with HB 10-1365’s air quality provisions.  See Tourangeau Supplemental Answer Testimony 

(Hrg. Ex. 201). 

5. Public Service’s Recommended Scenario 

67. Scenario 5B was contained in the Company’s August 13, 2010 filing, and was 

elevated to the status of “recommended” by the Company in its October 25, 2010 supplemental 

direct testimony.  Scenario 5B would retire Cherokee 1 and 2 before the end of 2011 and retire 

Cherokee 3 and Valmont 5 before the end of 2017.  A new 2X1 CC would be installed at 

Cherokee Station before the end of 2015.  Arapahoe 3 and Cherokee 2 would be converted to 

synchronous condensers in 2014 and 2012, respectively.  Further, 90 MVAR of capacitor banks 

are installed at Arapahoe and Cherokee for reactive voltage support.  Arapahoe 4 would be fuel 

switched to run on gas before the end of 2013.   

68. Scenario 5B retires 213 MW of coal by January 1, 2013, and retires a total of 

551 MW of coal by January 1, 2018. 

69. As originally presented, scenario 5B also included the installation of SCR controls 

on Cherokee 4 in 2016.  However, in its October 25, 2010 supplemental direct testimony, Public 

Service requested this installation date be changed to 2017.  As with all other primary scenarios, 
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scenario 5B also included SCR and LSD controls at the Pawnee Station and SCR controls on 

Hayden 1 and 2.   

6. Intervenor Presented Alternative Scenarios 

70. Certain intervenors prepared alternative scenarios or advocated for specific 

scenarios modeled in STRATEGIST by Public Service. 

71. Those intervenors generally representing coal interests advocated for the adoption 

of Benchmark 1.0.  Benchmark 1.0 is the all controls scenario that the Company must prepare for 

cost comparison purposes, pursuant to § 40-3.2-206(3)(a), C.R.S.  Benchmark 1.0 includes 

installation of SNCR on Cherokee 1 and 2 and SCRs on Cherokee 3 and 4, Hayden 1 and 2, and 

Valmont 5.  Primarily because of the SNCR installations on Cherokee 1 and 2, which are among 

the oldest coal-fired units in the Company’s generation fleet, and because of the installation of 

SCR on Cherokee 3, Public Service opposes Benchmark 1.0 and stated it would withdraw its 

plan under § 40-32-205(4), C.R.S., should the Commission adopt those modifications to the 

Company’s recommended scenario.  See Public Service Statement of Position (SOP) at 27. 

72. By contrast, the Gas Intervenors advocated for a modified version of scenario 7E.  

As modeled by the Company, scenario 7E would retire all of the Cherokee units and Valmont 5.  

Cherokee 1 and 2 would be retired at the end of 2011.  Cherokee 3 and 4 would be fuel switched 

from coal to gas in 2014.  Cherokee 3 would be retired in 2015 when a new 2X1 CC gas plant 

would go into operation.  Cherokee 4 would be retired in 2018 when a new 1X1 CC gas plant 

would go into operation.  Valmont 5 would be switched to gas in 2013 prior to being retired in 

2017.  Arapahoe 3 and Cherokee 2 would be converted to synchronous condensers in 2014 and 

2012, respectively, and 90 MVAR of capacitor banks would be installed at Arapahoe and 
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Cherokee for reactive voltage support.  Arapahoe 4 would be fuel switched to run on gas at the 

end of 2013.   

73. By way of modifications to the Company’s modeled scenario 7E, the Gas 

Intervenors recommend delaying the decision to build any 1X1 CC to replace Cherokee 4 until 

either the Company’s 2011 Electric Resource Plan (ERP) filing,15 or until additional transmission 

studies could be completed.  According to the Gas Intervenors, scenario 7E would result in 

earlier emission reduction benefits with no significant differences in near-term ratepayer impacts 

as compared to the Company’s proposed scenario.  See Cavicchi Answer Testimony 

(Hrg. Ex. 73), at 32.   

74. The IPP Intervenors support a scenario known as IPP2.  Late in these proceedings, 

the IPP Intervenors reached an understanding with Public Service regarding the development of a 

STRATEGIST analysis of certain modifications to the Company’s emission reduction plan,16 

involving various combinations of re-contracting long-term purchased power agreements (PPAs) 

with existing natural gas electricity generation units owned by Thermo and Southwest.  Based on 

these STRATEGIST runs, the IPP Intervenors presented and advocated for scenario IPP2.  The 

CDPHE evaluated scenario IPP2 and concluded it was consistent with reasonably foreseeable 

emissions reduction requirements and achieved the necessary levels of NOx reductions.  See 

Tourangeau Testimony Regarding IPP2 (Hrg. Ex. 202). 

75. Scenario IPP2 would retire Cherokee 1 and 2 in 2011 and replace Cherokee 2 

with a synchronous condenser in 2012.  Arapahoe 3 would similarly be retired in 2013 and 

                                                 
15 The Commission’s ERP Rules, set forth at Rule 3600, 4 Code of Colorado Regulations (CCR) 723-3, 

et seq., require Public Service to file an ERP on or before October 31, 2011. 
16 The Commission expects the timing of STRATEGIST runs may be an issue in the Company’s next ERP 

proceeding.  As a result, we are interested on gathering information on the timing of STRATEGIST modeling in 
advance of the Company’s next ERP filing. 
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transformed into a synchronous condenser in 2014, while Arapahoe 4 would be retired in 2013.  

The Company would renew contracts for 199 MW of replacement power from Southwest and 

69 MW from Thermo for service beginning in the 2012 to 2013 timeframe.  SCR would be 

installed on Hayden 1 and 2, and SCR and LSD would be installed on Pawnee.  Cherokee 3 and 

4 and Valmont 5 would all be retired in 2017, when a new single-cycle combustion turbine (CT) 

peaker unit at the Cherokee Station would come online.  See Response to Discovery Request 

No. CIEA5-1 (Hrg. Ex. 181). 

76. In support of scenario IPP2, the IPP Intervenors stressed the lower levels of 

construction risk associated with the relatively less complicated installation of a CT at Cherokee 

Station in combination with the use of already built gas-fired generation through PPAs.  The 

IPP Intervenors further argue that the STRATEGIST results likely underestimate the costs of the 

new Company-built generation facilities and that, from a reliability perspective, it would be 

preferable to have multiple load-service centers at the Valmont and Arapahoe Stations in addition 

to Cherokee Station.  The IPP Intervenors also suggest that their existing CT facilities are better 

than the proposed new CC units for system operations.  See, e.g., Southwest SOP; Thermo SOP. 

77. WRA also presented an alternative scenario in answer testimony.  This modified 

scenario 6H would retire Cherokee 1, 2, 3, and 4 and Valmont 5, all before 2017.  A new 

2X1 CC gas plant at the Cherokee site would go into operation before the end of 2015, and, only 

if necessary as a backstop measure, additional replacement capacity would be installed at the 

Company’s Fort Saint Vrain Station.  Unlike the other principal scenarios, only Arapahoe 3 

would be converted into a synchronous condenser.  Voltage support and reactive power needs at 

Cherokee Station would instead be satisfied with MVAR static VAR compensators (SVCS) or 
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static synchronous compensators (STATCOMMS).  See Nielsen Answer Testimony 

(Hrg. Ex. 92), at 19. 

78. WRA supported its modified scenario 6H due to its lower emissions of NOx, SO2, 

CO2, and mercury, as well as its relatively lower exposure to high coal costs due to earlier coal 

plant retirements.  If monetized health benefits were associated with these incremental emissions 

benefits, WRA claimed the cost effectiveness of its preferred scenario relative to the Company’s 

recommended scenario would improve.  Although WRA supported this modified scenario 6H at 

the beginning of hearings, its position eventually changed in support of scenario 6.2J.  See 

WRA SOP, at 1.   

79. Therefore, the Commission’s consideration was focused on an evaluation and 

comparison of its proposed scenario 5B to scenarios Benchmark 1.0, as required by the statute, 

and scenarios 6E FS, 6.1E FS, 6.2J, 7E, and IPP2. 

7. Requested Approvals 

80. Public Service sought the following approvals and/or findings in this Docket: 

• approval of Scenario 5B as the Company’s “recommended” emission reduction plan 
under HB 10-1365; 

• findings that the emissions controls, retirements, and replacements associated with the 
Company’s recommended plan are needed and in the public interest;  

• findings that the Company has the flexibility to install the SCR on Cherokee 4 until 
the end of 2017, if controls are approved for Cherokee 4;   

• approval of the fuel switching of Arapahoe 4 so that no challenge to this fuel 
switching can be made in subsequent adjustment clause reviews;  

• approval of the long-term gas purchase agreement with Anadarko17 under 
§ 40-3.2-206, C.R.S., including findings that the Company acted prudently by 
entering into this agreement, that the agreement appears to be beneficial to 
consumers, and that the agreement is in the public interest; 

                                                 
17 Carter Direct Testimony (Hrg. Ex. 14), Exhibits TJC 3 and TJC 3A. 
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• a finding that under certain defaults, under the long-term gas contract, replacement 
gas costs would be recoverable through the fuel clause given prudent contract 
management;  

• recognition by the Commission that the new gas-fired 2X1 CC units at Cherokee 
Station and any additional natural gas-fired generation located at Cherokee Station 
will need adequate gas transportation infrastructure and the pipeline will eventually 
be included in gas rate base with charges to the Company’s electric department for 
service rendered;   

• a finding of need for a 2X1 CC at Cherokee Station in order to accelerate a required 
subsequent proceeding regarding a Certificate of Public Convenience and Necessity 
(CPCN) for this new generation facility; 

• a finding that the Company does not need a CPCN for emissions controls at Pawnee, 
Hayden, and Cherokee 4, as well as clarification that Rule 3205(b)(II) applies to these 
projects, deeming them to be in the ordinary course of business; 

• a finding that the Company does not need to file a separate application, either for a 
CPCN or otherwise, to retire units ahead of their useful lives; 

• approval in this docket of the early retirements of all existing units affected by the 
plan scenarios selected by the Commission; 

• approval of a specific rate rider, the ERA and associated tariff sheets to allow:  
(1) current return on capitalized construction work in progress (CWIP) at Public 
Service’s weighted average cost of capital (WACC), including the Company’s most 
recently authorized rate of return on equity (ROE); and (2) recovery of incremental 
2011 plant-related costs (for example, accelerated depreciation and removal expenses 
offset by reduced rate base during 2011) starting January 1, 2011;  

• a finding that the Company’s plan satisfies the requirement of “early conversion or 
closure of coal-based generation capacity by January 1, 2015” required by 
CRS § 40-3.2-207 (4);  

• a finding that the Company has demonstrated “that a lag in recovery of the costs of 
the plan related to the investment required by such plan contributes to a utility earning 
less than its authorized return on equity” under § 40-3.2-207(4), C.R.S.;18 and 

• a finding that the appropriate share of costs of these plants to seek recovery from 
wholesale customers is the jurisdictional allocator as it changes over time under 
§ 40-3.2-207(2)(a), so long as the allocator does not conflict with the Company’s 
wholesale contracts executed prior to HB 10-1365. 

                                                 
18 The Company requests this finding regardless of whether the ERA or deferred accounting is approved for 

accelerated depreciation and removal costs. 
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E. Considerations in Evaluating the Plan 

1. Reasonable Fuel Cost Forecasts 

81. Section 40-3.2-206(3)(b), C.R.S., requires us to “use reasonable projections of 

future coal and natural gas costs.”  As part of its STRATEGIST modeling, Public Service 

adopted certain fuel cost assumptions.  These modeling assumptions and conventions are based 

on those the Commission approved in the Company’s most recent ERP.  See Docket No. 07A-

447E.19  While the methodology for deriving the forecasts is the same, the values have been 

updated to reflect current data. 

a. Gas Price Forecasts 

82. In developing its forecast for gas prices, Public Service blends three industry 

forecasts and a quote of the current market using the closing price on the New York Mercantile 

Exchange and an adder for estimating gas price volatility.  See Hrg. Ex. 2, at 16-17.  See also 

Public Service SOP, at 51-53.  The Company believes this method represents a prudent range of 

possible future prices.  Further, in developing its forecast, the Company incorporated projected 

savings from the Anadarko long-term gas contract.  However, these savings were not credited to 

the Benchmark 1.0 scenario.  See Montgomery Cross-Answer Testimony (Hrg. Ex. 45), at 22-23. 

83. A number of parties suggest the Commission use a different natural gas price 

forecast in evaluating the proposed scenarios.  See Peabody SOP, at 38-39 (contending Public 

                                                 
19 We took administrative notice of Decision No. C08-0929 in Docket No. 07A-447E.  Tr. Oct. 21, 2010, at 

146. 
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Service’s forecasted natural gas price is too low); Fishman Answer Testimony (Hrg. Ex. 181) 

(contending Public Service’s forecasted natural gas price is too high).   

84. The Commission finds Public Service’s method of forecasting natural gas prices 

is reasonable.  However, we do not believe this finding of reasonableness requires us to explicitly 

adopt Public Service’s gas forecasts in evaluating the scenarios before us.  Rather, we are 

mindful of each scenario’s relative sensitivity to fluctuations in gas prices, and take this into 

consideration in determining which scenario is the most reasonable from a cost perspective.  We 

do, however, accept Public Service’s predictions regarding gas transportation costs, as we think 

the Company is in the best position to estimate those costs. 

85. Furthermore, we decline to assume any estimated savings as a result of the 

Anadarko long-term gas contract.  As a preliminary matter, we believe any predicted savings that 

may result from the contract should be applied to all scenarios, including Benchmark 1.0, as 

Public Service could, under any scenario, benefit from a contract covering a portion of its gas 

burn.  Additionally, the predicted savings associated with the contract are a function of 

differences in various forecasts and therefore are not likely to be precise.  In other words, while 

we believe the long-term contract offers benefits (which we will discuss further below), we do 

not believe the Company’s projected savings should affect our evaluation of the relative benefits 

of the scenarios. 

b. Coal Price Forecasts 

86. Public Service obtains its coal supplies through a combination of term and spot 

contracts, as well as over-the-counter transactions.  The Company developed coal price forecasts 

based on forecasts from third-party experts combined with known prices from existing contracts.  

Hrg. Ex. 2, at 16-18.  This is similar to the assumptions Public Service made in its 2007 ERP.  
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However, Public Service did adjust coal prices downward slightly for purposes of its emission 

reduction plan, as a result of the Wood Mackenzie modeling of the impact the plan itself would 

have on coal prices.  See Hrg. Ex. 2, at 140. 

87. Some parties suggest the Commission use a different coal price forecast in 

evaluating the proposed scenarios.  See Peabody SOP, at 42-43 (contending Public Service’s coal 

price forecasts are biased); Glustrom SOP, at 12-16 (contending Public Service’s coal price 

forecasts are too low).   

88. The Commission finds Public Service’s method of forecasting coal prices is 

reasonable.  However, again, we do not believe this finding of reasonableness requires us to 

explicitly adopt Public Service’s coal price forecasts in evaluating the scenarios before us.  While 

coal prices are historically less volatile than natural gas prices, we nonetheless believe coal 

prices may change significantly.  Therefore, as with natural gas, we are mindful of each 

scenario’s relative sensitivity to fluctuations in coal prices, and take this into consideration in 

determining which scenario is the most reasonable from a cost perspective. 

2. Reasonable Cost Forecasts for Reasonably Foreseeable Emission 

Regulation 

89. Section 40-3.2-206(3)(c), C.R.S., requires us to “incorporate a reasonable 

estimate for the cost of reasonably foreseeable emission regulation consistent with the 

Commission’s existing practice.”  To implement this provision of HB 10-1365, parties have 

focused exclusively on costs associated with carbon dioxide and other greenhouse gasses. 

90. In Docket No. 07A-447E, the Commission approved a carbon proxy cost of 

$20 per ton, escalating at 7 percent per year, beginning in 2010.  Decision No. C08-0929, at 

¶ 270.  In this Docket, Public Service recommends the Commission adopt a $20 per ton price of 
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carbon, escalating at 7 percent per year but beginning in 2014.  Parties in support of the $20 per 

ton proxy price argue it is a price the EPA may reasonably adopt if it chooses to regulate 

greenhouse gases under § 111(d) of the Clean Air Act.  See Public Service SOP, at 49.  Others 

argue $20 per ton represents an internalization of the social costs of carbon emissions that are 

typically experienced as externalities.  See WRA SOP, at 25-27.  Still others support adopting a 

$20 per ton price because the alternative of $0 per ton is unreasonable.  See GEO SOP, at 6.  

Finally, parties argue the Commission should adopt the $20 per ton prices because it is the price 

the Commission used in Docket No. 07A-447E and thus, any other price would not be 

“consistent with the Commission’s existing practice.”  See Gas Intervenors SOP, at 17.  

91. However, a number of parties oppose a $20 per ton cost of carbon.  Peabody 

presented testimony that the EPA’s imminent regulation of greenhouse gases under the New 

Source Review provisions of the Clean Air Act would not impose a price per ton of carbon 

emissions, and that it is unlikely a policy to address climate change will be adopted that includes 

a price per ton of carbon emitted.  Smith Answer Testimony (Hrg. Ex. 50), at 22-24; Tr. Nov. 19, 

2010, at 59-62.  Further, some parties argue the Commission should adopt a $0 per ton cost of 

carbon, because Public Service failed to meet its burden of proof in justifying a $20 per ton 

price.  See Peabody SOP, at 44-49; AGNC SOP, at 14; ACCCE SOP, at 16-18. 

92. The Commission has applied a cost to carbon emissions in the Company’s two 

previous ERPs.  See Docket Nos. 04A-214E, 04A-215E, 04A-216E, and 07A-447E.  Carbon 

“adders” in this context served as proxies for the expected costs that carbon regulation would 

impose on various resources over the course of their lifetimes.  Modeling a presumed cost of 

carbon is justified when considering the relative benefits of new utility resources, some of which 

have useful lives in excess of 40 years.  However, the compressed timeframe required by this 
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Docket, coupled with the uncertainty over how carbon regulation will be manifest, leads us not 

to adopt a specific “dollars per ton” benchmark for this proceeding.  That being said, the 

Commission observes that EPA regulation of greenhouse gasses is currently underway, future 

regulation in some form is highly likely, and that those regulations will eventually impose costs 

on a utility’s greenhouse gas emissions.  Therefore, while we do not adopt a specific future cost 

per ton in evaluating the proposed scenarios, we consider each scenario’s carbon emissions 

reductions, as well as its sensitivity to carbon prices, as modeled by the Company. 

3. Benefits of a Coordinated Emissions Reduction Strategy 

93. Section 40-3.2-206(3)(e), C.R.S., requires the Commission to “consider the 

economic and environmental benefits of a coordinated emissions reduction strategy.” 

94. We agree with Public Service that the primary purpose of HB 10-1365 is to 

encourage the Company to address current and reasonably foreseeable emissions reductions in a 

coordinated fashion to reduce the overall cost of compliance.  See Public Service. SOP, at 92.  We 

have therefore considered not only the pattern of estimated costs during the implementation period of 

the plan, 2011 to 2017, but also the likely occurrence of base rate proceedings by which Public 

Service would begin to recover the substantial investments associated with emission reduction when 

these investments go into service.   

95. In other words, we have examined the sequencing and level of capital spending over 

the next seven years in addition to the predicted changes in overall rates from the STRATEGIST 

model runs in the near term (2011 to 2020) as well as the long term (2011 to 2046).  By considering 

such impacts in a coordinated fashion, we help to ensure the benefits of a coordinated emission 

reduction strategy consistent with HB 10-1365. 
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F. Modifications and Approvals 

1. Basis for Findings 

96. With the exception of Benchmark 1.0, the scenarios presented by Public Service 

and the intervening parties share many common elements.  All include early retirement of 

Cherokee 1, 2, and 3; early retirement of Valmont 5; fuel conversion of Arapahoe 4; conversion 

of Cherokee 2 and Arapahoe 3 into synchronous condensers; controls on Pawnee and Hayden; 

and replacement generation for Cherokee 1, 2, and 3 plus Valmont 5 in the form of a new 

2X1 CC at Cherokee Station.  

97. The principal differences between the scenarios involve the disposition of 

Cherokee 4 (scenarios 5B, 6E FS, 6.1E FS, 6.2J), whether and when to apply fuel conversion of 

certain coal units to natural gas (scenario 7E), and whether to renew PPAs with certain plants 

owned by Southwest and Thermo (scenario IPP2).  

98. From a cost perspective, the STRATEGIST model runs clearly indicate that the 

cost of capital construction, the cost of natural gas, and the cost of carbon emissions all 

significantly contribute to the overall cost of each scenario.  See Hill Supplemental Rebuttal 

Testimony (Hrg. Ex. 188), at 9.  Even so, the STRATEGIST results for expected rates and 

revenue requirements, even supplemented with monetized health benefits, do not reveal an easily 

apparent advantage of one scenario over another.  See Dirmeier Supplemental Answer Testimony 

(Hrg. Ex. 239), at 6.  In addition, uncertainty surrounding the preliminary estimates of the capital 

construction costs of the proposed projects, including both controls and new natural gas-fired 

generation facilities, suggests that during the period between 2011 and 2022, all scenarios could 

result in roughly the same level of investment costs. 
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99. According to Staff, the Company’s projected costs for a new 2x1 CC at Cherokee 

Station appear to be low based on other similar facilities with similar equipment, potentially 

causing an understatement of the total capital costs of the scenarios that include this new facility.  

Staff also generally concludes that the Company’s capital cost estimates may be less accurate 

than the plus or minus 20 percent that the Company has attached to them.  See Camp 

Supplemental Answer Testimony (Hrg. Ex. 203), at 8-9. 

100. Public Service acknowledges that the Company has not presented cost estimates 

as Certificate of Public Convenience and Necessity (CPCN) quality numbers, given the time 

available and the number of scenarios under consideration.  Nevertheless, the Company believes 

the cost estimates that it presented in this Docket are sufficient for valid comparisons of the 

scenarios against each other.  See Public Service SOP, at 61. 

101. From an emission reduction perspective, all of the scenarios meet the standard 

that NOx emissions will be reduced by 70 to 80 percent.  CDPHE SOP, at 9-11.  Likewise, the 

CDPHE has determined that these scenarios will meet reasonably foreseeable requirements of 

the CAA.  Id. at 11-12. 

102. It is also undisputed that early emission reductions offer potential health benefits 

to the residents in the Denver metro area.   The emission reduction profiles of the various 

scenarios as developed by STRATEGIST reveal significant differences among the scenarios in 

NOx, SO2, and mercury emissions between 2011 and 2018.  Scenarios with relatively more coal 

burn tend to have higher emissions of NOx, SO2, mercury, and CO2.   

103. Largely due to such emission reductions, several parties support the adoption of 

scenario 6.2J, including WRA, the GEO, Boulder, and, notably, the CDPHE.   
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104. Finally, from a feasibility perspective, Public Service affirms that all of the 

scenarios that we are considering can be implemented successfully.  See Public Service SOP, at 

62.  However, the only practical options for Cherokee 4, according to the Company, are the 

installation of SCR at Cherokee 4 by 2017 (scenario 5B), fuel switching Cherokee 4 by 2017 

(scenarios 6E FS or 7E), or retiring Cherokee 4 and replacing it with a 1X1 CC or CT 

(scenario 6.2J or IPP2). Public Service claims that the alternatives to scenario 5B could result in 

higher rates for customers, but the Company also acknowledges that the balance between short-

run price impacts and long-run benefits, including emission reductions, is a close call among 

these scenarios.  See Hyde Supplemental Rebuttal Testimony (Hrg. Ex. 184), at 7.   Public 

Service concludes that this Docket is, in essence, a public policy debate over how much to raise 

electric rates to achieve various levels of emissions reductions.  See Public Service SOP, at 94. 

2. Cherokee 1, 2, and 3 

105. Unit 1 at Cherokee Station is a 107 MW coal-fired electric generating facility that 

began operations in 1957 and whose expected useful life ends in 2017.  Unit 2 at Cherokee 

Station is a 106 MW coal-fired electric generating facility that began operations in 1959 and 

whose expected useful life ends in 2019.  Unit 3 at Cherokee Station is a 152 MW coal-fired 

electric generating facility that began operations in 1962 and whose expected useful life ends in 

2022. 

106. Both Cherokee 1 and 2 would be retired in 2011 under Public Service’s 

recommended scenario.  SNCR controls would be installed at each unit before the end of 2014 

under the Benchmark 1.0 scenario at an estimated cost of approximately $21.3 million, plus or 

minus 20 percent.   Ford Direct Testimony (Hrg. Ex. 10), at 7-8.   
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107. With respect to Cherokee 3, Public Service proposes to retire the facility in 2017.  

SCR controls on the unit would be installed under the Benchmark 1.0 scenario at an approximate 

cost of $163 million, plus or minus 20 percent.  Id. at 9.   

108. Because both Cherokee 1 and 2 are more than 50 years old and are approaching 

the end of their useful life, we conclude that retirement is a superior solution to controls on these 

units in order to meet reasonably foreseeable emission reduction requirements.  Therefore, the 

Commission finds it necessary and in the public interest to retire Cherokee units 1 and 2 before 

the end of 2011 for emission reduction purposes. 

109. Public Service proposes to convert the retired Cherokee 2 unit into a synchronous 

condenser before the end of 2012 to provide dynamic VAR support upon the retirement of the 

coal-fired units at Cherokee Station.  The Company estimates that the capital costs associated 

with this conversion, plus the addition of a 90 MVAR capacitor bank for static VAR support, will 

be approximately $4 million, plus or minus 20 percent.  Id. at 17. 

110. We find that the re-use of Cherokee 2 as a synchronous condenser and the 

additional 90 MVAR capacitor bank to be the most cost effective solution for providing both 

dynamic and static VAR support at Cherokee Station.  In light of the criticism that synchronous 

condensers may result in higher than expected operating costs in the future, and given the 

extensive testimony offered in this Docket regarding alternative VAR support technologies such 

as SVCs, STATCOMMS, and D-VAR systems, we direct Public Service to carefully monitor the 

use of the synchronous condenser at Cherokee 2 during the implementation period of the plan.  

As part of future transmission planning activities, the Company should ensure that the 

synchronous condenser provides the appropriate level of cost-effective VAR support relative to 

these alternative technologies.   
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111. We also find retirement of Cherokee 3 to be a better outcome than SCR controls 

for meeting reasonably foreseeable emission reduction requirements.  We recognize that under 

the Company’s proposed scenario (scenario 5B), this unit would be retired in 2017.  Public 

Service explains that retirement in 2017 would allow a period of time for a 2X1 CC to be tested 

and tuned, for fuel cost savings to be available to ratepayers in 2016 and 2017, and for 

minimizing the impact of accelerated depreciation in years 2011 through 2017.  See 

Hrg. Ex. 184, at 15.  However, we are not aware of any operating or construction-related 

impediments to retirement in 2015 and note that a 2015 retirement for Cherokee 3 was modeled 

in STRATEGIST for scenarios 6E FS and 7E.  The Commission therefore finds it necessary and 

in the public interest to retire Cherokee 3 before the end of 2015 for emission reduction 

purposes. 

3. Arapahoe 3 and 4  

112. Arapahoe 3 is a 45 MW coal-fired electric generation facility that began 

operations in 1951.  Arapahoe 4 is a 111 MW coal-fired electric generation facility that began 

operations in 1955.   

113. By Decision No. C08-0929, the Commission approved the early retirement of 

both Arapahoe 3 and 4 for emission reduction purposes.  Consistent with that previous Decision, 

Public Service proposes in this Docket to retire Arapahoe 3 before the end of 2013 and to convert 

the unit into a synchronous condenser.  The Company estimates that the capital costs associated 

with this conversion, plus the addition of a 90 MVAR capacity bank for static VAR support, will 

be approximately $4.9 million, plus or minus 20 percent.  Hrg. Ex. 10, at 17.  The Company no 

longer plans to retire Arapahoe 4 but instead proposes that it be converted from coal-fired 

generation to run on natural gas before the end of 2014. 
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114. The Commission determines that because Arapahoe 3 is approaching the end of 

its useful life, retirement is necessary and in the public interest consistent with our previous 

determination in Docket No. 07A-447E.  Also, consistent with our findings regarding the 

conversion of Cherokee 2, we find the re-use of Arapahoe 3 as a synchronous condenser plus the 

installation of 90 MVARs of new shunt capacitors, will together offer a cost effective solution for 

providing both dynamic and static VAR support at Arapahoe Station. 

115. We also find the conversion of Arapahoe 4 from coal-fired generation to natural 

gas generation to be needed and in the public interest for emission reduction purposes.  Although 

the Commission previously approved early retirement of Arapahoe 4 in Docket No. 07A-447E, 

its conversion into a natural gas-fired facility will allow the plant to operate during peak loading 

and other adverse system conditions with no or inexpensive capital investments.  Therefore, we 

find fuel conversion at Arapahoe 4 in 2014 to be the proper implementation of HB 10-1365 for 

this coal-fired electric generation unit. 

116. We recognize that under certain conditions it is less costly and better for the 

environment to burn gas in higher efficiency natural gas-fired units than using natural gas in coal 

units such as Arapahoe 4.  Alternative replacement capacity solutions in the future, including 

new or reconfigured transmission resources or IPP-provided generation, may also prove to be 

relatively more cost effective than fuel conversion under different circumstances, particularly 

with respect to projected costs for natural gas.  We therefore require Public Service to present 

alternatives to running Arapahoe 4 on natural gas in its ERP filing due October 31, 2011, so long 

as these potential alternatives meet or exceed the emission reductions achieved by the fuel 

conversion we adopt here.   
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4. Valmont 5 

117. Valmont 5 is a 187 MW coal-fired electric generation facility that began 

operations in 1964 and whose expected useful life ends in 2024.   

118. Valmont 5 would be retired before the end of 2017 under Public Service’s 

proposed scenario.  In the Benchmark 1.0 scenario, SCR controls would be installed on 

Valmont 5 before the end of 2015 at a cost of approximately $86.7 million, plus or minus 

20 percent. Hrg. Ex. 10, at 12.   

119. Although Valmont 5 is not quite as old as the Cherokee 1, 2 and 3, we find early 

retirement after a few more years of operation as a coal-fired unit to be a cost-effective approach 

for meeting current and reasonably foreseeable emission reduction requirements.  We therefore 

find the retirement of Valmont 5 in 2017 to be needed and in the public interest for emission 

reduction purposes. 

5. Pawnee 

120. Pawnee is a 505 MW coal-fired electric generation facility that began operations 

in 1981 and whose expected useful life ends in 2041. 

121. Under the Company’s proposed scenario, both SCR and LSD would be retrofitted 

on the unit for NOx and SO2 emission reductions beginning in 2014.  In addition, the unit would 

receive a sorbent injection system for mercury emissions.  These installations would have the 

most impact on overall emissions from the Company’s plan.  Id. at 14.  The capital cost of these 

projects would be $236.5 million, plus or minus 20 percent.  Id. at 15.   

122. The CDPHE states that Pawnee must be included in Public Service’s plan because 

it is a Best Available Retrofit Technology (BART) source that must be addressed under EPA’s 

Regional Haze Rule.  See Tourangeau Answer Testimony (Hrg. Ex. 33), at 6.  Public Service 
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explains that retiring Pawnee for emission reduction purposes would result in approximately 

$600 million in increased costs to ratepayers.  Public Service SOP, at 27. 

123. We agree that emission controls on Pawnee are preferable to early retirement 

given the relatively young age of the plant and its cost effectiveness as a coal-fired electric 

generation unit.  We further find that including the emission control projects at Pawnee in the 

Company’s plan allows us to consider a coordinated approach for emission reduction as 

contemplated by HB 10-1365.  We therefore approve the installation of SCR, LSD, and sorbent 

injection controls at Pawnee as needed and in the public interest for emission reduction purposes.  

6. Hayden 

124. Hayden 1 is a coal-fired electric generation facility that began operations in 1965 

and whose expected useful life ends in 2025.  Hayden 2 is a coal-fired electric generation facility 

that began operations in 1976 and whose expected useful life ends in 2036.  Public Service is a 

partial owner of both Hayden 1 and 2 such that the Company obtains 139 MW from Hayden 1 

(75.5 percent) and 98 MW from Hayden 2 (37.4 percent).20   

125. Hayden 1 and 2 were included in the Company’s proposed scenario contingent 

upon the outcome of the AQCC’s regional haze BART determinations for those units.  The 

CDPHE reported that the AQCC made a preliminary final determination on November 19, 2010 

that BART for Hayden Station is SCR for NOx reduction. The AQCC therefore has adopted a 

BART equivalent emissions rate for the regional haze SIP.  See Tr. Nov. 20, 2010, at 81.   

                                                 
20 Hayden 1 is owned in partnership with PacifiCorp.  Hayden 2 is owned in partnership with PacifiCorp 

and the Salt River Project. 
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126. As a result of the AQCC’s actions concerning Hayden Station, Public Service 

requests that the units be included in the Company’s plan and for the costs of the SCR controls to 

be eligible for the recovery under the provisions of § 40-3.2-207, C.R.S., as applicable.  

127. Under the Company’s proposed scenario, Hayden 1 would receive SCR controls 

in 2015 at an approximate capital cost to Public Service of $67.1 million, plus or minus 

20 percent.  Hrg. Ex. 10 at 13.  Hayden 2 would receive SCR controls in 2016 at an approximate 

capital cost to Public Service of $80.7 million, plus or minus 20 percent.  Id. at 14. 

128. In light of the AQCC’s BART determination, we find that SCR controls on 

Hayden 1 and 2 are needed and in the public interest for emission reduction purposes.  We 

further find that the including of the emission control projects at Hayden in the Company’s plan 

allows for a coordinated approach for emission reduction to be adopted on a cost-effective basis 

as contemplated by HB 10-1365.  Public Service can therefore avail itself of the cost recovery 

provisions in § 40-3.2-207, C.R.S., consistent with the discussion below. 

7. Cherokee 4 

129. Cherokee 4 is a 352 MW coal-fired electric generation facility that began 

operations in 1968 and whose expected useful life ends in 2028.  Cherokee 4 is the largest coal 

unit in the Denver metro area. 

130. Whether Cherokee 4 should be retired and its capacity replaced, whether it should 

instead be retrofitted with SCR controls, or whether it should be converted from coal to natural 

gas was the most controversial issue concerning resource selection in this Docket.  Under 

scenario 5B, the plant continues to operate burning coal with SCR controls installed in 2016.  

The plant is retired and replaced with a 314 MW 1X1 CC at Cherokee Station in scenarios 6.2J 
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(2017), 7E (2018), and 6E FS (2018).  Under scenario IPP2, Cherokee 4 is retired in 2017 and is 

replaced with a 147 MW CT. 

131. Public Service estimates that SCR controls would cost $174.9 million, plus or 

minus 20 percent.  See Hrg. Ex. 10, at 11.  Staff argues that these costs can be substantially 

reduced by the re-sequencing of the various construction projects at Cherokee Station.  See Staff 

SOP, at 9.   

132. Public Service estimates that a new 1X1 installed at Cherokee Station would cost 

$346.5 million, plus or minus 20 percent, if the Company procures a new steam turbine for the 

facility.  See Ford Supplemental Direct Testimony (Hrg. Ex. 158), at 3.  The Company estimates 

that a new CT at Cherokee Station would cost $107.4 million, plus or minus 20 percent.  See 

Hrg. Ex. 10, at 28. 

133. The STRATEGIST model runs do not clearly demonstrate which of the three 

alternatives for Cherokee 4 is superior in terms of costs and rate impacts.  Operating the unit on 

coal with SCR would meet reasonable foreseeable emission reduction requirements under the 

CAA, but this option, as represented under scenario 5B, would nevertheless result in relatively 

higher levels of NOx, SO2, mercury, and CO2 emissions, as compared to certain other 

alternatives.  Plant retirement and replacement under scenario 6.2J would improve emission 

reductions relative to scenario 5B, but these emission reductions would be achieved as a result of 

relatively higher capital spending between 2011 and 2017, but not necessarily higher overall 

revenue requirements.   

134. Converting Cherokee 4 from coal to natural gas in 2017, similar to the proposed 

conversion of Arapahoe 4, would preserve an additional source of real power at Cherokee Station 

with little or no additional capital investment.  Under a reasonable range of projected natural gas 
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costs, and given the long-term gas contract offered by Anadarko and the potential for more such 

contracts in the future, we conclude that fuel switching is the superior option for Cherokee 4.  We 

therefore find that conversion of Cherokee 4 from coal to natural gas before the end of 2017 is 

needed and in the public interest for emission reduction purposes. 

135. As with Arapahoe 4, circumstances may change such that it becomes less 

expensive and more effective from an emission reduction perspective to no longer burn natural 

gas at Cherokee 4.  New or reconfigured transmission resources, IPP-provided generation, and 

new alternative proposals for replacement generation at Cherokee Station might become more 

attractive vis-à-vis fuel conversion under different circumstances in the future.  We therefore 

require Public Service to present alternatives to running Cherokee 4 on natural gas in its ERP 

filing due October 31, 2011, so long as these potential alternatives meet or exceed the emission 

reductions achieved by the fuel conversion we adopt here.  Along those lines, we encourage 

Public Service to continue to explore the early retirement of Cherokee 4 such that the unit no 

longer operates after 2022. 

8. Replacement Capacity 

136. Section 40-3.2-207(6), C.R.S., states, “the commission shall allow, but not 

require, the utility to develop and own as utility rate-based property any new electric generating 

plant constructed primarily to replace any coal-fired electric generating unit retired pursuant to 

the plan.” 

137. Public Service proposes to replace the retired capacity of Cherokee 1, 2, and 3 as 

well as Valmont 5 (a combined 551 MW of retired capacity) with a new 2X1 CC at Cherokee 

Station (569 MW).  The Company estimates that the cost of the new 2X1 CC would be 

approximately $487.5 million, plus or minus 20 percent.  See Hrg. Ex. 158 at 3. 
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138. Public Service explains that in addition to providing real power from the 

Cherokee Station after these coal units are retired, the new 2X1 CC will better position the 

Company to acquire more intermittent renewable resources in the future.  See Public Service 

SOP, at 12. 

139. Because we have found the retirement of Cherokee 1, 2, and 3, as well as 

Valmont 5 as needed and in the public interest for emission reduction purposes, we agree that 

Public Service should be allowed to build replacement capacity in the form of a new 2X1 CC of 

approximately 569 MW at Cherokee Station.  By locating the new plant at Cherokee Station, 

Public Service will be able to continue to locally satisfy real power needs in the Denver area.  We 

will therefore grant Public Service a presumption of need for 2X1 CC at Cherokee Station with 

respect to a future application for a CPCN for that facility. 

9. Gas Infrastructure 

140. Public Service requests that the Commission recognize that the new gas-fired 

2X1 CC units at Cherokee will need adequate gas transportation infrastructure and that a new 

pipeline will eventually be included in gas rate base with charges to the electric department for 

service rendered.  Public Service SOP, at 29.  We agree, and find that our decision in this matter 

creates an incremental need for gas service at the Cherokee generation plant.  Though this 

Docket does not address the specific gas-department distribution system capacities, needs, or 

alternative methods of providing such incremental gas service, we agree with Public Service that 

a 24-inch pipeline extending approximately 32 miles from CIG’s Fort Lupton compressor facility 

to the Cherokee plant can be constructed in the ordinary course of business. 
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10. Future Filing Requirements 

141. In its STRATEGIST modeling, Public Service used the decommissioning and 

removal costs developed for its last general rate case, Docket No. 09AL-299E.  See Hrg. Ex. 2, at 

142.  These costs, developed by the Company’s consultants in 2007 and labeled the 

“TLG Services Study,” were proposed for the establishment of base rates but were ultimately not 

adopted by the Commission by virtue of our approval of a settlement agreement in which Public 

Service consented to apply removal costs approved in an earlier rate case proceeding.  

142. Rule 3103 of the Commission’s Rules Regulating Electric Utilities requires an 

electric utility to file applications for authority from the Commission to amend a CPCN in the 

event that the utility seeks to “discontinue without equivalent replacement” any facility not in the 

ordinary course of business.  See Rule 3103, 4 Code of Colorado Regulations (CCR) 723-3. 

143. We find that it is necessary under Rule 3103, 4 CCR 723-3, for Public Service to 

amend its CPCNs for the coal-fired generation units whose retirement we have just approved.   

The early retirement of generation plants does not constitute the Company’s “ordinary course of 

business.”  Moreover, we are concerned that the decommissioning and removal costs set forth in 

the TLG Services Study are too limited and may not have been sufficiently reviewed by the 

Commission in Docket No. 09AL-299E.   

144. Because we have decided in this Docket that the retirement of these plants is 

necessary and in the public interest, and in order to move ahead with the plant closures in a 

timely fashion, we will not require Public Service to satisfy all of the usual CPCN filing 

requirements set forth in Rule 3103, 4 CCR 723-3.  A modified application proceeding limited to 

Commission review and approval of detailed cost estimates and schedules associated with the 

closure and decommissioning of the Cherokee and Valmont units will instead suffice.  We will 
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therefore waive certain provisions under Rule 3103, 4 CCR 723-3, such that Public Service will 

be required to provide in the application only the following elements:  

• the information required in Commission Rules 3002(b) and 3002(c), consistent 
with conventional application filings; 

• a description of the proposed facilities to be decommissioned and/or removed; 

• estimated costs of the decommissioning and/or removal of these facilities; and 

• anticipated start date of the decommissioning and/or removal work, a schedule for 
these activities, and a completion date. 

 

145. Public Service may file an application as described above for each unit to be 

retired, or the Company may file a single application addressing all of the units to be retired 

pursuant to this Decision.  Such applications shall be submitted three months prior to the 

commencement of the Company’s next electric base rate proceeding.   

146. Rule 3102 requires an electric utility to file applications for a CPCN for all new 

electric generation facilities.  See Rule 3102, 4 CCR 723-3.  Accordingly, Public Service 

recognizes that it must file an application for a CPCN for the 2X1 CC to be constructed at 

Cherokee Station.  See Public Service SOP, at 28-29. 

147. Public Service also acknowledges that the cost information for new facilities it 

provided in this Docket is not CPCN quality.   See Public Service SOP, at 61.  We agree, but we 

are nonetheless satisfied that the cost information the Company has presented is sufficient for the 

purpose of approving a plan under HB 10-1365 and determining whether the costs of the plan 

result in reasonable rate impacts under § 40-3.2-205(1)(g), C.R.S.  For actual ratemaking 

purposes, however, Public Service’s cost estimates as presented in this Docket are too high-level 

and preliminary to be relied upon.   

148. We recognize that by this Decision the Commission has already determined a 

need for the new 2X1 CC at Cherokee Station.  Therefore, we will not require Public Service to 
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submit all of the information typically required under Rule 3102, 4 CCR 723-3, for a new 

generation facility.  Our intent is for the CPCN proceeding to focus narrowly on the Commission 

review and approval of detailed cost estimates and project schedules associated with the 

construction of the new generation plant.  We thus direct Public Service to file the following 

elements under Rule 3102; 4 CCR 723-3, 

• the information required in Commission Rules 3002(b) and 3002(c), consistent 
with conventional application filings; 

• a description of the proposed facilities to be constructed; 

• estimated costs of the proposed facilities to be constructed;  

• anticipated construction start date, construction period, and in-service date;  

• a map showing the general area or actual location where facilities will be 
constructed at Cherokee Station; and 

• electric one-line diagrams, as applicable. 

 

149. Public Service has also requested that the Commission enter a finding that 

applications for CPCNs for the emission controls at Pawnee and Hayden not be required.  We 

decline to grant this request because the cost estimates presented in this Docket are not CPCN 

quality.  Moreover, the costs of these projects are substantial, and, as evidenced by HB 10-1365 

itself, these projects are not in the Company’s ordinary course of business.  Accordingly, we also 

waive Rule 3205(b)(II), 4 CCR 723-3, which concerns pollution control system retrofits. 

150. Notwithstanding our concerns about the lack of detailed cost estimates, the 

Commission has determined that the proposed controls at Pawnee and Hayden are needed and in 

the public interest by this Decision.  Public Service shall therefore file a modified application for 

a CPCN for the proposed controls, consistent with the discussion above for the application for a 

CPCN for the proposed 2X1 CC at Cherokee Station. 

151. Finally, we expect that the applications for CPCNs required by this Decision will 

allow us to consider the establishment of a not-to-exceed maximum level of expenditures for 
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these projects.  In conjunction with the cost recovery mechanisms we address later in this 

Decision, we find that the future application filings outlined above are necessary to ensure that 

the costs and rate impacts associated with the plan remain reasonable over the course of its 

implementation. 

11. Overview of Emission Reduction Plan, as Modified 

152. The Commission has approved by this Decision, an emission reduction plan that 

entails the early retirement of five coal-fired electric generating units, emission controls for three 

additional units, and the fuel conversion of two units from coal to natural gas.  The emission 

reduction plan we adopt pursuant to HB 10-1365 is thus summarized in the table below:   
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Unit Size Action Date 

Cherokee 1 107 MW Retirement 2011 

Cherokee 2 106 MW Retirement 2011 

Cherokee 3 152 MW Retirement 2015 

Cherokee 4 352 MW Conversion 2017 

Arapahoe 3 45 MW Retirement 2013 

Arapahoe 4 111 MW Conversion 2014 

Valmont 5 186 MW Retirement 2017 

Hayden 1 139 MW Controls 2015 

Hayden 2 98 MW Controls 2016 

Pawnee 505 MW Controls 2014 

 

153. Under the approved emission reduction plan, 551 MW of coal-fired electric 

generation will be retired, 742 MW of coal-fired electric generation will be controlled with 

emission reducing retrofits, and 463 MW of coal-fired electric generation will be fuel switched 

from coal to natural gas. 

154. The capital costs associated with this coordinated approach to emission 

reductions, including the costs of a new 2X1 natural gas-fired CC plant (569 MW) at Cherokee 
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Station to serve as replacement capacity for the retired units, are presently estimated to be 

approximately $890 million through 2017, within an error band of plus or minus 20 percent.   

155. Consistent with the discussion above concerning the projections of future coal, 

natural gas, and carbon costs, we believe the potential range of overall rate impacts of this plan 

and the corresponding range of emission reductions have been properly developed by the 

Company’s STRATEGIST model runs.  See Hrg. Exs. 189, 251, and 256.   

156. Based on these modeled results, we conclude that the modified emission reduction 

plan established by this Decision can be implemented at a reasonable cost and rate impact.  

Moreover, we find that the modified plan will result in significantly more emission reductions 

than the minimums required by HB 10-1365, to benefit the public health. 

G. Analysis of the Modified Plan 

157. HB 10-1365 sets forth the General Assembly’s belief that a coordinated plan of 

emission reductions from coal-fired power plants will enable Public Service to meet the 

requirements of the CAA and protect the public health and the environment at a lower cost than a 

piecemeal approach.  § 40-3.2-202(1), C.R.S.   In order to accomplish the important objectives of 

HB 10-1365, we have taken the following statutory factors into consideration in approving this 

modified version of Public Service’s preferred scenario. 

1. Satisfaction of the August 15 Filing Deadline 

158. Section 40-3.2-204(1), C.R.S., requires the Company to file its emission reduction 

plan on or before August 15, 2010.  Public Service filed its plan on August 13, 2010.  

159. A number of parties claim that, because the Commission rejected scenario 6.1E, 

the entirety of the plan was rejected by Decision No. C10-1067.  As a result, these parties claim 

the alternative scenarios the Company presented in its supplemental direct testimony of 
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October 25, 2010 must be rejected as untimely filed.  See Peabody’s Motion for Summary 

Judgment and for Shortened Response Time, filed October 29, 2010; AGNC SOP, at 3-5; 

CMA SOP, at 3-6; Peabody SOP, at 14-19. 

160. The Commission does not agree.  Scenario 6.1E was one of many scenarios 

contained in the Company’s August 13, 2010 plan.  After we rejected scenario 6.1E, a number of 

those scenarios remained viable for the Commission’s consideration including, for example, 

scenario 5B.  In addition, the scenarios identified in the October 25, 2010 supplemental direct 

testimony constitute modifications of scenarios originally presented in the August 13, 2010 

filing.  The Commission has the authority to modify the Company’s plan. § 40-3.2-205(2), 

C.R.S.  As a result, the Commission could have modified the plan to create any of the scenarios 

the Company presented on October 25, 2010, even if the supplemental testimony had not been 

allowed.  The Commission’s ability to modify the Company’s plan would be rendered 

meaningless if we were limited to adopting only those scenarios set forth in the Company’s 

August 13, 2010 filing.  See Decision No. C10-1265 at ¶¶ 21-25. 

161. We therefore find the Company satisfied the August 15, 2010 filing deadline. 

2. Scope of the Plan 

162. Section 40-3.2-204(2)(a), C.R.S., requires that the emission reduction plan 

address “a minimum of nine hundred megawatts of fifty percent of the utility’s coal-fired electric 

generating units in Colorado, whichever is smaller.”  In evaluating compliance with this 

requirement, the calculation “shall not include any coal-fired capacity that the utility has already 

announced it has plans to retire, prior to January 1, 2015.”  Id. 

163. Public Service’s emission reduction plan addresses 1,801 MW of its coal-fired 

electric generation in Colorado.  Excluding the MW associated with Arapahoe 3 and 4, both of 
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which were slated to be retired, the plan addresses 1,645 MW.  Therefore, the Commission finds 

the plan satisfies this requirement. 

3. CDPHE Determination Regarding Consistency with Reasonably 

Foreseeable Emission Reduction Requirements 

164. Section 40-3.2-204(2)(b)(IV), C.R.S., states, “the Commission shall not approve a 

plan . . . unless the Department has determined that the plan is consistent with the current and 

reasonably foreseeable requirements of the federal [Clean Air] act.”  The Commission has 

interpreted HB 10-1365 as recognizing the CDPHE is the state agency with the authority and 

expertise to determine what requirements of the federal CAA are reasonably foreseeable.  See 

Decision Nos. C10-1067 and C10-1164.  Therefore, the Commission has generally deferred to 

the CDPHE in matters pertaining to determining which emission reduction requirements are 

reasonably foreseeable, as well as how far into the future such requirements can reasonably be 

foreseen.  In other words, while the Commission is permitted to opine on the costs associated 

with reasonably foreseeable emissions reduction requirements, HB 10-1365 does not permit the 

Commission to assess what those requirements will be, as a general matter. 

165. The CDPHE determined scenario 6E FS, which, from an air quality standpoint, 

closely resembles the plan we approve today, is consistent with reasonably foreseeable 

requirements of the CAA.  CDPHE SOP, at 12.  See also Hrg. Ex. 200, at 4. 

4. Full Implementation by 2017 

166. Section 40-3.2-204(2)(c), C.R.S., requires that the plan “include a schedule that 

would result in full implementation of the plan on or before December 31, 2017.”  Further, this 

schedule must be designed “to protect system reliability, control overall cost, and assure 

consistency with the requirements of the [CAA].”  Id.  Each element of the plan we approve 
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today that is necessary to satisfy reasonably foreseeable emissions reduction requirements is 

scheduled to occur on or before December 31, 2017.  Therefore, we find the implementation 

deadline is satisfied. 

5. Identification of Associated Costs 

167. Section 40-3.2-204(2)(d), C.R.S., states “[t]he plan shall set forth the costs 

associated with the activities identified in the plan,” including “planning, development, 

construction, and operation of elements.”  Public Service did provide estimates of planning, 

development, construction, operation, shutdown, decommissioning, and repowering costs for 

each of its scenarios.  Though we will order additional review of these costs through the 

application procedures described above, we find they are sufficient to satisfy the requirements of 

HB 10-1365. 

6. Relative Cost Differences 

168. Section 40-3.2-206(3)(a), C.R.S., requires us to “compare the relative costs of 

repowering or replacing coal facilities with natural gas generation or other low-emitting 

resources, including energy efficiency, to an alternative that incorporates emission controls on 

the existing coal-fired units.”  Public Service did present an all-controls alternative, known as 

Benchmark 1.0.  Based on our review of the STRATEGIST model results for the various 

scenarios, we believe the plan we approve today comes at a lower cost to ratepayers than an all-

controls option.  See Hrg. Ex. 251.  Therefore, we believe this factor weighs in support of the 

approved plan. 
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7. CDPHE Report Concerning Reduction in Emissions of Oxides of 

Nitrogen 

169. The Commission must consider whether the CDPHE “reports that the plan is 

likely to achieve at least a seventy to eighty percent reduction, or greater, in annual emissions of 

oxides of nitrogen.”  § 40-3.2-205(1)(a), C.R.S.  In making this determination, the CDPHE is 

required to consider “emissions from coal-fired power plants identified in the plan and 

continuing to operate after retrofit with emission control equipment,” as well as “emissions from 

any facilities constructed to replace any retired coal-fired power plants identified in the plan.”  

Id. 

170. The CDPHE determined scenario 6E FS, which has an emissions profile very 

similar to the plan we approve today, meets and exceeds the minimum standard for NOx 

reduction.  CDPHE witness Mr. Tourangeau testified that the plan we approve here today will 

reduce NOx from 18,147 tpy to 3,095 tpy, which constitutes an 83 percent reduction.  

Hrg. Ex. 200, at 2.  These emission reductions will be further improved if Public Service opts to 

run Cherokee 4 at a lower capacity.  For example, if the Company operates Cherokee 4 on 

natural gas at a 50 percent capacity factor, as it represented to the CDPHE it would, NOx 

emissions would be further reduced to 2,434 tpy, for an overall reduction of 87 percent.  Id. at 3. 

171. Because the plan we approve today is predicted to reduce NOx emissions by more 

than 80 percent, we believe this factor supports the approved plan. 

8. CDPHE Determination Pursuant to § 40-3.2-204(2)(b)(III), C.R.S. 

172. Section 40-3.2-204(2)(b)(III), C.R.S, requires the CDPHE to “determine whether 

any new or repowered electric generating unit proposed under the plan, other than a peaking 

facility utilized less than twenty percent on an annual basis or a facility that captures and 

sequesters more than seventy percent of emissions not subject to a national ambient air quality 
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standard or a hazardous air pollutant standard, will achieve emission rates equivalent to or less 

than a combined-cycle natural gas generating unit.”   

173. Section 40-3.2-205(1)(b), C.R.S., requires us to consider whether the CDPHE 

made this determination.  The new gas-fired replacement unit we approve as part of the plan is a 

CC natural gas generating unit.  Therefore, this section is inapplicable to the new replacement 

generation.  However, we note that the CDPHE does not seem to have made a specific finding as 

to the repowered units, Arapahoe 4 and Cherokee 4, which will be converted to run on natural 

gas.  Nonetheless, this is only one factor among many the Commission must consider.  Given 

that the CDPHE has determined the plan we approve today is consistent with current and 

reasonably foreseeable emissions reduction requirements, we believe the plan satisfies the air 

quality goals embodied in HB 10-1365. 

9. The Degree to Which the Plan Will Result in Reductions in Other Air 

Pollutant Emissions 

174. Section 40-3.2-205(1)(c), C.R.S., requires us to consider “the degree to which the 

plan will result in reductions in other air pollutant emissions.”  In addition to achieving 

significant reductions in NOx emissions, the plan we approve today will also reduce emissions of 

SO2, particulate matter, greenhouse gasses, and mercury.  See Hrg. Ex. 200, at 2-3.  We believe 

the approved plan meets and exceeds the air quality improvements that motivated the legislature 

to pass HB 10-1365.  As a result, we believe this factor weighs in favor of approving the plan. 

10. The Degree to Which the Plan Will Increase Utilization of Existing 

Natural Gas-Fired Generating Capacity 

175. Section 40-3.2-205(1)(d), C.R.S., requires us to consider “the degree to which the 

plan will increase utilization of existing natural gas-fired generating capacity.”  See also 

§ 40-3.2-206(3)(d), C.R.S.  The STRATEGIST model runs prepared by the Company present 
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increased gas burn from existing facilities for all proposed scenarios.  For scenario 6E FS, which 

closely resembles the plan we have approved, increased usage of existing natural gas units was 

clearly demonstrated.  See Hrg. Exs. 188 and 189.  We believe the approved plan significantly 

increases the utilization of existing facilities that are capable of running on natural gas. 

Therefore, we believe this factor weighs in favor of the approved plan. 

11. Satisfaction of Clean Energy Requirements, and Utilization of Energy 

Efficiency or Other Low-Emitting Resources 

176. Section 40-3.2-205(1)(e), C.R.S., requires us to consider “the degree to which the 

plan enhances the ability of the utility to meet state or federal clean energy requirements, relies 

on energy efficiency, or relies on other low-emitting resources.”  The CDPHE has stated the 

emissions profile of the plan we approve today will satisfy reasonably foreseeable emission 

reduction requirements and, as a result, the Commission believes it is likely to help the Company 

meet clean energy requirements.  Further, we find the plan does rely on resources that are lower 

emitting than existing coal-fired plants, such as natural gas-fired facilities.  We therefore find this 

factor supports approval of the plan. 

12. Promotion of Colorado Economic Development 

177. Section 40-3.2-205(1)(f), C.R.S., requires us to consider “whether the plan 

promotes Colorado economic development.”  Public Service’s economic impact analyses suggest 

that the plan we adopt will positively impact Colorado’s economy.  See Sheesley Supplemental 

Direct Testimony (Hrg. Ex. 159).  Similarly, Anadarko testified that more gas generation in 

Colorado would support more gas-industry jobs in the state.  See Anadarko SOP, at 37.  

Additionally, the plan we approve here today will most certainly create new construction jobs as 

the Company’s facilities are replaced or retrofitted.  By contrast, the evidence on impacts to the 

Colorado coal industry is somewhat ambiguous.  Much of the impact depends on whether 
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Peabody and other coal-producing companies will open new mines to replace the mines that are 

going to close in the near term, such as the Twentymile Mine. 

178. On balance, the Commission is convinced that the overall economic impact of the 

plan we approve here today will be positive.  While predicting the movement of the economy is 

always inexact, we believe adopting this coordinated approach to achieving emissions reductions 

will put Colorado at a competitive advantage with regard to utility rates in the near future.  As 

such, we find this factor supports approving the plan. 

13. Preservation of Reliable Electric Service 

179. Section 40-3.2-205(1)(g), C.R.S., requires us to consider whether the plan 

preserves reliable electric service for Colorado customers.  Public Service has consistently stated 

that system reliability is dependent on maintaining two sources of real power and three sources 

of reactive power support at the Cherokee site.  See Mogensen Direct Testimony (Hrg. Ex. 6), at 

12.  We find the approved plan meets this requirement.  The new 2x1 CC facility and the fuel 

switched Cherokee 4 will serve as two sources of real power.  These same facilities, together 

with Cherokee unit 2 converted to a synchronous condenser, will also serve as three sources of 

reactive power support.  Further, the approved retirement dates of the existing coal-fired units 

leave adequate time for conversion of Cherokee unit 2 and the construction of the 2x1 CC unit to 

ensure that three sources of generation are available during the implementation of the plan.   

180. Further, while testimony on reliability was mainly focused at the Cherokee site, 

there are obvious requirements for reactive power support at Arapahoe.  To address this need, 

Public Service recommended and we approved, the conversion of Arapahoe 3 to a synchronous 

condenser by 2014.    
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181. We find the foregoing is sufficient to preserve reliable electric service for 

Colorado customers.  As such, we believe this factor supports approval of the plan. 

14. Protection from Future Cost Increases 

182. Section 40-3.2-205(1)(h), C.R.S., requires us to consider “whether the plan is 

likely to help protect Colorado customers from future cost increases, including costs associated 

with reasonably foreseeable emission reduction requirements.”  As stated above, the Commission 

agrees with the General Assembly’s finding that the coordinated approach we approve today will, 

in the long term, be less costly to consumers than a piecemeal approach to compliance with the 

CAA and other reasonably foreseeable emissions reduction requirements.  As a result, we find 

this factor weighs in favor of approving the plan. 

15. Reasonable Rate Impacts 

183. Section 40-3.2-205(1)(i), C.R.S., requires us to consider “whether the cost of the 

plan results in reasonable rate impacts.”  In making this determination, we are directed to 

“examine the impact of the rates on low-income customers.”  Id.  We find the projected 

percentage change in customers’ bills that will result from implementation of the plan is 

reasonable, particularly when the plan’s health benefits and air quality improvements are 

considered.  Further, we find this coordinated approach will ultimately provide a benefit to all 

customers, including the low-income.  As a result, we find this factor supports approval of the 

plan. 

184. Related to this consideration, the Gas Intervenors suggest implementation of a 

surcharge on the plan-related costs recovered from ratepayers, the funds from which would be 

transferred to Colorado’s Low Income Energy Assistance Program, known as LEAP.  Gas 

Intervenors SOP, at 65.  The Commission finds the Gas Intervenors’ suggestion, which was 
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raised in its SOP, is not sufficiently developed to warrant adoption in this Order.  However, the 

Commission is currently exploring a potential rulemaking on low-income energy assistance 

programs.  See Docket Nos. 10M-473E and 10M-475G.  The Commission encourages all 

interested intervenors in this Docket to participate in those Miscellaneous Dockets if they wish to 

further address rate impacts on low-income customers. 

16. Conclusions Regarding the Modified Plan 

185. The plan we approve today satisfies the minimum requirements related to 

timeliness, § 40-3.2-204(1), C.R.S.; scope, § 40-3.2-204(2)(a), C.R.S.; CDPHE approval, § 40-

3.2-204(2)(b)(IV), C.R.S.; scheduled implementation, § 40-3.2-204(2)(c), C.R.S.; and 

identification of costs, § 40-3.2-204(2)(d), C.R.S.  Further, we find the nine factors set forth at 

§ 40-3.2-205(1), C.R.S., when considered as a whole, support our approval of the plan, as 

modified. 

H. Cost Recovery 

1. Cost Recovery Provisions of HB 10-1365 

186. HB 10-1365’s introductory legislative declaration contains the following: 

The General Assembly further finds and declares that Colorado 
rate-regulated utilities require timely and forward-looking reviews 
of their costs of providing utility service in order to undertake the 
comprehensive and extensive planning and changes to their 
business operations contemplated by [HB 10-1365]. . . . To that 
end, the General Assembly finds that the commission should have 
additional tools and more flexibility in its regulatory authority to 
ensure the continued financial health of these utilities. 

 

§ 40-3.2-202(3), C.R.S.  The substantive cost recovery provisions of HB 10-1365 are then set 

forth in §§ 40-3.2-205(3), C.R.S. and 40-3.2-207, C.R.S., et seq.  Section 40-3.2-205(3), C.R.S., 

is contained in the “Review – Approval” section of HB 10-1365 and provides that “[a]ll actions 
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taken by the utility in furtherance of, and in compliance with, an approved plan are presumed to 

be prudent actions, the costs of which are recoverable in rates as provided in section 40-3.2-207.” 

187. Section 40-3.2-207, C.R.S., commences with its own legislative declaration.  This 

legislative declaration echoes § 40-3.2-205(3), C.R.S., and states that Public Service is “entitled 

to fully recover the costs that it prudently incurs in executing an approved emission reduction 

plan.”  § 40-3.2-207(1)(a), C.R.S.  Subsection 207(1)(a), C.R.S., goes on to broadly define costs 

as activities in the “planning, developing, constructing, operating, and maintaining” any emission 

control or replacement capacity constructed pursuant to the plan.  The second half of the 

legislative declaration acknowledges that the activities Public Service will undergo pursuant to 

its approved emission reduction plan will be conducted “outside of the normal resource planning 

process.”  § 40-3.2-207(1)(b), C.R.S.  Section 40-3.2-207, C.R.S., then sets forth four provisions 

addressing various aspects of cost recovery. 

188. Section 40-3.2-207(2), C.R.S., permits the Commission to assign a portion of the 

cost of the emission reduction plan to Public Service’s wholesale customers and expects Public 

Service to pursue a good faith application with the Federal Energy Regulatory Commission 

(FERC) for recovery of these dollars from its wholesale customers.  Section 40-3.2-207(2), 

C.R.S., contains a “make-whole” provision in the event the FERC does not permit recovery of 

the entire plan-related rate increase Public Service requests. 

189. Section 40-3.2-207(3), C.R.S., permits “current recovery” of “construction work 

in progress at the utility’s weighted average cost of capital, including its most recently authorized 

rate or return on equity, for expenditures on projects associated with the plan during the 

construction, startup, and pre-service implementation phases of the projects.” 
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190. Section 40-3.2-207(4), C.R.S., states the Commission shall employ rate-making 

mechanisms that allow for adjustments not less than once per year, without requiring Public 

Service to file a general rate case, “to the extent that” Public Service can show:  (1) the 

“approved plan includes the early conversion or closure of coal-based generation capacity by 

January 1, 2015;” and (2) the plan contributes to “a lag in the recovery of the costs of the plan 

related to the investment required,” which contributes to Public Service “earning less than its 

authorized return on equity.”  This paragraph contains no requirement that the special regulatory 

mechanism be implemented on a forward looking basis versus a historical basis; however, the 

Commission’s review of the costs to be recovered through the special rate-making mechanism 

may not amount to a full blown rate case. 

191. Finally, § 40-3.2-207(5), C.R.S., provides that “during the time any special 

regulatory practice is in effect, the utility shall file a new rate case at least every two years or file 

a base rate recovery plan that spans more than one year.” 

2. Public Service’s Request Concerning Cost Recovery and the 

Opposition Thereto 

192. Public Service took the position from the very outset of this proceeding that a 

fully-projected cost recovery approach would be required to carry out the requirements of 

HB 10-1365.  To this end, Public Service proposed to recover both its CWIP and its accelerated 

depreciation and removal costs through an automatic adjustment clause, which it proposed go 

into effect on January 1, 2011.  This rider would be known as the ERA and would have a true-up 

mechanism.  The ERA would not be used to recover the costs of plan-related assets once they are 

placed in service.  Public Service included an illustrative advice letter with its August 13, 2010 

filing.  However, during the course of the proceedings it became apparent that Public Service 

could not finalize this advice letter until after December 15, 2010 when it knew the 
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Commission’s rulings on both resource selection and the permissibility of the implementation of 

the ERA.  During the first round of hearings, Public Service stated the 2011 ERA would be in the 

range of $14.1 million; however, this amount was later corrected in the second round of hearings 

to the range of $16.8 million.21 

193. Public Service contends that ratepayers will best benefit from an approach to cost 

recovery that spreads out the rate increases over the greatest number of months.  For this reason, 

Public Service proposed a rider that collects projected cost and expenses from ratepayers in 

advance of the actual date in which some of those costs would in fact be incurred.  Public 

Service takes the position that an automatic adjustment clause based on projected pre-CPCN 

approval CWIP expenditures is required by HB 10-1365 and that it met both of the “to the 

extent” triggers contained in § 40-3.2-207(4), C.R.S., such that it may use the ERA also to 

recover its accelerated depreciation and removal costs.22   

194. Public Service requests the Commission approve the ERA and associated tariff 

sheets to allow current return on capitalized CWIP at the Company’s weighted average cost of 

capital including its most recently authorized rate of return on equity23 and to allow, using a two- 

or four-year amortization period, recovery of incremental 2011 plant related costs (accelerated 

                                                 
21 The 19 percent increase must be put into perspective as the estimates associated with the ERA’s two 

components moved in opposite directions.  The projected CWIP portion of the ERA decreased by 77 percent (from 
$4.7 million to $1.1 million) and the projected accelerated depreciation and removal cost portion increased by 
67 percent (from $9.4 million to $15.7 million). 

22 Public Service contends that the first trigger – early action – is met for the entire emission reduction plan 
because Cherokee 1 and 2 are retired before January 1, 2015.  As to the second trigger, Public Service contends the 
accelerated depreciation associated with early retirement of its plants will clearly contribute to earning less than 
authorized.  Public Service argues: “[t]he Company cannot accelerate plant lives by several years and invest a billion 
in new plant without such a plan contributing to underearnings. . . .  Public Service has adequately demonstrated that 
the plan costs, including accelerated depreciation, will contribute to under earnings.”  Public Service SOP, at 85. 

23 Public Service contends that § 40-3.2-207(3), C.R.S., is intended to address the expenditures associated 
with incremental investments – such as scrubbers, catalytic converters, and plant conversions prior to the rate base 
inclusion date. 
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depreciation and removal expenses offset by reduced rate base during 2011) associated with the 

shortened useful lives of any coal plant whose early retirement is within the scope of the 

approved emission reduction plan.24  Alternatively, in its November 15, 2010 supplemental 

rebuttal testimony, Public Service proposed deferred accounting for the accelerated depreciation 

and removal costs as follows: 

i. Public Service shall create and/or adjust a regulatory asset 
or liability for each plant by an amount equal to the 
difference between: 
1. The level of depreciation expenses using the 

removal cost and depreciation currently recovered 
through base rates for each retired plant; and 

2. The level of depreciation and removal costs 
estimated to be recognized by the Company in 
accordance with Generally Accepted Accounting 
Principles (“GAAP”); and 

ii. Public Service shall recover a return of and a return on such 
regulatory asset or refund of any regulatory liability 
balance through base rates in the next general rate case. 

 

Public Service SOP, at 31.  Public Service argues these special regulatory approvals are 

necessary for it to timely execute the approved emission reduction plan and its associated 

expenditure of approximately $1 billion dollars over the next seven years.  Similarly, Public 

Service argues that financial harm justifying a special regulatory mechanism is both inevitable 

and has been proven not only for 2011, but for the term of any approved emission reduction plan.  

See Public Service SOP, at 85. 

195. Finally, Public Service seeks a finding that the appropriate share of the costs of 

the FERC-approved emission reduction plan to be assigned to its wholesale customers is the 

jurisdictional allocator as it changes over time, so long as the allocator does not conflict with the 

                                                 
24 These plants include Cherokee 1, significant portions of Cherokee 2, Cherokee 3, and Valmont 5. 
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Company’s wholesale contracts that were executed prior to the effective date of HB 10-1365.  

See Public Service SOP, at 32. 

196. Several intervenors took issue with Public Service’s proposed ERA.  At a policy 

level, these intervenors disagreed that the statutory triggers in § 40-3.2-207(4), C.R.S., had been 

met.  For example, Staff pointed out that Public Service’s approach is nothing more than a 

demonstration that a lag in recovery of the investment costs will reduce “revenues” and therefore 

does not meet the requirement of HB 10-1365 because the Company’s demonstration must be 

with respect to earnings.  See Staff SOP, at 14.  Intervenors also argued that the demonstration of 

underearnings needed to justify the use of a special regulatory mechanism should not include the 

effect of accelerated depreciation and removal costs.  They argue that the demonstration should 

be made more than once during the duration of the approved emission reduction plan, contrary to 

what is requested by Public Service.  Further, several parties took the position that Public Service 

needed to make more of a demonstration of the contribution to earning less than the authorized 

return on equity and suggested reliance upon some type of modified Appendix A or monthly 

surveillance reports.  Several intervenors also argued that the recovery of costs under § 40-3.2-

207(4), C.R.S., should only be allowed to the level of what would make Public Service “whole” 

from an earnings perspective, and not guarantee Public Service cost recovery of all costs without 

regard to the level of underearnings.  The general effect of these arguments is that Public Service 

needs to make a more robust demonstration of underearnings prior to taking advantage of the 

special regulatory treatment outlined at § 40-3.2-207(4), C.R.S. 

197. At the mechanical level, the intervenors addressed such topics as the timing of 

recovery of a return on CWIP in relation to the timing of an award of a CPCN for a project 

eligible for current recovery of a return on CWIP, the inclusion of “project development costs” in 
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the CWIP calculation, the number of months to be used in the calculation of an average CWIP 

balance, whether to recognize short term debt in the capital structure used to calculate the 

weighted average cost of capital applied to CWIP, the appropriate use of projected versus 

historical figures, the confidence with the proposed early retirement date, the proper amortization 

period for various categories of costs, the levelizing of the revenue requirement, the details of 

any true-up feature, and clarifications to the proposed tariff text. 

198. As noted by the OCC, the cost recovery provisions of HB 10-1365 do not require 

the Commission to approve a cost recovery plan in this docket on or before December 15, 2010.  

OCC SOP, at 14.  The OCC argues that the Commission defer all cost recovery issues to a future 

application proceeding in which the guidelines and documents required can be vetted.  Id. at 15.  

However, because Public Service will take actions in 2011 pursuant to the plan we are adopting 

here, we find it is efficient and advisable to make as many determinations as possible based on 

the evidentiary record that has been developed.  The OCC and other interested persons will likely 

have additional opportunities to opine on the cost recovery issues implicated by HB 10-1365 and 

the plan we are adopting here. 

3. Decision on Wholesale Rates 

199. Taken together, the provisions at § 40-3.2-207(2), C.R.S., recognize that Public 

Service provides both retail and wholesale services.  This section then sets forth the basis by 

which an appropriate proportion of the costs of the approved emission reduction plan can be 

assigned to Public Service’s wholesale customers via a rate proceeding at the FERC.  Such a 

FERC rate proceeding must be commenced within six months of the Commission’s final order 

assigning costs to the wholesale jurisdiction and must be pursued in good faith.  HB 10-1365, 

however, further allows Public Service to recover all costs of the approved Plan from the retail 
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customers in the event that the FERC disapproves of all or a portion of the wholesale’s sectors 

responsibility for HB 10-1365 costs.  Public Service recognizes all of its responsibilities under 

Subsection 207(2) and, for our purposes in this proceeding, has satisfied all of its obligations. 

200. Public Service’s request on this issue was unopposed.  Public Service is entitled to 

the finding it seeks on this issue.   

201. Specifically, we find when seeking cost recovery from wholesale customers for 

their appropriate share of the costs of the approved emission reduction plan, Public Service shall 

use the jurisdictional allocator as it changes over time, so long as the allocator does not conflict 

with Public Service’s wholesale contracts that were executed prior to the effective date of HB 10-

1365. 

4. Decision on Cost Recovery Related to Construction Work in Progress 

202. Public Service seeks an automatic cost adjustment in its proposed ERA.  

However, Public Service concedes that the dollar amounts it presented as the basis for such a 

mechanism have not been through the rigors associated with an application for a CPCN.  See 

Public Service SOP, at 61.  Because we have found that all significant capital investments 

associated with the approved emission reduction plan require a CPCN, we find that cost recovery 

of CWIP earnings should not begin until CPCNs for these projects have been issued. 

203. Moreover, we disagree with Public Service that § 40-3.2-207(3), C.R.S., requires 

us to construe “current recovery” as eliminating rate proceedings as the vehicle by which 

investment in a new plant under construction is included in rate base. 

204. Thus, for all investments on projects associated with the approved emission 

reduction plan (including the non-plant specific “project development costs” identified by Public 

Service witness Mr. Brockett), Public Service is authorized to recover a return on rate base on a 
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CWIP amount prior to a plant coming into service.  Public Service shall do this by accumulating 

Allowance for Funds Used During Construction (AFUDC) and requesting the actual recovery of 

CWIP in a general rate case along with the AFUDC that has accumulated.25  The result is that 

there will be no AFUDC offset.26  As explained below, this conclusion does not preclude the use 

of a special regulatory mechanism, such as an automatic adjustment clause, in the event the 

triggers of § 40-3.2-207(4), C.R.S., are met. 

205. We further find that expenditures eligible for current earnings on CWIP must 

occur between the date of this Commission’s decision and December 31, 2017.    No party has 

opposed this position as a general matter. 

5. Decision on Cost Recovery Related to Accelerated Depreciation and 

Removal Costs 

206. The Commission recognizes that this Order approving the early retirement of 

coal-fired electricity generation plants will have immediate consequences for Public Service 

under generally accepted accounting principles and may negatively impacting the Company’s 

potential to earn its authorized level of return on equity.  As explained by Public Service, these 

immediate consequences can be isolated. 

207. We accept Public Service’s approach to using deferred accounting, as set forth 

above, to protect the Company against the possible financial harm associated with the early 

retirements of Cherokee 1, 2, and 3, as well as Valmont 5.  By approving the use of deferred 

                                                 
25 Based on our prior ruling that the Hayden 1 and Hayden 2 SCR investments are within the scope of the 

approved emission reduction plan, these projects are eligible for the CWIP cost recovery treatment we have 
approved. 

26 Commissioner Matt Baker would have accepted an approach to the current recovery on CWIP that 
looked more like the Transmission Cost Adjustment rider, so long as the project received CPCN-like approval.  
Commissioner Baker prefers this result for policy reasons, including its likely positive impact of demonstrating the 
feasibility of accounting and forecasting concepts that Public Service would use when setting rates based on a future 
test year. 
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accounting, we avoid a future claim of retroactive ratemaking if these costs are included in a 

different test year that may be used in a future rate proceeding. 

6. Decision on Special Rate Making Mechanism 

208. Public Service is seeking at this time approval only of a mechanism to recover its 

current return on CWIP as well as accelerated depreciation and removal costs.  See Brockett 

Direct Testimony (Hrg. Ex. 23), at 3.  Public Service describes this as a modest approach that 

does not seek to recover all of the costs that Public Service will incur to implement the plan.  See 

Tr. Oct. 22, 2010, at 53.  Specifically, it does not include recovery of operations and maintenance 

costs, depreciation expense, insurance, taxes, etc., of new plants as they are brought into service.  

That being said, Public Service projects the 2011 level of costs (including current earnings on 

CWIP and accelerated depreciation and removal costs) that will flow through its proposed cost 

recovery mechanism will be greater than $30 million.  See Brockett Supplemental Rebuttal 

Testimony (Hrg. Ex. 196), at 7.   

209. Public Service has not convinced us that its 2011 expenditures on construction 

projects are so large as to require the adoption of an automatic adjustment mechanism at this 

time, especially in view of our approval of the Company’s proposed deferred accounting for the 

accelerated depreciation and removal costs.  Public Service’s proposed tariff language was not 

thoroughly vetted in the case, and we believe that current recovery of earnings on CWIP can be 

accomplished in accordance with the Clean Air – Clean Jobs Act without resorting to an 

automatic adjustment mechanism. 

210. Thus, we adopt deferred treatment accounting as the default approach for the 

CWIP dollars and the accelerated depreciation and removal costs for the duration of the 

approved emission reduction plan.  If Public Service desires different cost recovery, it shall 
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commence a cost recovery proceeding at the Commission and can prevail only if it meets the two 

triggers set forth at § 40-3.2-207(4), C.R.S.  Prior to commencing a proceeding to implement a 

different approach to cost recovery than that authorized here, Public Service shall obtain a final 

Commission order setting forth the theoretical parameters for the alternative approach.  Such 

Commission order will determine the filing requirements and the standard required for Public 

Service to show how the early action and the lag in recovery contributing to earning less than the 

authorized return on equity. 

211. It is clear from the controversy that Public Service’s proposed ERA has attracted 

that processing and adopting a special regulatory mechanism will likely be contentious and time 

consuming.  In preparing to make its filing to establish a rider or deferred accounting 

mechanism, Public Service should carefully review the procedural and technical criticisms of its 

illustrative advice letter and consider making changes to address the critiques. In that way, we 

hope that efficiencies will be gained in any future proceeding to establish an actual rate rider or 

deferred accounting procedure. 

212. Examples of parameters that Public Service should consider including are whether 

rate changes can be designed so that they flow directly to base rates without the need for a 

separate rider and whether the mechanism should be designed so as to bring Public Service back 

up to only its authorized return on equity.  As to this second parameter, it will be necessary to 

determine how to measure the requisite under-earnings without undertaking a full rate case.   

7. Decision on Biennial Rate Cases and Multi-Year Rate Plans 

213. Public Service has not put forth its proposed approach as to the form of rate cases 

and/or rate plans it desires.  Rather, Public Service has offered to conduct discussions with 

interested stakeholders in 2011 to discuss the pros and cons of using multiyear rate plans rather 
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than riders and rate cases every two years.  See Hyde Direct Testimony (Hrg. Ex. 1), at 56.  We 

find Public Service’s approach to use discussions with stakeholders to address this issue to be 

reasonable and we shall adopt it. 

214. Additionally, we note, that, regardless of the approach taken by Public Service, 

the requirement from our order in Docket No. 10A-327E that the Company file a rate case no 

later than April 30, 2012) will meet the two-year requirement of § 40-3.2-207(5), C.R.S. 

I. Long Term Gas Contract 

215. Section 40-3.2-206(4), C.R.S., states the utility may enter into long-term gas 

supply agreements to implement the requirements of HB 10-1365.  It goes on to state, 

A long-term gas supply agreement is an agreement with a term of 
not less than three years or more than twenty years.  All long-term 
gas supply agreements may be filed with the Commission for 
review and approval.  The Commission shall determine whether 
the utility acted prudently by entering into the specific agreement, 
whether the proposed agreement appears to be beneficial to 
consumers, and whether the agreement is in the public interest.  If 
an agreement is approved, the utility is entitled to recover through 
rates the costs it incurs under the approved agreement, and any 
approved amendments to the agreement, notwithstanding any 
change in the market price of natural gas during the term of the 
agreement.  The Commission shall not reverse its approval of the 
long-term gas agreement even if the agreement price is higher than 
a future market price of natural gas. 

 

Id. 

216. As a part of its August 13, 2010 proposed plan filing, Public Service requested 

approval of a long-term gas supply contract with Anadarko (Anadarko Contract).   

217. By Decision Nos. C10-0957 and C10-0976, the Commission granted 

extraordinary protection of the contract and certain testimony, limiting full access to the 

Anadarko Contract to Staff and the OCC.  Because of this confidentiality limitation, the 
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Commission directed Staff and the OCC to analyze the contract.  Although Peabody did not have 

access to the Anadarko Contract, it nonetheless provides a detailed discussion about potential 

concerns with long-term contracting, generally, as well as an analysis and recommendations 

based on the information it reviewed.  See Montgomery Answer, Cross-Answer, Supplemental 

Answer, and Supplemental Cross-Answer Testimony (Hrg. Exs. 44, 45, 220, 221, 222, 223, and 

224). 

1. The Anadarko Contract 

218. Public Service implemented an RFP process for long-term gas contracts to 

complement the Company’s proposed emissions reduction plan.  Public Service solicited bids for 

either five- or ten-year terms with pricing that was:  (a) fixed for the entire term; (b) collared 

with a price floor and ceiling; and/or (c) a fixed price with an annual adjustment or escalation.  

The RFP required the gas to be produced in Colorado, in order to maximize positive impacts on 

the Colorado economy, consistent with HB 10-1365. 

219. Without divulging the confidential terms of the winning Anadarko Contract, 

Public Service states that it falls within the bidding category which contains “a fixed price offer 

with an annual adjustment or escalation.”  The contract is for a ten-year term, with the Cheyenne 

Hub specified as the delivery point.   

220. To assist the Commission and parties in evaluating the Anadarko Contract, Public 

Service provides a public estimate of the average nominal cost of the associated gas supply of 

$5.48 per Dth over the ten years.  See Hrg. Ex. 2 at 141.  Public Service states that if an annual 

forecast cost of the Anadarko Contract volumes are applied to the STRATEGIST modeling, the 

Anadarko Contract could result in approximately $100 million savings in present value revenue 

requirements.  See Public Service SOP, at 72. 
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221. Public Service asserts that the Anadarko Contract is prudent, as it was selected as 

the winning bidder through a robust competitive bidding process in which all potential bidders 

were pre-screened from a credit standpoint, and additional credit support or collateral 

requirements in the form of a corporate parental guaranty were required.  The Company also 

requests a finding that under contract defaults, replacement gas costs would be recoverable 

through the fuel clause, assuming prudent contract management.  See Public Service SOP, at 73.  

222. In answer testimony, Staff provides a thorough discussion of the 

Anadarko Contract and addresses the various risks and benefits associated with the specific 

terms contained in the contract.  Staff generally states that the contract is beneficial to customers 

and in the public interest.  Despite the lack of production guarantee behind the gas supply, Staff 

states that Public Service has received a level of security and credit support from Anadarko’s 

parent companies.  Staff raises the notion that although the Anadarko Contract price has 

escalators and is not a purely a fixed price contract, it does provide a price that will likely be 

more stable than traditional index-based contracts.  Further, the value of reducing volatility 

should be considered, which may be different from least cost.  See Kwan Answer Testimony 

(Hrg. Ex. 41). 

223. Staff further asserts it is premature to address a default situation that provides 

Public Service assurances that it will not be held responsible for any difference between the 

contract price of the gas and the ultimate replacement cost of such gas.  According to Staff, the 

prudence of Public Service’s action, or lack of action, would be determined at the time when a 

default happens.  See Staff SOP, at 13. 

224. The OCC states the Company conducted a well structured bid solicitation and 

evaluation process.  The selected winning bid is expected to result in lower prices for the natural 
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gas than would result if the natural gas was purchased at the price forecast filed in this docket.  

The winning bid also provides some level of customer protection from the price volatility that 

would likely result from purchasing the natural gas at index prices.  In the event of a contract 

default, the OCC suggests that the Commission should, at that time, evaluate whether the actions 

that the Company took over time have been prudent and that it has done everything possible to 

protect the ratepayers and the value of the long-term contract.  Accordingly to the OCC, it is 

premature at this time to simply assume that the implementation of the contract terms will be 

prudent.  See Senger Supplemental Answer Testimony (Hrg. Ex. 126). 

2. Decisions on Anadarko Contract 

225. HB 10-1365 provides that the Commission may approve the contract if it is 

prudent, of benefit to customers, and in the public interest.  As discussed further in Highly 

Confidential Attachment A, the Commission finds the Company acted prudently in entering into 

the Anadarko Contract and that it will provide a benefit to consumers, because it will likely 

provide a lower cost of gas than conventional index-based pricing and greater price stability.27  

For these cost-benefit reasons, we similarly find approval of the Anadarko Contract is in the 

public interest. 

226. Peabody recommends that the Commission require Anadarko to provide 

additional credit to cover the full amount that the Anadarko Contract could be under or over.   

Public Service asserts that such a requirement would increase the costs of the Anadarko Contract 

and that existing provisions in the agreement provide adequate protection.  See Carter 

                                                 
27 The Anadarko Contract is highly confidential, and party review was significantly limited.  The 

confidential attachment to this Decision addresses and makes findings regarding:  contract structure; gas produced in 
Colorado; contrast with current contracting practices; fixed-price aspects of the contract; contract price mechanism; 
production resource adequacy; transportation capacity; difference between projected contract price and base price 
forecast; risk of non-performance; and dispute resolution. 
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Supplemental Rebuttal Testimony (Hrg. Ex. 191), at 2.  As discussed in Highly Confidential 

Attachment A, the terms of the contract lead the Commission to believe Anadarko will be able to 

meet its obligations.  We accept Public Service’s assertion that no appreciable benefit would be 

achieved by requiring additional credit requirements. 

227. Peabody also recommends the Commission require an independent evaluator to 

oversee the management of the Anadarko Contract, if approved.  Public Service argues that such 

a requirement would increase costs and that the Company regularly manages many gas contracts 

without the benefit of an independent evaluator.  See Hrg. Ex. 191, at 3.  We agree with Public 

Service that it is not necessary for an Independent Evaluator to oversee the Anadarko Contract, 

as such a requirement adds significant additional costs and is not warranted in this situation.   

228. HB 10-1365 generally intends to provide assurance to the supplier that future 

Commissions will not prevent the utility from paying costs under the contract and receiving 

reimbursement from ratepayers for such costs, even if costs are higher than market.  Similarly, 

we believe the utility should be protected from exposure to liability from non-performance of the 

contract, so long as the Company does not cause the contract breach and any replacement gas 

costs are prudently incurred.  Therefore we grant Public Service a presumption of prudence for 

the procurement of replacement gas in the event Anadarko breaches the agreement.  This 

presumption of prudence for replacement power assumes, of course, that the Company was 

prudent in its management of the contract leading up to the breach. 

3. Additional Long-Term Contracts 

229. Anadarko recommends that Public Service pursue additional long-term contracts, 

which, if undertaken at rates similar to the Anadarko Contract, will further reduce gas supply 

costs.  See Moore Supplemental Answer Testimony (Hrg. Ex. 197).   
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230. Staff recommends that for another long-term contract in the future, given the 

volatility of natural gas prices and the long duration of the contract, Public Service should 

request bids in the RFP process with a one-time reset from the date of the bid to the date of the 

contract to ensure the chosen bid continues to be beneficial to its customers as the sole least cost 

bid option.  Peabody concurs with such a price reset requirement, and suggests the Commission 

require approval of the RFP before it is issued by Public Service. 

231. Public Service stated it would be open to additional contracts, although it should 

be within the Company’s discretion to decide whether to pursue such additional contracting.  See 

Tr. Oct. 28, 2010, at 204. 

232. We find additional long-term gas contracts could provide value to the Company 

and its customers, particularly because the plan we approve today will likely lead to increased 

natural gas burn as compared to the Company’s recommended scenario 5B.  Therefore, we direct 

Public Service to investigate additional long-term natural gas supply contracts.  However, we 

recognize that the decision to enter into additional long-term contracts is within the Company’s 

management discretion. 

J. Emissions Cap on New Resources 

233. The GEO suggests the Commission rule that all future resources considered by 

the Company in its 2011 ERP achieve, at minimum, the emissions performance standards that are 

achieved by replacement resources in this plan.  GEO SOP, at 14.  In other words, the GEO 

argues the Company should only consider those resources that have an emissions profile equal to 

or better than a 2X1 CC natural gas plant.  The Commission finds this suggestion is outside the 

scope of this Docket, which exists only to address the Company’s emission reduction plan filed 

in accordance with HB 10-1365.  As such, we decline to consider this proposal. 
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K. Transmission 

234. In its SOP, Staff requests that Public Service develop a 10 to 12 year long-term 

study of the Denver-Boulder load serving network.  Staff SOP, at 15.  Staff believes the study 

should include, among other things, an evaluation of the severe overloads shown on Table 5 of 

Attachment TWG-1 of the rebuttal testimony of Company witness Tom Green.  Hrg. Ex. 26, at 

18.  Staff asserts that the study should start immediately after a decision is entered in this Docket.  

Staff SOP, at 15. 

235. We agree with Staff on this matter and require Public Service to develop a study 

of the Denver-Boulder area looking out 10 to 12 years.  In addition, we request that Public 

Service solicit input from Staff about the scope of the study.  This information will help inform 

the next resource plan proceeding and we direct Public Service submit the study as part of it next 

ERP filing.  

236. Expanding this perspective, we further find it is important to begin developing a 

better understanding of how the transmission and generation system needs to develop over the 

next 20 to 30 years considering the projected growth and eastward expansion of the Colorado 

Front Range population center.  In addition, the process going forward should not be limited to a 

dialog between the Commission and utilities but should also involve all stakeholders:  

developers, economic development organizations, local governments, etc.  While we understand 

that Cherokee and Arapahoe will continue to play a key role, building a better understanding of 

how the system needs to develop as well as establishing the necessary communication channels 

will allow the Commission to better serve current and future ratepayers. 
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L. Classification of Information as Highly Confidential and Discovery Disputes 

237. If a party believes information requires extraordinary protection, Rule 1100(a)(III) 

of the Commission’s Rules of Practice and Procedure, 4 CCR 723-1, require the party to submit a 

motion to the Commission seeking such treatment. The Commission, upon viewing the 

information28 and the motion in camera, may enter an order granting the motion and ordering the 

level of extraordinary protection which the Commission, in the exercise of its discretion, deems 

appropriate.  Rule 1100(a)(I), 4 CCR 723-1.  Requests for extraordinary protection are not 

routine, and we will grant them only if the moving party meets its high burden.  See Decision 

No. C08-0237 at ¶ 15.  See also Decision No. R07-0924 at ¶ 36. 

238. The Commission’s Rules regarding extraordinary protection are set forth to ensure 

the Commission is the final arbiter of what is and what is not deserving of extraordinary 

protection.  This is not a determination parties may make without first obtaining an order from 

the Commission. 

239. In the course of these proceedings, it came to the Commission’s attention that the 

Company withheld certain reports prepared by its consultant from Staff, under the assertion that 

such documents were subject to extraordinary protection.  See Tr. Oct. 25, 2010, at 94-104; 

Tr. Oct. 28, 2010, at 50-54.  In this Docket, Staff was granted access to all highly confidential 

information, as it typically is.  Nonetheless, Public Service undertook some delay in providing a 

highly confidential consultant’s report to Staff, on the basis that the information was subject to a 

                                                 
28 Parties seeking extraordinary protection may also provide a representative sample of the information or a 

description of the information.  Rule 1100(a)(III), 4 CCR 723-1.  However, the Commission may seek the actual 
information if it is necessary for the Commission to render a decision on the motion.  Further, if the motion is 
granted, a complete version of the document shall be filed with the Commission.  Id. 
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confidentiality agreement between the Company and its consultant.   See Tr. Oct. 28, 2010, at 52-

54.   

240. The Commission wishes to remind the Company and other parties seeking 

extraordinary protection that a determination as to the level of protection afforded to a document 

is entirely within the Commission’s discretion, and is not to be determined by any party.  Further, 

where consistent with existing protective orders, such information should be provided to Staff 

without delay, and without regard to supplemental agreements the party seeking extraordinary 

protection may have. 

241. An additional dispute came to the Commission’s attention on November 19, 2010.  

Peabody raised concerns about the completeness of the Company’s response to discovery 

requests propounded by itself, Climax/CF&I, and Staff.29  The Commission has come to 

understand that, in responding to these discovery requests, Public Service narrowed the term “the 

Company” to include only certain departments that, in its opinion, were affected by the particular 

response.  See Tr. Nov. 20, 2010, at 211-14.  This occurred even though the Company was aware 

additional departments might be in possession of responsive information.  Id. at 216.  However, 

Public Service represented this type of narrowing is not the its typical practice in responding to 

discovery requests that seek information related to “the Company.”  See Id. at 212-14. 

242. The Commission accepts Public Service’s representation that this occurrence does 

not represent the Company’s typical discovery practice.  However, the Commission does not 

look favorably on parties attempting to impose artificial limitations on a particular request when 

                                                 
29 See Statement of Known Facts and Circumstances, filed by Peabody on November 20, 2010.  See also 

Tr. Nov. 19, 2010, at 301-35; Tr. Nov. 20, 2010, at 89-161; Tr. Nov. 20, 2010, at 209-234. 
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responding to discovery.  The Company should take note and adopt appropriate precautions in 

the future to ensure its discovery responses are prompt and full. 

M. Impacts on Coal-Producing Communities 

243. At its highest level, HB 10-1365 is a major policy statement of the Colorado 

General Assembly. The legislation discusses the impact of the bill’s implementation on the 

environment, the Colorado economy, resource development, Colorado’s investor-owned utilities, 

and on utility rates.  In its Legislative declaration, HB 10-1365 requires the Commission to 

address the impact of our decision on Colorado’s energy-producing communities:  “The general 

assembly also finds and declares that the actions provided for in this Part 2 be implemented in a 

manner to address the sound economic, health, and environmental conditions of energy 

producing communities.”  § 40-3.2-202(3), C.R.S. 

244. In this Docket, we heard testimony from experts and citizens alike, expressing 

concern about the possible loss of jobs in the Colorado coal mining industry and the 

communities that support those workers.  At the same time, we heard conflicting testimony that 

any lost sales of Colorado coal due to the plant closures ordered in this Docket will likely be 

made up with sales of Colorado coal into other markets. 

245. The Commission is concerned about the impact of this Decision on the state’s 

economy generally and any potential job losses in the coal industry in particular.  We believe that 

the General Assembly intended for the Commission to be actively engaged with this issue.  

During the public hearing in Denver on September 23, 2010, we heard that the funding for 

worker retraining available to the Colorado Department of Labor is, at least at the moment, fairly 

depleted.  Therefore, we begin a process with this Order that will lead, if it is needed, to 
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additional funding for the retraining of coal miners who may lose their jobs due to the Decision 

in this Docket. 

246. We direct the Staff of the Commission to consult with the relevant entities, which 

may include the Colorado Department of Labor, CMA, AGNC, and the OCC, among others, to 

design an approach to the questions of how to ascertain the impact on mining employment of the 

Company’s approved emission reduction plan and how to efficiently dedicate appropriate 

ratepayer funds to the effort of retraining eligible coal miners.  Staff shall prepare and present a 

recommendation to the Commission before December 31, 2011. 

II. ORDER 

A.   The Commission Orders That: 

1. The emission reduction plan submitted by Public Service Company of Colorado 

(Public Service or Company) is modified and hereby approved. 

2. Retirement of Cherokee 1 by 2011 is necessary and in the public interest for 

emission reduction purposes.  

3. Within three months prior to the commencement of the Company’s next electric 

base rate proceeding, Public Service shall file an application, consistent with the discussion 

above, to amend its Cherokee 1 Certificate of Public Convenience and Necessity (CPCN). 

4. Retirement of Cherokee 2 by 2011 is necessary and in the public interest for 

emission reduction purposes.  

5. Re-use of Cherokee 2 as a synchronous condenser and installation of a 90 MVAR 

capacitor bank is necessary and in the public interest for system stability and emission reduction 

purposes.  Public Service shall carefully monitor the use of the synchronous condenser at 

Cherokee 2 during the implementation of the plan. 
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6. Within three months prior to the commencement of the Company’s next electric 

base rate proceeding, Public Service shall file an application, consistent with the discussion 

above, to amend its Cherokee 2 CPCN. 

7. Retirement of Cherokee 3 by 2015 is necessary and in the public interest for 

emission reduction purposes. 

8. Within three months prior to the commencement of the Company’s next electric 

base rate proceeding, Public Service shall file an application, consistent with the discussion 

above, to amend its Cherokee 3 CPCN. 

9. Conversion of Cherokee 4 from coal-fired generation to natural gas-fired 

generation by the end of 2017 is necessary and in the public interest for emission reduction 

purposes. 

10. Public Service is granted a presumption of need for a 2X1 combined cycle natural 

gas facility at Cherokee Station with respect to a future application for a CPCN. 

11. Retirement of Arapahoe 3 by 2013 is necessary and in the public interest for 

emission reduction purposes. 

12. Re-use of Arapahoe 3 as a synchronous condenser and installation of 90 MVAR 

of new shunt capacitors is necessary and in the public interest for system stability and emission 

reduction purposes. 

13. Conversion of Arapahoe 4 from coal-fired generation to natural gas-fired 

generation by 2014 is necessary and in the public interest for emission reduction purposes. 

14. Retirement of Valmont 5 by 2017 is necessary and in the public interest for 

emission reduction purposes. 

Exhibit PAC/2604 
Ralston/85



Before the Public Utilities Commission of the State of Colorado 

Decision No. C10-1328 DOCKET NO. 10M-245E 

 

86 

15. Within three months prior to the commencement of the Commission’s next 

electric base rate proceeding, Public Service shall file an application, consistent with the 

discussion above, to amend the Valmont 5 CPCN. 

16. Installation of selective catalytic reduction (SCR), lime spray dryer, and sorbent 

injection controls at Pawnee by 2014 is necessary and in the public interest for emission 

reduction purposes. 

17. Public Service shall file a modified application, consistent with the discussion 

above, for a CPCN for the controls to be installed at Pawnee.  Public Service is granted a 

presumption of need for these controls with respect to this CPCN application. 

18. Installation of SCR controls at Hayden 1 by 2015 is necessary and in the public 

interest for emission reduction purposes. 

19. Public Service shall file a modified application, consistent with the discussion 

above, for a CPCN for the controls to be installed at Hayden 1.  Public Service is granted a 

presumption of need for those controls with respect to this CPCN application. 

20. Installation of SCR controls at Hayden 2 by 2016 is necessary and in the public 

interest for emission reduction purposes. 

21. Public Service shall file a modified application, consistent with the discussion 

above, for approval of the controls to be installed at Hayden 2.  Public Service is granted a 

presumption of need for those controls with respect to this CPCN application. 

22. Public Service’s request to adopt an Emissions Reduction Adjustment for 

Construction Work in Progress (CWIP) is rejected.  Public Service shall be permitted to 

accumulate allowance for funds used during construction (AFUDC) and request actual recovery 

of the CWIP in a general rate case, consistent with the above discussion. 
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23. Public Service’s request to use deferred accounting for accelerated depreciation 

and removal costs associated with the coal-fired electric generating units retired by this Order is 

adopted, consistent with the discussion above. 

24. Public Service’s request to use the jurisdictional allocator as it changes over time 

in the assignment to wholesale customers of their proportion share of House Bill 10-1365 costs is 

approved. 

25. The long term natural gas contract between Public Service and Anadarko Energy 

Services Company (Anadarko) is approved.  The Commission finds Public Service acted 

prudently in entering into the contract, the contract will provide a benefit to consumers, and 

approval of the contract is in the public interest. 

26. Public Service is granted a presumption of prudence for the procurement of 

replacement gas in the event Anadarko breaches the long-term gas contract, so long as Public 

Service has prudently managed the contract. 

27. Public Service shall develop a 10- to 12-year study of the Denver-Boulder load 

serving network, after soliciting input from Staff of the Commission regarding the scope of the 

study. 

28. Consistent with the discussion herein, Staff of the Commission shall consult with 

appropriate entities and then inform the Commission of a recommended structure and funding of 

a program to assist in retraining Colorado mining industry employees if mining jobs are lost as a 

result of the implementation of the Company’s modified and approved emission reduction plan. 

29. The 20-day period provided for in § 40-6-114, C.R.S., within which to file 

applications for rehearing, reargument, or reconsideration, begins on the first day following the 

effective date of this Order. 
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30. This Order is effective upon its Mailed Date. 

B.  ADOPTED IN COMMISSIONERS’ DELIBERATIONS MEETING 

  December 9, 2010. 
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Preface/Disclaimer 

The following document contains Colorado‟s State Implementation Plan for Regional 
Haze.  Unless specifically stated in the text, all references to existing regulations or 
control measures are intended only to provide information about various aspects of the 
program described.  Many of these controls are neither being submitted to EPA for 
approval nor being incorporated into the SIP as federally enforceable measures and are 
mentioned only as examples or references to Colorado air quality programs. 
In developing and updating its Long Term Strategy (LTS) for reasonable progress, the 
State of Colorado takes into account the visibility impacts of several ongoing state 
programs that are not federally enforceable.  These include statewide Colorado 
requirements applying to open burning, wildland fire smoke management, and 
renewable energy. 
 
References in this SIP revision to such programs are intended to provide information 
that Colorado considers in developing its LTS and in its reasonable progress process.  
These programs are neither being submitted for EPA approval, nor for incorporation into 
the SIP by reference, nor are they intended to be federally enforceable. The Air Quality 
Control Commission Rules that govern them implement Colorado‟s programs and are 
not federally required.  The state is precluded from submitting such programs for 
incorporation into this SIP by 25-7-105.1, C.R.S. 
 
The following dates reflect actions by the Air Quality Control Commission associated 
with Colorado State Implementation Plan for Regional Haze: 

Regional Haze Plan Approval Date 

Original 12/21/2007 
First Revision 12/19/2008 
Second Revision 
(Fully Replaces All Previous RH Plans) 

01/07/2011 
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Chapter 1  Overview 

1.1 Introduction  

The Clean Air Act (CAA) defines the general concept of protecting visibility in each of 
the 156 Mandatory Class I Federal Areas across the nation. Section 169A from the 
1977 CAA set forth the following national visibility goal: 

“Congress hereby declares as a national goal the prevention of any future, 
and the remedying of any existing, impairment of visibility in mandatory 
Class I Federal areas which impairment results from man-made air 
pollution.” 

The federal visibility regulations (40 CFR Part 51 Subpart P – Visibility Protection 
51.300 - 309) detail a two-phased process to determine existing impairment in each of 
the Class I areas; how to remedy such impairment; and how to establish goals to 
restore visibility to „natural conditions‟ by the year 2064. The federal regulations require 
states to prepare a State Implementation Plan (SIP) to: 

 include a monitoring strategy 
 address existing impairment from major stationary facilities (Reasonably 

Attributable Visibility Impairment) 
 prevent future impairment from proposed facilities 
 address Best Available Retrofit Technology (BART) for certain stationary sources 
 consider other major sources of visibility impairment 
 calculate baseline current and natural visibility conditions 
 consult with the Federal Land Managers (FLMs) in the development or change to 

the SIP 
 develop a long-term strategy to address issues facing the state 
 set and achieve reasonable progress goals for each Class I area 
 review the SIP every five years 

Phase 1 of the visibility program, also known as Reasonably Attributable Visibility 
Impairment (RAVI), addresses impacts in Class I areas by establishing a process to 
evaluate source specific visibility impacts, or plume blight, from individual sources or 
small groups of sources. Part of that process relates to evaluation of sources prior to 
construction through the Prevention of Significant Deterioration (PSD) permit program 
looking at major stationary sources. The plume blight part of the Phase 1 program also 
allows for the evaluation, and possible control, of reasonably attributable impairment 
from existing sources. 
Section 169B was added to the Clean Air Act Amendments of 1990 to address Regional 
Haze. Since Regional Haze and visibility problems do not respect state and tribal 
boundaries, the amendments authorized EPA to establish visibility transport regions as 
a way to combat regional haze. 
Phase 2 of the visibility program addresses Regional Haze. This form of visibility 
impairment focuses on overall decreases in visual range, clarity, color, and ability to 
discern texture and details in Class I areas.   The responsible air pollutants can be 
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generated in the local vicinity or carried by the wind often many hundreds or even 
thousands of miles from where they originated.  For technical and legal reasons the 
second part of the visibility program was not implemented in regulation until 1999.  In 
1999 the EPA finalized the Regional Haze Rule (RHR) requiring States to adopt a State 
Implementation Plans (SIPs) to address this other aspect of visibility impairment in the 
Class I areas. Under current rules the Regional Haze SIP were to be submitted to the 
EPA by December 31st, 2007.  Colorado adopted key components of the Regional Haze 
SIP in 2007 and 2008 which were submitted to EPA in 2008 and 2009, respectively. 
EPA subsequently noted deficiencies in the BART determination and Reasonable 
Further Progress elements, as well as other, more minor issues.  Colorado has 
proceeded to take steps to remedy these alleged deficiencies. This SIP addresses 
EPA‟s concerns.  Updates to the BART evaluations and Reasonable Further Progress 
analyses constitute the major revisions to this 2010 plan.  In addition, revisions to other 
chapters have been made to update emissions and monitoring data and descriptions of 
program changes impacting emissions regulations favoring improved visibility in the 
State. 
The Regional Haze Rule envisions a long period, covered by several planning phases, 
to ultimately meet the congressionally established National Visibility Goal targeted to be 
met in 2064.  Thus, the approach taken by Colorado, and other states, in preparing the 
plan is to set this initial planning period (2007-2018) as the “foundational plan” for the 
subsequent planning periods.  This is an important concept when considering the nature 
of this SIP revision as compared to a SIP revision developed to address a 
nonattainment condition.  The nonattainment plan must demonstrate necessary 
measures are implemented to meet the NAAQS by a specific time.  On the other hand, 
the Regional Haze SIP must, among other things, set a Reasonable Progress Goal for 
each Class I area to protect the best days and to improve visibility on the worst days 
during the applicable time period for this SIP (2007-2018). 
Colorado developed, and EPA approved, a SIP for the first Phase 1 of the visibility 
program.  This Plan updates Phase 1 as well as establishing Phase 2 of the program, 
Regional Haze. The two key requirements of the Regional Haze program are: 

 Improve visibility for the most impaired days, and 
 Ensure no degradation in visibility for the least impaired days. 

Though national visibility goals are targeted to be achieved by the year 2064,this plan is 
designed to meet the two requirements stated above for the period ending in 2018 (the 
first planning period in the federal rule), while also establishing enforceable controls to 
that will help to address the long term goal. 
This SIP is intended to meet the requirements of EPA‟s Regional Haze rules that were 
adopted to comply with requirements set forth in the Clean Air Act. Elements of this 
Plan address the core requirements pursuant to 40 CFR 51.308(d) and the Best 
Available Retrofit Technology (BART) components of 40 CFR 50.308(e).  In addition, 
this SIP addresses Regional Planning, State/Tribe and Federal Land Manager 
coordination, and contains a commitment to provide Plan revisions and adequacy 
determinations. 
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1.2 Visibility Impairment 

Most visibility impairment occurs when pollution in the form of small particles scatter or 
absorb light. Air pollutants come from a variety of natural and anthropogenic sources. 
Natural sources can include windblown dust and smoke from wildfires. Anthropogenic 
sources can include motor vehicles and other transportation sources, electric utility and 
industrial fuel burning, minerals, oil and gas extraction and processing and 
manufacturing operations. More pollutants mean more absorption and scattering of light 
which reduces the clarity and color of a scene. Some types of particles such as sulfates 
scatter more light, particularly during humid conditions. Other particles like elemental 
carbon from combustion processes are highly efficient at absorbing light. Commonly, 
the receptor is the human eye and the object may be a single viewing target or a scene. 
In the 156 Class I areas across the country, visual range has been substantially 
reduced by air pollution. In eastern parks, average visual range has decreased from 90 
miles to 15-25 miles.  In the West, visual range has decreased from an average of 140 
miles to 35-90 miles.  Colorado has some of the best visibility in the West but also has a 
number of areas where visibility is impaired due to a variety of sources.  This SIP is 
designed to address regional haze requirements for the twelve mandatory Federal 
Class I areas in Colorado. 
Some haze-causing particles are directly emitted to the air.  Others are formed when 
gases emitted to the air form particles as they are transported many miles from the 
source of the pollutants.  Some haze forming pollutants are also linked to human health 
problems and other environmental damage.  Exposure to increased levels of very small 
particles in the air has been linked with increased respiratory illness, decreased lung 
function, and premature death.  In addition, particles such as nitrates and sulfates 
contribute to acid deposition potentially making lakes, rivers, and streams less suitable 
for some forms of aquatic life and impacting flora in the ecosystem.  These same acid 
particles can also erode materials such as paint, buildings or other natural and 
manmade structures. 

1.3 Description of Colorado’s Class I Areas 

There are 12 Mandatory Federal Class I Areas in the State of Colorado: 
Black Canyon of the Gunnison National Park 
Eagles Nest Wilderness Area 
Flat Tops Wilderness Area 
Great Sand Dunes National Park 
La Garita Wilderness Area 
Maroon Bells-Snowmass Wilderness Area 
Mesa Verde National Park 
Mount Zirkel Wilderness Area 
Rawah Wilderness Area 
Rocky Mountain National Park 
Weminuche Wilderness Area 
West Elk Wilderness Area 
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A detailed description of each of these areas, along with photographs, summaries of 
monitoring data containing an overview of current visibility conditions and sources of 
pollution in each area, is contained in individual Technical Support Documents (TSDs) 
for this plan (see list in Chapter 10).  Each Class I area has been designated as 
impaired for visual air quality by the Federal Land Manager responsible for that area. 
Under the federal visibility regulations, the Colorado visibility SIP needs to address the 
visibility status of and control programs specific to each area.  Figure 1-1 shows the 
location of these areas and the Inter-Agency Monitoring of Protected Visual 
Environments (IMPROVE) monitoring site that measures particulate air pollution 
representative of each Class I area. 

Figure 1-1 Colorado Class I Areas and IMPROVE Monitor Locations 

 

1.4  Programs to Address Visibility Impairment 

Colorado adopted a Phase 1 visibility SIP to address the PSD permitting, source 
specific haze, and plume blight aspects of visibility in 1987. The most recent plan 
update was approved by the EPA in December 2006. 
As stated in the preface to this Plan, unless specifically stated in the text, all references 
to existing regulations or control measures are intended only to provide information 
about various aspects of the program described and are neither being submitted to EPA 
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for approval nor being incorporated into the SIP as Federally enforceable measures. 
This comprehensive visibility plan, which now contains both Phase 1 and Phase 2 
visibility requirements, addresses all aspects of Colorado‟s visibility improvement 
program. Colorado has numerous emission control programs to improve and protect 
visibility in Class I areas.  In addition to the traditional Title V, New Source Performance 
Standards, Maximum Achievable Control Technology and new source review permitting 
programs for stationary sources, Colorado also has Statewide emission control 
requirements for oil and gas sources, open burning, wildland fire, smoke management, 
automobile emissions for Front Range communities, and residential woodburning, as 
well as PM10 nonattainment/maintenance area requirements, dust suppression for 
construction areas and unpaved roads and renewable energy requirements. 
Colorado adopted legislation to address renewable energy by establishing long-term 
energy production goals.  This program is expected to reduce future expected and real 
emissions from coal-fired power plants.  This renewable energy measure was 
considered a key feature of the Grand Canyon Visibility Transport Commission's 
recommendations.  Although the Colorado renewable energy program was not 
specifically adopted to meet regional haze requirements, emissions from fossil-fuel fired 
electricity generation are avoided in the future. 
Colorado is also setting emission limits (as part of this plan) for those sources subject to 
Best Available Retrofit Technology (BART) requirements of Phase 2 of the visibility 
regulations for Regional Haze (described in detail in Chapter 6 of this plan). To comply 
with these BART limits sources subject to BART are required to install 
and operate BART as expeditiously as practicable, but not later than 5 years after 
EPA‟s approval of the implementation plan revision. 
As such, this Plan documents those programs, regulations, processes and controls 
deemed appropriate as measures to reduce regional haze and protect good visibility in 
the State toward meeting the 2018 and 2064 goals established in EPA regulations and 
the CAA. 

1.5 Reasonable Progress Towards the 2064 Visibility Goals 

As described in detail in Chapters 8 and 9 of this plan, reasonable progress goals for 
each Class I area have been established.  The Division has worked with the Western 
Regional Air Partnership (WRAP) and with the WRAP‟s ongoing modeling program to 
establish and refine Reasonable Progress Goals (RPGs) for Colorado Class I Areas. 

Technical analyses described in this Plan demonstrate emissions both inside and 
outside of Colorado have an appreciable impact on the State‟s Class I areas.  Emission 
controls from many sources outside Colorado are reflected in emission inventory and 
modeling scenarios for future cases as detailed in the WRAP 2018 PRP18b control 
case.  Progress toward the 2064 goal is determined based on emission control 
scenarios described in the WRAP inventory documentation plus the state‟s BART and 
reasonable progress determinations. 

Exhibit PAC/2605 
Ralston/9



Colorado Visibility and Regional Haze State Implementation Plan for 12 Mandatory Class I Federal Areas 
Colorado Dept. of Public Health and Environment, Air Pollution Control Division 
Approved January 7, 2011 

10 

Chapter 2  Plan Development and Consultation 

This chapter discusses the process Colorado participated in to address consultation 
requirements with the federal land managers, tribes and other states in the Western 
Regional Air Partnership (WRAP) during the development of this Plan and future 
commitments for consultation. 
Colorado has been a participating member of the WRAP since its inception.  The WRAP 
completed a long-term strategic plan in 2003.1  The Strategic Plan provides the overall 
schedule and objectives of the annual work plans and may be revised as appropriate. 
Among other things, the Strategic Plan (1) identifies major products and milestones; (2) 
serves as an instrument of coordination; (3) provides the direction and transparency 
needed to foster stakeholder participation and consensus-based decision making, which 
are key features of the WRAP process; and (4) provides guidance to the individual 
plans of WRAP forums and committees. 
Much of the WRAP‟s effort is focused on regional technical analysis serving as the 
basis for developing strategies to meet the RHR requirement to demonstrate 
reasonable progress towards natural visibility conditions in Class I national parks and 
wilderness areas.  This includes the compilation of emission inventories, air quality 
modeling, and ambient monitoring and data analysis.  The WRAP is committed to using 
the most recent and scientifically acceptable data and methods.  The WRAP does not 
sponsor basic research, but WRAP committees and forums interact with the research 
community to refine and incorporate the best available tools and information pertaining 
to western haze. 

2.1  Consultation with Federal Land Managers (FLM)  

Section 51.308(i) requires coordination between states and the Federal Land Managers 
(FLMs). Colorado has provided agency contacts to the Federal Land Managers as 
required. In development of this Plan, the Federal Land Managers were consulted in 
accordance with the provisions of 51.308(i)(2).  Specifically, the rule requires the State 
to provide the Federal Land Manager with an opportunity for consultation, in person, 
and at least 60 days prior to holding any public hearing on an implementation plan or 
plan revision for regional haze.  This consultation must include the opportunity for the 
affected Federal Land Managers to discuss their assessment of impairment of visibility 
in any mandatory Class I Federal area and recommendations on the development of the 
reasonable progress goal and on the development and implementation of strategies to 
address visibility impairment.  The State must include a description of how it addressed 
any comments provided by the Federal Land Managers.  Finally, the plan or revision 
must provide procedures for continuing consultation between the State and Federal 
Land Manager on the implementation of the visibility protection program required 
including development and review of implementation plan revisions and 5-year progress 
reports, and on the implementation of other programs having the potential to contribute 
to impairment of visibility in mandatory Class I Federal areas. 

                                                           
1 See http://www.wrapair.org/forums/sp/docs.html 
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Colorado participated in the WRAP to develop many elements of the SIP.  The WRAP 
represents a conglomeration of stakeholder representing FLMs, industry, States, Tribes 
environmental groups and the general public.  Through participation in this process, a 
significant portion of the consultation process with FLMs and other states has been met. 
In the WRAP process these stakeholders participated in various forums to help develop 
a coordinated emissions inventory and analysis of the impacts sources have on regional 
haze in the west. Coordination and evaluation of monitoring data and modeling 
processes were also overseen by WRAP participants.  Through these coordinated 
technical evaluations, a regional haze-oriented evaluation of Colorado's Class I areas 
was constructed.  Summaries of this information are available in the technical support 
documents of this Plan. 
Public meetings were held at the Colorado Air Quality Control Commission in 2007 and 
2008 to provide a comprehensive review of the technical basis for the Plan.  Following 
these meetings, additional meetings were held with the FLMs directly concerning each 
of the affected Class I areas and the development of the SIP.  Prior to the requests for a 
public hearing on the Regional Haze SIP in August and September 2010, the Division 
again met with the FLMs to review additions, corrections and changes to the SIP made 
to address both FLM concerns over the analysis of additional controls on sources not 
subject to BART and the completion of BART analyses occurring after the 2008 
hearings (these new analyses and inventories are reflected later on in this SIP 
document). 
The FLMs have provided comments to the Division regarding proposed regional haze 
determinations over the course of several years in 2007 and 2008, and again in 2010.  
The state has carefully considered these comments and has made changes to many of 
its proposed determinations based in part on these comments.  For example, the state 
has deleted its regulatory prohibition on consideration of post-combustion controls as 
part of the BART analysis.  The state also revisited its earlier BART determinations that 
relied in some respects on EPA‟s so called „presumptive‟ emission limits for NOx and 
SO2, and in turn conducted robust facility-specific 5 and 4 factor analyses under BART 
and RP. 
Most recently, the FLMs formally commented on the revised, proposed BART and RP 
determinations, as well as reasonable progress goals, in November and December 
2010.  The National Park Service, the Fish and Wildlife Service and the U.S. Forest 
Service provided support for the modeling approach used by the state in the BART 
determinations, complimented the state on thorough 5 and 4 factor analyses, clear 
criteria, area source evaluations, and comprehensive/improved BART and RP 
determinations, and presented recommendations for cost/emission limit re-evaluations.  
The state appreciates the supportive input from the FLMs, especially in the areas of 
modeling and the establishment of the RPGs.  The state gave serious consideration to 
the recent recommendations for revising cost estimates and lowering emission limits, 
but the comments ultimately did not alter the state‟s conclusions and resulting 
proposals. 
Regarding the costs of control, the FLMs provided numerous recommendations for 
revising BART and RP control costs.  The state notes that there is no regulatory 
approach for determining costs of controls.  The state considered the relevant factors 
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for BART and RP determinations as set forth in the statute, the regulations and 
guidance, and consistent with the discretion expressly afforded to states under the 
statute and regulations.  The state received detailed source-specific information for the 
facilities evaluated, checked this information using many different resources, and made 
adjustments/normalization when appropriate.  The state employed engineering 
judgment and discretion when preparing BART and RP determinations, and found that 
the relevant present day and estimated future costs generally fell within the range of 
typical control costs nationwide.  The state considered broader cost survey information 
to be relevant, and considered such information but did not find it dispositive; the state 
was informed more on facility-specific information as provided to the state to support its 
analyses and determinations.  For most facilities even if different cost assumptions were 
employed or were re-assessed, expected visibility from the relevant control did not 
satisfy the state‟s guidance criteria for visibility improvement, and thus would not 
change the state‟s determination.  Further, the state finds metrics like dollar per kilowatt 
hours or dollar per deciview of improvement of limited utility in considering the 5 or 4 
factors, and opted to use its own more straightforward approach to balance and weigh 
costs of control and related visibility improvement.  The costs used by the state were 
determined to be appropriate and reasonable, were balanced with the state‟s 
consideration of related visibility improvement, and further revisions based on FLM 
comments were not incorporated.  The resulting emissions reductions from the state‟s 
BART and RP determinations for NOx and SO2 are significant and will benefit Class I 
Areas. 
Regarding CALPUFF modeling, the FLMs provided support for the state‟s BART and 
RP modeling efforts, including the modeling protocol and methodologies.  However, the 
state respectfully disagrees with the FLMs recommendations to cumulate visibility 
improvement impacts from emission controls across multiple Class I Areas.  It is the 
state‟s position that the approach employed is consistent with a straightforward 
application of the regional haze regulation, and that the approach suggested by the 
FLMs, while an option that could be considered, as a general rule is not appropriate.  
The Commission in making its determinations on certain BART sources was aware that 
emissions reductions would have some level of visibility improvement in other than the 
most impacted Class I Area.  The CALPUFF modeling output files have been and 
continue to be available to the FLMs or to the public to perform such analyses. 
Regarding BART and RP emission limits, the FLMs provided numerous comments to 
the state, identifying opportunities for tightening most of the proposed limits.  The state 
notes that there is no regulatory formula for establishing limits in the Regional Haze rule 
and the state applied professional judgment and utilized appropriate and delegated 
discretion in establishing appropriate emission limits.  The stringency of the limits are 
tight enough to satisfy BART and RP requirements, but are not operationally 
unachievable.  The emission limits fall within the range of limits adopted nationwide and 
were developed considering the requirements of the Regional Haze rule and related 
guidance. 
Thus, between the WRAP, AQCC and individual meetings with the FLMs, the State has 
met the FLM consultation requirements. 
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Colorado commits to continued coordination and consultation with the Federal Land 
Managers during the development of future progress reports and Plan revisions, in 
accordance with the requirements of 51.308(i)(4). 

2.2  Collaboration with Tribes  

The Southern Ute Tribal lands in the southwest corner of Colorado are adjacent to 
Mesa Verde National Park, one of Colorado's Class I areas.  As described above, 
Colorado participated in the collaborative WRAP process where Tribes were 
represented in all levels of the process.  In addition, the Colorado Air Quality Control 
Commission had joint meetings with the Tribal Air Quality Council concerning regulatory 
and other processes related to air quality control and planning.   The Southern Ute Tribe 
has numerous major and minor sources operating on their lands.  Major source 
permitting is coordinated through a joint agreement with EPA Region IX.  Minor sources 
on Tribal lands in Colorado are subject to the jurisdiction of the Tribes and this Plan 
contains no regulatory provisions for sources on Southern Ute lands in Colorado.  The 
Tribes have the opportunity to develop Tribal Implementation Plans to address sources 
of pollution impacting visibility in their area. 

2.3 Consultation with Other States 

Pursuant to 40 CFR Section 51.308(d)(iv), Colorado consulted with other states during 
ongoing participation in the Regional Planning Organization, the Western Regional Air 
Partnership (WRAP), in developing the SIP.  The WRAP is a collaborative effort of tribal 
governments, state governments and various federal agencies to implement the Grand 
Canyon Visibility Transport Commission's recommendations and to develop the 
technical and policy tools needed by western states and tribes to comply with the U.S. 
EPA's regional haze regulations.  The WRAP is administered jointly by the Western 
Governors' Association and the National Tribal Environmental Council. WRAP activities 
are conducted by a network of committees and forums composed of WRAP members 
and stakeholders who represent a wide range of viewpoints.  The WRAP recognizes 
that residents have the most to gain from improved visibility and that many solutions are 
best implemented at the local, state, tribal or regional level with public participation. 
Alaska, Arizona, California, Colorado, Idaho, Montana, Nevada, New Mexico, North 
Dakota, Oregon, South Dakota, Utah, Washington, and Wyoming have agreed to work 
together to address regional haze in the western United States.  Colorado held specific 
discussions with states that have a primary impact on Colorado Class I areas.  These 
include California, Utah, New Mexico and Arizona regarding the impacts from sources in 
these states on Colorado Class I areas. 
The major amount of state consultation in the development of SIPs was through the 
Implementation Work Group (IWG) of the WRAP.  Colorado participated in the IWG 
which took the products of the WRAP technical analysis and consultation process 
discussed above and developed a process for establishing reasonable progress goals 
in the western Class I areas.  A description of that process is discussed in Chapter 8 -- 
Reasonable Progress Section of the State SIP. 
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Through the WRAP consultation process Colorado has reviewed and analyzed 
contributions from other states that reasonably may cause or contribute to visibility 
impairment in Colorado‟s Class I areas. While emissions from sources outside of 
Colorado have resulted in a slower rate of improvement in visibility than the rate that 
would be needed to attain natural conditions by 2064, most of these emissions are 
beyond the control of any state in the regional planning area of the WRAP.  The 
emission sources include:  emissions from outside the WRAP domain; emissions from 
Canada and Mexico; emissions from wildfires and windblown dust; and emissions from 
offshore shipping. Colorado anticipates that the long-term strategies when adopted by 
other states in their SIPs and approved by EPA will include emission reductions from a 
variety of sources that will reduce visibility impairment in Colorado‟s Class I areas. 
Colorado‟s analysis of interstate impacts from specific nearby sources indicated the 
need for specific consultation with Nebraska, Wyoming, Utah, New Mexico and Arizona 
and California. In Nebraska the Gerald Gentleman Power Plant was analyzed for BART 
as part of the Nebraska RH process.  Colorado commented to the State of Nebraska on 
this BART determination since emissions from this plant were indicated to impact Rocky 
Mountain National Park. Colorado similarly communicated with the State of Wyoming 
concerning BART determinations for its sources since impacts from Wyoming power 
plants were indicated to impact the Mt. Zirkel Wilderness Area.  Colorado participated in 
the Four Corners Task force with Utah, New Mexico and Arizona and Tribal 
representatives to identify sources in the region adversely affecting air quality in the 
region.  One element of that process was to consider sources impacting Mesa Verde or 
other Colorado Class I areas specifically for regional haze purposes.  Through this 
process these States were made aware of Colorado‟s concerns about emissions from 
the Four Corners Power Plant, as it significantly impacts Mesa Verde.  EPA Region IX 
was notified of Colorado‟s concerns with this facility since they are responsible for 
issuing and overseeing permits on this facility.  Finally, California was contacted to 
discuss NOx emissions impacting Colorado Class I areas. California identified 
measures being taken in the State to reduce NOx emissions from mobile and other 
sources. Additional details concerning the Four Corners Task Force can be found in 
Section 9.5.5.3 of this Regional Haze SIP. 
During the 2010 public hearing process, Colorado provided notification to the WRAP-
member states and to other nearby states that a Regional Haze SIP revision had been 
prepared and invited review and comment on the plan and supporting documents. 
By participating in the WRAP and the Four Corner‟s Task Force, and through specific 
comments and communications with the participating states, Colorado has satisfied the 
state consultation requirement. 

2.4 General Consultation 

As part of the regional haze SIP development process Colorado will continue to 
coordinate and consult with parties as summarized in the long-term strategy described 
in Chapter 9. 
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Chapter 3  Monitoring Strategy  

Federal regulations in 40 CFR 51.305 and 51.308(d)(4) require states to have a 
monitoring strategy in the SIP sufficient to characterize reasonable progress at each of 
the Class I areas, specifically Phase 1:  reasonably attributable visibility impairment 
(RAVI) and Phase 2: regional haze visibility impairment in federal Class I areas within 
the state. Because Colorado adopted a visibility SIP to address the Phase 1 
requirements (51.305), a monitoring strategy is currently in place through an approved 
SIP.  The State of Colorado utilizes data from the IMPROVE monitoring system which is 
designed to provide a representative measure of visibility in each of Colorado's Class I 
areas. 

3.1 RAVI Monitoring Strategy in Current Colorado LTS 

States are required by EPA to have a monitoring strategy for evaluating visibility in any 
Class I area by visual observation or other appropriate monitoring techniques. The 
monitoring strategy in the RAVI LTS is based on meeting the following four goals: 

1. To provide information for new source visibility impact analysis. 
2. To determine existing conditions in Class I areas and the source(s) of any certified 

impairment. 
3. To determine actual affects from the operation of new sources or modifications to 

major sources on nearby Class I areas. 
4. To establish visibility trends in Class I areas to evaluate progress towards meeting 

the national visibility goal. 
Potential new major source operators must conduct visibility analyses utilizing existing 
visibility data. If data are adequate and/or representative of the potentially impacted 
Class I area(s), the permit holder will be notified of the visibility levels against which 
impacts are to be assessed.  If visibility data are not adequate, pre-construction 
monitoring of visibility may be required. 
If the Federal Land Managers (FLMs) or the State of Colorado certifies existing 
impairment in a Class I area, the Division will determine if emissions from a local 
source(s) operator(s) can be reasonably attributed to cause or contribute to the 
documented visibility impairment. In making this determination the Division will consider 
all available data including the following: 

1. Data supplied by the FLM; 
2. The number and type of sources likely to impact visibility in the Class I area; 
3. The existing emissions and control measures on the source(s); 
4. The prevailing meteorology near the Class I area; and 
5. Any modeling that may have been done for other air quality programs. 
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If available information is insufficient to make a decision regarding "reasonable 
attribution" of visibility impairment from an existing source(s) the State will initiate 
cooperative studies to help make such a determination.  Such studies could involve the 
FLMs, the potentially affected source(s), the EPA, and others. 
The monitoring strategy also included a commitment from the State to sponsor or share 
in the operation of visibility monitoring stations with FLMs as the need arises and 
resources allow. 
The State commits to periodically compile information about visibility monitoring 
conducted by various entities throughout the State and assembling and evaluating 
visibility data. 
Colorado law (C.R.S. 25-7-212(3)(a)) requires the federal land management agencies 
of Class I areas in Colorado (i.e., U.S.D.I. National Park Service and U.S.D.A. Forest 
Service) to “develop a plan for evaluating visibility in that area by visual observation or 
other appropriate monitoring technique approved by the federal environmental 
protection agency and shall submit such plan for approval by the division for 
incorporation by the commission as part of the state implementation plan.”  The 
agencies indicated they developed, adopted, and implemented a monitoring plan 
through the Class I visibility monitoring collaborative known as IMPROVE. EPA‟s 
Regional Haze Rule (40 CFR 51.308(d)(4)) indicates, “The State must submit with the 
Implementation Plan a monitoring strategy for measuring, characterizing, and reporting  
regional haze visibility impairment  representative of all mandatory Class I Federal 
areas within the State….Compliance with this requirement may be met through 
participating in the Interagency Monitoring of Protected Visual Environments 
[IMPROVE] network.”  The federal agencies‟ monitoring plan relies on this network and 
ensures each Class I area in Colorado will have a monitor representative of visibility in 
the Class I area. In the LTS revision, submitted to EPA in 2008, the Division provided 
letters from the federal land managers and approval letters from the Division indicating 
this requirement was being met. 

3.2 Regional Haze Visibility Impairment Monitoring Strategy 

Under 40 CFR 51.308(d), a State must develop a monitoring strategy in the RH SIP to 
measure, characterize, and report regional haze visibility impairment representative of 
all federal Class I areas within the State.  This monitoring strategy must be coordinated 
with the monitoring strategy described in Section 3.1 above, and will be met by 
participating in the IMPROVE network. 
Colorado‟s monitoring strategy is to participate in the IMPROVE monitoring network. To 
insure coordination with the RAVI monitoring strategy, it includes the same four goals as 
in the RAVI LTS plus an additional goal: 

To provide regional haze monitoring representing all visibility-protected federal 
Class I areas 

Exhibit PAC/2605 
Ralston/16



Colorado Visibility and Regional Haze State Implementation Plan for 12 Mandatory Class I Federal Areas 
Colorado Dept. of Public Health and Environment, Air Pollution Control Division 
Approved January 7, 2011 

17 

3.3 Associated Monitoring Strategy Requirements 

Other associated monitoring strategy requirements in 40 CFR 51.308(d)(4) and 
Colorado‟s associated SIP commitment are enumerated below: 

1. Establishment of any additional monitoring sites or equipment to evaluate 
achievement of reasonable progress goals [40 CFR 51.308(d)(4)(i)]. 
a. Colorado will work collaboratively with IMPROVE, EPA, the Federal Land 

Managers and other potential sponsors to ensure that representative 
monitoring continues for all of its Class I areas. If necessary, additional 
monitoring sites or equipment will be established to evaluate the achievement 
of reasonable progress goals. 

b. If funding for a site(s) is eliminated by EPA, the Division will consult with FLMs 
and IMPROVE to determine the best remaining site to use to represent the 
orphaned Class I areas. 

2. Procedures describing how monitoring data and other information are used in 
determining the State‟s contribution of emissions to visibility impairment in any 
federal Class I area [40 CFR 51.308(d)(4)(ii)]. 
a. Colorado has participated extensively in the WRAP. One of the Regional 

Modeling Center (RMC) tools is the PSAT (PM Source Apportionment 
Technology) that relates emission sources to relative impacts at Class I areas. 
Details about PSAT are contained in the Technical Support Documents for 
each Class I area. Colorado will utilize the PSAT method and other models as 
needed and recommended by EPA modeling guidance for visibility evaluations, 
or  other tools, to assist in determining the State‟s emission contribution to 
visibility impairment in any federal Class I area. As part of this process the 
State commits to consult with the EPA and FLMs or other entities as deemed 
appropriate when using monitoring and other data to determine the State‟s 
contribution of emissions to impairment in any Class I area. 

b. Colorado will continue to review monitoring data from the IMPROVE sites and 
examine the chemical composition of individual specie concentrations and 
trends, to help understand the relative contribution of emissions from upwind 
states on Colorado Class I areas and any contributions from Colorado to 
downwind Class I areas in other states. This will occur no less than every five 
years in association with periodic SIP, LTS and monitoring strategy progress 
reports and reviews. 

3. Provisions for annually reporting visibility monitoring data to EPA [40 CFR 
51.308(d)(4)(iv)]. 
a. IMPROVE data are centrally compiled and made available to EPA, states and 

the public via various electronic formats and websites including IMPROVE 
(http://vista.cira.colostate.edu/improve/) and VIEWS 
(http://vista.cira.colostate.edu/views/)Through participation in the IMPROVE 
network, Colorado will partially satisfies the requirement to annually report to 
EPA visibility data for each of Colorado‟s Class I areas. 
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b.  An annual compilation of the Colorado data will be prepared and reported to 
the EPA electronically. 

4. A statewide emissions inventory of pollutants  reasonably expected to cause or 
contribute to visibility impairment for a baseline year, most recent year data is 
available, and future projected year [40 CFR 51.308(d)(4)(v)]. 
a. Section 5.4 of this Plan includes a summary of Colorado statewide emissions 

by pollutant and source category. The inventory includes air pollution sources 
that can reasonably be expected to cause or contribute to visibility impairment 
to federal Class I areas. 
i. The WRAP-developed Plan02d (March 2008) inventory is both the baseline 

and most recent year of data available for a statewide inventory. It is an 
inventory intended to represent typical annual emissions during the baseline 
period, 2000-2004. From the baseline/current inventory, projections were 
made to 2018. The WRAP‟s 2018 Base Case or PRP18b inventory was 
utilized for final model projections. This represented the most recent BART 
determinations reported by the States and EPA offices, projection of future 
fossil-fuel electric generation plants, revised control strategy rulemaking and 
updated permit limits for point and area sources in the WRAP region as of 
Spring 2009 (http://www.wrapedms.org/InventoryDesc.aspx). The emission 
inventory information was collaboratively developed between Division staff 
and the WRAP. A summarized western state and boundary condition 
inventory is available at: 
http://vista.cira.colostate.edu/TSS/Results/emis_smry_p02c_b18b_a5.xls 

5. Commitment to update the emissions inventory [40 CFR 51.308(d)(4)(v)]. 
a. Colorado will update its portion of the regional inventory, on the tri-annual cycle 

as dictated by the Air Emissions Reporting Rule (AERR) (see section 3.5) in 
order to track emission change commitments and trends as well as for input to 
regional modeling exercises. 

6. Any additional reporting, recordkeeping, and measures necessary to evaluate and 
report on visibility [40 CFR 51.308(d)(4)(vi)]. 
a. Colorado will provide any additional reporting, recordkeeping and measures 

necessary to evaluate and report on visibility but is unaware of the need for any 
specific commitment at this time beyond those made in this section and in the 
LTS section. 

3.4 Overview of the IMPROVE Monitoring Network 

In the mid-1980‟s, the IMPROVE program was established to measure visibility 
impairment in mandatory Class I Federal areas throughout the United States. The 
monitoring sites are operated and maintained through a formal cooperative relationship 
between the EPA, National Park Service, U.S. Fish and Wildlife Service, Bureau of 
Land Management, and U.S. Forest Service.  In 1991, several additional organizations 
joined the effort: State and Territorial Air Pollution Program Administrators and the 
Association of Local Air Pollution Control Officials, Western States Air Resources 
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Council, Mid-Atlantic Regional Air Management Association, and Northeast States for 
Coordinated Air Use Management. 
The objectives of the IMPROVE program include establishing the current visibility and 
aerosol conditions in mandatory Class I federal areas; identifying the chemical species 
and emission sources responsible for existing human-made visibility impairment; 
documenting long-term trends for assessing progress towards the national visibility 
goals; and support the requirements of the federal visibility rules by providing regional 
haze monitoring representing all visibility-protected federal Class I areas where 
practical. 
The data collected at the IMPROVE monitoring sites are used by land managers, 
industry planners, scientists, consultants, public interest groups, and air quality 
regulators to better understand and protect the visual air quality resource in Class I 
areas.  Most importantly, the IMPROVE Program scientifically documents for American 
citizens, the visual air quality of their wilderness areas and national parks. 
In Colorado, there are six IMPROVE monitors that are listed under the site name in 
Figure 3-1. As shown, some monitors serve multiple Class I areas.  For example, the 
monitor with site name Mount Zirkel is located just south of the Mount Zirkel Wilderness 
Area (on Buffalo Pass) but this monitor is also designated to represent the Rawah 
Wilderness Area. 
Figure 3-1 Colorado Class I Areas and IMPROVE Monitor Locations 

 

 
Figure 3-2 includes summary information for each IMPROVE monitor.  The National 
Park Service (NPS) and the U.S. Forest Service (USFS) each operate and maintain 
three IMPROVE monitors in the State. 
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Figure 3-2 Colorado IMPROVE Monitoring Site Information 

Mandatory Class I Federal Area 
Operating 
Agency 

IMPROVE 
Monitor 

Elevation 
[ft] Start Date 

Great Sand Dunes National Park NPS GRSA1 8,215 5/4/1988 
Mesa Verde National Park NPS MEVE1 7,142 3/5/1988 
Mount Zirkel Wilderness USFS MOZI1 10,640 7/30/1994 Rawah Wilderness 
Rocky Mountain National Park NPS ROMO1 9,039 9/19/1990 
Weminuche Wilderness 

USFS WEMI1 9,072 3/2/1988 Black Canyon of Gunnison NP 
La Garita Wilderness 
Eagles Nest Wilderness 

USFS WHRI1 11,214 7/17/2000 Flat Tops Wilderness 
Maroon Bells-Snowmass Wilderness 
West Elk Wilderness 

3.5  Commitment for Future Monitoring 

The State commits to continue utilizing the IMPROVE monitoring data and emission 
data to track reasonable progress. The State commits to providing summary visibility 
data in electronic format to the EPA on an annual basis from the IMPROVE monitoring, 
or other relevant sites.  Also, the State commits to continue developing updated 
emission inventories on a tri-annual basis as required under the Air Emissions 
Reporting Rule sufficient to allow for the tracking of emission increases or decreases 
attributable to adopted strategies or other factors such as growth, economic downturn, 
or voluntary or permit related issues.  These monitoring and emissions data will be 
available for electronic processing in future modeling or other emission tracking 
processes. Information collected from the monitoring system and emission inventory 
work will be made available to the public. 
Colorado will depend on the Inter-Agency Monitoring of Protected Visual Environments 
(IMPROVE) monitoring program2 to collect and report aerosol monitoring data for 
reasonable progress tracking as specified in the Regional Haze Rule (RHR). Because 
the RHR is a long-term tracking program with an implementation period nominally set 
for 60 years, the state expects the configuration of the monitors, sampling site locations, 
laboratory analysis methods and data quality assurance, and network operation 
protocols will not change, or if changed, will remain directly comparable to those 
operated by the IMPROVE program during the 2000-04 RHR baseline period.  
Technical analyses and reasonable progress goals in RHR plans are based on data 
from these sites. The state must be notified and agree to any changes in the IMPROVE 
program affecting the RHR tracking sites, before changes are made. Further, the state 
notes resources to operate a complete and representative monitoring network of these 
long-term reasonable progress tracking sites is currently the responsibility of the 
Federal government. Colorado is satisfying the monitoring requirements by participating 
in the IMPROVE network. Colorado will continue to work with EPA in refining monitoring 

                                                           
2 http://vista.cira.colostate.edu/improve/  
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strategies as new technologies become available in the future. If resource allocations 
change in supporting the monitoring network the state will work with the EPA and FLMs 
to address future monitoring requirements. 
Colorado depends on IMPROVE program-operated monitors at six sites as identified in 
Figures 3.1 and 3.2 for tracking RHR reasonable progress.  Colorado will depend on the 
routine timely reporting of monitoring data by the IMPROVE program for the reasonable 
progress tracking sites.  Colorado commits to provide a yearly electronic report to the 
EPA of representative visibility data from the Colorado sites based on data availability 
from this network. 
As required under 40 CFR 51.308(d)(4)(v) the State of Colorado has prepared a 
statewide inventory of emissions reasonably expected to cause or contribute to visibility 
impairment in Federal Class I Areas.  Section 5.4 of this Plan summarizes the 
emissions by pollutant and source category. 
The State of Colorado commits to updating statewide emissions on a tri-annual basis as 
required under the December 17, 2008 Air Emissions Reporting Rule (AERR).  The 
updates will be used for state tracking of emission changes, trends, and input into any 
regional evaluation of whether reasonable progress goals are being achieved. Should 
no regional coordinating/planning agency exist in the future, Colorado commits to 
continue providing required emission updates as specified in the AERR and 40 CFR 
51.308(d)(4)(v). 
The State will use the Fire Emissions Tracking System (FETS)3 to store and access fire 
emissions data. Should this system become unavailable Colorado will work with the 
FLMs and the EPA to establish a process to track and report fire emissions data if 
continued use of such information is deemed necessary.  The State will also depend 
upon periodic collective emissions inventory efforts by other states meeting emission 
reporting requirements of the AERR to provide a regional inventory for future modeling 
and evaluations of regional haze impacts.  Colorado recognizes that other inventories of 
a nature more sophisticated than available from the AERR may be required for future 
regional haze or other visibility modeling applications.  In the past, such inventories 
were developed through joint efforts of states with the WRAP, and it is currently beyond 
available resources to provide an expanded regional haze modeling quality inventory if 
one is needed for future evaluations.  The State will continue to depend on and use the 
capabilities of the WRAP-sponsored Regional Modeling Center (RMC)4 or other similar 
joint modeling efforts to simulate the air quality impacts of emissions for haze planning 
purposes.  The State notes the resources to ensure data preparation, storage, and 
analysis by the state and regional coordinating agencies such as the WRAP will require 
adequate ongoing resources. Colorado commits to work with other states, tribes, the 
FLMs and the EPA to help ensure future multi-state modeling, monitoring or inventory 
processes can be met but makes no commitment in this SIP to fund such processes.  
Colorado will track data related to RHR haze plan implementation for sources for which 
the state has regulatory authority. 

  

                                                           
3 http://www.wrapfets.org/ 
4
 http://pah.cert.ucr.edu/aqm/308/  
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Chapter 4 Baseline and Natural Visibility Conditions in Colorado, and 
Uniform Progress for Each Class I Area  

4.1 The Deciview 

Each IMPROVE monitor collects particulate concentration data which are converted into 
reconstructed light extinction through a complex calculation using the IMPROVE 
equation (see Technical Support Documents for any Class I area). Reconstructed light 
extinction (denoted as bext) is expressed in units of inverse megameters (1/Mm or Mm-

1). The Regional Haze Rule requires the tracking of visibility conditions in terms of the 
Haze Index (HI) metric expressed in the deciview (dv) unit [(40 CFR 51.308(d)(2)]. 
Generally, a one deciview change in the haze index is likely humanly perceptible under 
ideal conditions regardless of background visibility conditions. 

The relationship between extinction (Mm-1), haze index (dv) and visual range (km) are 
indicated by the following scale: 

4.2 Baseline and Current Visibility Conditions 

EPA requires the calculation of baseline conditions [(40 CFR 51.308(d)(2)(i) and (ii)]. 
The baseline condition for each Colorado Class I area is defined as the five year 
average (annual values for 2000 - 2004) of IMPROVE monitoring data (expressed in 
deciviews) for the most-impaired (20% worst) days and the least-impaired (20% best) 
days.  For this first regional haze SIP submittal, the baseline conditions are the 
reference point against which visibility improvement is tracked.  For subsequent RH SIP 
updates (in the year 2018 and every 10 years thereafter), baseline conditions are used 
to calculate progress from the beginning of the regional haze program. 
Current conditions for the best and worst days are calculated from a multiyear average, 
based on the most recent 5-years of monitored data available [40 CFR 51.308(f)(1)]. 
This value will be revised at the time of each periodic SIP revision, and will be used to 
illustrate: (1) The amount of progress made since the last SIP revision, and (2) the 
amount of progress made from the baseline period of the program. 
Colorado has established baseline visibility for the cleanest and worst visibility days for 
each Class I area based on, on-site data from the IMPROVE monitoring sites.  A five-
year average (2000 to 2004) was calculated for each value (both best and worst). The 
calculations were made in accordance with 40 CFR 51.308(d)(2) and EPA‟s Guidance 
for Tracking Progress Under the Regional Haze Rule (EPA-454/B-03-004, September 
2003). The IMPROVE II algorithm as described in the TSDs has been utilized for the 
calculation of Uniform Rate of Progress glide slopes for all Class I areas. Figure 4-4 
contains the baseline conditions for each IMPROVE monitor site in Colorado. 
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4.3 Monitoring Data 

Visibility-impairing pollutants both reflect and absorb light in the atmosphere, thereby 
affecting the clarity of objects viewed at a distance by the human eye. Each haze 
pollutant has a different light extinction capability.  In addition, relative humidity changes 
the effective light extinction of both nitrates and sulfates.  Since haze pollutants can be 
present in varying amounts at different locations throughout the year, aerosol 
measurements of each visibility-impairing pollutant are made every three days at the 
IMPROVE monitors located in or near each Class I area. 
In addition to extinction, the Regional Haze Rule requires another metric for analyzing 
visibility impairment, known as the “Haze Index”, which is based on the smallest unit of 
uniform visibility change that can be perceived by the human eye.  The unit of measure 
is the deciview (denoted dv). 
More detailed information on the methodology for reconstructing light extinction along 
with converting between the haze index and reconstructed light extinction can be found 
in the Technical Support Documents for any of Colorado‟s twelve Class I areas. 
The haze pollutants reported by the IMPROVE monitoring program are sulfates, 
nitrates, organic carbon, elemental carbon, fine soil and coarse mass.  Summary data in 
Figures 4-1 and 4-2 are provided below for the worst and best days from the 6 
IMPROVE monitors for the 6 haze pollutants. 
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Figure 4-1 Reconstructed Aerosol Components for 20% Worst Days (2000-2004) 

 

 
Figure 4-2 Reconstructed Aerosol Components for 20% Best Days (2000-2004) 

 

More detailed information on reconstructed extinction for each Class I area can be 
found in the Technical Support Document. 
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4.4 Natural Visibility Conditions 

The natural condition for each Class I area represents the visibility goal expressed in 
deciviews for the most-impaired (20% worst) days and the least-impaired (20% best) 
days that would exist if there were only naturally occurring impairment.  Natural visibility 
conditions must be calculated by estimating the degree of visibility impairment existing 
under natural conditions for the most impaired and least impaired days, based on 
available monitoring information and appropriate data analysis techniques. [(40 CFR 
51.308(d)(iii)]. 
Figure 4-3, lists the 2064 natural conditions goal in deciviews for each Colorado Class I 
area. The natural conditions estimates were calculated consistent with EPA‟s Guidance 
for Estimating Natural Visibility Conditions Under the Regional Haze Rule (EPA-454/B-
03-005, September 2003). The natural conditions goal can be adjusted as new visibility 
information becomes available.  The Natural Haze Level II Committee methodology was 
utilized as described in the TSD. 

Figure 4-3: 2064 Natural Conditions Goal for Worst Days 

 
 

4.5 Uniform Progress 

For the worst days, uniform progress for each Colorado Class I area is the calculation of 
a uniform rate of progress per year to achieve natural conditions in 60 years [(40 CFR 
51.308(d)(1)(i)(B)].  In this initial SIP submittal, the first benchmark is the 2018 deciview 
level based on the uniform rate of progress applied to the first fourteen years of the 
program.  This is also shown in Figure 4-4 in the column “2018 Uniform Progress Goal 
(Deciview)”. 
For the 20% worst days, the uniform rate of progress (URP) in deciviews per year (i.e. 
slope of the glide path) is determined by the following equation: 

URP = [Baseline Condition - Natural Condition] / 60 years 

By multiplying the URP by the number of years in the 1st planning period one can 
calculate the uniform progress needed by 2018 to be on the path to achieving natural 
visibility conditions by 2064: 

2018 UPG = [URP] x [14 years] 
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The 14 years comprising the 1st planning period includes the 4 years between the end 
of the baseline period and the SIP submittal date plus the standard 10-year planning 
period for subsequent SIP revisions. 
More detailed information on the worst days along with the calculations and glide slope 
associated with each CIA can be found in Section 3 of the Technical Support 
Documents for any of Colorado‟s twelve Class I areas.  This calculation is consistent 
with EPA‟s Guidance for Setting Reasonable Progress Goals Under the Regional Haze 
Rule (June 1, 2007). 
For the best days at each Class I area, the State must ensure no degradation in visibility 
for the least-impaired (20% best) days over the same period.  More detailed information 
on the best days, along with the determination of the best day‟s baseline for a particular 
CIA, can be found in Section 3 of the Technical Support Document. 
Figure 4-4 provides the 2018 uniform rate of progress chart for the worst days and the 
baseline that must not be exceeded over the years in order to maintain the best days. 
As with natural conditions, uniform rate of progress can be adjusted as new visibility 
information becomes available. 

Figure 4-4: Uniform Rate of Progress for Each Colorado Class I Area 
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Figure 4-5 provides a visual example of 2018 uniform progress glide slope for the worst 
days and the best days baseline. 

Figure 4-5: Example of Uniform Progress for 20% Best & Worst Days at Rocky 
Mountain National Park 
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Chapter 5  Sources of Impairment in Colorado 

5.1 Natural Sources of Visibility Impairment 

Natural sources of visibility impairment include anything not directly attributed to human-
caused emissions of visibility-impairing pollutants.  Natural events (e.g. windblown dust, 
wildfire, volcanic activity, biogenic emissions) also introduce pollutants contributing to 
haze in the atmosphere.  Natural visibility conditions are not constant; they vary with 
changing natural processes throughout the year.  Specific natural events can lead to 
high short-term concentrations of visibility-impairing particulate matter and its 
precursors.  Natural visibility conditions, for the purpose of Colorado‟s regional haze 
program, are represented by a long-term average of conditions expected to occur in the 
absence of emissions normally attributed to human activities.  Natural visibility 
conditions reflect contemporary vegetated landscape, land-use patterns, and 
meteorological/climatic conditions.  The 2064 goal is the natural visibility conditions for 
the 20% worst natural conditions days. 
Natural sources contribute to visibility impairment but natural emissions cannot be 
realistically controlled or prevented by Colorado and therefore are beyond the scope of 
this plan.  Current methods of analysis of IMPROVE data do not provide a distinction 
between natural and anthropogenic emissions.  Instead, for the purposes of this SIP, 
they are estimated as described in Section 4.4. 

5.2 Anthropogenic Sources of Visibility Impairment 

Anthropogenic or human-caused sources of visibility impairment include anything 
directly attributable to human-caused activities producing emissions of visibility-
impairing pollutants.  Some examples include transportation, agriculture activities, 
mining operations, and fuel combustion.  Anthropogenic visibility conditions are not 
constant and vary with changing human activities throughout the year.  Generally 
anthropogenic emissions include not only those anthropogenic emissions generated or 
originating within the boundaries of the United States but also international emissions 
transported into a state.  Some examples include emissions from Mexico, Canada, and 
maritime shipping emissions in the Pacific Ocean. 
Although anthropogenic sources contribute to visibility impairment, international 
emissions cannot be regulated, controlled or prevented by the states and 
therefore are beyond the scope of this planning document.  Any reductions in 
international emissions would likely fall under the purview of the U.S. EPA 
administrator. 
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5.3 Overview of Emission Inventory System -TSS 

The Western Regional Air Partnership (WRAP) developed the Technical Support 
System (TSS) as an Internet access portal to all the data and analysis associated with 
the development of the technical foundations of Regional Haze plans across the 
Western US.  The TSS provides state, county, and grid cell level emissions information 
for typical criteria pollutants such as SO2 & NOx and other secondary particulate 
forming pollutants such as VOC and NH3.  Eleven different emission inventories were 
developed comprising the following source categories: point, area, on-road mobile, off-
road mobile, oil and gas, anthropogenic fire, natural fire, biogenic, road dust, fugitive 
dust and windblown dust.  Summaries of the emissions data for sources in Colorado are 
contained in subsequent Figures 5-1 through 5-8 in this section.  In addition the 
Emissions Inventory TSD in this SIP contains a more detailed accounting of sources in 
Colorado used in the modeling exercise. 
In the WRAP process, member states and the EPA agreed the tremendous amount of 
data collected, analyzed and maintained by the WRAP and the Regional Modeling 
Center would be impracticable and nearly infeasible to include in individual TSDs for 
individual States.  For the purposes of administrative efficiency, WRAP data and 
analysis upon which the member states built their Regional Haze SIPs are available 
through the WRAP on the TSS Web site.  For a more complete description of the 
emission inventory and process and for access information related to the web site 
containing comprehensive detail about the inventory please refer to the Emissions 
Inventory TSD in this SIP. 

5.4 Emissions in Colorado 

Federal visibility regulations (40 CFR 51.308(d)(4)(v)) require a statewide emission 
inventory of pollutants reasonably anticipated to cause or contribute to visibility 
impairment in any Class I area.  The pollutants inventoried by the WRAP that Colorado 
used for this SIP include sulfur dioxide (SO2), nitrogen oxides (NOx), volatile organic 
compounds (VOC), primary organic aerosol (POA), elemental carbon (EC), fine 
particulate (Soil-PM2.5), coarse particulate (PM-2.5 to PM-10), and ammonia (NH3). An 
inventory was developed for the baseline year 2002, and projections of future emissions 
have been made for 2018.  Colorado will provide updates to the EPA on this inventory 
on a three year basis as required by the AERR.  Not all of the categories used for 
modeling purposes are contained in the AERR.  A summary of the inventory results 
follows; the complete emission inventory is included in Section 5 of the Technical 
Support Document. 
Emission inventories form one leg of the analysis stool to evaluate sources‟ impacts on 
visibility. Emission inventories are created for all of critical chemicals or species known 
to directly or indirectly impact visual air quality.  These inventories become inputs to air 
quality models predicting concentrations of pollutants over a given space and time.  For 
this SIP, the WRAP developed emission inventories for each state with input from 
participating stakeholders. A complete description of the development and content of 
the emission inventories can be found on the WRAP Technical Support System web 
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site:  http://vista.cira.colostate.edu/TSS/Results/Emissions.aspx  and a summary 
description of the inventory is found in the Emission Inventory TSD. 
Dispersion modeling predicts daily atmospheric concentrations of pollutants for the 
baseline year and these modeled results are compared to monitored data taken from 
the IMPROVE network.  A second inventory is created to predict emissions in 2018 
based on expected controls, growth, or other factors.  Additional inventories are created 
for future years to simulate the impact of different control strategies.  The process for 
inventorying sources is similar for all species of interest.  The number and types of 
sources is identified by various methods.  For example, major stationary sources report 
actual annual emission rates to the EPA national emissions database.  Colorado 
collects annual emission data from both major and minor sources and this information is 
used as input into the emissions inventory.  In other cases, such as mobile sources, an 
EPA mobile source emissions model is used to develop emission projections.  Colorado 
vehicle registration, vehicle mile traveled information and other vehicle data are used to 
tailor the mobile source data to best represent statewide and area specific emissions. 
Population, employment and household data are used in other parts of the emissions 
modeling to characterize emissions from area sources such as home heating.  Thus, for 
each source type, emissions are calculated based on an emission rate and the amount 
of time the source is operating.  Emission rates can be based on actual measurements 
from the source, or EPA emission factors based on data from tests of similar types of 
emission sources.  In essence all sources go through the same process.  The number 
of sources is identified, emission rates are determined by measurements of those types 
of sources and the time of operation is determined.  By multiplying the emission rate 
times the hours of operation in a day, a daily emission rate can be calculated. 
It is noted that certain source categories are more difficult to make current and future 
projections for.  This is simply because market dynamics, growth factors, improvements 
in emission factors, types and number of sources, improvements in controls and 
changes in regulations make the future less predictable.  Oil and gas sources in 
Colorado can be substantial for selected pollutants and significant efforts went into this 
SIP to improve emissions estimates for Colorado and other western states to help make 
the modeling as reflective as possible of known and future emissions.  Future SIP 
updates will take into account any new information related to this, and other, source 
categories. 
The following presents the Colorado emissions from the TSS, as provided to the WRAP 
early 2009.  The “Plan 2002(d)” and “PRP 2018(b)” phrases on each of the emission 
inventory tables signify the version of inventories by year.  A detailed explanation of 
each plan can be found in the Emission Inventory TSD.  These inventories do not reflect 
the additional emission reductions that will result from the 2010 revised Best Available 
Retrofit Technology and reasonable progress determinations.  An accounting of these 
emission reductions are presented in Chapter 9 of this plan. 
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Figure 5-1 Colorado SO2 Emission Inventory – 2002 & 2018 

 

 
 
Sulfur dioxide emissions produce sulfate particles in the atmosphere. Ammonium 
sulfate particles have a significantly greater impact on visibility than pollutants like dust 
from unpaved roads due to the physical characteristics causing greater light scattering 
from the particles.  Sulfur dioxide emissions come primarily from coal combustion at 
electrical generation facilities but smaller amounts come from natural gas combustion, 
mobile sources and even wood combustion.  Other than natural fire there are no 
biogenic SO2 emissions of significance in Colorado.  Even allowing for those fire-related 
sulfur dioxide emissions to be counted as „natural‟ these represent only 3% of the 
statewide inventory.  A 51% statewide reduction in SO2 emissions is expected by 2018 
due to planned controls on existing point sources, even with a growth consideration for 
electrical generating capacity for the State.  Similar reductions in the West are expected 
from other states as BART or other planned controls take effect by 2018.  The only 
sulfur dioxide category expected to increase is area sources.  Area sources of sulfur 
oxides are linked to population growth as the activity factor.  As population increases in 
Colorado from the base case to 2018, this category is expected to increase.  A typical 
area source for sulfur dioxide would be home heating. 
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Figure 5-2  Colorado NOx Emission Inventory – 2002 & 2018 

 

 
 
Nitrogen oxides (NOx) are generated during any combustion process where nitrogen 
and oxygen from the atmosphere combine together under high temperature to form 
nitric oxide, and to a lesser degree nitrogen dioxide. Other odd oxides of nitrogen are 
also produced to a much smaller degree. Nitrogen oxides react in the atmosphere to 
form nitrate particles.  Larger nitrate particles have a slightly greater impact on visibility 
than do sulfate particles of the same size and are much more effective at scattering light 
than mineral dust particles.  Nitrogen oxide emissions in Colorado are expected to 
decline by 2018, primarily due to significant emission reductions from point, mobile and 
area sources.  Off-road and on-road vehicles emissions will decline by more than 
80,000 tons per year from the base case emissions total of 204,000 tons per year.  
Increases in area sources, as with sulfur dioxide, are related to population growth with 
an expected 4,000 tons per year increase by 2018.  Again, home heating would be a 
typical area source of NOx with growth in emissions related to population increases.  Oil 
and gas development by 2018 is also expected to increase statewide emissions by 
about 10,000 tons per year. 
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Figure 5-3 Colorado VOC Emission Inventory – 2002 & 2018 

 

 

 
Volatile organic compounds (VOCs) are expected to decline slightly by 2018.  Among 
other sources, volatile organic compounds from automobiles, industrial and commercial 
facilities, solvent use, and refueling automobiles all contribute to VOC loading in the 
atmosphere.  Substantial natural emissions of VOCs come from vegetation.  VOCs can 
directly impact visibility as emissions condense in the atmosphere to form an aerosol. 
Of more significance is the role VOCs play in the photochemical production of ozone in 
the troposphere.  Volatile organic compounds react with nitrogen oxides to produce 
nitrated organic particles that impact visibility in the same series of chemical events that 
lead to ozone.  Thus, strategies to reduce ozone in the atmosphere often lead to 
visibility improvements.  The large increase in area sources is again related to 
population increases.  Use of solvents such as in painting, dry cleaning, charcoal lighter, 
and windshield washer fluids, and many home use products, show up in the area 
source category and increases in this area are linked to population growth. 
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Figure 5-4 Colorado Primary Organic Aerosol (POA) Emission Inventory – 2002 
& 2018 

 

 

 

Primary Organic Aerosols (POAs) are organic carbon particles emitted directly from the 
combustion of organic material.  A wide variety of sources contribute to this 
classification including cooking of meat to diesel emissions and combustion byproducts 
from wood and agricultural burning.  Area sources and automobile emissions dominate 
this classification.  Increases in areas sources are due to population increases.  These 
increases are offset by expected improvements in automobile emissions and by 2018 
emissions from this category are expected to decline by about 5%. 
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Figure 5-5 Colorado Elemental Carbon (EC) Emission Inventory – 2002 & 2018 

 

 

 
Elemental carbon is the carbon black, or soot, a byproduct of incomplete combustion.  It 
is the partner to primary organic aerosols and represents the more complete 
combustion of fuel producing carbon particulate matter as the end product.  A carbon 
particle has a sixteen times greater impact on visibility than a coarse particle of granite 
has.  Emissions, and reductions, in this category are dominated by mobile sources and 
expected new federal emission standards for mobile sources, especially for diesel 
engines, along with fleet replacement are the reason for these reductions. 
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Figure 5-6 Colorado Soil (PM Fine) Emission Inventory – 2002 & 2018 

 

 

 
Fine soil emissions are largely related to agricultural and mining activities, windblown 
dust from construction areas and emissions from unpaved and paved roads.  A particle 
of fine dust has a relative impact on visibility one tenth as great as a particle of 
elemental carbon.  Monitoring at all sites in Colorado indicates soil is present as a small 
but measurable part of the visibility problem.  On any given visibility event where poor 
visual air quality is present in a scene, the impact of dust can vary widely.  Overall, on 
the 20% worst days, fine soil has about the same impact as nitrate particles.  
Agricultural activities, dust from unpaved roads and construction are prevalent in this 
source category and changes in emissions are tied to population and vehicle miles 
traveled.  Since soil emissions are not directly from the tailpipe of the vehicle, the 
category of mobile sources does not show any emissions and all vehicle related 
emissions from paved and unpaved roads show up in the fugitive dust category. 
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Figure 5-7 Colorado Coarse Mass (PM Coarse) Emission Inventory – 2002 & 
2018 

 

 

 

 
Particulate matter, also identified as coarse mass particles emissions, are closely 
related to the same sources as fine soil emissions but other activities like rock crushing 
and processing, material transfer, open pit mining and unpaved road emissions can be 
prominent sources.  Coarse mass particles travel shorter distances in the atmosphere 
than some other smaller particles but can remain in the atmosphere sufficiently long 
enough to play a role in regional haze.  Coarse mass particulate matter has the smallest 
direct impact on regional haze on a particle-by-particle basis where one particle of 
coarse mass has a relative visibility weight of 0.6 compared to a carbon particle having 
a weight of 10.  Nevertheless, they are commonly present at all monitoring sites and are 
a greater contributor to regional haze than the fine soil component. Substantial 
increases in coarse mass are seen in the fugitive dust category. This is due to the fact 
that construction and emissions from paved and unpaved roads are lined to population, 
vehicle miles traveled and employment data.  Growth in these factors results in these 
categories increasing from 2002 to 2018.  For this planning period, the state evaluated 
PM from stationary sources, but not from natural sources. 
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Figure 5-8 Colorado Ammonia (NH3) Emission Inventory – 2002 & 2018 

 
 

 

 
Ammonia emissions come from a variety of sources including wastewater treatment 
facilities, livestock operations, and fertilizer application and to a small extent, mobile 
sources.  Increases in ammonia emission from the base case year to 2018 are linked to 
population statistics and increased vehicular traffic.  Ammonia is directly linked to the 
production of ammonium nitrate and ammonium sulfate particles in the atmosphere 
when sulfur dioxide and nitrogen oxides eventually convert over to these forms of 
particles.  Expected growth in the mobile source emissions from 2002 to 2018 is due to 
the fact that no specific controls on mobile sources are implemented and increases in 
vehicle miles traveled links directly to increased ammonia emissions. 
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Chapter 6  Best Available Retrofit Technology 

6.1 Introduction 

One of the principal elements of Section 169A of the 1977 Clean Air Act Amendments 
addresses the installation of Best Available Retrofit Technology (BART) for certain 
existing sources of pollution.  The provision, 169A (b)(2), demonstrates Congress‟ intent 
to focus attention directly on pollution from a specific group of existing sources.  The 
U.S. Environmental Protection Agency‟s (EPA) Regional Haze Rule requires certain 
emission sources that may reasonably be anticipated to cause or contribute to visibility 
impairment in downwind Class I areas to install BART.  See 40 CFR §51.308(e); see 
also 64 Fed. Reg. 35714 et seq. (July 1, 1999).  These requirements are intended to 
reduce emissions from certain large sources that, due to age, were exempted from 
other requirements of the Clean Air Act. 

BART requirements pertain to 26 specified major point source categories including 
power plants, cement kilns and industrial boilers.  To be considered BART-eligible, 
sources from these categories must have the potential to emit 250 tons or more of haze 
forming pollution and must have commenced operation in the 15-year period prior to 
August 7, 1977. 

Because of the regional focus of this requirement in the Regional Haze Rule, BART 
applies to a larger number of sources than the Phase 1 reasonably attributable visibility 
impairment requirements.  In addition to source-by-source command and control BART 
implementation, EPA has allowed for more flexible alternatives if they achieve greater 
progress toward the state‟s visibility goals than the standard BART approach. 

This document demonstrates how Colorado has satisfied the BART requirements in 
EPA‟s Regional Haze Rule.  Colorado‟s review process is described and a list of BART-
eligible sources is provided.  A list of sources that are subject to BART is also provided, 
along with the requisite modeling analysis approach and justification. 

6.2 Overview of Colorado’s BART Regulation 

Colorado‟s Air Quality Control Commission approved a State-only BART regulation 
(Regulation 3 Part F) on March 16, 2006, that became effective in May 2006.  A 
summary of the Colorado BART program and determinations is set out below, in 
Section 6.3.  More detail is provided in Regulation Number 3 Part F, Appendix C to this 
document, the Technical Support Document (TSD), and at the Division‟s BART website 
at: http://www.cdphe.state.co.us/ap/RegionalHazeBART.html. 

Colorado‟s BART Rule includes the following major provisions: 
1. Visibility impairing pollutants are defined to include SO2, NOx and particulate matter. 
2. Visibility impact levels are established for determining whether a given source 

causes or contributes to visibility impairment for purposes of the source being 
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subject-to-BART (or excluded).  The causation threshold is 1.0 deciview and the 
contribution threshold is 0.5 deciview.  Individual sources are exempt from BART if 
the 98th percentile daily change in visibility from the facility, as compared against 
natural background conditions, is less than 0.5 deciview at all Class I federal areas 
for each year modeled and for the entire multi-year modeling period. 

3. BART controls are established based on a case-by-case analysis taking into 
consideration the technology available, the costs of compliance, the energy and non-
air quality environmental impacts of compliance, any pollution control equipment in 
use or in existence at the source or unit, the remaining useful life of the source or 
unit, and the degree of improvement in visibility which may reasonably be 
anticipated to result from the use of such technology.  These factors are established 
in the definition of Best Available Retrofit Technology. 

4. Provision that the installation of regional haze BART controls exempts a source from 
additional BART controls for regional haze, but does not exempt a source from 
additional controls or emission reductions that may be necessary to make 
reasonable progress under the regional haze SIP. 

6.3 Summary of Colorado’s BART Determinations 

Colorado‟s Air Quality Control Commission elected to assume that all BART-eligible 
sources are subject to BART, but required the Division to perform modeling to 
determine whether BART-eligible sources will cause or contribute to visibility impairment 
at any Class I area.  The threshold for causing or contributing to impairment was 0.5 or 
greater deciview impact.  BART-eligible sources that did not cause or contribute 0.5 or 
greater deciview impact would not be subject to BART. 

Once the complete list of eligible sources had been assembled, the list was reviewed to 
determine the current status of each source.  A number of sources were eliminated for 
various reasons.  One plant was being shut down.  Two others were found not to be 
subject to BART because the size of the boilers was less than the 250 MMBtu/hour limit 
identified in the EPA BART Rule.  Two sources were not subject to BART because they 
had been re-constructed after the BART period, and two were exempt because VOCs 
are not a visibility impairing pollutant under Colorado's BART Rule.  The final list of 
sources was modeled by the Division to determine if they met the “cause or contribute” 
criteria.  The results of this modeling are reflected in Table 6 - 1 below. 
  

Exhibit PAC/2605 
Ralston/40



 

Colorado Visibility and Regional Haze State Implementation Plan for 12 Mandatory Class I Federal Areas 
Colorado Dept. of Public Health and Environment, Air Pollution Control Division 
Approved January 7, 2011 

41 

Table 6 - 1 Results of Subject-to-BART Modeling 

Modeled BART–Eligible Source 

Division 
Modeling 

(98th 
percentile 

delta-
deciview 
value) 

Division 
Approved 

Refined Modeling 
from Source 

Operator 
(98th percentile 
delta-deciview 

value) 

Contribution 
Threshold 
(deciviews) 

Impact Equal 
to or Greater 

Than 
Contribution 
Threshold? 

CEMEX - Lyons Cement Kiln & Dryer 1.533  0.5 Yes 
CENC (Trigen-Colorado) Units 4 & 5 1.255  0.5 Yes 
Cherokee Station – Unit 4 1.460  0.5 Yes 
Comanche Station – Units 1 and 2 0.701  0.5 Yes 
Craig Station – Units 1 & 2 2.689  0.5 Yes 
Hayden Station – Units 1 & 2 2.538  0.5 Yes 
Lamar Light & Power – Unit 6 0.064  0.5 No 
Martin Drake Power Plant – Units 5, 6 & 7 1.041  0.5 Yes 
Pawnee Station – Unit 1 1.189  0.5 Yes 
Ray D. Nixon Power Plant – Unit 1 0.570 0.481 0.5 No 
Suncor Denver Refinery 0.239  0.5 No 
Valmont Station – Unit 5 1.591  0.5 Yes 
 
Notes: 
1.  The contribution threshold has an implied level of precision equal to the level of precision reported 
from the model. 
2.  Source operator modeling results are shown only if modeling has been approved by Division. 
3.  Roche is not included because it is a VOC source and the Division has determined that anthropogenic 
VOC emissions are not a significant contributor to visibility impairment. 
4.  Denver Steam is not included because it is exempt by rule (natural gas only <250 MMBtu). 
5.  Holcim Cement (Florence) and Rocky Mountain Steel Mills (Pueblo) are not included because of 
facility reconstruction. 
6.  Changes to the Ray D. Nixon Power Plant modeling included refinement of the meteorological fields 
and emission rates.  The Division has issued a permit modification for this facility that includes a 30-day 
rolling emission limit for SO2. 
7.  Suncor Denver Refinery (including the former Valero Refinery) was not included because it is a VOC 
source and the Division has determined that anthropogenic VOC emissions are not a significant 
contributor to visibility impairment.  Moreover, Suncor has installed controls to comply with MACT 
standards. 

Of the BART-eligible sources listed above, those sources with a visibility contribution 
threshold equal to or greater than 0.5 deciview were determined to be subject-to-BART.  
Tables 6 - 2 and 6 - 3 include the BART determinations that will apply to each source. 
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Table 6 - 2  BART Determinations for Colorado Sources 

Emission 
Unit 

Assumed ** 
NOx Control 

Type 

NOx Emission 
Limit 

Assumed ** 
SO2 Control 

Type 

SO2 Emission 
Limit 

Assumed ** 
Particulate 
Control and 

Emission Limit 

Cemex - 
Lyons 
Kiln 

Selective 
Non-Catalytic 
Reduction 
System 

255.3 lbs/hr 
(30-day rolling 
average) 
 
901.0 tons/yr 
(12-month rolling 
average) 

None 25.3 lbs/hr 
(12-month 
rolling average) 
 
95.0 tons/yr 
(12-month 
rolling average) 

Fabric Filter 
Baghouse * 
 
0.275 lb/ton of 
dry feed 
 
20% opacity 

Cemex - 
Lyons 
Dryer 

None 13.9 tons/yr None 36.7 tons/yr Fabric Filter 
Baghouse* 
 
22.8 tons/yr 
 
10% opacity 

CENC 
Unit 4 

Low NOx 
Burners with 
Separated 
Over-Fire Air 

0.37 lb/MMBtu 
(30-day rolling 
average) 
 
Or 
 
0.26 lb/MMBtu 
Combined 
Average for Units 
4 & 5 (30-day 
rolling average) 

None 1.0 lb/MMBtu 
(30-day rolling 
average) 

Fabric Filter 
Baghouse* 
 
0.07 lb/MMBtu 

CENC 
Unit 5 

Low NOx 
Burners with 
Separated 
Over-Fire Air, 
and Selective 
Non-Catalytic 
Reduction 
System 

0.19 lb/MMBtu 
(30-day rolling 
average) 
 
Or 
 
0.26 lb/MMBtu 
Combined 
Average for Units 
4 & 5 (30-day 
rolling average) 

None 1.0 lb/MMBtu  
(30-day rolling 
average) 

Fabric Filter 
Baghouse* 
 
0.07 lb/MMBtu 

Comanche 
Unit 1 

Low NOx 
Burners* 

0.20 lb/MMBtu 
(30-day rolling 
average) 
 
0.15 lb/MMBtu 
(combined annual 
average for units 1 
& 2) 
 
 
 

Lime Spray 
Dryer* 

0.12 lb/MMBtu 
(30-day rolling 
average) 
 
0.10 lb/MMBtu 
(combined 
annual average 
for units 1 & 2) 
 
 
 

Fabric Filter 
Baghouse* 
 
0.03 lb/MMBtu 
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Table 6 - 2  BART Determinations for Colorado Sources 

Emission 
Unit 

Assumed ** 
NOx Control 

Type 

NOx Emission 
Limit 

Assumed ** 
SO2 Control 

Type 

SO2 Emission 
Limit 

Assumed ** 
Particulate 
Control and 

Emission Limit 

Comanche 
Unit 2 

Low NOx 
Burners* 

0.20 lb/MMBtu 
(30-day rolling 
average) 
 
0.15 lb/MMBtu 
(combined annual 
average for units 1 
& 2) 

Lime Spray 
Dryer* 

0.12 lb/MMBtu 
(30-day rolling 
average) 
 
0.10 lb/MMBtu 
(combined 
annual average 
for units 1 & 2) 

Fabric Filter 
Baghouse* 
 
0.03 lb/MMBtu 

Craig 
Unit 1 

Selective 
Non-Catalytic 
Reduction 
System 

0.28 lb/MMBtu 
(30-day rolling 
average) 
 

Wet 
Limestone 
scrubber* 

0.11 lb/MMBtu 
(30-day rolling 
average) 

Fabric Filter 
Baghouse* 
 
0.03 lb/MMBtu 

Craig 
Unit 2 

Selective 
Catalytic 
Reduction 
System 

0.08 lb/MMBtu 
(30-day rolling 
average) 
 

Wet 
Limestone 
scrubber* 

0.11 lb/MMBtu 
(30-day rolling 
average) 

Fabric Filter 
Baghouse* 
 
0.03 lb/MMBtu 

Hayden 
Unit 1 

Selective 
Catalytic 
Reduction 
System 

0.08 lb/MMBtu 
(30-day rolling 
average) 

Lime Spray 
Dryer* 

0.13 lb/MMBtu 
(30-day rolling 
average) 

Fabric Filter 
Baghouse* 
 
0.03 lb/MMBtu 

Hayden 
Unit 2 

Selective 
Catalytic 
Reduction 
System 

0.07 lb/MMBtu 
(30-day rolling 
average) 

Lime Spray 
Dryer* 

0.13 lb/MMBtu 
(30-day rolling 
average) 

Fabric Filter 
Baghouse* 
 
0.03 lb/MMBtu 

Martin 
Drake 
Unit 5 

Ultra Low-
NOx Burners 
(including 
Over-Fire 
Air)  

0.31 lb/MMBtu 
(30-day rolling 
average) 

Dry Sorbent 
Injection 

0.26 lb/MMBtu  
(30-day rolling 
average) 

Fabric Filter 
Baghouse* 
 
0.03 lb/MMBtu 

Martin 
Drake 
Unit 6 

Ultra Low-
NOx Burners 
(including 
Over-Fire 
Air)  

0.31 lb/MMBtu 
(30-day rolling 
average) 

Lime Spray 
Dryer or 
Equivalent 
Control 
Technology 

0.13 lb/MMBtu 
(30-day rolling 
average) 

Fabric Filter 
Baghouse* 
 
0.03 lb/MMBtu 
 

Martin 
Drake 
Unit 7 

Ultra Low-
NOx Burners 
(including 
Over-Fire 
Air) 

0.29 lb/MMBtu 
(30-day rolling 
average) 

Lime Spray 
Dryer or 
Equivalent 
Control 
Technology 

0.13 lb/MMBtu 
(30-day rolling 
average) 

Fabric Filter 
Baghouse* 
 
0.03 lb/MMBtu 

* Controls are already operating 

** Based on the state's BART analysis, the "assumed" technology reflects the control option found to 
render the BART emission limit achievable.  The "assumed" technology listed in the above table is 
not a requirement. 
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Table 6 - 3   BART Determinations for PSCo’s BART Alternative Sources 5, 6, 7 

Emission 
Unit 

NOx Control 
Type 

NOx Emission 
Limit 

SO2 Control 
Type 

SO2 Emission 
Limit 

Particulate 
Control and 

Emission Limit 

Cherokee 
Unit 1 

Shutdown 
No later than 
7/1/2012 

0 Shutdown 
No later than 
7/1/2012  

0 Shutdown 
No later than 
7/1/2012 

Cherokee 
Unit 2  

Shutdown 
12/31/2011 

0 Shutdown 
12/31/2011 

0 Shutdown 
12/31/2011 

Cherokee 
Unit 3 

Shutdown 
No later than 
12/31/2016 

0 Shutdown 
No later than 
12/31/2016  

0 Shutdown 
No later than 
12/31/2016  

Cherokee 
Unit 4 

Natural Gas 
Operation 
12/31/2017 

0.12 lb/MMBtu 
(30-day rolling 
average) by 
12/31/2017 

Natural Gas 
Operation 
12/31/2017 

7.81 tpy (rolling 
12 month 
average) 

Fabric Filter 
Baghouse* 
 
0.03 lbs/MMBtu  
 
Natural Gas 
Operation 
12/31/2017  

Valmont 
Unit 5 

Shutdown 
12/31/2017 

0 Shutdown 
12/31/2017 

0 Shutdown 
12/31/2017 

Pawnee 
Unit 1 

SCR**  0.07 lb/MMBtu 
(30-day rolling 
average) by 
12/31/2014 

Lime Spray 
Dryer** 
 

0.12 lbs/MMBtu 
(30-day rolling 
average) by 
12/31/2014 

Fabric Filter 
Baghouse* 
 
0.03 lbs/MMBtu 

Arapahoe 
Unit 3 

Shutdown 
12/31/2013 

0 Shutdown 
12/31/2013 

0 Shutdown 
12/31/2013 

Arapahoe 
Unit 4 

Natural Gas 
Operation 

600 tpy (rolling 12 
month average) 
12/31/2014  

Natural Gas 
operation 
12/31/2014  

1.28 tpy (rolling 
12 month 
average) 
 

Fabric Filter 
Baghouse* 
 
0.03 lbs/MMBtu  
 
Natural Gas 
operation 
12/31/2014  

* Controls are already operating 
** The "assumed" technology reflects the control option found to render the BART emission limit 

achievable.  The "assumed" technology listed for Pawnee in the above table is not a requirement. 

For all BART and BART alternative determinations, approved in the Federal State 
Implementation Plan, the state affirms that the BART emission limits satisfy Regional 
Haze requirements for this planning period (through 2017) and that no other Regional 
                                                           
5 Emission rates would begin on the dates specified, the units would not have 30 days of data until 30 days following 
the dates shown in the table.  
6 500 tpy NOx will be reserved from Cherokee station for netting or offsets. 
7 300 tpy NOx will be reserved from Arapahoe station for netting or offsets for additional natural gas generation. 
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Haze analyses or Regional Haze controls will be required by the state during this 
timeframe. 

6.4 Overview of Colorado’s BART Determinations 

Colorado has been evaluating BART issues for many years and has closely followed 
EPA‟s proposals and final rules. The list of Colorado BART-eligible sources has been 
well known since the 1990‟s, based on EPA‟s expected applicability dates of between 
August 7, 1962 and August 7, 1977.  Colorado has been involved in four BART-like 
proceedings involving known BART sources.  Two of these determinations resulted 
from actions related to the Hayden and Craig power plants.  These plants were 
identified in a certification of impairment made by the U.S. Forest Service regarding 
visibility impacts at Mt. Zirkel Wilderness Area, located northeast of Steamboat Springs.  
Colorado conducted two additional BART proceedings for all sources in 2007 and in 
2008, which were submitted to EPA for approval.  A number of these determinations 
were revised in 2010 based on adverse comments from EPA; Table 6-2 presents the 
2010 BART determinations. 

6.4.1 The State’s Consideration of BART Factors 

In identifying a level of control as BART, States are required by section 169A(g) of the 
Clean Air Act to “take into consideration” the following factors: 
(1) The costs of compliance, 
(2) The energy and non-air quality environmental impacts of compliance, 
(3) Any existing pollution control technology in use at the source, 
(4) The remaining useful life of the source, and 
(5) The degree of visibility improvement that may reasonably be anticipated from the 

use of BART. 
42 U.S.C. § 7491(g)(2). 
Colorado‟s BART regulation requires that the five statutory factors be considered for all 
BART sources.  See, Regulation No. 3, Part E, Section IV.B.1.  In making its BART 
determination for each Colorado source, the state took into consideration the five 
statutory factors on a case-by case basis, and for significant NOx controls the Division 
also utilized the guidance criteria set forth in Section 6.4.3 consistent with the five 
factors.  Summaries of the state‟s facility-specific consideration of the five factors and 
resulting determinations for each BART source are provided in this Chapter 6.  
Documentation reflecting the state‟s analyses and supporting the state‟s BART 
determinations, including underlying data and detailed descriptions of the state‟s 
analysis for each facility, are provided in Appendix C of this document. 

6.4.1.1 The costs of compliance.  The Division requested, and the companies 
provided, source-specific cost information for each BART unit.  The cost information 
ranged from the installation and operation of new SO2 and NOx control equipment to 
upgrade analyses of existing SO2 controls.  The cost for each unit is summarized 
below, and the state‟s consideration of this factor for each source is presented in detail 
in Appendix C. 
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6.4.1.2 The energy and non-air quality environmental impacts of compliance.  
This factor is typically used to identify non-air issues associated with different types of 
control equipment.  The Division requested, and the companies provided, source-
specific energy and non-air quality information for each BART unit.  The state has 
particular concerns with respect to potential non-air quality environmental impacts 
associated with wet scrubber systems for SO2, as further described below. 
6.4.1.3 Any existing pollution control technology in use at the source.  The state 
has taken into consideration the existing PM, SO2 and NOx pollution control equipment 
in use at each Colorado source, as part of its BART determination process. 
The Division has reviewed available particulate controls.  Based on a review of NSPS, 
MACT and RACT/BACT/LAER, the state has determined that fabric filter baghouses are 
the best PM control available.  The Portland cement MACT confirms that “a well-
performing baghouse represents the best performance for PM” see 74 Fed. Reg. 
21136, 21155 (May 6, 2009).  The RACT/BACT/LAER Clearinghouse identifies 
baghouses as the PM control for the newer cement kilns and EGUs.  Additional 
discussion of PM controls, including baghouse controls, is contained in the source 
specific analyses in Appendix C. 
The Division also reviewed various SO2 controls applicable to EGUs and boilers. Two 
of the primary controls identified in the review are wet scrubbers and dry flue gas 
desulphurization (FGD).  Based upon its experience, and as discussed in detail 
elsewhere in this Chapter 6, in Appendix C and in the TSD, the state has determined 
that wet scrubbing has several negative energy and non-air quality environmental 
impacts, including very significant water usage.  This is a significant issue in Colorado 
and the arid West, where water is a costly, precious and scarce resource. There are 
other costs and environmental impacts that the state also considers undesirable with 
respect to wet scrubbers. For example, the off-site disposal of sludge entails 
considerable costs, both in terms of direct disposal costs, and indirect costs such as 
transportation and associated emissions.  Moreover, on-site storage of wet ash is an 
increasing regulatory concern.  EPA recognizes that some control technologies can 
have significant secondary environmental impacts.  See 70 Fed. Reg. 39104, 39169 
(July 6, 2005).  EPA has specifically noted that the limited availability of water can affect 
the feasibility and costs of wet scrubbers in the arid West.  These issues were examined 
in each source specific analysis in Appendix C. 
With respect to NOx controls, the state has assessed pre-combustion and post-
combustion controls and upgrades to existing NOx controls, as appropriate 
When determining the emission rates for each source, the state referred to and 
considered recent MACT, NSPS and RACT/BACT/LAER determinations to inform 
emission limits.  While relying on source specific information for the final limit, and 
considering that BART relates to retrofitting sources (vs. new or reconstructed facilities), 
a review of other determinations was used to better substantiate the source specific 
information provided by the source. 
6.4.1.4 The remaining useful life of the source.  None of Colorado‟s BART sources 
are expected to retire over the next twenty years.  Therefore, this factor did not affect 
any of the state‟s BART determinations. 
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6.4.1.5 The degree of visibility improvement which may reasonably be 
anticipated from the use of BART.  The state took into consideration the degree of 
visibility improvement which may reasonably be anticipated from the use of BART.  
Modeling information for each BART determination is presented below and in Appendix 
C. 
6.4.2 SIP Requirements from EPA’s Regional Haze Rule 

The following section includes information addressing the SIP elements contained in 
EPA‟s Regional Haze Rule. The section numbers refer to provisions in 40 CFR § 
51.308(e), the BART provision of the Regional Haze Rule. 
(i) A list of all BART-eligible sources within the State. 

Table 6 - 3 below lists the initial group of Colorado sources subject to BART.  
This initial list was created based on historical information contained in the 
Division‟s source files and is based on the 1962-1977 time frame and source 
category list contained in Appendix Y.  This list was then examined to see if 
any of the sources identified would be exempt from BART.  EPA allows 
sources to be exempt from BART if they have undergone permitted 
reconstruction, emit de minimis levels of pollution, or are fossil-fuel boilers 
with an individual heat input rating below 250 million Btu/hour.  Colorado‟s 
BART rule allows sources to be exempt from BART if modeling demonstrates 
the impact at any Class I area is below the “cause or contribute” thresholds of 
1.0 and 0.5 deciviews.  Table 6 - 3 lists the current status of the original BART 
sources and notes which sources were exempted and why. 

Table 6 - 4  Colorado’s BART Eligible Sources 

Plant Name Source Owner 
Rating, Heat 

Input or 
Source type 

Start 
Year 

Current Status 

Cemex - Lyons 

Kiln  Cemex Portland 
Cement <1977 Subject-to-BART 

Cemex - Lyons 
Dryer  Cemex Portland 

Cement <1977 Subject-to-BART 

CENC 
Unit 4 

Colorado Energy 
Nations Company 

(CENC) 
360 MMBtu/hr 1975 Subject-to-BART 

CENC 
Unit 5  CENC 650 MMBtu/hr 1979 Subject-to-BART 

Cherokee 
Unit 4  

Public Service 
Company of 

Colorado (PSCO) 
350 MW 1968 Subject-to-BART 

Comanche 
Unit 1  PSCO 350 MW 1973 Subject-to-BART 

Comanche 
Unit 2  PSCO 350 MW 1976 Subject-to-BART 

Craig 
Unit 1 

Tri-State 
Generation and 446 MW 1979 Subject-to-BART 
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Table 6 - 4  Colorado’s BART Eligible Sources 

Plant Name Source Owner 
Rating, Heat 

Input or 
Source type 

Start 
Year 

Current Status 

Transmission, Inc. 

Craig 
Unit 2 Tri-State 446 MW 1979 Subject-to-BART 

Hayden 
Unit 1 PSCO 190 MW 1965 Subject-to-BART 

Hayden 
Unit 2 PSCO 275 MW 1976 Subject-to-BART 

Martin Drake 
Unit 5 

Colorado Springs 
Utilities (CSU) 55 MW 1962 Subject-to-BART 

Martin Drake 
Unit 6 CSU 85 MW 1968 Subject-to-BART 

Martin Drake 
Unit 7 CSU 145 MW 1974 Subject-to-BART 

Pawnee 
Unit 1 PSCO 500 MW 1981 BART Alternative 

Valmont 
Unit 5 PSCO 188 MW 1964 Subject-to-BART 

Denver Steam 
Unit 1 PSCO Steam only 

210 MMBtu/hr 1972 Not subject-to-BART since this boiler is 
less than 250 MMBtu/hr, see 70 FR 39110 

Denver Steam 
Unit 2  PSCO Steam only 

243 MMBtu/hr 1974 Not subject-to-BART since this boiler is 
less than 250 MMBtu/hr, see 70 FR 39110 

Holcim 
Kiln Holcim Portland 

Cement <1977 
Not subject-to-BART since Kiln built after 
BART time period.  Other sources < 250 
TPY total emissions. 

Lamar Utilities 
City of Lamar 25 MW 1972 Plant will be shutdown; so will no longer 

be subject.  
Oregon Steel 

Oregon Steel Steel Mfg. <1977 
Not subject-to-BART since Arc furnace 
rebuilt after BART time period.  Other 
sources < 250 TPY total emissions. 

Ray Nixon 
Unit 1 CSU 227 MW 1980 

Not Subject-to-BART (enforceable 
emission limitations and refined CALPUFF 
modeling result in less than 0.5 dv visibility 
impact) 

Roche 
Roche Pharmaceutic

al Mfg. <1977 
Not subject-to-BART since VOC 
determined as not a visibility impairing 
pollutant in CO 

Suncor/Valero 
Suncor Refinery <1977 

Not subject-to-BART since VOC 
determined as not a visibility impairing 
pollutant in CO  

 

(ii) A determination of BART for each BART-eligible source. 
Table 6 - 2 lists the state‟s BART determinations for sources that cause or 
contribute to visibility impairment in Class I areas. 
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(iii) The determination of BART must be based on an analysis of the best system of 
continuous emission control technology available and associated emission 
reductions achievable for each BART-eligible source that is subject to BART within 
the State.  In this analysis, the State must take into consideration the technology 
available, the costs of compliance, the energy and non-air quality environmental 
impacts of compliance, any pollution control equipment in use at the source, the 
remaining useful life of the source, and the degree of improvement in visibility 
which may reasonably be anticipated to result from the use of such technology. 

Summaries of the state‟s facility-specific consideration of the five factors and resulting 
determinations are provided in this chapter 6.  Documentation reflecting the state‟s 
analyses and supporting the state‟s BART determinations, including underlying data 
and detailed descriptions of the state‟s analysis for each facility, are provided in 
Appendix C of this document. 

(iv) The determination of BART for fossil-fuel fired power plants having a total 
generating capacity greater than 750 megawatts must be made pursuant to the 
guidelines in Appendix Y of this part (Guidelines for BART Determinations Under 
the Regional Haze Rule). 
Colorado has only one source with two BART eligible EGUs that have a combined 
rating exceeding 750 MW, which is Tri-State Generation and Transmission 
Association‟s Craig plant located in Moffat County.  The Division‟s BART 
determination for the Craig facility is discussed in more detail below. 

(v) A requirement that each source subject to BART be required to install and operate 
BART as expeditiously as practicable, but in no event later than 5 years after 
approval of the implementation plan revision. 
This requirement is addressed in Colorado‟s BART Rule, and Regulation No. 3 
Part F Section VI. 

(vi) A requirement that each source subject-to-BART maintain the control equipment 
required by this subpart and establish procedures to ensure such equipment is 
properly operated and maintained. 
Operation and maintenance plans are required by the BART Rule, and Regulation 
No. 3. Part F Section VII. 

6.4.3 Overview of the BART Determinations and the Five Factor Analyses for 
Each BART Source 

This section presents an overview of the BART determinations for the subject to BART 
sources. 
The Regional Haze rule requires states to make determinations about what is 
appropriate for BART, considering the five statutory factors: 
(1) The costs of compliance, 
(2) The energy and non-air quality environmental impacts of compliance, 
(3) Any existing pollution control technology in use at the source, 
(4) The remaining useful life of the source, and 
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(5) The degree of visibility improvement that may reasonably be anticipated from the 
use of BART. 

The rule gives the states broad latitude on how the five factors are to be considered to 
determine the appropriate controls for BART.  The Regional Haze rule provides little, if 
any, guidance on specifically how states are to use these factors in making the final 
determinations regarding what controls are appropriate under the rule, other than to 
consider the five factors in reaching a determination.8  The manner and method of 
consideration is left to the state‟s discretion; states are free to determine the weight and 
significance to be assigned to each factor.9 
For the purposes of the five factor review for the three pollutants that the state is 
assessing for BART, SO2 and PM have been assessed utilizing the five factors on a 
case by case basis to reach a determination. This is primarily because the top level 
controls for SO2 and PM are already largely in use on electric generating units in the 
state, and certain other sources require a case by case review because of their unique 
nature.  For NOx controls on BART electric generating units, for reasons described 
below, the state is employing guidance criteria to aid in its assessment and 
determination of BART using the five factors for these sources, largely because 
significant NOx add-on controls are not the norm for Colorado electric generating units, 
and to afford a degree of uniformity in the consideration of BART for these sources. 
With respect to SO2 emissions, there are currently ten lime spray dryer (LSD) SO2 
control systems operating at electric generating units in Colorado.10  There are also two 
wet limestone systems in use in Colorado.  The foregoing systems have been 
successfully operated and implemented for many years at Colorado sources, in some 
cases for over twenty years.  The LSD has notable advantages in Colorado given the 
non-air quality consideration of its relatively lower water usage in reducing SO2 
emissions in the state and other non-air quality considerations.  Each of these systems 
will meet EPA‟s presumptive limits, and in some cases surpass those limits.11  The 

                                                           
8 The EPA “BART Guidelines” provide information relating to implementation of the Regional Haze rule, 
which the state has considered.  However, Colorado also notes that Appendix Y is expressly not 
mandatory with respect to EGUs of less than 750 MWs in size, and Craig Station (Tri-State Generation 
and Transmission) is the only such BART electric generating unit in the state. See 70 Fed. Reg. at 39108.  
Thus, the state has substantial discretion in how it considers and applies the five factors (and any other 
factors that it deems relevant) to BART electric generating units in the state that are below this megawatt 
threshold, and for non-EGU sources.  See, e.g., id. at 39108, 39131 and 39158. 
9 See, e.g., 70 Fed. Reg. at 39170. 
10 EGUs with LSD controls include Cherokee Units 3 & 4, Comanche Units 1, 2 & 3, Craig Unit 3, Hayden 
Units 1 & 2, Rawhide Unit 1, Valmont Unit 5. 
11 In preparing Appendix Y, EPA conducted extensive research and analysis of emission controls on 
BART sources nationwide, including all BART EGU sources in Colorado.  See 70 Fed. Reg. at 39134.  
Based upon this analysis, EPA established presumptive limits that it deems to be appropriate for large 
EGU sources of greater than 750 MW, including sources greater than 200 MW located at such plants.   
EPA‟s position is that the presumptive limits are cost effective and will lead to a significant degree of 
visibility improvement.  Id.  See also, 69 Fed. Reg. 25184, 25202 (May 5, 2004); Technical Support 
Document for BART NOx Limits for Electric Generating Units and Technical Support Document for BART 
NOx Limits for Electric Generating Units Excel Spreadsheet, Memorandum to Docket OAR 2002-0076, 
April 15, 2006; Technical Support Document for BART SO2 Limits for Electric Generating Units, 
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Division has determined in the past that these systems can be cost-effective for 
Colorado‟s BART sources, and the Air Quality Control Commission approved LSD 
systems as BART for Colorado Springs Utilities‟ Martin Drake Units #6 and #7 in 2008.  
With this familiarity and use of the emissions control technology, the state has assessed 
SO2 emissions control technologies and/or emissions rates for BART sources on a 
case by case basis in making its BART determinations. 
With respect to PM emissions, fabric filter baghouses and appropriate PM emissions 
rates are in place at all power plants in Colorado.  Fabric filter baghouse systems have 
been successfully operated and implemented for many years at Colorado sources, 
typically exceeding a control efficiency of 95%.  The emission limits for these units 
reflect the 95% or greater control efficiency and are therefore stringent and appropriate.   
The state has determined that fabric filter baghouses are cost effective through their use 
at all coal-fired power plants in Colorado, and the Air Quality Control Commission 
approved these systems as BART in 2007.  With this familiarity and use of the 
emissions control technology, the state has assessed PM emissions control 
technologies and/or emissions rates for BART sources on a case by case basis in 
making its BART determinations.  Thus, as described in EPA‟s BART Guidelines, a full 
five-factor analysis for PM emissions was not necessary for Colorado‟s BART-subject 
units. 
With respect to NOx emissions, post-combustion controls for NOx are generally not 
employed in Colorado at BART or other significant coal-fired electric generating units.  
Accordingly, this requires a direct assessment of the appropriateness of employing such 
post-combustion technology at these sources for implementation of the Regional Haze 
rule.  There is only one coal-fired electric generating unit in the state that is equipped 
with a selective catalytic reduction (SCR) system to reduce NOx emissions, and that 
was employed as new technology designed into a new facility (Public Service Company 
of Colorado, Comanche Unit #3, operational 2010).  There are no selective non-catalytic 
reduction (SNCR) systems in use on coal-fired electric generating units in the state to 
reduce NOx emissions. 
In assessing and determining appropriate NOx BART controls for individual units for 
visibility improvement under the regional haze rule, the state has considered the five 
statutory factors in each instance.  Based on its authority, discretion and policy 
judgment to implement the Regional Haze rule, the state has determined that costs and 
the anticipated degree of visibility improvement are the factors that should be afforded 
the most weight.12  In this regard, the state has utilized screening criteria as a means of 
generally guiding its consideration of these factors.  More specifically, the state finds 
most important in its consideration and determinations for individual units: (i) the cost of 
controls as appropriate to achieve the goals of the regional haze rule (e.g., expressed 
as annualized control costs for a given technology to remove a ton of Nitrogen Oxides 
(NOx) from the atmosphere, or $/ton of NOx removed); and, (ii) visibility improvement 
                                                                                                                                                                                           

Memorandum to Docket OAR 2002-0076, April 1, 2006; and Regulatory Impact Analysis for the Final 
Clean Air Visibility Rule or the Guidelines for Best Available Retrofit Technology (BART) Determinations 
Under the Regional Haze Regulations, U.S. EPA, June 2005. 

 
12 See 70 Fed. Reg. at 39170 and 39137. 
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expected from the control options analyzed (e.g., expressed as visibility improvement in 
delta deciview (Δdv) from CALPUFF air quality modeling). 

- Accordingly, as part of its five factor consideration the state has elected to 
generally employ criteria for NOx post-combustion control options to aid in the 
assessment and determinations for BART – a $/ton of NOx removed cap, and 
two minimum applicable Δdv improvement figures relating to CALPUFF modeling 
for certain emissions control types, as follows.For the highest-performing NOx 
post-combustion control options (i.e., SCR systems for electric generating units) 
that do not exceed $5,000/ton of pollutant reduced by the state‟s calculation, and 

which provide a modeled visibility benefit on 0.50 Δdv or greater at the primary 
Class I Area affected, that level of control is generally viewed as reasonable. 

- For lesser-performing NOx post-combustion control options (e.g., SNCR 
technologies for electric generating units) that do not exceed $5,000/ton of 
pollutant reduced by the state‟s calculation, and which provide a modeled 

visibility benefit of 0.20 Δdv or greater at the primary Class I Area affected, that 
level of control is generally viewed as reasonable. 

The foregoing criteria guide the state‟s general approach to these policy considerations.  
They are not binding, and the state is free to deviate from this guidance criteria based 
upon its consideration of BART on a case by case basis. 
The cost criteria presented above is generally viewed by the state as reasonable based 
on the state‟s extensive experience in evaluating industrial sources for emissions 
controls.  For example, the $5,000/ton criterion is consistent with Colorado‟s retrofit 
control decisions made in recent years for reciprocating internal combustion engines 
(RICE) most commonly used in the oil and gas industry.13  In that case, a $5,000/ton 
threshold, which was determined by the state Air Quality Control Commission as a not-
to-exceed control cost threshold, was deemed reasonable and cost effective for an 
initiative focused on reducing air emissions to protect and improve public health.14  The 
$5,000/ton criterion is also consistent and within the range of the state‟s implementation 
of reasonably achievable control technology (RACT), as well as best achievable control 
technology (BACT) with respect to new industrial facilities.  Control costs for Colorado 
RACT can be in the range of $5,000/ton (and lower), while control costs for Colorado 
BACT can be in the range of $5,000/ton (and higher). 
In addition, as it considers the pertinent factors for regional haze, the state believes that 
the costs of control should have a relationship to visibility improvement.  The highest-
performing post-combustion NOx controls, i.e., SCR, has the ability to provide 
significant NOx reductions, but also has initial capital dollar requirements that can 
                                                           
13 Air Quality Control Commission Regulation No. 7, 5 C.C.R. 1001-9, Sections XVII.E.3.a.(ii) (statewide 
RICE engines), and XVI.C.4 (8-Hour Ozone Control Area RICE engines). 
14 The RICE emissions control regulations were promulgated by the Colorado Air Quality Control 
Commission in order to: (i) reduce ozone precursor emissions from RICE to help keep rapidly growing 
rural areas in attainment with federal ozone standards; (ii) for reducing transport of ozone precursor 
emissions from RICE into the Denver Metro Area/North Front Range (DMA/NFR) nonattainment area; 
and, (iii) for the DMA/NFR nonattainment area, reducing precursor emissions from RICE directly tied to 
exceedance levels of ozone. 
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approach or exceed $100 million per unit.15  The lesser-performing post-combustion 
NOx controls, e.g., SNCR, reduce less NOx on a percentage basis, but also have 
substantially lower initial capital requirements, generally less than $10 million.16  The 
state finds that the significantly different capital investment required by the different 
types of control technologies is pertinent to its assessment and determination.  
Considering costs for the highest-performing add-on NOx controls (i.e., SCR), the state 
anticipates a direct level of visibility improvement contribution, generally 0.50 Δdv or 
greater of visibility improvement at the primary affected Class I Area.17  For the lesser-
performing add-on NOx controls (e.g., SNCR), the state anticipates a meaningful and 
discernible level of visibility improvement that contributes to broader visibility 
improvement, generally 0.20 Δdv or greater of visibility improvement at the primary 
affected Class I Area. 
Employing the foregoing guidance criteria for post-combustion NOx controls, as part of 
considering the five factors under the Regional Haze rule, promotes a robust evaluation 
of pertinent control options, including costs and an expectation of visibility benefit, to 
assist in determining what are appropriate control options for the Regional Haze rule. 

6.4.3.1  BART Determination for Cemex’s Lyons Cement Plant 

The Cemex facility manufactures Portland cement and is located in Lyons, Colorado, 
approximately 20 miles from Rocky Mountain National Park.  The Lyons plant was 
originally constructed with a long dry kiln.  This plant supplies approximately 25% of the 
clinker used in the regional cement market.  There are two BART eligible units at the 
facility: the dryer and the kiln. 
In 1980, the kiln was cut to one-half its original length, and a flash vessel was added 
with a single-stage preheater. The permitted kiln feed rate is 120 tons per hour of raw 
material (kiln feed), and on average yields approximately 62 tons of clinker per hour.  
The kiln is the main source of SO2 and NOx emissions.  The raw material dryer emits 
minor amounts of SO2 and NOx; in 2008 Cemex reported SO2 and NOx emissions 
from the dryer as 0.89 and 10.41 tons per year respectively based on stack test results.  
Due to the low emission rates from the dryer the BART review focuses on the kiln. 
Newer multistage preheater/precalciner kilns are designed to be more energy efficient 
and yield lower emissions per ton of clinker due to this when compared to the Cemex 

                                                           
15 See, e.g., Appendix C, reflecting Public Service of Colorado, Comanche Unit #2, $83MM;  Public 
Service of Colorado, Hayden Unit #2, $72MM; Tri-State Generation and Transmission, Craig Station Unit 
#1, $210MM. 
16 See, e.g., Appendix C, reflecting CENC (Tri-gen), Unit #4, $1.4MM;  Public Service Company of 
Colorado, Hayden Unit #2, $4.6MM;  Tri-State Generation and Transmission, Craig Station Unit #1, 
$13.1MM 
17 The EPA has determined that BART-eligible sources that affect visibility above 0.50 Δdv are not to be 
exempted from BART review, on the basis that above that level the source is individually contributing to 
visibility impairment at a Class I Area. 70 Fed. Reg. at 39161.  The state relied upon this threshold when 
determining which Colorado‟s BART eligible sources became subject to BART.  See, Air Quality Control 
Commission Regulation No. 3, Section III.B.1.b.  Thus, a visibility improvement of 0.50 Δdv or greater will 
also provide significant direct progress towards improving visibility in a Class I Area from that facility. 
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Lyons kiln.  The newer Portland cement plants studied by EPA, utilize multistage 
preheater/precalciner designs that are not directly comparable.  Cemex has a unique 
single stage preheater/precalciner system with different emission profiles and energy 
demands.  New Portland cement plants have further developed the 
preheater/precalciner design with multiple stages to reduce emissions and energy 
requirements for the process.  Additionally, new plant designs allow for the effective use 
of Selective Non-Catalytic Reduction (SNCR), which requires ammonia like compounds 
to be injected into appropriate locations of the preheater/precalciner vessels where 
temperatures are ideal (between 1600-2000ºF) for reducing NOx to elemental Nitrogen. 
Cemex submitted a BART analysis to the Division on August 1, 2006, with revisions 
submitted on August 28, 2006; January 15, 2007; October 2007 and August 29, 2008.  
In response to a Division request, Cemex submitted additional information on July 27 
and 28, 2010 
CALPUFF modeling provided by the source, using a maximum SO2 emission rate of 
123.4 lbs/hour for both the dryer and kiln combined indicates a 98th percentile visibility 
impact of 0.78 delta deciview (Δdv) at Rocky Mountain National Park.  The modeled 98th 
percentile visibility impact from the kiln is 0.76 Δdv.  Thus, the visibility impact of the 
dryer alone is the resultant difference which is 0.02 Δdv.  Because the dryer uses the 
cleanest fossil fuel available and post combustion controls on such extremely low 
concentrations are not practical, the state has determined that no meaningful emission 
reductions (and thus no meaningful visibility improvements) would occur pursuant to 
any conceivable controls on the dryer.  Accordingly, the state has determined that no 
additional emission control analysis of the dryer is necessary or appropriate since the 
total elimination of the emissions would not result in any meaningful visibility 
improvement which is a fundamental factor in the BART evaluation.  For the dryer, the 
BART SO2 emission limitation is 36.7 tpy and the BART NOx emission limitation is 13.9 
tpy, which are listed in the existing Cemex Title V permit. 

SO2 BART Determination for Cemex Lyons - Kiln 

Lime addition to kiln feed, fuel substitution (coal with tire derived fuel), dry sorbent 
injection (DSI), and wet lime scrubbing (WLS) were determined to be technically 
feasible for reducing SO2 emissions from Portland cement kilns. 

The following table lists the most feasible and effective options: 

Cemex Lyons -Kiln 

SO2 Control 
Technology 

Estimated 
Control 

Efficiency 

Annual Controlled 
Hourly SO2 

Emissions (lbs/hr) 

Annual 
Controlled SO2 
Emissions (tpy) 

Annual Controlled 
SO2 Emissions 

(lb/ton of Clinker) 
Baseline SO2 
Emissions  25.3 95.0 0.40 

Lime Addition to Kiln 
Feed 25% 18.9 71.3 0.30  

Fuel Substitution 
(coal with TDF) 

40% 15.2 57.0 0.24 
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Cemex Lyons -Kiln 

SO2 Control 
Technology 

Estimated 
Control 

Efficiency 

Annual Controlled 
Hourly SO2 

Emissions (lbs/hr) 

Annual 
Controlled SO2 
Emissions (tpy) 

Annual Controlled 
SO2 Emissions 

(lb/ton of Clinker) 
Dry Sorbent Injection 50% 12.6 47.5 0.20 

Wet Lime Scrubbing 
(Tailpipe scrubber) 

90% 2.5 9.5 0.04  

 
The energy and non-air quality impacts of the alternatives are as follows: 

 Lime addition to kiln feed and dry sorbent injection - there are no energy or non-
air quality impacts associated with these control options 

 Wet lime scrubbing - significant water usage, an additional fan of considerable 
horsepower to move the flue gas through the scrubber, potential increase in PM 
emissions and sulfuric acid mist 

 Tire-derived fuel – the community has expressed concerns regarding the 
potential for increased air toxics emissions, and opposed the use of tire derived 
fuel at this facility; a 2-year moratorium on use of permitted tire derived fuel was 
codified in a 2006 state enforcement matter for this facility.  See, Cemex Inc., 
Case No. 2005-049 (Dec. 2006) Para. 1b. 

There are no remaining useful life issues for the source, as the state has presumed that 
the source will remain in service for the 20-year amortization period.  Cemex‟s 
limestone quarry may have a shorter life-span, but the source has not committed to a 
closure date. 
The following table lists the SO2 emission reduction, annualized costs and the control 
cost effectiveness for the feasible controls: 

Cemex Lyons - Kiln 

SO2 Control Technology 

SO2 
Emission 
Reduction  

Annualized 
Cost 

Cost 
Effectiveness 

Incremental 
Cost 

Effectiveness 
(tons/yr) ($/yr) ($/ton) ($/ton) 

Baseline SO2 Emissions -    

Lime Addition to Kiln Feed 23.8 $3,640,178 $153,271  

Fuel Substitution 
(coal supplemented with TDF) 

38.0 $172,179 $4,531 $243,368 

Dry Sorbent Injection 47.5 Not 
provided -  

Wet Lime Scrubbing  (Tailpipe 
scrubber) 85.5 $2,529,018 $29,579 $49,618 

 
  

Exhibit PAC/2605 
Ralston/55



 

Colorado Visibility and Regional Haze State Implementation Plan for 12 Mandatory Class I Federal Areas 
Colorado Dept. of Public Health and Environment, Air Pollution Control Division 
Approved January 7, 2011 

56 

The following table lists the projected visibility improvements for SO2 controls: 

Cemex Lyons - Kiln 

SO2 Control Method  98th Percentile 
Impact (Δdv) 

98th Percentile 
Improvement (Δdv) 

Maximum (24-hr max) 0.760  
Baseline (95 tpy)* 0.731 - 
Lime Addition to Kiln Feed (71.3 tpy)* 0.727 0.033 
Fuel Substitution (57 tpy)* 0.725 0.034 
Dry Sorbent Injection (47.5 tpy)* 0.725 0.036 
Wet Lime Scrubbing (9.5 tpy)* 0.720 0.040 

* Visibility impacts rescaled from original BART modeling 

 
For the kiln, based upon its consideration and weighing of the five factors, the state has 
determined that no additional SO2 emissions control is warranted as the added 
expense of these controls were determined to not be reasonable for the small 
incremental visibility improvement of less than 0.04 deciviews.  However, the use of low 
sulfur coal and the inherent control resulting from the Portland cement process provides 
sufficient basis to establish annual BART SO2 emission limits for the kiln of: 
 25.3 lbs/hour and 
 95.0 tons of SO2 per year 
No additional controls are warranted because 80% of the sulfur is captured in the 
clinker, making the inherent control of the process the SO2 control.  Additional SO2 
scrubbing is also provided by the limestone coating in the baghouse as the exhaust gas 
passes through the baghouse filter surface. 

SO2 BART Determination for Cemex Lyons - Dryer 

For the dryer, the state has determined that since the total elimination of the emissions 
would not result in any meaningful visibility improvement (less than 0.02 deciview), the 
SO2 BART requirement is 36.7 tpy, which is taken from the existing Title V permit. 

Particulate Matter BART Determination for Cemex Lyons - Kiln and Dryer 

The state has determined that the existing fabric filter baghouses and the existing 
regulatory emissions limits of 0.275 lb/ton of dry feed and 20% opacity for the kiln and 
10% opacity for the dryer represent the most stringent control option.  The kiln and dryer 
baghouses exceed a PM control efficiency of 95%, and the emission limits are BART for 
PM/PM10.  The state assumes that the BART emission limits can be achieved through 
the operation of the existing fabric filter baghouse. 

NOx BART Determination for Cemex Lyons - Kiln 

Water injection, firing coal supplemented with tire-derived fuel (TDF), indirect firing with 
low NOx burners, and selective non-catalytic reduction (SNCR) were determined to be 
technically feasible and appropriate for reducing NOx emissions from Portland cement 
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kilns.  As further discussed in Appendix C, the state has determined that SCR is not 
commercially available for Portland cement kilns.  Presently, SCR has not been applied 
to a cement plant of any type in the United States.  Cemex notes that the major SCR 
vendors have indicated that SCR is not commercially available for cement kilns at this 
time.  The state does not believe that a limited use - trial basis application of an SCR 
control technology on three modern kilns in Europe, constitutes “available” control 
technology for purposes of BART.  The state believes that commercial demonstration of 
SCR controls on a cement plant in the United States is appropriate when considering 
whether a control technology is “available” for purposes of retrofitting such control 
technology on an existing source.  Accordingly, the state has eliminated SCR as an 
available control technology for purposes of BART.  Moreover, as further discussed in 
Appendix C, if SCR were considered commercially available, it is not technically feasible 
for the Lyons facility due to the unique design of the kiln. 

The following table lists the most feasible and effective options: 

Cemex Lyons - Kiln 

NOx Control Technology 
Estimated 

Control 
Efficiency 

Annual Controlled 
Hourly NOx 

Emissions (lbs/hr) 

Annual 
Controlled NOx 
Emissions (tpy) 

Annual Controlled 
NOx Emissions 

(lb/ton of Clinker) 
Baseline NOx Emissions       - 464.3 1,747.1 7.39 
Water Injection  7.0% 431.8 1,624.8 6.87 
Coal w/TDF 10.0% 417.8 1,572.3 6.65 
Indirect Firing with LNB 20.0% 371.4 1,397.6 5.91 
SNCR (30-day rolling) 45.0% 255.3 960.9 4.06 
SNCR (12-month rolling) 48.4% 239.4 901.0 3.81 
SNCR w/LNB 55% 208.9 786.2 3.33 
 
The energy and non-air quality impacts of the alternatives are as follows: 

 Low-NOx burners - there are no energy or non-air quality impacts  
 Water injection - significant water usage 
 Tire-derived fuel – the community has expressed concerns regarding the 

potential for increased air toxics emissions, and opposed the use of tire derived 
fuel at this facility; a 2-year moratorium on use of permitted tire derived fuel was 
codified in a 2006 state enforcement matter for this facility.  See, Cemex Inc., 
Case No. 2005-049 (Dec. 2006) Para. 1b. 

 SNCR - none 
There are no remaining useful life issues for the alternatives as the state has presumed 
that the source will remain in service for the 20-year amortization period.  Cemex‟s 
limestone quarry may have a shorter life-span, but the source has not committed to a 
closure date. 
The following table lists the emission reductions, annualized costs and the control cost 
effectiveness for the feasible controls: 
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Cemex Lyons - Kiln 

NOx Control Technology 
NOx Emission 

Reduction 
Annualized 

Cost 
Cost 

Effectiveness 

Incremental 
Cost 

Effectiveness 
(tons/yr) ($/yr) ($/ton) ($/ton) 

Baseline NOx Emissions -    
Water Injection  122.3 $43,598 $356 - 
Coal w/TDF 174.7 $172,179 $986 $2,453 
Indirect Firing with LNB 349.4 $710,750 $2,034 $3,083 
SNCR (45.0% control) 786.2 $1,636,636 $2,082 $2,120 
SNCR (48.4% control) 846.1 $1,636,636 $1,934 $1,864 
SNCR w/LNB (55.0% control 
w/uncertainty) 960.9 $1,686,395 $1,755 $434 

 
The following table lists the projected visibility improvements for NOx controls for the 
kiln: 

Control Method 
98th 

Percentile 
Impact 

98th Percentile 
Improvement 

(from 24-hr Max) 
 (Δdv) (Δdv) 
24-hr Maximum (≈ 656.9 lbs/hr)) 0.760  
Revised Baseline ( ≈ 464.3 lbs/hr)* 0.572 0.188 
Original Baseline (≈ 446.8 lbs/hr)* 0.555 0.205 
Water Injection (≈ 431.8 lbs/hr)* 0.540 0.220 
Firing TDF (≈417.9 lbs/hr)* 0.526 0.234 
Indirect Firing with LNB (≈ 371.4 lbs/hr)* 0.481 0.279 
Original BART Limit – SNCR (≈ 268.0 lbs/hr) 0.380 0.380 
Proposed BART Limit (30-day) – SNCR (≈ 255.3 lbs/hr)** 0.368 0.392 
Proposed BART Limit (annual) – SNCR (≈ 239.0 lbs/hr)** 0.352 0.408 
SNCR w/LNB (≈208.9 lbs/hr)** 0.322 0.438 
 
The Cemex – Lyons facility is a unique kiln system most accurately described as a 
modified long dry kiln, the characteristics of a modified long dry kiln system are not 
similar to either a long wet kiln or a multi stage preheater/precalciner kiln.  The 
temperature profile in a long dry kiln system (>1500oF) is significantly higher at the exit 
than a more typical preheater precalciner kiln (650oF).  This is a significant distinction 
that limits the location and residence time available for an effective NOx control system.  
The combination of SNCR with LNB has an uncertain level of control due to unique 
nature of the Lyons kiln.  Furthermore, the associated incremental reduction in NOx 
emissions associated with SNCR in combination with LNB would afford only a minimal 
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or negligible visibility improvement (less than 0.03 delta deciview).  Therefore, the 
Division believes that SNCR is the best NOx control system available for this kiln. 
For the kiln, because of the unique characteristics of the Cemex facility, the state has 
determined that the BART emission limits for NOx are: 

255.3 pounds per hour (30-day rolling average) and 
901.0 tons per year (12-month rolling average) 

The emissions rate and the control efficiency reflect the best performance from the 
control options evaluated.  This BART determination affords the most NOx reduction 
from the kiln (846.1 tpy) and contributes significant visibility improvement (0.38 Δdv).  
The determination affirms a prior Air Quality Control Commission BART determination 
for SNCR for this facility (2008).  The state assumes that the BART emission limits can 
be achieved through the installation and operation of SNCR. 

NOx BART Determination for Cemex Lyons - Dryer 

For the dryer, the state has determined that since the total elimination of the emissions 
would not result in any meaningful visibility improvement (less than 0.02 deciview), the 
NOx BART requirement is 13.9 tpy, which is taken from the existing Title V permit. 
A complete analysis that further supports the BART determination for the Cemex Lyons 
facility can be found in Appendix C. 

6.4.3.2   BART Determination for Colorado Energy Nations Company (CENC) 

This facility is located adjacent to the Coors brewery in Golden, Jefferson County.  
Boilers 4 and 5 are considered BART-eligible, being industrial boilers with the potential 
to emit 250 tons or more of haze forming pollution (NOx, SO2, PM10), and having 
commenced operation in the 15-year period prior to August 7, 1977.  Initial air 
dispersion modeling performed by the Division demonstrated that the CENC facility 
contributes to visibility impairment (a 98th percentile impact equal to or greater than 0.5 
deciviews) and is therefore subject to BART.  Trigen (now CENC) submitted a BART 
Analysis to the Division on July 31, 2006.  CENC also provided information in its “NOx 
Technical Feasibility and Emission Control Costs for Colorado Energy Nations, Golden, 
Colorado” Submittal provided on November 16, 2009, as well as additional information 
upon the Division‟s request on February 8, 2010, and May 7, 2010. 

The CENC facility includes two coal-fired boilers that supply steam and electrical power 
to Coors Brewery.  The boilers are rated as follows: Unit 4 at 360 MMBtu/hr and Unit 5 
at 650 MMBtu/hr.  These are approximately equivalent to 35 and 65 MW power plant 
boilers, based on the design heat rates. 

SO2 BART Determination for CENC - Boilers 4 and 5 
Dry sorbent injection (DSI) and SO2 emission management were determined to be 
technically feasible for reducing SO2 emissions from Boilers 4 and 5.  These options 
were considered as potentially BART by the Division.  Lime or limestone-based wet 
FGD is technically feasible, but was determined to not be reasonable due to adverse 
non-air quality impacts.  Dry FGD controls were determined to be not technically 
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feasible.  SO2 emissions management uses a variety of options to reduce SO2 
emissions: dispatch natural gas-fired capacity, reduce total system load, and/or recue 
coal firing rate to maintain a new peak SO2 limit. 
The following tables list the emission reductions, annualized costs and cost 
effectiveness of the control alternatives: 

CENC Boiler 4 - SO2 Cost Comparison 

Alternative Emissions 
Reduction (tpy) 

Annualized Cost 
($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
SO2 Emissions Management 1.0 $44,299 $43,690 
DSI – Trona 468.0 $1,766,000 $3,774 
 

CENC Boiler 5 - SO2 Cost Comparison 

Alternative Emissions 
Reduction (tpy) 

Annualized Cost 
($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
SO2 Emissions Management 0.8 $65,882 $78,095 
DSI – Trona 844.0 $2,094,000 $2,482 
 
The energy and non-air quality impacts of the remaining alternative are as follows: 

 DSI - reduced mercury capture in the baghouse, and fly ash contamination with 
sodium sulfate, rendering the ash unsalable as a replacement for concrete and 
rendering it landfill material only. 

There are no remaining useful life issues for the alternatives as the sources will remain 
in service for the 20-year amortization period. 
The projected visibility improvements attributed to DSI are as follows:  

SO2 Control Method 

CENC - Boiler 4 CENC - Boiler 5 
SO2  Emission 

Rate 
(lb/MMBtu) 

98th 
Percentile 

Impact (Δdv) 

SO2  Emission 
Rate 

(lb/MMBtu) 

98th 
Percentile 

Impact (Δdv) 
Daily Maximum (3-yr) 0.90  0.98  
DSI – Trona (annual 
avg.) 

0.26 0.08 0.29 0.13 

 
SO2 emissions management was eliminated from consideration due to the high 
cost/effectiveness ratios and anticipated small degree of visibility improvement that 
would result from one tpy or less of SO2 reduction. 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix C, the state has determined that SO2 BART is the following SO2 emission 
rates: 

Exhibit PAC/2605 
Ralston/60



 

Colorado Visibility and Regional Haze State Implementation Plan for 12 Mandatory Class I Federal Areas 
Colorado Dept. of Public Health and Environment, Air Pollution Control Division 
Approved January 7, 2011 

61 

CENC Boiler 4: 1.0 lb/MMBtu (30-day rolling average) 
CENC Boiler 5: 1.0 lb/MMBtu (30-day rolling average) 

The state assumes that the BART emission limits can be achieved without additional 
control technology.  Although dry sorbent injection does achieve better emissions 
reductions, the added expense of DSI controls were determined to not be reasonable 
coupled with the low visibility improvement afforded. 

Particulate Matter BART Determination for CENC - Boilers 4 and 5 

The Division has determined that for Boilers 4 and 5, an emission limit of 0.07 lb/MMBtu 
(PM/PM10) represents the most stringent control option.  The units are exceeding a PM 
control efficiency of 95%, and the control technology and emission limits are BART for 
PM/PM10.  The state assumes that the BART emission limit can be achieved through 
the operation of the existing fabric filter baghouses. 

NOx BART Determination for CENC - Boilers 4 and 5 

Low NOx burners (LNB), LNB plus separated overfire air (SOFA), selective non-
catalytic reduction (SNCR), SNCR plus LNB plus SOFA, and selective catalytic 
reduction (SCR) were determined to be technically feasible for reducing NOx emissions 
at CENC Boilers 4 and 5. 
The following tables list the emission reductions, annualized costs and cost 
effectiveness of the control alternatives. 

CENC Boiler 4 - NOx Cost Comparisons 

Alternative Emissions 
Reduction (tpy) 

Annualized Cost 
($) 

Cost Effectiveness 
($/ton) 

Baseline 0 0 $0 
LNB 59.9 $193,433 $3,227 
SNCR 179.8 $694,046 $3,860 
LNB+SOFA 209.8 $678,305 $3,234 
LNB+SOFA + SNCR 368.0 $1,372,351 $3,729 
SCR 515.4 $4,201,038 $8,150 

 
CENC Boiler 5 - NOx Cost Comparisons 

Alternative Emissions 
Reduction (tpy) 

Annualized Cost 
($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
LNB 48.4 $249,858 $5,166 
LNB+SOFA 127.3 $815,829 $6,383 
SNCR 207.3 $923,996 $4,458 
LNB+SOFA + SNCR 353.7 $1,739,825 $4,918 
SCR 550.0 $6,469,610 $11,764 
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The energy and non-air quality impacts of the alternatives are as follows: 

 LNB – not significant 
 LNB + SOFA – may increase unburned carbon in the ash, commonly referred to 

as loss on ignition 
 SNCR – increased power needs, potential for ammonia slip, potential for visible 

emissions, hazardous materials storage and handling 
There are no remaining useful life issues for the alternatives as the sources will remain 
in service for the 20-year amortization period. 
The projected visibility improvements attributed to the alternatives are as follows: 

NOx Control Method 

CENC - Boiler 4 CENC - Boiler 5 
NOx  Emission 

Rate 
(lb/MMBtu) 

98th 
Percentile 

Impact (Δdv) 

NOx l Emission 
Rate 

(lb/MMBtu) 

98th 
Percentile 

Impact (Δdv) 
Daily Maximum (3-yr) 0.67  0.66  
LNB (annual avg.) 0.45 0.05 0.30 0.17 
SNCR (annual avg.) 0.35 0.07 0.24 0.21 
LNB + SOFA (annual 
avg.) 

0.32 0.08 0.24 0.21 

LNB + SOFA + SNCR 
(annual avg.) 

0.19 0.12 0.17 0.26 

SCR 0.07 0.18 0.07 0.31 
 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix C, the state has determined that NOx BART for Boiler 4 is the following NOx 
emission rates: 

CENC Boiler 4: 0.37 lb/MMBtu (30-day rolling average) 
Or 
0.26 lb/MMBtu Boiler 4 and Boiler 5 combined average (30-day 
rolling average) 

The state assumes that the BART emission limits can be achieved through the 
installation and operation of low NOx burners with separated over-fire air. 
Although the other alternatives achieve better emissions reductions, achieving lower 
limits through different controls was determined to not be reasonable based on the high 
cost/effectiveness ratios coupled with the low visibility improvement afforded. 
EPA Region 8 notes to the state that a number of control cost studies, such as that by 
NESCAUM (2005), indicate that costs for SNCR or SCR could be lower than the costs 
estimated by the Division in the above BART determination.  However, assuming such 
lower costs were relevant to this source, use of such lower costs would not change the 
state's BART determination because the degree of visibility improvement achieved by 
SNCR or SCR is below the state's guidance criteria of 0.2 dv and 0.5 dv, respectively.  
Moreover, the incremental visibility improvement associated with SNCR or SCR is not 
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substantial when compared to the visibility improvement achieved by the selected limits 
(i.e., 0.04 dv for SNCR and 0.10 dv for SCR).  Thus, it is not warranted to select 
emission limits associated with either SNCR or SCR for CENC Unit 4. 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix C, the state has determined that NOx BART for Boiler 5 is the following NOx 
emission rates: 

CENC Boiler 5: 0.19 lb/MMBtu (30-day rolling average) 
   Or 

0.26 lb/MMBtu Boiler 4 and 5 combined average (30-day rolling 
average) 

The state assumes that the BART emission limits can be achieved through the 
installation and operation of low NOx burners with separated over-fire air and selective 
non-catalytic reduction. 
 
For the emission limits above, the cost per ton of emissions removed, coupled with the 
estimated visibility improvements gained, falls within the guidance criteria discussed 
above in section 6.4.3. 

 Boiler 5:  $4,918 per ton NOx removed;  0.26 deciview of improvement 
The dollars per ton control cost, coupled with notable visibility improvements, leads the 
state to this determination.  Though SCR achieves better emissions reductions, 
achieving lower limits through SCR was determined to not fall into the guidance cost 
and visibility improvement criteria discussed in section 6.4.3. 
EPA Region 8 notes to the state that a number of control cost studies, such as that by 
NESCAUM (2005), indicate that costs for SCR could be lower than the costs estimated 
by the Division in the above BART determination.  However, assuming such lower costs 
were relevant to this source, use of such lower costs would not change the state's 
BART determination because the degree of visibility improvement achieved by SCR is 
below the state's guidance criteria of 0.5 dv.  Moreover, the incremental visibility 
improvement associated with SCR is not substantial when compared to the visibility 
improvement achieved by the selected limits (i.e., 0.05 dv).  Thus, it is not warranted to 
select emission limits associated SCR for CENC Unit 5. 
A complete analysis that supports the BART determination for the CENC facility can be 
found in Appendix C. 
6.4.3.3  BART Determination for Public Service Company Comanche Units 1 and 2 

Comanche Units 1 and 2 are considered BART-eligible, being fossil-fuel steam electric 
plants of more than 250 MMBtu/hr heat input with the potential to emit 250 tons or more 
of haze forming pollution (NOx, SO2, PM10), and having commenced operation in the 15-
year period prior to August 7, 1977.  These boilers also cause or contribute to visibility 
impairment at a federal Class I area at or above a 0.5 deciview change; consequently, 
both boilers are subject-to-BART.  PSCo submitted a BART analysis to the Division on 
September 14, 2006 with revisions submitted on November 1, 2006 and January 8, 

Exhibit PAC/2605 
Ralston/63



 

Colorado Visibility and Regional Haze State Implementation Plan for 12 Mandatory Class I Federal Areas 
Colorado Dept. of Public Health and Environment, Air Pollution Control Division 
Approved January 7, 2011 

64 

2007.  In response to a Division request, PSCo submitted additional information on May 
25, and July 14, 2010. 

SO2 BART Determination for Comanche - Units 1 and 2 

Semi-Dry FGD Upgrades – As discussed in EPA‟s BART Guidelines, electric generating 
units (EGUs) with existing controls achieving removal efficiencies of greater than 50 
percent do not need to be evaluated for potential removal of controls and replacement 
with new controls.  Therefore, the following dry scrubber upgrades should be 
considered for Comanche Units 1 and 2, if technically feasible. 

 Use of performance additives - The supplier of Comanche‟s dry scrubbing 
equipment does not recommend the use of any performance additive.  PSCo is 
aware of some additive trials, using a chlorine-based chemical, for dry scrubbers.  
Because low-sulfur coal is used at Comanche, the use of performance additives 
on the scrubbers would not be expected to increase the SO2 removal. 

 Use of more reactive sorbent - PSCo is using a highly reactive lime with 92% 
calcium oxide content reagent that maximizes SO2 removal.  The only other 
common reagent option for a dry scrubber is sodium-based products which are 
more reactive than freshly hydrated lime.  Sodium has a major side effect of 
converting some of the NOx in the flue gas into NO2.  Since NO2 is a visible gas, 
large coal-fired units can generate a visible brown/orange plume at high SO2 
removal rates, such as those experienced at Comanche.  There are no known 
acceptable reagents without this side effect that would allow additional SO2 
removal in the dry scrubbing systems present at the Comanche Station. 

 Increase the pulverization level of sorbent – PSCo uses the best available 
grinding technologies, and other pulverization techniques have not been proven 
more effective. 

 Engineering redesign of atomizer or slurry injection system - The supplier offers 
no upgrade in atomizer design to improve SO2 removal at Comanche.  PSCo 
asserts and the state agrees that a third scrubber module on Comanche Units 1 
and 2 is not feasible due to the current layout of the ductwork and space 
constraints around the scrubbers. 

 Additional equipment and maintenance - Comanche Units 1 and 2 are already 
achieving 30-day average emission rates of 0.12 lbs/MMBtu, 30-day rolling 
average, and 0.10 lbs/MMBtu, 12-month average for the two units combined, as 
adopted in 2007 by the Commission.  It is not technically feasible to install an 
extra scrubber module at the site; therefore no additional equipment or 
maintenance will decrease SO2 emissions or achieve a lower limit. 

Consequently, further capital upgrades to the current high performing SO2 removal 
system were deemed technically infeasible, and a lower emissions limit is not 
achievable. 
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The projected visibility improvements attributed to the alternatives are as follows:  

SO2 Control Method 

Comanche – Unit 1 Comanche – Unit 2 
SO2  Emission 

Rate 
(lb/MMBtu) 

98th 
Percentile 

Impact (Δdv) 

SO2  Emission 
Rate 

(lb/MMBtu) 

98th 
Percentile 

Impact (Δdv) 
Daily Maximum (3-yr) 0.75  0.74  
Semi-Dry FGD (LSD) 
(annual avg.) 

0.12 0.35 0.12 0.33 

Semi-Dry FGD (LSD) 
(annual avg.) 

0.08 0.37 0.08 0.36 

 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix C, the state has determined that the following existing SO2 emission rates are 
BART: 

Comanche Unit 1: 0.12 lb/MMBtu (30-day rolling average) 
    0.10 lb/MMBtu (combined annual average for units 1 & 2) 
Comanche Unit 2: 0.12 lb/MMBtu (30-day rolling average) 

0.10 lb/MMBtu (combined annual average for units 1 & 2) 
The state assumes that the BART emission limits can be achieved through the 
operation of existing lime spray dryers (LSD).  A 30-day rolling SO2 limit of 0.12 
lbs/MMBtu represents an appropriate level of emissions control associated with semi-
dry FGD control technology.  A complete analysis that supports the BART determination 
for the Comanche facility can be found in Appendix C. 

Particulate Matter BART Determination for Comanche - Units 1 and 2 

Based on recent BACT determinations, the state has determined that the existing Unit 1 
and 2 emission limit of 0.03 lb/MMBtu (PM/PM10) represents the most stringent level of 
available control for PM/PM10.  The units are exceeding a PM control efficiency of 95%, 
and the state has selected this emission limit for PM/PM10 as BART.  The state 
assumes that the BART emission limit can be achieved through the operation of the 
existing fabric filter baghouses. 

NOx BART Determination for Comanche - Units 1 and 2 

SNCR and SCR were determined to be technically feasible for reducing NOx emissions 
at Comanche Unit 1, and only SCR was determined feasible at Unit 2. 
The following tables list the emission reductions, annualized costs and cost 
effectiveness of the control alternatives: 
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Comanche Unit 1 - NOx Cost Comparisons 

Alternative Emissions Reduction 
(tpy) 

Annualized Cost 
($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
SNCR 445.6 $1,624,100 $3,644 
SCR 770.4 $12,265,014 $15,290 

 
Comanche Unit 2 - NOx Cost Comparisons 

Alternative Emissions Reduction 
(tpy) 

Annualized Cost 
($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
SCR 1,480 $14,650,885 $9,900 

 
The energy and non-air quality impacts of the alternatives are as follows: 

 SNCR and SCR – increased power needs, potential for ammonia slip, potential for 
visible emissions, hazardous materials storage and handling 

There are no remaining useful life issues for the alternatives as the sources will remain 
in service for the 20-year amortization period. 
The projected visibility improvements attributed to the alternatives are as follows: 

NOx Control Method 

Comanche – Unit 1 Comanche – Unit 2 
NOx  Emission 

Rate 
(lb/MMBtu) 

98th 
Percentile 

Impact (Δdv) 

NOx  Emission 
Rate 

(lb/MMBtu) 

98th 
Percentile 

Impact (Δdv) 
Daily Maximum (1-yr) 
using new LNBs 0.20  0.20  

SNCR (annual avg.) 0.10 0.11 Not Feasible – 
SCR (annual avg.) 0.07 0.14 0.07 0.17 

 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix C, the state has determined that NOx BART is the following existing NOx 
emission rates: 

Comanche Unit 1: 0.20 lb/MMBtu (30-day rolling average) 
    0.15 lb/MMBtu (combined annual average for units 1 & 2) 
Comanche Unit 2: 0.20 lb/MMBtu (30-day rolling average) 

0.15 lb/MMBtu (combined annual average for units 1 & 2) 
The state assumes that the BART emission limits can be achieved through the 
operation of existing low NOx burners.  Although the other alternatives achieve better 
emissions reductions, the added expense of achieving lower limits through different 
controls were determined to not be reasonable based on the high cost/effectiveness 
ratios coupled with the low visibility improvement (under 0.2 delta deciview) afforded. 
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EPA Region 8 notes to the state that a number of control cost studies, such as that by 
NESCAUM (2005), indicate that costs for SNCR or SCR could be lower than the costs 
estimated by the Division in the above BART determination.  However, assuming such 
lower costs were relevant to this source, use of such lower costs would not change the 
State's BART determination because the degree of visibility improvement achieved by 
SNCR or SCR is below the state's guidance criteria of 0.2 dv and 0.5 dv, respectively.  
Moreover, the incremental visibility improvement associated with SNCR or SCR is not 
substantial when compared to the visibility improvement achieved by the selected limits 
(i.e., 0.10 dv for SNCR and 0.13 dv for SCR for Unit 1, and 0.17 dv for SCR for Unit 2).  
SNCR was found not to be technically feasible for Comanche Unit 2.  Thus, it is not 
warranted to select emission limits associated with either SNCR or SCR for Comanche 
Units 1 and 2. 
A complete analysis that supports the BART determination for PSCo‟s Comanche Units 
1 and 2 can be found in Appendix C. 

6.4.3.4  BART Determination for Tri-State Generation and Transmission 
Association’s Craig Facility 

Craig Units 1 and 2 are BART-eligible, being fossil-fuel steam electric plants of more 
than 250 MMBtu/hr heat input with the potential to emit 250 tons or more of haze 
forming pollution (NOx, SO2, PM10), and having commenced operation in the 15-year 
period prior to August 7, 1977.  These boilers also cause or contribute to visibility 
impairment at a federal Class I area at or above a 0.5 deciview change.  Tri-State 
submitted a BART Analysis to the Division on July 31, 2006 with revisions, updates, 
and/or comments submitted on October 25, 2007, December 31, 2009, May 14, 2010, 
June 4, 2010 and July 30, 2010. 

SO2 BART Determination for Craig - Units 1 and 2 

Wet FGD Upgrades – As discussed in EPA‟s BART Guidelines, electric generating units 
(EGUs) with existing controls achieving removal efficiencies of greater than 50 percent 
do not need to be evaluated for potential removal of controls and replacement with new 
controls.  Therefore, the following wet scrubber upgrades were considered for Craig 
Units 1 and 2, if technically feasible. 

 Elimination of bypass reheat: The FGD system bypass was redesigned to eliminate 
bypass of the FGD system except for boiler safety situations in 2003-2004. 

 Installation of liquid distribution rings: TriState determined that installation of 
perforated trays, described below, accomplished the same objective. 

 Installation of perforated trays: Upgrades during 2003-2004 included installation of a 
perforated plate tray in each scrubber module. 

 Use of organic acid additives: Organic acid additives were considered but not 
selected for the following reasons: 
1. Dibasic Acid (DBA) has not been tested at the very low inlet SO2 concentrations 

seen at Craig Units 1 and 2. 
2. DBA could cause changes in sulfite oxidation with impacts on SO2 removal and 

solids settling and dewatering characteristics. 
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3. Installation of the perforated plate tray accomplished the same objective of 
increased SO2 removal. 

 Improve or upgrade scrubber auxiliary equipment: 2003-2004 upgrades included 
installation of the following upgrades on limestone processing and scrubber modules 
on Craig 1 and 2: 
1. Two vertical ball mills were installed for additional limestone processing capability 

for increased SO2 removal.  The two grinding circuit trains were redesigned to 
position the existing horizontal ball mills and the vertical ball mills in series to 
accommodate the increased quantity of limestone required for increased removal 
rates.  The two mills in series also were designed to maintain the fine particle 
size (95% <325 mesh or 44 microns) required for high SO2 removal rates. 

2. Forced oxidation within the SO2 removal system was thought necessary to 
accommodate increased removal rates and maintain the dewatering 
characteristics of the limestone slurry.  Operation, performance, and 
maintenance of the gypsum dewatering equipment are more reliable with 
consistent slurry oxidation. 

3. A ventilation system was installed for each reaction tank. 
4. A new mist eliminator wash system was installed due to the increased gas flow 

through the absorbers since flue gas bypass was eliminated, which increased 
demand on the mist eliminator system.  A complete redesign and replacement of 
the mist eliminator system including new pads and wash system improved the 
reliability of the individual modules by minimizing down time for washing deposits 
out of the pads. 

5. Tri-State installed new module outlet isolation damper blades.  The new blades, 
made of a corrosion-resistant nickel alloy, allow for safer entry into the non-
operating module for maintenance activities. 

6. Various dewatering upgrades were completed.  Dewatering the gypsum slurry 
waste is done to minimize the water content in waste solids prior to placements 
of the solids in reclamation areas at the Trapper Mine.  The gypsum solids are 
mixed or layered with ash and used for fill during mine reclamation at Trapper 
Mine.  The installed system was designed for the increased capacity required for 
increased SO2 removal.  New hydrocyclones and vacuum drums were installed 
as well as a new conveyor and stack out system for solid waste disposal. 

7. Instrumentation and controls were modified to support all of the new equipment. 
 Redesign spray header or nozzle configuration: The slurry spray distribution was 

modified during 2003-2004.  The modified slurry spray distribution system improved 
slurry spray characteristics and was designed to minimize pluggage in the piping. 

Therefore, there are no technically feasible upgrade options for Craig Station Units 1 
and 2.  However, the state evaluated the option of tightening the emission limit for Craig 
Units 1 and 2 through the five-factor analysis and determined that a more stringent 30-
day rolling SO2 limit of 0.11 lbs/MMBtu represents an appropriate level of emissions 
control for this wet FGD control technology based on current emissions and operations.  
The tighter emission limits are achievable without additional capital investment.  An SO2 
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limit lower than 0.11 lbs/MMBtu would likely require additional capital expenditure and is 
not reasonable for the small incremental visibility improvement of 0.02 deciview. 
The projected visibility improvements attributed to the alternatives are as follows: 

SO2 Control Method 

Craig – Unit 1 Craig – Unit 2 
SO2 Annual 

Emission Rate 
(lb/MMBtu) 

98th 
Percentile 

Impact (Δdv) 

SO2 Annual 
Emission Rate 

(lb/MMBtu) 

98th 
Percentile 

Impact (Δdv) 
Daily Maximum (3-yr) 0.17  0.16  
Wet FGD 0.11 0.03 0.11 0.03 
Wet FGD 0.07 0.05 0.07 0.05 

 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix C, the state has determined that SO2 BART is the following SO2 emission 
rates: 

Craig Unit 1: 0.11 lb/MMBtu (30-day rolling average) 
Craig Unit 2: 0.11 lb/MMBtu (30-day rolling average) 

The state assumes that the BART emission limits can be achieved through the 
operation of existing lime spray dryers (LSD).  The 30-day rolling SO2 limit of 0.11 
lbs/MMBtu represents an appropriate level of emissions control associated with semi-
dry FGD control technology. 

Particulate Matter BART Determination for Craig - Units 1 and 2 

The Division has determined that the existing Unit 1 and 2 emission limit of 0.03 
lb/MMBtu (PM/PM10) represents the most stringent control option.  The units are 
exceeding a PM control efficiency of 95%, and the control technology and emission 
limits are BART for PM/PM10.  The state assumes that the BART emission limit can be 
achieved through the operation of the existing pulse jet fabric filter baghouses. 

NOx BART Determination for Craig - Units 1 and 2 

Potential modifications to the ULNBs, neural network systems, selective non-catalytic 
reduction (SNCR), and selective catalytic reduction (SCR) were determined to be 
technically feasible for reducing NOx emissions at Craig Units 1 and 2. 
The following tables list the emission reductions, annualized costs and cost 
effectiveness of the control alternatives: 

Craig Unit 1 - NOx Cost Comparisons 

Alternative Emissions Reduction 
(tpy) 

Annualized Cost 
($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
SNCR 779 $3,797,000 $4,877 
SCR 3,855 $25,036,709 $6,445 
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Craig Unit 2 - NOx Cost Comparisons 

Alternative Emissions Reduction 
(tpy) 

Annualized Cost 
($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
SNCR 806 $3,797,000 $4,712 
SCR 3,975 $25,036,709 $6,299 

 
The energy and non-air quality impacts of SNCR are increased power needs, potential 
for ammonia slip, potential for visible emissions, and hazardous materials storage and 
handling. 
There are no remaining useful life issues for the alternatives as the sources will remain 
in service for the 20-year amortization period. 
The projected visibility improvements attributed to the alternatives are as follows: 

NOx Control Method 

Craig – Unit 1 Craig – Unit 2 
NOx Annual 

Emission Rate 
(lb/MMBtu) 

98th 
Percentile 

Impact (Δdv) 

NOx Annual 
Emission Rate 

(lb/MMBtu) 

98th 
Percentile 

Impact (Δdv) 
Daily Maximum (3-yr) 0.35  0.35  
SNCR 0.24 0.31 0.23 0.31 
SCR 0.07 1.01 0.07 0.98 

 
While potential modifications to the ULNB burners and a neural network system were 
also found to be technically feasible, these options did not provide the same level of 
reductions as SNCR or SCR, which are included within the ultimate BART Alternative 
determination for Units 1 and 2.  Therefore, these options were not further considered in 
the technical analysis. 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix C, the state has determined that NOx BART is the following NOx emission 
rates: 

Craig Unit 1: 0.27 lb/MMBtu (30-day rolling average) 
Craig Unit 2: 0.27 lb/MMBtu (30-day rolling average) 

The state assumes that the BART emission limits can be achieved through the 
operation of SNCR.  For the BART emission limits at Units 1 and 2, the cost per ton of 
emissions removed, coupled with the estimated visibility improvements gained, falls 
within the guidance criteria presented above. 

 Unit 1: $4,877 per ton NOx removed; 0.31 deciview of improvement 
 Unit 2: $4,712 per ton NOx removed; 0.31 deciview of improvement 

The dollars per ton control costs, coupled with notable visibility improvements, leads the 
state to this determination.  To the extent practicable, any technological application Tri-
State utilizes to achieve these BART emission limits shall be installed, maintained, and 
operated in a manner consistent with good air pollution control practices for minimizing 
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emissions.  Although emission limits associated with SCR achieve better emissions 
reductions, the cost-effectiveness of SCR for this BART determination was determined 
to be excessive and above the cost guidance criteria presented above.  The state 
reached this conclusion after considering the associated visibility improvement 
information and after considering the SCR cost information in the SIP materials and 
provided during the pre-hearing and hearing process by the company, parties to the 
hearing, and the FLMs. 
Per Section 308(e)(2) of EPA‟s Regional Haze Rule, as an alternative to BART (or 
“BART alternative”) it was proposed and the state agreed to a more stringent NOx 
emissions control plan for these BART units that consists of emission limits assumed to 
be associated with the operation of SNCR for Unit 1 and the operation of SCR for Unit 
2.  These NOx emission rates are as follows: 

Craig Unit 1: 0.28 lb/MMBtu (30-day rolling average) 
Craig Unit 2: 0.08 lb/MMBtu (30-day rolling average) 

Unit 1‟s 0.28 lb/MMBtu NOx emission rate equates to a 14% control and a NOx 
reduction of 727 tons per year, which is slightly less than the 15% control and a NOx 
reduction of 779 tons per year associated with the 0.27 lb/MMBtu BART emission rate 
determination. 
Unit 2‟s 0.08 lb/MMBtu NOx emission rate equates to a 74% control and a NOx 
reduction of 3,975 tons per year, which is much greater than the 15% control and a NOx 
reduction of 806 tons per year associated with the 0.27 lb/MMBtu BART emission rate 
determination. 
The total NOx emission reduction resulting from the BART determination is 1,585 tons 
per year (779 + 806 = 1,585 tons per year).  The total NOx emission reduction resulting 
from the BART Alternative is 4,702 tons per year (727 + 3,975 = 4,702 tons per year).  
Given the far greater emission reduction achieved by the BART Alternative when 
compared to the BART determinations for the individual units, the state determines, in 
accordance with the federal Regional Haze regulations, that the BART Alternative 
emission rates are appropriate for Craig Units 1 and 2 as providing greater reasonable 
progress than the application of BART as set forth in the federal BART Alternative 
regulation.  
The state also evaluated the NOx emission reduction associated with both units (Craig 
1 & 2) in contrast to the existing NOx rates, presumptive BART NOx rate, source-by-
source determination, and the final RH determination to determine the total NOx 
reduction benefit.  In the below table, the existing NOx emissions from both units is 
10,562 tons/year which is much lower than the existing presumptive BART emissions of 
14,849 tons/year.  The source-by-source BART determination resulted in NOx 
emissions of 8,978 tons/year which is well above the 5,860 tons/year in NOx emissions 
calculated to result from application of the BART Alternative.  These tons/year 
calculations provide an emissions based comparison to demonstrate that the Craig 
BART Alternative provides greater reasonable progress than, and is superior to, source 
by source BART for these units.  The table below is illustrative for demonstration 
purposes only.  The tons per year projections provide an emission based comparison 
and are not enforceable requirements. 
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NOx Analysis Units Craig 1 Craig 2 Total 

Annual Average Heat Input* [MMBtu] 36,933,572 39,214,982  
Annual Average NOx Rate* [lb/MMBtu] 0.28 0.27  

Annual Average NOx Emissions* [tons/year] 5,190.3 5,371.6 10,562 
Presumptive NOx Rate [lb/MMBtu] 0.39 0.39  

Presumptive NOx Emissions [tons/year] 7,202.1 7,646.9 14,849 
Source-by-Source Determination [lb/MMBtu] 0.27 0.27  
Source-by-Source Determination [tons/year] 4,411.8 4,565.9 8,978 

Final Regional Haze Determination [lb/MMBtu] 0.28 0.08  
Final Regional Haze Determination [tons/year] 4,463.7 1,396.6 5,860 

     
* Data from CAMD used for period (2006-2007) 

Based on the above analysis and demonstration, the BART Alternative (final RH 
determination) achieves more NOx emissions reductions, which are well below the 
source-by-source BART determinations for each unit.  Consequently, the BART 
Alternative will result in more visibility improvement at nearby Class I areas, and the 
state adopts this BART Alternative as appropriate to comply with the Regional Haze rule 
for these units. The state notes that this BART Alternative is not a trading program per 
Section 308(e)(2) and provisions associated with trading are not applicable. 
Under EPA‟s Alternative to BART rule (40 CFR § 51.308(e)(2)), a state must show that 
the alternative measure or alternative program achieves greater reasonable progress 
than would be achieved through the installation and operation of BART.  The 
demonstration addresses these requirements, as follows.  (A complete description of 
these federal requirements is presented in section 6.4.3.7 below.) 

1) 51.308(e)(2)(i)(A)  A listing of all BART-eligible sources can be found in Table 
6-3 above. 

2) 51.308(e)(2)(i)(B)  The two BART-eligible sources are Craig Units 1 and 2. 
3) 51.308(e)(2)(i)(C)  The BART determinations presented herein describe the 

control information and the projected total NOx reduction of 1,585 tons per year 
for source-by-source BART. 

4) 51.308(e)(2)(i)(D)  The BART Alternative achieves a projected NOx reduction of 
4,702 tons per year. 

5) 51.308(e)(2)(i)(E)  The BART Alternative achieves more than 3,100 tons of 
projected NOx reduction per year over what would be achieved by the 
installation of BART. 

6) 51.308(e)(2)(iii)  The Craig BART Alternative will be implemented as 
expeditiously as practicable but no later than five years after EPA‟s approval of 
this BART Alternative, as required by Regulation No. 3 Part F.  The regulation 
requires that a compliance schedule be developed by the source and submitted 
to the state within six months from EPA‟s approval.  The compliance and 
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monitoring provisions of the BART Alternative have also been incorporated into 
Regulation No. 3, Part F. 

7) 51.308(e)(2)(iv)  The emission reductions associated with the Craig BART 
Alternative have not been used for other SIP purposes, thus they are surplus. 

8) 51.308(e)(2)(v)  The state is not proposing a geographic enhancement for 
reasonably attributable impairment. 

9) 51.308(e)(2)(vi)  Since Colorado is not using a trading program for the Craig 
BART Alternative, this section does not apply. 

10) 51.308(e)(3)  There are only two units at the same facility under the Craig 
BART Alternative and thus there is no change in the distribution of emissions 
than under BART, and, as stated above, the alternative measure results in 
greater emission reductions than case-by-case BART.  Therefore the Craig 
BART Alternative is deemed to achieve greater reasonable progress. 

11) 51.308(e)(3)(i)  Since the Craig BART Alternative includes only two units at the 
same facility, the state has determined that visibility does not decline in any 
Class I area due to the Craig BART Alternative when compared to case-by-
case BART. 

12) 51.308(e)(3)(ii)  Because the Craig BART Alternative has been demonstrated to 
achieve more emission reductions than would occur through case-by-case 
BART, the state determines that there will be an overall improvement in 
visibility over all affected Class I areas. 

13) 51.308(e)(4)  Colorado is not participating in the CAIR program and cannot rely 
on this program for the Craig BART Alternative. 

14) The state acknowledges that the core requirements will otherwise apply as set 
forth in the Regional Haze Rule. 

15) 51.308(e)(6)  No Colorado BART sources have applied for an exemption from 
BART. 

A complete analysis that supports the BART determination and BART Alternative for 
Craig Station Units 1 and 2, including substantial cost information for NOx controls, can 
be found in Appendix C. 

6.4.3.5 BART Determination for Public Service Company’s Hayden Station 

Hayden Units 1 and 2 are considered BART-eligible, being fossil-fuel steam electric 
plants of more than 250 MMBtu/hr heat input with the potential to emit 250 tons or more 
of haze forming pollution (NOx, SO2, PM10), and having commenced operation in the 15-
year period prior to August 7, 1977.  These boilers also cause or contribute to visibility 
impairment at a federal Class I area at or above a 0.5 deciview change; consequently, 
both boilers are subject-to-BART.  Public Service Company (PSCo) submitted a BART 
analysis to the Division on September 14, 2006 with revisions submitted on November 
1, 2006 and January 8, 2007.  In response to a Division request, PSCo submitted 
additional information on May 25, 2010. 
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SO2 BART Determination for Hayden - Units 1 and 2 
Semi-Dry FGD Upgrades – As discussed in EPA‟s BART Guidelines, electric generating 
units (EGUs) with existing controls achieving removal efficiencies of greater than 50 
percent do not need to be evaluated for potential removal of controls and replacement 
with new controls.  Therefore, the following dry scrubber upgrades were considered for 
Hayden Units 1 and 2, if technically feasible. 

 Use of performance additives - The supplier of Hayden‟s dry scrubbing 
equipment does not recommend the use of any performance additive.  PSCo is 
aware of some additive trials, using a chlorine-based chemical, for dry scrubbers.  
Because low-sulfur coal is used at Hayden, the use of performance additives on 
the scrubbers would not be expected to increase the SO2 removal.   

 Use of more reactive sorbent - PSCo is using a highly reactive lime with 92% 
calcium oxide content reagent that maximizes SO2 removal.  The only other 
common reagent option for a dry scrubber is sodium-based products which are 
more reactive than freshly hydrated lime.  Sodium has a major side effect of 
converting some of the NOx in the flue gas into NO2.  Since NO2 is a visible gas, 
large coal-fired units can generate a visible brown/orange plume at high SO2 
removal rates, such as those experienced at Hayden.  This side effect is 
unacceptable in a region with numerous Class I areas in close proximity to the 
source.  There are no known acceptable reagents without this side effect that 
would allow additional SO2 removal in the dry scrubbing systems present at 
Hayden Station. 

 Increase the pulverization level of sorbent – PSCo uses the best available 
grinding technologies, and other pulverization techniques have not been proven 
more effective. 

 Engineering redesign of atomizer or slurry injection system - The supplier offers 
no upgrade in atomizer design to improve SO2 removal at Hayden.  However, an 
additional scrubber module could be added along with spare parts and 
maintenance personnel in order to meet a lower emission limit.  This option is 
technically feasible. 

 Additional equipment and maintenance - Hayden Units 1 and 2 can achieve a 
lower 30-day average emission rate limit than the 2008 State-adopted BART 
emission limit of 0.16 lbs/MMBtu by purchasing additional spare atomizer parts 
and increasing annual operating and maintenance through increased labor and 
reagent requirements.  This emissions limit is 0.13 lbs/MMBtu, which is the 
current rolling 90-day limit. 

The additional scrubber module, and additional spare atomizer parts with additional 
operation and maintenance were determined to be technically feasible for reducing SO2 
emissions from Units 1 and 2. 
The following tables list the emission reductions, annualized costs and cost 
effectiveness of the control alternatives: 
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Hayden Unit 1 - SO2 Cost Comparison 

Alternative Emissions 
Reduction (tpy) 

Annualized 
Cost ($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
Semi-Dry FGD Upgrade – Additional 
Equipment and Maintenance 61 $141,150 $2,317 

Additional Scrubber Module 488 $4,142,538 $8,490 
 

Hayden Unit 2 - SO2 Cost Comparison 

Alternative Emissions 
Reduction (tpy) 

Annualized 
Cost ($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
Semi-Dry FGD Upgrade – Additional 
Equipment and Maintenance 

39 $141,150 $3,626 

Additional Scrubber Module 589 $4,808,896 $8,164 
 
The additional scrubber module option was eliminated from consideration due to the 
high cost/effectiveness ratios and anticipated small degree of visibility improvement 
(less than 0.1 deciview) that would result from this upgrade. 
There are no energy and non-air quality impact associated with the remaining semi-dry 
FGD upgrade alternative (additional equipment and maintenance). 
There are no remaining useful life issues for the alternatives as the sources will remain 
in service for the 20-year amortization period. 
The projected visibility improvements attributed to the alternatives are as follows: 

SO2 Control Method 

Hayden – Unit 1 Hayden – Unit 2 
SO2  Emission 

Rate 
(lb/MMBtu) 

98th 
Percentile 

Impact (Δdv) 

SO2  Emission 
Rate 

(lb/MMBtu) 

98th 
Percentile 

Impact (Δdv) 
Daily Maximum (3-yr) 0.34  0.40  
Existing Semi-Dry FGD 
(LSD) (annual avg.) 

0.16 0.09 0.16 0.18 

Semi-Dry FGD Upgrade 
(annual avg.) 

0.13 0.10 0.13 0.21 

Additional Scrubber 
Module (annual avg.) 

0.07 0.14 0.07 0.26 

 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix C, the state has determined that SO2 BART is the following SO2 emission 
rates: 

Hayden Unit 1: 0.13 lb/MMBtu (30-day rolling average) 
Hayden Unit 2: 0.13 lb/MMBtu (30-day rolling average) 
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The state assumes that the BART emission limits can be achieved through the 
operation of existing lime spray dryers (LSD).  The state evaluated the option of 
tightening the emission limit for Hayden Units 1 and 2 and determined that a more 
stringent 30-day rolling SO2 limit of 0.13 lbs/MMBtu represents an appropriate level of 
emissions control for semi-dry FGD control technology.  The tighter emission rate for 
both units is achievable with a negligible investment and the facility operator has offered 
to undertake these actions to allow for refinement of the emissions rate appropriate for 
this technology at this source despite the lack of appreciable modeled visibility 
improvement, and the state accepts this. 

Particulate Matter BART Determination for Hayden - Units 1 and 2 

Based on recent BACT determinations, the state has determined that the existing Unit 1 
and Unit 2 emission limit of 0.03 lb/MMBtu (PM/PM10) represents the most stringent 
level of available control for PM/PM10.  The units are exceeding a PM control efficiency 
of 95%, and the state has selected this emission limit for PM/PM10 as BART.  The state 
assumes that the BART emission limit can be achieved through the operation of the 
existing fabric filter baghouses. 

NOx BART Determination for Hayden - Units 1 and 2 

LNB upgrades, SNCR and SCR were determined to be technically feasible for reducing 
NOx emissions at Hayden Units 1 and 2. 
The following tables list the emission reductions, annualized costs and cost 
effectiveness of the control alternatives: 

Hayden Unit 1 - NOx Cost Comparisons 

Alternative Emissions Reduction 
(tpy) 

Annualized Cost 
($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
LNB 1,391 $572,010 $411 
SNCR 1,391 $1,353,500 $973 
SCR 3,120 $10,560,612 $3,385 

 
Hayden Unit 2 - NOx Cost Comparisons 

Alternative Emissions Reduction 
(tpy) 

Annualized Cost 
($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
LNB 1,303 $992,729 $762 
SNCR 1,610 $1,893,258 $1,176 
SCR 3,032 $12,321,491 $4,064 

 
The energy and non-air quality impacts of the alternatives are as follows: 

 LNB – not significant 
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 SNCR and SCR – increased power needs, potential for ammonia slip, potential for 
visible emissions, hazardous materials storage and handling 

There are no remaining useful life issues for the alternatives as the sources will remain 
in service for the 20-year amortization period. 
The projected visibility improvements attributed to the alternatives are as follows: 

NOx Control Method 

Hayden – Unit 1 Hayden – Unit 2 
NOx  Emission 

Rate 
(lb/MMBtu) 

98th 
Percentile 

Impact (Δdv) 

NOx  Emission 
Rate 

(lb/MMBtu) 

98th 
Percentile 

Impact (Δdv) 
Daily Maximum (3-yr) 0.61  0.37  
LNB (annual avg.) 0.26 0.69 0.21 0.40 
SNCR (annual avg.) 0.26 0.69 0.18 0.48 
SCR (annual avg.) 0.07 1.12 0.06 0.85 

 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix C, the state has determined that NOx BART is the following NOx emission 
rates: 

Hayden Unit 1: 0.08 lb/MMBtu (30-day rolling average) 
Hayden Unit 2: 0.07 lb/MMBtu (30-day rolling average) 

The state assumes that the BART emission limits can be achieved through the 
installation and operation of selective catalytic reduction (SCR).  For these emission 
limits, the cost per ton of emissions removed, coupled with the estimated visibility 
improvements gained, falls within the guidance criteria presented above. 

 Unit 1: $3,385 per ton NOx removed; 1.12 deciview of improvement 
 Unit 2: $4,064 per ton NOx removed;  0.85 deciview of improvement 

The dollars per ton control costs, coupled with notable visibility improvements leads the 
state to this determination.  The NOx emission limits of 0.08 lb/MMBtu (30-day rolling 
average) for Unit 1; and 0.07 lb/MMBtu (30-day rolling average) for Unit 2; are 
technically feasible and have been determined to be BART for Hayden Units 1 and 2. 

A complete analysis that supports the BART determination for PSCo‟s Hayden Units 1 
and 2 can be found in Appendix C. 

6.4.3.6 BART Determination for Colorado Springs Utilities’ Martin Drake Plant 

Colorado Springs Utilities‟ Boilers 5, 6, and 7 are considered BART-eligible, being fossil-
fuel steam electric plants of more than 250 MMBtu/hr heat input with the potential to 
emit 250 tons or more of haze forming pollution (NOx, SO2, PM10), and having 
commenced operation in the 15-year period prior to August 7, 1977.  The combined 
emissions of these boilers also cause or contribute to visibility impairment at a federal 
Class I area at or above a 0.5 deciview change; consequently, all three boilers are 
subject-to-BART.  Initial air dispersion modeling performed by the Division 
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demonstrated that the Martin Drake Plant contributes to visibility impairment (a 98th 
percentile impact equal to or greater than 0.5 deciviews) and is therefore subject to 
BART.  Colorado Springs Utilities (CSU) submitted a BART Analysis to the Division on 
August 1, 2006 with updated cost information submitted on March 29, 2007.  CSU also 
provided information in its “NOx and SO2 Reduction Cost and Technology Updates for 
Colorado Springs Utilities Drake and Nixon Plants” Submittal provided on February 20, 
2009 as well as additional information upon the Division‟s request on February 21, 
2010, March 21, 2010, May 10, 2010, May 28, 2010, June 2, 2010, and June 15, 2010. 

SO2 BART Determination for Martin Drake - Units 5, 6 and 7 

Dry sorbent injection (DSI) was determined to be feasible for all units and dry FGD were 
determined to be technically feasible for reducing SO2 emissions from Units 6, and 7.  
These options were considered as potential BART level controls by the Division.  Lime 
or limestone-based wet FGD system is also technically feasible but was determined to 
be not reasonable due to adverse non-air quality impacts.  Drake is conducting a trial on 
a new wet FGD system design (NeuStream-S) that uses much less water along with a 
smaller operational footprint that may provide, if successfully demonstrated, a 
reasonable alternative to traditional wet FGD systems. 
The following tables list the emission reductions, annualized costs and cost 
effectiveness of the control alternatives: 

Drake Unit 5 - SO2 Cost Comparison 

Alternative Emissions 
Reduction (tpy) 

Annualized Cost 
($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
DSI 762 $1,340,663 $1,760 

 
Drake Unit 6 - SO2 Cost Comparison 

Alternative Emissions 
Reduction (tpy) 

Annualized Cost 
($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
DSI 1,671 $2,910,287 $1,741 
Dry FGD (LSD) @ 82% control 
(0.15 lb/MMBtu annual average) 

2,284 $6,186,854 
 

$2,709 

Dry FGD (LSD) @ 85% control 
(0.12 lb/MMBtu annual average) 

2,368 $6,647,835 
 

$2,808 

Dry FGD (LSD) @ 90% control 
(0.08 lb/MMBtu annual average) 

2,507 $7,452,788 
 

$2,973 
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Drake Unit 7 - SO2 Cost Comparison 

Alternative Emissions 
Reduction (tpy) 

Annualized Cost 
($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
DSI 2,657 $3,723,826 $1,405 
Dry FGD (LSD) @ 82% control 
(0.15 lb/MMBtu annual average) 

3,632 $8,216,863 
 

$2,263 

Dry FGD (LSD) @ 85% control 
(0.12 lb/MMBtu annual average) 

3,764 $8,829,321 
 

$2,345 

Dry FGD (LSD) @ 90% control 
(0.08 lb/MMBtu annual average) 

3,986 $9,898,382 
 

$2,483 

The energy and non-air quality impacts of the remaining alternative are as follows: 

 DSI - reduced mercury capture in the baghouse, fly ash contamination with 
sodium sulfate, rendering the ash unsalable as a replacement for concrete and 
rendering it landfill material only 

 Dry FGD – less mercury removal compared to unscrubbed units, significant water 
usage 

There are no remaining useful life issues for the alternatives as the sources will remain 
in service for the 20-year amortization period. 
The projected visibility improvements attributed to the alternatives are as follows: 

SO2 Control 
Method 

Drake – Unit 5 Drake – Unit 6 Drake – Unit 7 
SO2  

Emission 
Rate 

(lb/MMBtu) 

98th 
Percentile 

Impact 
(Δdv) 

SO2  
Emission 

Rate 
(lb/MMBtu) 

98th 
Percentile 

Impact 
(Δdv) 

SO2  
Emission 

Rate 
(lb/MMBtu) 

98th 
Percentile 

Impact 
(Δdv) 

Daily Max (3-yr) 0.94  1.00  0.99  
DSI (annual 
avg.) 

0.25 0.12 0.33 0.18 0.33 0.29 

Dry FGD (LSD) 
(annual avg.) 

Not 
feasible 

 0.12 0.24 0.12 0.39 

Dry FGD (LSD) 
(annual avg.) 

Not 
feasible 

 0.07 0.26 0.07 0.41 

 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix C, the state has determined that SO2 BART for Unit 5 is the following SO2 
emission rate: 

Drake Unit 5: 0.26 lb/MMBtu (30-day rolling average) 
The state assumes that the BART emission limit can be achieved through the 
installation and operation of dry sorbent injection.  Other alternatives are not feasible. 

 Unit 5:  $1,760 per ton SO2 removed; 0.12 deciview of improvement 
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Based upon its consideration of the five factors summarized herein and detailed in 
Appendix C, the state has determined that SO2 BART for Unit 6 and Unit 7 is the 
following SO2 emission rates: 

Drake Unit 6: 0.13 lb/MMBtu (30-day rolling average) 
Drake Unit 7: 0.13 lb/MMBtu (30-day rolling average) 

The state assumes that the BART emission limits can be achieved through the 
installation and operation of lime spray dryers (LSD).  A lower emissions rate for Units 6 
and 7 was deemed to not be reasonable as increased control costs to achieve such an 
emissions rate do not provide appreciable improvements in visibility (0.02 delta deciview 
for both units respectively). 
These emission rates for Units 6 and 7 provide 85% SO2 emission reduction at a 
modest cost per ton of emissions removed and result in a meaningful contribution to 
visibility improvement. 

 Unit 6:  $2,808 per ton SO2 removed; 0.24 deciview of improvement 

 Unit 7:  $2,345 per ton SO2 removed; 0.39 deciview of improvement 

Particulate Matter BART Determination for Martin Drake - Units 5, 6 and 7 

The state determines that the existing regulatory emissions limit of 0.03 lb/MMBtu 
(PM/PM10) for the three units represent the most stringent control options.  The units 
are exceeding a PM control efficiency of 95%, and the emission limits are BART for 
PM/PM10.  The state assumes that the BART emission limit can be achieved through the 
operation of the existing fabric filter baghouses. 

NOx BART Determination for Martin Drake - Units 5, 6 and 7 

Ultra low NOx burners (ULNB), ULNB including OFA, SNCR, SNCR plus ULNB, and 
SCR were determined to be technically feasible for reducing NOx emissions at Drake 
Units 5, 6 and 7. 
The following tables list the emission reductions, annualized costs and cost 
effectiveness of the control alternatives: 

Drake Unit 5 - NOx Cost Comparison 

Alternative Emissions 
Reduction (tpy) 

Annualized 
Cost ($) 

Cost 
Effectiveness 

($/ton) 
Baseline 0 $0 $0  
Overfire air (OFA) 154 $141,844 $923 
Ultra-low NOx burners (ULNBs) 200 $147,000 $736 
ULNBs + OFA 215 $288,844 $1,342 
Selective Non-Catalytic Reduction (SNCR) 231 $1,011,324 $4,387 
ULNB/SCR layered approach 626 $4,467,000 $7,133 
Selective Catalytic Reduction (SCR) 626 $4,580,000 $7,314 
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Drake Unit 6 - NOx Cost Comparison 

Alternative Emissions 
Reduction (tpy) 

Annualized 
Cost ($) 

Cost 
Effectiveness 

($/ton) 
Baseline 0 $0 $0 
Overfire air (OFA) 283 $104,951 $371 
Selective Non-Catalytic Reduction (SNCR) 424 $1,208,302 $2,851 
Ultra-low NOx burners (ULNBs) 452 $232,800 $515 
ULNBs + OFA 509 $337,751 $664 
ULNB/SCR layered approach 1,175 $6,182,800 $5,260 
Selective Catalytic Reduction (SCR) 1,175 $6,340,000 $5,395 

 
Drake Unit 7 - NOx Cost Comparison 

Alternative 
Emissions 
Reduction 

(tpy) 

Annualized 
Cost ($) 

Cost 
Effectiveness 

($/ton) 
Baseline 0 $0 $0 
Overfire air (OFA) 416 $75,217 $181 
Ultra-low NOx burners (ULNBs) 583 $386,000 $662 
Selective Non-Catalytic Reduction (SNCR) 624 $2,018,575 $3,233 
ULNBs + OFA 749 $461,217 $616 
ULNB/SCR layered approach 1,709 $8,196,000 $4,797 
Selective Catalytic Reduction (SCR) 1,709 $8,510,000 $4,981 

 
The energy and non-air quality impacts of the alternatives are as follows: 

 OFA and ULNB – not significant 
 ULNB – not significant 
 SNCR and SCR – increased power needs, potential for ammonia slip, potential 

for visible emissions, hazardous materials storage and handling 
There are no remaining useful life issues for the alternatives as the sources will remain 
in service for the 20-year amortization period. 
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The projected visibility improvements attributed to the alternatives are as follows: 

NOx Control 
Method 

Drake – Unit 5 Drake – Unit 6 Drake – Unit 7 
NOx  

Emission 
Rate 

(lb/MMBtu) 

98th 
Percentile 

Impact 
(Δdv) 

NOx  
Emission 

Rate 
(lb/MMBtu) 

98th 
Percentile 

Impact 
(Δdv) 

NOx  
Emission 

Rate 
(lb/MMBtu) 

98th 
Percentile 

Impact 
(Δdv) 

Daily Max (3-yr) 0.62  0.83  0.71  
OFA (annual 
avg.) 

0.30 0.07 0.33 0.18 0.31 0.22 

ULNB (annual 
avg.) 

0.28 0.08 0.28 0.193 0.28 0.24 

ULNB + OFA 
(annual avg.) 

0.27 0.08 0.27 0.20 0.25 0.26 

SNCR (annual 
avg.) 

0.27 0.08 0.29 0.19 0.28 0.24 

ULNB + SCR 0.07 0.12 0.07 0.27 0.07 0.37 
SCR (annual 
avg.) 

0.07 0.12 0.07 0.27 0.07 0.37 

 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix C, the state has determined that NOX BART for Units 5, 6 and 7 is the 
following NOx emission rates: 

Drake Units 5 and 6: 0.31 lb/MMBtu (30-day rolling average) 
Drake Unit 7:  0.29 lb/MMBtu (30-day rolling average) 

The state assumes that the BART emission limits can be achieved through the 
installation and operation of ultra low-NOx burners (including over-fire air).   

 Unit 5:  $1,342 per ton NOx removed 

 Unit 6:  $664 per ton NOx removed 

 Unit 7:  $616 per ton NOx removed 
The extremely low dollars per ton control costs leads the state to selecting this emission 
rate for each of the Drake units.  SNCR is not selected as that technology provides an 
equivalent emissions rate, similar level of NOx reduction coupled with equivalent 
visibility improvement at a much higher cost per ton of pollutant removed along with 
potential energy and non-air quality impacts.  SCR is not selected as the 
cost/effectiveness ratios for Units 5 and 6 are too high and the visibility improvement at 
all units do not meet the criteria guidance described above (e.g. less than 0.50 Δdv) 
For Drake Units 5 and 6, EPA Region 8 notes to the state that a number of control cost 
studies, such as that by NESCAUM (2005), indicate that costs for SCR could be lower 
than the costs estimated by the Division in the above BART determination.  However, 
assuming such lower costs were relevant to this source, use of such lower costs would 
not change the state's BART determination because the degree of visibility 
improvement achieved by SCR is below the state's guidance criteria of 0.5 dv.  
Moreover, the incremental visibility improvement associated with SCR is not substantial 
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when compared to the visibility improvement achieved by the selected limits (i.e., 0.04 
dv for SCR on Unit 5 and 0.07 dv for SCR on Unit 6).  Thus, it is not warranted to select 
emission limits associated with SCR for Martin Drake Units 5 and 6. 
For Drake Unit 7, EPA Region 8 notes to the state that a number of control cost studies, 
such as that by NESCAUM (2005), indicate that costs for SCR could be lower than the 
costs estimated by the Division in the above BART determination.  However, assuming 
such lower costs were relevant to this source, use of such lower costs would not change 
the state's BART determination because the degree of visibility improvement achieved 
by SCR is below the state's guidance criteria of 0.5 dv.  Moreover, the incremental 
visibility improvement associated with SCR is not substantial when compared to the 
visibility improvement achieved by the selected limits (i.e., 0.11 dv for SCR).  Thus, it is 
not warranted to select emission limits associated with SCR for Martin Drake Unit 7. 
A complete analysis that supports the BART determination for CSU‟s Martin Drake 
Units 5, 6 and 7 can be found in Appendix C. 

6.4.3.7  BART Determination for Public Service Company’s Cherokee Unit 4, 
Valmont Unit 5 and the Pawnee Station as a BART Alternative, which Includes 
Reasonable Progress Determinations for Arapahoe Units 3 and 4 and Cherokee 
Units 1, 2 and 3 

Background 
Section 308(e)(2) of EPA‟s Regional Haze Rule allows a state to approve a BART 
alternative: 

A State may opt to implement or require participation in an emissions trading 
program or other alternative measure rather than to require sources subject to 
BART to install, operate, and maintain BART. Such an emissions trading 
program or other alternative measure must achieve greater reasonable progress 
than would be achieved through the installation and operation of BART. For all 
such emission trading programs or other alternative measures, the State must 
submit an implementation plan containing the following plan elements and 
include documentation for all required analyses: (i) A demonstration that the 
emissions trading program or other alternative measure will achieve greater 
reasonable progress than would have resulted from the installation and operation 
of BART at all sources subject to BART in the State and covered by the 
alternative program. This demonstration must be based on the following: (A) A 
list of all BART-eligible sources within the State. (B) A list of all BART-eligible 
sources and all BART source categories covered by the alternative program. The 
State is not required to include every BART source category or every BART-
eligible source within a BART source category in an alternative program, but 
each BART-eligible source in the State must be subject to the requirements of 
the alternative program, have a federally enforceable emission limitation 
determined by the State and approved by EPA as meeting BART in accordance 
with section 302(c) or paragraph (e)(1) of this section, or otherwise addressed 
under paragraphs (e)(1) or (e)(4) of this section. 
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The PSCo BART Alternative Program (““PSCo BART Alternative”) was proposed by 
Public Service Company of Colorado (PSCo). The PSCo BART Alternative is not a 
trading program and does not include any complete source categories, although all 
facilities in the PSCo BART Alternative are electric generating units. The PSCo BART 
Alternative is based on reductions achieved as a result of a combination of unit 
shutdowns and the application of emissions controls planned as part of the Colorado 
HB 10-1365, the “Clean Air – Clean Jobs Act” ( § 40-3.2-201 C.R.S., et. seq.). The 
PSCo BART Alternative includes ten units at four facilities. The facilities included in the 
PSCo Alternative and the proposed controls are listed below. 

Table 6-5: Actions and Dates under the PSCo Alternative 

Facility Unit Action or Control Effective Date 
Arapahoe Unit 3 Shutdown 12/31/2013 
 Unit 4 Operation on Natural Gas only 

(peaking unit) 
12/31/2014 

Cherokee Unit 1 Shutdown No later than 7/1/2012 
 Unit 2 Shutdown 12/31/2011 
 Unit 3 Shutdown No later than 12/31/2016 
 Unit 4 Operation on Natural Gas only 12/31/2017 
Valmont  Shutdown 12/31/2017 
Pawnee  SCR & LSD 12/31/2014 

 
The state in evaluating the PSCo  Alternative followed the EPA July 6, 2005, BART 
guidelines and the EPA October 13, 2006, regulation referred to as Provisions 
Governing Alternative to Source-Specific BART Determinations (71Fed.Reg. 60612-
60634 (10/13/2006); 40 CFR § 51.308(e)(2),  “Alternative to BART rule”).  Under the 
Alternative to BART rule, a state must show that the alternative measure or alternative 
program achieves greater reasonable progress than would be achieved through the 
installation and operation of BART.  The demonstration must include five elements: 

1) A list of all BART-eligible sources within the state; 
2) A list of all BART-eligible sources and source categories covered by the 

alternative program; 
3) An analysis of the best system of continuous emission control technology 

available and the associated reductions; 
4) An analysis of the projected emissions reductions achievable through the 

alternative measure; and 
5) A determination that the alternative measure achieves greater reasonable 

progress than would be achieved through the installation of BART.  
The PSCo Alternative includes both BART and non-BART sources.  The non-BART 
sources are older than the BART timeframe, and in effect will all be controlled and 
reduce their NOx and SO2 emissions as a result of enforceable facility retirement dates 
and, for one unit, operating only on natural gas as a “peaking” unit.  The BART sources, 
Cherokee 4, Pawnee and Valmont, will all be either controlled within the first planning 
period or shutdown with enforceable facility retirement dates. 
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The state‟s alternative program satisfies the requirements of 40 CFR § 51.308, as 
further described in the preambles to the BART guidelines and the Alternative to BART 
rule.  The state‟s analysis must include: 

An analysis of the best system of continuous emission control technology 
available and associated emission reductions achievable for each source within 
the State subject to BART and covered by the alternative program. This analysis 
must be conducted by making a determination of BART for each source subject 
to BART and covered by the alternative program as provided for in paragraph 
(e)(1) of this section, unless the emissions trading program or other alternative 
measure has been designed to meet a requirement other than BART (such as 
the core requirement to have a long-term strategy to achieve the reasonable 
progress goals established by States). In this case, the State may determine the 
best system of continuous emission control technology and associated emission 
reductions for similar types of sources within a source category based on both 
source-specific and category-wide information, as appropriate. 

40 CFR § 51.308(e)(2)(i)(C). 
Colorado‟s alternative program was designed to meet a requirement other than BART; 
namely, Colorado‟s HB 10-1365.  The express purpose of the legislation leading to the 
alternative program being proposed is: 

THE GENERAL ASSEMBLY HEREBY FINDS, DETERMINES, AND DECLARES 
THAT THE FEDERAL "CLEAN AIR ACT", 42 U.S.C. SEC. 7401 ET SEQ., WILL 
LIKELY REQUIRE REDUCTIONS IN EMISSIONS FROM COAL-FIRED POWER 
PLANTS OPERATED BY RATE-REGULATED UTILITIES IN COLORADO. A 
COORDINATED PLAN OF EMISSION REDUCTIONS FROM THESE COAL-
FIRED POWER PLANTS WILL ENABLE COLORADO RATE-REGULATED 
UTILITIES TO MEET THE REQUIREMENTS OF THE FEDERAL ACT AND 
PROTECT PUBLIC HEALTH AND THE ENVIRONMENT AT A LOWER COST 
THAN A PIECEMEAL APPROACH. A COORDINATED PLAN OF REDUCTION 
OF EMISSIONS FOR COLORADO'S RATE-REGULATED UTILITIES WILL 
ALSO RESULT IN REDUCTIONS IN MANY AIR POLLUTANTS AND 
PROMOTE THE USE OF NATURAL GAS AND OTHER LOW-EMITTING 
RESOURCES TO MEET COLORADO'S ELECTRICITY NEEDS, WHICH WILL 
IN TURN PROMOTE DEVELOPMENT OF COLORADO'S ECONOMY AND 
INDUSTRY. 

§ 40-3.2-202, C.R.S.  Similarly, Colorado‟s Clean Air – Clean Jobs Act further specifies 
that it is intended to address both current and reasonably foreseeable future 
requirements of the federal Clean Air Act.  See, § 40-3.2-204, C.R.S. 
PSCo BART Alternative measure for the subject coal-fired electric generating units is 
thus designed to meet the requirements of the regional haze rule, including BART, but 
also to address requirements beyond BART.  This includes, for example, a revised 
national standard for ozone to be promulgated in 2011, other revised or to be revised 
national ambient air quality standards, or federal sector-specific regulations for 
hazardous air pollutants, among other federal regulatory requirements.  Accordingly, the 
state will determine whether the PSCo BART Alternative represents the best system of 
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continuous emission control technology and associated emission reductions for the 
sources included in the alternative.  In the preamble to the Alternative to BART rule, 
EPA discusses whether the option exists for states to use simplifying assumptions in 
determining the BART benchmark, or whether states must establish the BART 
benchmark through a source-by-source BART analysis.   EPA states: 

[T]here is no need to develop a precise estimate of the emissions reductions that 
could be achieved by BART in order simply to compare two programs. As EPA 
did in the CAIR, States should have the ability to develop a BART benchmark 
based on simplifying assumptions as to what the most-stringent BART is likely to 
achieve. The regulations finalized today therefore provide that where an emission 
trading program has been designed to meet a requirement other than BART, 
including the reasonable progress requirement, the State may establish a BART 
benchmark based on an analysis that includes simplifying assumptions about 
BART control levels for sources within a source category. 

71 Fed. Reg. 60612, 60618 (October 13, 2006).  EPA has thus determined that source-
by source BART is not required when it is not necessary where a state has determined 
that greater reasonable progress can be achieved by an alternative means.  See also, 
70 Fed. Reg. 39104, 39137 (July 6, 2005).  Thus, there is no need for states to conduct 
an extensive source-by-source BART assessment, and to then also go through the 
additional, resource intensive steps of developing an alternative program to BART.  
See, 71 Fed. Reg. at 60617. 
Colorado has looked at several options to establish the BART benchmark.  EPA 
establishes some criteria for the BART benchmark in the Alternative to BART rule, 
where the agency discusses simplifying assumptions. 

In today‟s final rule, the regulations make clear that, with one exception, States 
must follow the approach for making BART determinations under section 
51.308(e)(1) in establishing a BART benchmark. This includes the requirement 
for States to use the BART guidelines in making BART determinations for EGUs 
at power plants of a certain size. As discussed above, the one exception to this 
general approach is where the alternative program has been designed to meet 
requirements other than BART; in this case, States are not required to make 
BART determinations under § 51.308(e)(1) and may use simplifying assumptions 
in establishing a BART benchmark based on an analysis of what BART is likely 
to be for similar types of sources within a source category. Under either approach 
to establishing a BART benchmark, we believe that the presumptions for EGUs 
in the BART guidelines should be used for comparison to a trading program or 
other alternative measure, unless the State determines that such presumptions 
are not appropriate for particular EGUs. 

71 Fed. Reg. at 60619 (October 13, 2006).  See also, id. at 60615 (“Where a trading 
program or other similar alternative program has been designed primarily to meet a 
Federal or State requirement other than BART, the State can use a more simplified 
approach to demonstrating that the alternative program will make greater reasonable 
progress than BART.  Such an approach may be appropriate where the State believes 
the alternative program is clearly superior to BART and a detailed BART analysis is not 
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necessary to assure that the alternative program will result in greater reasonable 
progress than BART.”). 
The PSCo BART Alternative includes only EGUs and, based on EPA‟s Alternative to 
BART rule, one option available is a comparison to the presumptive limits in the BART 
guidelines. Id.  The presumptive limits represent a reasonable estimate of stringent case 
BART, particularly when developing a BART benchmark to assess an alternative 
program, because they are applied equally to EGU‟s of varying size and distance from 
Class I areas, and with varying impacts on visibility.  Id.   Because not all of the sources 
in the PSCo BART Alternative are BART sources, the state also considered other 
benchmarks that might be appropriate.  For example, as part of the BART and 
reasonable progress analysis, the state has established guidelines for NOx based on 
control technology costs and visibility improvements.  The state‟s analysis substantiates 
that the PSCo BART Alternative provides greater reasonable progress than would have 
been achieved without the alternative. 
Analysis Under 40 CFR Part 51, § 308(e) 

(2)(i)(A) A list of all Bart-eligible sources within the State. 

A listing of all BART-eligible sources can be found in Table 6-3 in this Chapter 6 
of the Regional Haze State Implementation Plan. 

(2)(i)(B) A list of all BART-eligible sources and all BART source categories covered by 
the alternative program.  

The State is not required to include every BART source category or every BART-
eligible source within a BART source category in an alternative program.  
However, each BART-eligible source in the State covered by the PSCo BART 
Alternative in this case must be subject to the requirements of the alternative 
program, have a federally enforceable emission limitation determined by the 
State and approved by EPA as meeting BART in accordance with section 302(c) 
or section 308(e)(1), or otherwise be addressed under section 308(e)(1) or (e)(4).  
The BART sources covered by the PSCo BART Alternative are shown in Table 
6-6. 

Table 6-6: Sources Included Within the PSCo Alternative 

Facility Unit Action or Control 
Arapahoe Unit 3 Shutdown 
 Unit 4 Operation on natural gas only  
Cherokee Unit 1 Shutdown 
 Unit 2 Shutdown 
 Unit 3 Shutdown 
 Unit 4 (BART-eligible) Operation on natural gas only 
 New nat. gas-fired EGU  BACT where netting does not apply 
Valmont (BART-eligible) Shutdown 
Pawnee (BART-eligible) SCR & LSD 
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(2)(i)(C) An analysis of the best system of continuous emission control technology 
available and associated emission reductions achievable for each source within the 
State subject to BART and covered by the alternative program. This analysis must be 
conducted by making a determination of BART for each source subject to BART and 
covered by the alternative program as provided for in paragraph (e)(1) of this section, 
unless the emissions trading program or other alternative measure has been designed 
to meet a requirement other than BART (such as the core requirement to have a long-
term strategy to achieve the reasonable progress goals established by States). In this 
case, the State may determine the best system of continuous emission control 
technology and associated emission reductions for similar types of sources within a 
source category based on both source-specific and category-wide information, as 
appropriate. 

The PSCo BART Alternative includes the emission reductions achieved through 
Colorado HB 10-1365 (§ 40-3.2-201 C.R.S., et seq.).  The PSCo BART 
Alternative was developed to address requirements other than BART, including 
to support the attainment of federal ambient air quality standards, to meet other 
federal requirements that can affect electric generating units, and improve air 
quality on the Front Range of Colorado. Since the PSCo BART Alternative was 
designed to address requirements other than BART, it meets the EPA SIP 
provision noted above that allows the state to determine the base case BART 
emissions using simplifying assumptions. This approach is discussed in EPA‟s 
Alternative to BART Rule.  See, 71 Fed. Reg. at 60612 (October 13, 2006). 
Colorado has estimated base case BART emissions assuming that the plants 
included in the PSCo BART Alternative emit at the presumptive levels 
established by EPA for electric generating units of greater than 750 MW.18 The 
emissions resulting from the PSCo BART Alternative are then compared to the 
analysis of base case BART emissions to indicate the degree of emissions 
reduction improvement provided by the PSCo BART Alternative. 

(2)(i)(D) An analysis of the projected emissions reductions achievable through the 
trading program or other alternative measure. 

The emission reductions achievable through PSCo‟s Alternative include the 
reductions associated with the combination of shutdowns and retrofit controls 
established under PSCo‟s emissions reduction plan, endorsed by the state Public 
Utilities Commission pursuant to HB 10-1365, and codified and made 
enforceable by the elements reflected in this State Implementation Plan.  The 
following emissions reductions provided by the PSCo BART Alternative are 
reflected in Tables 6-7 and 6-8, below. With respect to SO2 emissions, the PSCo 
BART Alternative will reduce SO2 emissions from these units by  21,493 tons per 

                                                           

 
18 None of the BART units included in this Alternative are larger than 750MW, thus the presumptive 
emissions standards for electric generating units set forth in EPA‟s BART guidelines are not mandatory 
for these units.  See, e.g., 70 Fed. Reg. at 39108.  The non-BART units included in this Alternative are 
also not subject to the presumptive emissions standards as a mandatory element of Regional Haze.  
While not required as a matter of regulation the presumptive limits are employed in this instance solely for 
demonstrative and comparative purposes. 
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year in the first planning period (2010 to 2018). With respect to NOx emissions, 
the PSCo BART Alternative will reduce NOx emissions from these units by 
15,994 tons per year in the first planning period (2010 to 2018). 

(2)(i)(E) A determination under paragraph (e)(3) of this section or otherwise based on 
the clear weight of evidence that the trading program or other alternative measure 
achieves greater reasonable progress than would be achieved through the installation 
and operation of BART at the covered sources. 

The PSCo BART Alternative has been evaluated according to the emissions 
based test discussed in EPA‟s Alternative to BART Rule. This is explained in 
further detail below, and demonstrates that for both SO2 and NOx, due to a 
combination of substantial retirements of coal-fired units and controls on other 
coal-fired units, the PSCo BART Alternative provides greater reasonable 
progress than would be afforded under BART at the covered sources. 

(2)(ii) [Reserved]  

(2)(iii) A requirement that all necessary emission reductions take place during the period 
of the first long-term strategy for regional haze. To meet this requirement, the State 
must provide a detailed description of the emissions trading program or other alternative 
measure, including schedules for implementation, the emission reductions required by 
the program, all necessary administrative and technical procedures for implementing 
the program, rules for accounting and monitoring emissions, and procedures for 
enforcement. 

The PSCo BART Alternative for these electric generating units will be implemented 
during the first long-term strategy period, by December 31, 2017. The PSCo BART 
Alternative as set forth in this SIP establishes an expeditious implementation schedule 
for the coordinated shutdown of, and installation of retrofit emissions controls on the 
covered coal-fired electric generating units.  As reflected in Table 6-12, emission limits 
for SO2 and NOx at Pawnee, operation on natural gas at Cherokee Unit 4, operation on 
natural gas at Arapahoe Unit 4 as a peaking unit only, and shutdowns at Arapahoe Unit 
3, Cherokee Units 1, 2 and 3, and Valmont, will all occur during the first planning period. 
Some of the NOx emissions reductions will be reserved, and are not used in this 
alternative measure demonstration and not reflected in the emissions reductions in this 
SIP, to allow for natural gas replacement power at Cherokee and future “netting” or 
“offsets”. The compliance and monitoring provisions of the PSCo BART Alternative have 
been incorporated into Regulation No. 3, Part F. Compliance will be determined through 
the use of continuous emission monitors for those facilities that are not shutdown. 
Enforceability of the shutdown of coal-fired units under the PSCo BART Alternative is 
reflected in this State Implementation Plan, as well as in Regulation No. 3, Part F.  
Colorado will also amend the relevant permits to include enforceable shutdown dates. 
(2)(iv) A demonstration that the emission reductions resulting from the emissions trading 
program or other alternative measure will be surplus to those reductions resulting from 
measures adopted to meet requirements of the CAA as of the baseline date of the SIP. 

The emission controls associated with the PSCo BART Alternative have not been 
used for other SIP purposes, thus they are surplus. The reductions from the 
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shutdown of Arapahoe units 1 and 2 were used in an earlier PM SIP 
demonstration and are not included in this analysis.  

(2)(v) At the State's option, a provision that the emissions trading program or other 
alternative measure may include a geographic enhancement to the program to address 
the requirement under §51.302(c) related to BART for reasonably attributable 
impairment from the pollutants covered under the emissions trading program or other 
alternative measure. 

The Division is not proposing a geographic enhancement for reasonably 
attributable impairment. 

(2)(vi) For plans that include an emissions trading program that establishes a cap on 
total annual emissions of SO2 or NOx from sources subject to the program, requires the 
owners and operators of sources to hold allowances or authorizations to emit equal to 
emissions, and allows the owners and operators of sources and other entities to 
purchase, sell, and transfer allowances, the following elements are required concerning 
the emissions covered by the cap: 

Since Colorado is not using a trading program for the PSCo BART Alternative, 
this section does not apply.  Electric generating units subject to this alternative 
have unit-specific compliance requirements reflected in this SIP and in Reg. No. 
3, Part F. 

(3) A State which opts under 40 CFR 51.308(e)(2) to implement an emissions trading 
program or other alternative measure rather than to require sources subject to BART to 
install, operate, and maintain BART may satisfy the final step of the demonstration 
required by that section as follows: If the distribution of emissions is not substantially 
different than under BART, and the alternative measure results in greater emission 
reductions, then the alternative measure may be deemed to achieve greater reasonable 
progress. If the distribution of emissions is significantly different, the State must conduct 
dispersion modeling to determine differences in visibility between BART and the trading 
program for each impacted Class I area, for the worst and best 20 percent of days. The 
modeling would demonstrate “greater reasonable progress” if both of the following two 
criteria are met:  

The Division has determined that the distribution of emissions under the PSCo 
BART Alternative is not substantially different than under BART, and the 
alternative measure results in greater emission reductions than case-by-case 
BART.  The PSCo BART Alternative includes three BART units at four different 
facilities, all of which are in or immediately adjacent to the 8-Hour Ozone Non-
Attainment Area in the Front Range of Colorado.  Like the other three facilities, 
the fourth is the Arapahoe facility and it is central to the non-attainment area, and 
is only 17 kilometers from the Cherokee facility. 

(3)(i) Visibility does not decline in any Class I area, and 

Since the Metro Denver BART eligible sources are included in the PSCo BART 
Alternative along with other non–BART sources in the area, and the overall 
visibility-impairing pollutants from these units decrease substantially, the Division 
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has determined that visibility does not decline in any Class I area in relation to 
this PSCo BART Alternative. 

(3)(ii) There is an overall improvement in visibility, determined by comparing the 
average differences between BART and the alternative over all affected Class I areas. 

The PSCo Alternative has been demonstrated to achieve more emission 
reductions than would occur through case-by-case BART.  The reasons why the 
alternative provides greater reductions include: 
a) Arapahoe Unit 3, Cherokee Units 1, 2 and 3, and Valmont (BART eligible 

unit), will be shutdown during the first planning period. 

b) Arapahoe Unit 4 will operate on natural gas as a peaking unit. 

c) Cherokee Unit 4 (BART eligible unit) will operate on natural gas only. 

d) Pawnee Unit 1(BART eligible unit) will install and operate an LSD to control 
SO2 emissions and SCR to control NOx emissions in 2014. 

(4) A State that chooses to meet the emission reduction requirements of the Clean Air 
Interstate Rule (CAIR) by participating in one or more of EPA’s CAIR trading programs 

Colorado is not participating in the CAIR program. 
(5) After a State has met the requirements for BART or implemented an emissions 
trading program or other alternative measure that achieves more reasonable progress 
than the installation and operation of BART, BART-eligible sources will be subject to the 
requirements of paragraph (d) of this section in the same manner as other sources. 

The state acknowledges that the core requirements will otherwise apply as set 
forth in the Regional Haze Rule. 

(6) Any BART-eligible facility subject to the requirement under paragraph (e) of this 
section to install, operate, and maintain BART may apply to the Administrator for an 
exemption from that requirement. An application for an exemption will be subject to the 
requirements of §51.303(a)(2)–(h). 

No Colorado BART sources have applied for an exemption from BART. 

Technical Analysis of the PSCo Alternative Emissions Reductions with Respect 
to the Section 308(e) Alternative Measure Demonstration 

The following technical analysis of emissions reductions that result from the PSCo 
BART Alternative more fully demonstrates that the proposed alternative achieves 
greater reasonable progress than the installation of BART, as allowed under EPA‟s 
regional haze regulations.  EPA‟s Regional Haze Rule requires that BART- eligible 
sources either install BART as determined for each source on a case-by-case basis, or 
install controls as required by a BART Alternative.    EPA‟s BART guidance (70 Fed. 
Reg. 39104, July 6, 2005) and EPA‟s regulation on BART Alternatives (71 Fed. Reg. 
60612, October 13, 2006) both provide guidance on how to evaluate whether a BART 
Alternative proposal achieves greater reasonable progress under the regulation.  This 
determination can be made based on an emissions comparison or through a modeling 
analysis if the state determines that is appropriate. If the geographic distribution of 
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emissions reductions from the programs is expected to be similar, the comparison can 
be made based on emissions alone.   70 Fed. Reg. at 39136; 71 Fed. Reg. at 60620.   
Because all the sources included in the PSCo BART Alternative are located in the same 
air shed and within a 100 mile area, the Division has determined that the BART eligible 
sources in the PSCo BART Alternative are in the same geographic region (namely, in 
the Denver Metro Area and also in or immediately adjacent to the existing 8-Hour 
Ozone Non-Attainment Area) for purposes of regional haze. Thus an emissions 
demonstration is appropriate and modeling is not warranted for an alternative measure 
demonstration. 
EPA‟s BART guidance does not specify a quantity of emission reductions an alternative 
must exceed to satisfy the “achieves greater reasonable progress” criteria. In its BART 
guidance, EPA provides an emission-based demonstration of how EPA determined the 
Clean Air Interstate Rule (CAIR) to be better than case-by-case BART on individual 
sources. In that instance, EPA demonstrated that more tons of emission reductions 
would result from the CAIR rule than with source-by-source BART. See, e.g., 70 Fed. 
Reg. at 39141.  Similarly, the state has utilized the emission-based method to evaluate 
the PSCo BART Alternative. The state has determined that the PSCo BART Alternative 
achieves greater reasonable progress by evaluating the future emissions from the 
electric generating units under the operating scenarios reflected in the PSCo BART 
Alternative, and for demonstration purposes compared those emissions with the same 
units using the standard established by EPA of 95 percent removal or 0.15 lb/MMBtu for 
SO2 or a lb/MMBtu for NOx based on boiler and coal type.  See 71 Fed. Reg. at 60619 
(“States establishing a BART benchmark based on simplifying assumptions as to the 
most stringent BART for EGUs may rely on the presumptions, as EPA did in the CAIR 
rule.”). 
As previously discussed, the PSCo Alternative is based on a combination of emissions 
control retrofits and shutdowns resulting from Colorado HB 10-1365 and the PUC‟s 
actions. The PSCo BART Alternative includes Pawnee, Arapahoe Units 3 and 4, 
Valmont Unit 5, and Cherokee Units 1-4. Pawnee, Cherokee Unit 4 and Valmont Unit 5 
are the only BART eligible units.  The sources involved in the PSCo BART Alternative 
are either BART eligible sources or sources that precede the BART timeframe.  For 
demonstration purposes, the emissions from the entire group of electric generating units 
in the PSCo BART Alternative were compared to the emissions from the units if the 
presumptive levels were applied, as allowed under EPA‟s regulation.  Table 6-7 
compares the tons of SO2 that would be emitted under the PSCo BART Alternative to 
the number of tons of SO2 that would be emitted by the same units if the standard of 
0.15 lb SO2/MMBtu were applied.  The 0.15 lb/MMBtu standard comes from the 70 Fed. 
Reg. 39132 (7/6/2005) in which EPA establishes “BART limits of 95 percent SO2 
removal, or an emission rate of 0.15 lb SO2/MMBtu”.  The MMBtu used for the analysis 
is an average of the actual MMBtu reported by the units to the Clean Air Markets 
Division for 2006, 2007 and 2008.  For units that will be shutdown or operated on 
natural gas (Arapahoe unit 4) under the PSCo BART Alternative an emissions factor of 
0.0006 lb SO2/MMBtu was used for the alternative. 
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Table 6-7: SO2 Reductions Beyond Presumptive BART for PSCo Alternative 

Facility 
MMBtu 

Average 
2006 to 2008 

SO2 TPY 
Average 
2006 to 

2008 

SO2 TPY at 
0.15 

lb/MMBtu 
Presumptive 

SO2 TPY 
under PSCo 
Alternative in 

2018 

% Reduction 
Beyond 

Presumptive 
BART 

Arapahoe 
     Unit 3 4,380,121 924.97 328.51 0.00 100.00% 

Unit 4 8,545,791 1,764.70 640.93 1.2819 99.8% 
Cherokee 

     Unit 1 8,311,352 2,220.80 623.35 0.00 100.00% 
Unit 2 5,586,021 1,888.37 418.95 0.00 100.00% 
Unit 3 8,159,889 743.00 611.99 0.00 100.00% 
Unit 4 26,047,648 2,135.43 1,953.57  7.81 99.6 % 

Valmont 13,722,507 758.47 1,029.19 0.00 100.00% 
Pawnee 40,093,753 13,472.07 3,007.03 2,405.63 20.00% 

Total 114,847,083 23,908 8,614 2,415 71.97% 
 
The comparison with the standard of 0.15 lb SO2/MMBtu shows that the PSCo BART 
Alternative provides 72% lower SO2 emissions. 
Figure 6-1 provides a year by year comparison of the PSCo BART Alternative to the 
0.15 lb SO2/MMBtu standard for this planning period. 

Figure 6-1: SO2 reductions beyond presumptive BART for PSCo Alternative 

 
                                                           
19 Emission factor of 0.0006 lb SO2/MMBtu and 50% capacity factor. 
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A similar analysis was completed for NOx emissions.  Table 6-8 compares the PSCo 
BART Alternative to a standard based on NOx limits established by EPA in 70 Fed. 
Reg. 39135 (7/6/2005).  EPA provides a NOx lb/MMBtu level based on the boiler type 
and the coal type burned.  The PSCo BART Alternative reflects 600 tpy of NOx emitted 
from Arapahoe 4 operating on natural gas as a “peaking” unit, 300 tpy of NOx reserved 
for “netting” or “offsets” from the Arapahoe facility, and 500 tpy of NOx reserved for 
“netting” or “offsets” from the Cherokee facility. 

Table 6-8: NOx Reductions Beyond Presumptive BART for PSCo Alternative 

Facility 

MMBtu 
Average 
2006 to 

2008 

NOx TPY 
Average 
2006 to 

2008 

NOx 
lb/MMBtu 
Standard 

TPY NOx 
at 

Standard 

TPY NOx 
Under PSCo 
Alternative 

in 2018 

% Reduction 
Beyond 

Presumptive 
BART 

Arapahoe 
      Unit 3 4,380,121 1,770.47 0.23 503.71 0.00 100.00% 

Unit 4 8,545,791 1,147.67 0.23 982.77 900.0020 8.42% 
Cherokee 

      Unit 1 8,311,352 1,556.23 0.39 1,620.71 0.00 100.00% 
Unit 2 5,586,021 2,895.20 0.39 1,089.27 0.00 100.00% 
Unit 3 8,159,889 1,865.50 0.39 1,591.18 0.00 100.00% 
Unit 4 26,047,648 4,274.00 0.28 3,646.67 2,062.8621  43.43% 

Valmont 13,722,507 2,313.73  0.28 1,921.15 0.00 100.00% 
Pawnee 40,093,753 4,537.73 0.23 4,610.78 1,403.28 69.57% 

Total 114,847,083 20,361 
 

15,966 4,366 72.65% 
 
Figure 6-2 illustrates the year by year reductions achieved by the PSCo BART 
Alternative as compared to the standard derived from the EPA standard based on the 
configuration of each unit and the coal type burned by the unit in the PSCo BART 
Alternative. 
  

                                                           
20 600 tpy NOx from operation of Arapahoe 4 on natural gas as a “peaking” unit and 300 tpy NOx 
reserved for “netting” and “offsets” for additional natural gas generation. The 300 tpy NOx is associated 
with unit 4 for illustrative purposes, but may be associated with either unit. 
21 

Cherokee 4 operating on natural gas at 0.12 lb NOx/mmBTU and 500tpy NOx reserved for “netting” or 
“offsets”. The 500 tpy NOx is associated with unit 4 for illustrative purposes, but may be associated with 
any combination of the units. 
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Figure 6-2: NOx Reductions Beyond Presumptive BART for PSCo Alternative 

 
 
The PSCo BART Alternative provides a reduction of 15,994 tons per year of NOx and  
21,493  tons per year of SO2 from the baseline (average of 2006-2008 actuals) (89% 
and 77% reduction, respectively). These SO2 and NOx reductions provide significantly 
greater reductions as compared to the application of the standard set forth in 70 Fed. 
Reg. 39132-39135 (7/6/2005) applied all the units in the PSCo BART Alternative.  The 
PSCo BART Alternative provides a 71% improvement in NOx reductions (See Table 6-
8) over the presumptive levels, and a 72% improvement in SO2 reductions (See Table 
6-7) over the presumptive levels. This is a significantly higher reduction than would have 
been achieved through the application of the presumptive limits.  The state‟s alternative 
program is thus “clearly superior” to source-specific BART.  See  71 Fed. Reg. at 
60615.  It provides not only for further emission reductions at units, but reflects the 
closure of numerous units, and thus the complete elimination of emissions from those 
units.  Because these measures will provide greater emission reductions and will occur 
within the first planning period, the state has determined that they also satisfy 
reasonable progress for these sources. In this regard, Colorado has reasonably 
concluded that any control requirements imposed in the BART context also satisfy the 
RP related requirements in the first planning period.  See U.S. EPA, “Guidance for 
Setting Reasonable Progress Goals Under the Regional Haze Program,” p. 4-2 (June 
2007). 
Supplemental Technical Analysis Supporting the Alternative measure 
demonstration for the PSCo Alternative 
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In addition to the foregoing demonstration that the PSCo BART Alternative satisfies the 
requirements of 40 CFR 51.308(e)(2) for an approvable alternative to EPA‟s BART 
regulation, the state undertook and provides the following additional technical analyses 
to support its determination that the PSCo BART Alternative demonstrates greater 
reasonable progress than the installation of BART on subject to BART units. 
Colorado also evaluated the NOx reductions of the alternative program based on the 
criteria established by the state for BART and reasonable progress for NOx reductions. 
As part of its five factor consideration the state has elected to generally employ criteria 
for NOx post-combustion control options to aid in the assessment and determinations 
for BART – a $/ton of NOx removed cap, and two minimum applicable Δdv improvement 
figures relating to CALPUFF modeling for certain emissions control types, as follows. 
- For the highest-performing NOx post-combustion control options (i.e., SCR systems 
for electric generating units) that do not exceed $5,000/ton of pollutant reduced by the 
state‟s calculation, and which provide a modeled visibility benefit on 0.50 Δdv or greater 
at the primary Class I Area affected, that level of control is generally viewed as 
reasonable. 
- For lesser-performing NOx post-combustion control options (e.g., SNCR technologies 
for electric generating units) that do not exceed $5,000/ton of pollutant reduced by the 
state‟s calculation, and which provide a modeled visibility benefit of 0.20 Δdv or greater 
at the primary Class I Area affected, that level of control is generally viewed as 
reasonable. 
For the PSCo BART Alternative sources included in the PSCo BART Alternative, SCR 
costs (where technically feasible) are greater than $5,000 per ton of NOx removed or 
the visibility improvement from SCR is less than 0.50 Δdv.  See analysis in appendix C.    
Under the state‟s criteria this would eliminate SCR from further consideration as a 
control alternative for BART and reasonable progress.  Thus, for demonstration 
purposes the state has compared the PSCo BART Alternative with the emission 
reductions achievable by SNCR.  The division used study of SNCR on coal fired boilers 
in the size range of those in the PSCO BART Alternative.  The study showed that the 
SNCR tested achieved a 35% reduction in NOx with less than 2ppm NH3 slip and 54% 
reduction with a 10ppm NH4 slip.22  Because of the high ammonia slip at the higher 
range of NOx removal the division determined that 50% removal was appropriate for 
this comparison.  Thus, for comparative purposes for the PSCo BART Alternative, the 
state will assume that SNCR is applied at a level of NOx reduction, of 50%, to assess 
performance of presumed SNCR on these units as against the PSCo BART Alternative 
for NOx.23  Table 6-9 provides a comparison of the costs for SCR and SNCR as 
provided by PSCo, SNCR at a 50% reduction (calculated from an average of NOx 
actual from 2006-2008 as reported to the Clean Air Markets Division) and the PSCo 
BART Alternative.  

                                                           
22 Environmental Controls Conference, Pittsburgh, PA (5/16/2006 to 5/18/2006) 
23 This level of NOx control efficiency is for comparative purposes only, is an assumed maximum potential 
level of performance, and is not intended to reflect that SNCR on these particular electric generating units 
could, in fact, achieve this level of NOx reduction performance from application of SNCR. 
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Table 6-9: NOx reductions beyond state criteria for PSCo Alternative 

Facility SCR $/ton SNCR 
$/ton 

SNCR TPY at 
50%24 

PSCo 
Alternative 

TPY 

% Reduction 
from SNCR at 
50% Control 

Arapahoe 
     Unit 3 
  

885.23 0 100.00% 
Unit 4 

  
573.83 90025 -56.84% 

Cherokee 
     Unit 1 N/A $8,737 778.12 0 100.00% 

Unit 2 N/A $3,963 1,447.60 0 100.00% 
Unit 3 $10,134 $3,485 932.75 0 100.00% 
Unit 4 $6,252 $2,625 2,137.00 2,06226 3.47% 

Valmont $8,647 $3,328 1,156.87 0 100.00% 
Pawnee $4,371 $3,082 2,268.87 1,403 38.15% 

Total 
  

10,180 4,366 57.11% 
 
The PSCo BART Alternative results in 55% more reduction in NOx than the assumed 
installation of SNCR at all units covered by the PSCo BART Alternative.  A similar 
analysis was not completed for SO2 because the state did not look at SO2 controls for 
reasonable progress as all sources were already controlled. 
For both SO2 and NOx the state also evaluated the PSCo BART Alternative against a 
source by source analysis.   For SO2 the state has done source specific analyses for 
Arapahoe Unit 4, Cherokee Unit 4 and Pawnee.  For the remainder of the sources, for 
demonstration purposes, the state applied an aggressive 95% control level assumption 
to the uncontrolled emissions from those sources.  The 95% was taken both from 
current operations and from uncontrolled emissions calculated using AP-42.27  The 
analysis demonstrates that the alternative proposed is better than the source by source 
analysis by more than 52% as shown in Table 6-10.  Figure 6-3 shows the reductions 

                                                           
24 Fifty percent reduction was taken from an average of 2006-2008 actual NOx emissions as reported to 
the Clean Air Markets Division. 
25 600 tpy NOx from operation of Arapahoe 4 on natural gas as a “peaking” unit and 300 tpy NOx 
reserved for “netting” and “offsets” for additional natural gas generation. 
26 Cherokee 4 operating on natural gas at 0.12 lb NOx/MMBtu and 500 tpy NOx reserved for “netting” or 
“offsets”. 
27 This level of SO2 reduction efficiency is for comparative purposes only, is an assumed maximum 
potential level of performance, and is not intended to reflect that flue gas desulphurization systems on 
these particular electric generating units burning low-sulfur western coal, could, in fact, achieve this level 
of SO2 reduction performance. The AP 42 analysis reflects essentially the uncontrolled emissions from 
these facilities.  This is different from the other analyses provided in this document, and when employing 
a 95% reduction assumption for demonstration purposes for an alternative measure makes the starting 
point for the sources in the Alternative more similar to uncontrolled eastern sources, where a higher sulfur 
content coal is generally utilized, which is more relevant to an assumed 95% reduction of SO2. 
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from the PSCo BART Alternative as compared to the source by source evaluation on a 
year to year basis. 

Table 6-10: SO2 Reductions Beyond Source-By-Source BART for PSCo 
Alternative 

Facility SO2 TPY from 
AP-42 

Source-by-
Source 

SO2 TPY 
from PSCo 
Alternative 

% Reduction 
Beyond Source-

by-Source 
Arapahoe 

    Unit 3 1,076.53 53.82 0.00 100.00% 
Unit 4 2,322.21 1.28 1.28 0.00% 

Cherokee 
    Unit 1 2,803.67 140.18 0.00 100.00% 

Unit 2 2,662.17 133.10 0.00 100.00% 
Unit 3 3,438.79 171.93 0.00 100.00% 
Unit 4 9,779.27 1,953.5728 7.81 99.6% 

Valmont 3,822.73 191.13 0.00 100.00% 
Pawnee 8,342.36 2,405.6229 2,405.63 0.00% 

Total 34,248 5,051 2,415 52.19% 

Figure 6-3: SO2 Reductions Beyond Source-By-Source BART for PSCo 
Alternative 

 
                                                           
28 The Cherokee Unit 4 BART evaluation concluded that a 0.15 lb SO2/mmBTU limit was appropriate 
(See Appendix C).  The TPY value was calculated from the average of 2006-2008 mmBTU values 
reported to the Clean Air Markets Division. 
29 The Pawnee BART evaluation concluded that a 0.12 lb SO2/mmBTU limit was appropriate (See 
Appendix C). The TPY value was calculated from the average of 2006-2008 mmBTU values reported to 
the Clean Air Markets Division. 
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For NOx the state looked at a source by source analysis for Arapahoe Unit 4, Cherokee 
Unit 4 and Pawnee.  For the remainder of the sources, for demonstration purposes, the 
state applied an aggressive 90% control level assumption to the sources.  The 90% was 
taken from emissions calculated using AP-42.30 The source by source analysis 
considered the operation of Arapahoe Unit 4 with natural gas as a peaking unit and 
retaining 300 tpy of NOx for future netting or offsets from Arapahoe, the operation of 
Cherokee Unit 4 on natural gas at 0.12 lb/MMBTU and retaining 500 tpy of NOx from 
Cherokee for future netting, and control of Pawnee with SCR at 0.07 lb/MMBTU.  The 
results of the comparison indicate that the alternative proposed is 49% better than the 
source by source analysis. 

Table 6-11: NOx Reductions Beyond Source-By-Source BART for PSCo 
Alternative  

Facility NOx TPY from 
AP-42 

Source-by-
Source 

NOx TPY from 
PSCo 

Alternative 

% Reduction 
Beyond Source-

by-Source 
Arapahoe 

    Unit 3 2,149.15 214.91 0.00 100.00% 
Unit 4 4,636.00 600 900.0031 -50.00% 

Cherokee 
    Unit 1 3,596.54 359.65 0.00 100.00% 

Unit 2 3,415.03 341.50 0.00 100.00% 
Unit 3 4,411.28 441.12 0.00 100.00% 
Unit 4 7,878.04 2,735.0032 2,062.8633 24.58% 

Valmont 2,061.04 206.10 0.00 100.00% 
Pawnee 7,945.11 3,608.43 1,403.28 61.11% 

Total 36,092 8,507 4,366 48.67% 

 

  

                                                           
30 This level of NOx reduction efficiency is for comparative purposes only, is an assumed maximum 
potential level of performance, and is not intended to reflect that flue gas desulphurization systems on 
these particular electric generating units, could, in fact, achieve this level of NOx reduction performance. 
The AP 42 analysis reflects essentially the uncontrolled emissions from these facilities.   
31 Natural gas operation as a peaking unit limited to 600 tpy with 300 tpy NOx reserved for offsets or 
netting for additional natural gas generation. 
32 Coal fired operation with SNCR at 0.21 lb NOx/MMBtu. 
33 Natural gas operation at 0.12 lb NOx/MMBtu with 500 tpy NOx reserved for offsets or netting. 
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Figure 6-4: NOx Reductions Beyond Source-By-Source BART for PSCo 
Alternative 

 
 
Conclusion 
Under EPA regional haze regulations, Colorado has utilized an emission based 
comparison to demonstrate that that the PSCo BART Alternative provides greater 
reasonable progress than, and is clearly superior to, source by source BART.  Although 
not necessary, as a means of further supporting its demonstration, the state has utilized 
other methodologies to demonstrate that the PSCo BART Alternative achieves greater 
reasonable progress than BART or individual reasonable progress requirements.  The 
PSCo BART Alternative will result in early and significant reductions of visibility 
impairing pollutants. 
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Table 6-12: PSCo Alternative Emissions Limits34, 35, 36 
 

Unit NOx Control 
Type 

NOx Emission 
Limit 

SO2 Control 
Type 

SO2 Emission 
Limit 

Particulate 
Type And 

Limit 
Cherokee 
Unit 1 

Shutdown 
No later than 
7/1/2012 

0 Shutdown 
No later than 
7/1/2012 

0 Shutdown 
No later than 
7/1/2012 

Cherokee 
Unit 2  

Shutdown 
12/31/2011 

0 Shutdown 
12/31/2011 

0 Shutdown 
12/31/2011 

Cherokee 
Unit 3 

Shutdown 
No later than 
12/31/2016 

0 Shutdown 
No later than 
12/31/2016 

0 Shutdown 
No later than 
12/31/2016 

Cherokee 
Unit 4 

Natural Gas 
Operation 
 

0.12 lb/MMBtu 
(30-day rolling 
average) by  
12/31/2017 

Natural Gas 
Operation 
12/31/2017 

7.81 tpy (12 month 
rolling average) 

Fabric Filter 
Baghouse* 
 
0.03 lbs/MMBtu  
 
Natural Gas 
Operation 
12/31/2017  

Valmont 
Unit 5 

Shutdown 
12/31/2017 

0 Shutdown 
12/31/2017 

0 Shutdown 
12/31/2017 

Pawnee 
Unit 1 

SCR**  0.07 lb/MMBtu 
(30-day rolling 
average) by 
12/31/2014 

Lime Spray 
Dryer** 

0.12 lbs/MMBtu 
(30-day rolling 
average) by 
12/31/2014 

Fabric Filter 
Baghouse* 
 
0.03 lbs/MMBtu 

Arapahoe 
Unit 3 

Shutdown 
12/31/2013 

0 Shutdown 
12/31/2013 

0 Shutdown 
12/31/2013 

Arapahoe 
Unit 4 

Natural Gas 
Operation  

600 tpy (12 month 
rolling average) 
by 12/31/2014  

Natural Gas 
operation  
12/31/2014 

1.28 tpy (12 month 
rolling average) 

Fabric Filter 
Baghouse* 
 
0.03 lbs/MMBtu  
 
Natural Gas 
operation 
12/31/2014 

                                                           

** The "assumed" technology reflects the control option found to render the BART emission limit 
achievable.  The "assumed" technology listed for Pawnee in the above table is not a requirement. 
34  Emission rates would begin on the dates specified, the units would not have 30 days of data until 30 
days following the dates shown in the table. 
35 500 tpy NOx will be reserved from Cherokee Station for netting or offsets. 
36  300  tpy NOx will be reserved from Arapahoe Station for netting or offsets for additional natural gas 
generation. 
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Chapter 7  Visibility Modeling and Apportionment 

Modeling results and technical analyses indicate that Colorado sources contribute to 
visibility degradation at Class I areas.  The modeling also shows out-of-state sources 
have the greatest impact on regional haze in Colorado.  As such, this Plan anticipates 
local and regional solutions so that Colorado‟s 12 Class I areas make progress towards 
the 2018 and 2064 visibility goals. 

7.1 Overview of the Community Multi-Scale Air Quality (CMAQ) Model 

The Regional Modeling Center (RMC) Air Quality Modeling group is responsible the 
Regional Haze modeling for the WRAP.  The RMC is located at the University of 
California - Riverside in the College of Engineering Center for Environmental Research 
and Technology. 
The RMC modeling analysis is based on a model domain comprising the continental 
United States using the Community Multi-Scale Air Quality (CMAQ) model.  The EPA 
developed the CMAQ modeling system in the late 1990s. CMAQ was designed as a 
“one atmosphere” modeling system to encompass modeling of multiple pollutants and 
issues, including ozone, PM, visibility, and air toxics.  This is in contrast to many earlier 
air quality models that focused on single-pollutant issues (e.g., ozone modeling by the 
Urban Airshed Model).  CMAQ is an Eulerian model - that is, it is a grid-based model in 
which the frame of reference is a fixed, three-dimensional (3-D) grid with uniformly sized 
horizontal grid cells and variable vertical layer thicknesses.  The key science processes 
included in CMAQ are emissions, advection and dispersion, photochemical 
transformation, aerosol thermodynamics and phase transfer, aqueous chemistry, and 
wet and dry deposition of trace species. 
A detailed summary of the CMAQ modeling for each Class I area is included in Section 
6 of the Technical Support Document. 

7.2 CMAQ Modeling Results for 2018 

Figure 7-1 lists the 2018 Uniform Progress (UP) for each class I area along with the 
visibility modeling forecasts for 2018.  These modeling results were released in 2006 by 
the WRAP and are preliminary; new modeling results with the latest emission estimates 
and control measure benefits are anticipated mid- to late 2007, and additional modeling 
is scheduled to be performed in 2008 and 2009.  The results of this modeling will be 
utilized in defining (RPGs) for all 12 Colorado Class I areas by the year 2010 as 
described in Chapter 9. 
As indicated by the 2006 modeling, reasonable progress for each Class I area falls 
short of meeting 2018 uniform progress for the 20% worst days, as indicated by the 
numbers in the blue highlighted box.   Alternatively, all areas are forecast to maintain 
the best days in 2018. 
More detailed information on the CMAQ modeling for a particular Class I area can be 
found in Section 6 of the Technical Support Document. 
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Figure 7-1 Summary of CMAQ Modeling Progress Towards 2018 UP 

 
 

7.3 Overview of Particulate Matter Source Apportionment Technology (PSAT) Modeling 

The Regional Modeling Center (RMC) at the University of California – Riverside 
developed the PSAT algorithm in the Comprehensive Air quality Model with extensions 
(CAMx) model to assess source attribution.  The PSAT analysis is used to attribute 
particle species, particularly sulfate and nitrate from a specific location within the 
Western Regional Air Partnership (WRAP) modeling domain.  The PSAT algorithm 
applies nitrate-sulfate-ammonia chemistry to a system of tracers or “tags” to track the 
chemical transformations, transport and removal of emissions. 
Each state or region (i.e. Mexico, Canada) is assigned a unique number that is used to 
tag the emissions from each 36-kilometer grid cell within the WRAP modeling domain. 
Due to time and computational limitations, only point, mobile, area and fire emissions 
were tagged. 
The PSAT algorithm was also used, in a limited application (e.g. no state or regional 
attribution) due to resource constraints, to track natural and anthropogenic species of 
organic aerosols at each CIA.  The organic aerosol tracer tracked both primary and 
secondary organic aerosols (POA & SOA). Appendix H includes more information on 
PSAT methodology. 
More detailed information on the PSAT modeling can be found in Section 7 of the 
Technical Support Document for each Class I area. 
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7.4 PSAT Modeling Results for 2018 

Figure 7-2 provides the four highest source areas contributing sulfate and nitrate at 
each Class I area. As indicated, boundary conditions (BC) are the highest contributor to 
sulfate at all Colorado Class I areas.  The boundary conditions represent the 
background concentrations of pollutants that enter the edge of the modeling domain. 
Depending on meteorology and the type of pollutant (particularly sulfate), these 
emissions can be transported great distances that can include regions such as Canada, 
Mexico, and the Pacific Ocean. Colorado appears to be a major contributor of 
particulate sulfate at those Class I areas near significant sources of SO2. 
For nitrate, Colorado appears to be a major contributor at most of our Class I areas 
except for the Weminuche Wilderness, La Garita Wilderness and Black Canyon of 
Gunnison National Park.  Although, boundary conditions also appear to be a major 
contributor of nitrate at all our Class I areas. 

Figure 7-2   Summary of PSAT Modeling for 2018 

 
 
Figure 7-3 identifies the change in the Colorado portion of particulate sulfate and nitrate 
concentrations, from 2002 to 2018 at each Class I area.  For 2018, the PSAT modeling 
forecasts a reduction in the Colorado portion of sulfate at all Class I areas ranging from 
25% to 33%.  These particulate sulfate reductions are due to reductions from point and 
mobile source sulfur dioxide emissions (see Figure 5-1). 
The 2018 forecasts for nitrate appear mixed with increases of 25% to 27% at the 
southwest Colorado Class I areas and nitrate reductions of 9% to 28% at all other 
areas.  The increase in particulate nitrate in southwest Colorado is likely due to forecast 
increases in Colorado‟s and the region‟s NOx emissions from area sources and oil & 
gas development (see Figure 5-2).  The projected particulate nitrate reductions at the 
remaining Class I areas are due to NOx reductions in mobile sources. 
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Figure 7-3   Colorado Share of Modeled Sulfate and Nitrate Changes for 2018 
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Chapter 8  Reasonable Progress 

8.1 Overview of Reasonable Progress Requirements 

Based on the requirements of the Regional Haze Rule, 40 CFR 51.308(d)(1), the state 
must establish goals (expressed in deciviews) for each Class I area in Colorado that 
provide for Reasonable Progress (RP) towards achieving natural visibility conditions in 
2018 and to 2064.  These reasonable progress goals (RPGs) are to provide for 
improvement in visibility for the most-impaired (20% worst) days over the period of the 
State Implementation Plan (SIP) and ensure no degradation in visibility for the least-
impaired (20% best) days over the same period. 
In establishing the RPGs, the state must consider four factors: (1) the costs of 
compliance; (2) the time necessary for compliance; (3) the energy and non-air quality 
environmental impacts of compliance; and (4) the remaining useful life of any potentially 
affected sources.   As well, the state must include a demonstration showing how these 
factors were taken into consideration in selecting the goals. 
In establishing RPGs, the state must estimate the 2018 uniform rate of progress (URP) 
for each Class I area.  The state must consider the URP and the emission reductions 
needed to achieve URP for the period covered by the plan.  If the state ultimately 
establishes a Reasonable Progress Goal that provides for a slower rate of visibility 
improvement than would be necessary to meet natural conditions by 2064, the state 
must demonstrate that the uniform rate is not reasonable and that the state‟s alternative 
goal is reasonable, based on an evaluation of the 4 factors.  In addition, the state must 
provide to the public an assessment of the number of years it would take to achieve 
natural conditions if improvement continues at the rate selected by the state.  The 
detailed discussion of Reasonable Progress Goals can be found in Chapter 9, “Long 
Term Strategy”.  The establishment of the pollutants for RP evaluations and the 
evaluation of significant sources for reasonable progress is presented below. 

8.2 Visibility Impairing Pollutants Subject to Evaluation 

The state conducted a detailed evaluation37 of the six particulate pollutants; ammonium 
sulfate, ammonium nitrate, organic carbon (OC), elemental carbon (EC), fine soil and 
coarse mass (CM) (both of which are commonly known as particulate matter (PM)), 
contributing to visibility impairment at Colorado‟s 12 mandatory Class I federal areas, 
and determined that the first Regional Haze Plan RP evaluation should focus on 
significant point sources of SO2 (sulfate precursor), NOx (nitrate precursor) and PM 
emissions.  Emission sources are best understood for these three visibility-impairing 
pollutants, and stationary, or “point” sources, dominate the emission inventories and 
apportionment modeling.  This determination is based on the well documented point 
source emission inventories for SO2 and NOx, and the Regional Model performance for 
sulfate and nitrate was determined to be acceptable.  Significant point source PM 
emissions are also evaluated because of the Q/d screening methodology (Q = total 
                                                           
37 Significant Source Categories Contributing to Regional Haze at Colorado Class I Areas, October 2, 
2007.  See the Technical support Document 
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SO2, NOx and PM emissions; d = distance from the nearest Class I area, as further 
described in section 8.3), which includes PM emissions.  PM emissions from other 
anthropogenic and natural sources are not being evaluated at this time. 
Mobile and area sources were also identified as significant contributors to nitrates, and 
the RP evaluation of these two source categories is presented in section 8.2 above. 
Generally, the sources of other visibility impairing pollutants, OC, EC, and PM, are not 
well documented because of emission inventory limitations associated with natural 
sources (predominantly wildfires), uncertainty of fugitive (windblown) emissions, and 
poor model performance for these constituents.  Without a sound basis for making 
emission control determinations for sources that emit these three pollutants, Colorado 
determines that it is not reasonable in this planning period to recommend emission 
control measures; the State intends to address these pollutants and their emissions 
sources in future plan updates. 
Figure 8-1 provides the statewide projected 2018 SO2 emissions, which reflects “on-
the-books (OTB)” and “on-the-way (OTW)” emission control measures as of January 
2009 (the latest year for a complete emissions inventory compiled by the Western 
Regional Air Partnership (WRAP)). 
Figure 8-1:  Relative Source Contributions to Colorado SO2 Emissions in 2018 

 
 
As indicated, 78% of total statewide SO2 emissions are from point sources – largely 
coal-fired boilers.  Area source SO2 emissions (14%) are dominated by thousands of 
boilers and internal combustion engines statewide that burn distillate fuel.  Depending 
on use and fuel grade, the maximum sulfur content of distillate fuel ranges between 500 
ppm to 5000 ppm.  SO2 emissions from natural fires are considered uncontrollable and 
vary from year-to-year depending on precipitation, fuel loading and lightning.  Both off-
road and on-road mobile sources are subject to federal ultra-low sulfur diesel (ULSD) 
fuel requirements that limit sulfur content to 15 ppm (0.0015 %) that was in widespread 
use after June 2010 for off-road mobile and June 2006 for on-road mobile. 
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The state has determined that point sources are the dominant source of emissions and, 
for this planning period, the only practical category to evaluate under reasonable 
progress for SO2. 
Figure 8-2 provides the statewide projected 2018 NOx emissions, which reflects OTB 
and OTW emission control measures as of October 2009 (the latest year for a complete 
emissions inventory compiled by the WRAP). 
Figure 8-2:  Relative Source Contributions to Colorado NOx Emissions in 2018 

 
 
Point sources comprise 36% of total NOx emissions that are mostly coal-fired external 
combustion boilers and natural gas-fired internal combustion engines (in oil and gas 
compression service).  On-road and off-road mobile sources comprise 16% and 14% of 
statewide NOx emissions respectively.  A portion of the on-road mobile source NOx 
emissions reflect some level of NOx control because of the Denver metro-area vehicle 
inspection program (IM-240).  Both on/off road mobile also benefit from fleet turnover to 
cleaner vehicles resulting from more stringent federal emission standards.  Because 
mobile exhaust emissions are primarily addressed, and will continue to be addressed, 
through federal programs, mobile sources will not be evaluated by Colorado for further 
RP control in this planning period.  NOx emissions from biogenic activity and natural fire 
are considered uncontrollable and vary from year-to-year.  Non-oil and gas area 
sources comprise about 6% of NOx emissions that involve thousands of combustion 
sources that are not practical to evaluate in this planning period. 
The state has determined that large point sources are the dominant source of emissions 
and for this planning period are practical to evaluate under reasonable progress for 
NOx.  Also, certain smaller point sources and area sources of NOx will also be 
evaluated under RP. 
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8.3 Evaluation of  Smaller Point and Area Sources of NOx for Reasonable Progress 

Oil and gas area source NOx emissions have been determined to significantly 
contribute to visibility impairment in Colorado‟s Class I areas.  Because this source 
category is made up of numerous smaller sources, it is only practical to evaluate the 
category for RP control as a whole, unlike point sources where individual sources are 
evaluated separately.  When reviewing O&G area sources, natural gas-fired heaters, 
and reciprocating internal combustion engines (RICE), are identified as the largest NOx 
emission sources.  When reviewing point sources, natural gas-fired turbines were also 
identified as significant for review for RP. 
8.3.1 Oil and Gas Heater Treaters 

A heater-treater is a device used to remove contaminants from the natural gas at or 
near the well head before the gas is sent down the production line to a natural gas 
processing plant.  It prevents the formation of ice and natural gas hydrates that may 
form under the high pressures associated with the gas well production process.  These 
solids can plug the wellhead. 
The latest 2018 emissions inventory for the state assumes approximately 23,000 tons of 
NOx per year from 26,000 natural gas heater-treaters in Colorado at an emissions level 
of 0.88 tpy NOx per gas well heater-treater.   
Emissions control research and control application for this source category is not well 
developed and has focused primarily on methane reductions.  Though there are some 
technically feasible control options, the costs of compliance and the control 
effectiveness cannot be confidently determined.  While the cumulative emissions make 
this a significant source category, the state determines that, for this planning period, 
requiring the control of 26,000 individual sources less than one ton per year in size is 
not practical or reasonable for reasonable progress. 
A detailed 4-factor analysis for heater treaters can be found in Appendix D. 
8.3.2 Reciprocating Internal Combustion Engines 

Power generated by large reciprocating internal combustion engines (RICE) is generally 
used to compress natural gas or to generate electricity in remote locations.  The 
designation “large” refers to RICE that have an engine rating of at least 100 horsepower 
(hp) for the purpose of this reasonable progress analysis.   
Stationary RICE produce power by combustion of fuel and are operated at various air-
to-fuel ratios.  If the stoichiometric ratio is used, the air and fuel are present at exactly 
the ratio to have complete combustion.  RICE are operated with either fuel-rich ratios at 
or near stoichiometric, which are called rich-burn engines (RB), or air-rich ratios below 
stoichiometric, which are called lean-burn engines (LB).  Undesirable emissions from 
RICE are primarily nitrogen oxides (NOx; primarily nitric oxide and nitrogen dioxide), 
carbon monoxide (CO), and volatile organic compounds (VOCs).  NOx are formed by 
thermal oxidation of nitrogen from the air.  CO and VOCs are formed from incomplete 
combustion.  Rich-burn engines inherently have higher NOx emissions by design, and 
lean burn engines are designed to have relatively lower NOx emissions.  
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Colorado has undertaken regulatory initiatives to control NOx emissions from RICE, 
beginning in 2004.  For the Denver metro area/North Front Range ozone control area, 
Regulation No. 7 was revised to require the installation of controls on new and existing 
rich burn and lean burn RICE larger than 500 hp by May 1, 2005.  Controls for rich burn 
RICE are non-selective catalytic reduction (NSCR) and an air-to-fuel ratio controller, 
which effectively controls NOx (95%), CO and VOCs.  Controls for lean burn RICE are 
oxidation catalyst reduction, which effectively control CO and VOCs.  An exemption 
from control for lean burn RICE could be obtained upon demonstration that cost of 
emission control would exceed $5,000 per ton.  Selective catalytic reduction was 
considered for the control of NOx from lean burn engines, but was dismissed due to the 
high cost/effectiveness at approximately $22,000/ton (see Appendix D for complete 
analysis).  EPA approved this requirement as part of the Colorado SIP on August 19, 
2005 (70 Fed. Reg. 48652 (8/19/05)).   
In December 2008, Colorado proceeded to adopt into Regulation No. 7 similar 
provisions for all existing RICE over 500 hp throughout the state.  By July 1, 2010 all 
existing engines in Colorado, had to install controls as described in the paragraph 
above, with the one exception that the $5,000 per ton exemption applied to both lean 
burn and rich burn engines.  The state-only provision for rich-burn RICE (which reduces 
NOx emissions and is codified in Regulation No. 7, Sections XVII.E.3. and 3.a.) is being 
included as part of the Regional Haze SIP to become federally enforceable upon EPA 
approval.  
For RICE NOx control under the Regional Haze rule, Colorado determines that the 
installation of NSCR on all rich burn RICE throughout the state satisfies RP 
requirements.  The accompanying benefits of reducing VOCs and CO also support this 
RP determination.  Additional NOx control for lean burn RICE throughout the state is not 
reasonable for this planning period. 

For new and modified RICE of 100 hp or greater, the state is relying on emissions 
controls that are required by EPA's New Source Performance Standards (NSPS) Subpart 
JJJJ, 40 CFR Part 60 and EPA’s National Emissions Standards for Hazardous Air 
Pollutants (NESHAP) Subpart ZZZZ, 40 CFR Part 63.  Colorado determines that this 
federal control program satisfies reasonable progress for these sources in this planning 
period.  

For existing RICE less than 500 hp throughout the state, the state determines that no 
additional control is necessary for RP in this planning period.  Colorado‟s emission 
inventory system indicates that in the 2007/2008 timeframe, there were 538 engines 
less than 500 hp in the state, and these engines emitted 5,464 tons/year of NOx.  At an 
average of about 10 tons of NOx emissions per year, controlling engines of this size is 
not reasonable.  Many of these smaller existing engines will eventually be brought into 
JJJJ and ZZZZ when modified in the future, so it is reasonable to assume that additional 
NOx reductions will occur. 
The 2018 emissions inventory assumes approximately 16,199 tons of NOx per year 
from RICE of all sizes in Colorado.  The NOx control achieved by controlling rich burn 
engines in the ozone control area (approximately 7,000 tons/year) is assumed in this 
number.  Controlling the remaining rich burn engines statewide reduces the 2018 RICE 
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NOx emissions inventory by approximately 5,800 tons/year to approximately 10,400 
tons/year.  For new RICE subject to the NSPS and NESHAP, NOx emissions reductions 
have not been estimated.  Because the 2018 estimate of 16,199 tons/year of NOx 
assumed growth in uncontrolled engines and did not account for th NSPS and 
NESHAP, the 10,400 ton/year emissions in 2018 should be even lower.  The remaining 
NOx from engines is attributed to existing lean burn engines which are uncontrolled for 
NOx (though they will eventually be brought into JJJJ and ZZZZ when modified in the 
future), existing rich burn engines after control, small engines, and new RICE after the 
application of JJJJ and ZZZZ. 
A detailed 4-factor analysis for RICE can be found in Appendix D. 
8.3.3 Combustion Turbines 

Combustion turbines fueled by natural gas or oil are either co-located with coal-fired 
electric generating units or as stand-alone facilities.  These units are primarily used to 
supplement power supply during peak demand periods when electricity use is highest.  
Combustion turbine units start quickly and usually operate only for a short time. 
However, they are capable of operating for extended periods.  Combustion turbine units 
are also capable of operating together or independently. 
Information regarding combustion turbine emissions is well recorded in the state‟s air 
emissions inventory.  Typical emissions for this source type may be significant for NOx, 
but pipeline quality natural gas is inherently clean and low-emitting for SO2 and PM10 
emissions.  Combustion turbines are subject to 40 CFR Part 60, Subpart GG – 
Standards of Performance for Stationary Gas Turbines, which limit sulfur content to 0.8 
percent by weight, supported by monitoring and testing.  Subpart GG also limits 
nitrogen oxides to 117.8 percent by volume at 15 percent oxygen on a dry basis 
(60.332(a)(1)), supported by monitoring and testing.  The majority of combustion 
turbines are installed with Continuous Emissions Monitoring Systems (CEMs). 
RP evaluations are triggered for turbines that are co-located at BART or RP sources 
that have been determined to be significant because they have a Q/d impact of greater 
than 20 (see section 8.3 below for a description of this “significance” determination).  
The state analyzed total state-wide combustion turbine emissions averaged over the 
2006 – 2008 Reasonable Progress baseline period.  There are five Reasonable 
Progress facilities with combustion turbines – PSCo Valmont Generating Station, PSCo 
Arapahoe Generating Station, Colorado Springs Utilities Nixon Plant, Platte River Power 
Authority Rawhide Energy Station, and PSCo Pawnee Generating Station.  Of these, 
only two turbines located at the Nixon Plant emit significant levels of visibility impairing 
emissions, as defined by the federal Prevention of Significant Deterioration (PSD) 
significance levels: 

 NOx – 40 tons per year 
 SO2 – 40 tons per year 
 PM10 – 15 tons per year 
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Facility – Turbine 

Total 2006 – 
2008 Averaged 

NOx Annual 
Emissions (tpy) 

Total 2006 – 
2008 Averaged 

SO2 Annual 
Emissions (tpy) 

Total 2006 – 
2008 Averaged 
PM10 Annual 

Emissions (tpy) 

Greater than 
de minimis 

levels? 

Front Range Power 
Plant  –  

Turbine #1 
159.6 2.9 4.9 Yes – NOx 

only 

Front Range Power 
Plant  –  

Turbine #2 
147.9 2.8 4.9 Yes – NOx 

only 

The combustion turbines at the Front Range Power Plant were installed with advanced 
dry-low NOx combustion systems, and based on 2006 – 2008 CEMs data and AP-42 
emission factors, are achieving 89.4% and 90.1% NOx reductions, respectively. 

There is one feasible emission control technology available for these turbines is adding 
post combustion technology – selective catalytic reduction (SCR) which, in good 
working order can achieve removal efficiencies ranging from 65 – 90 percent from 
uncontrolled levels. 
Applying SCR would achieve up to an additional 90% control efficiency to both turbines 
and could result in about 275 tons of NOx reduced annually with a capital expenditure of 
at least $15 million.  The state estimates that SCR for these turbines will range from 
approximately $57,000 - $62,000 per ton of NOx reduced annually.  In the state‟s 
judgment for this planning period for Reasonable Progress, the potential 275 tons per 
year of NOx reductions are not cost-effective.  The state has determined that NOx RP 
for combustion turbines is existing controls and emission limits. 
A detailed 4-factor analysis for combustion turbines can be found in Appendix D. 

8.4 Determination of Point Sources Subject to Reasonable Progress Evaluation 

Colorado refined the RP analysis referred to in Section 8.2 (using the latest WRAP 
emission inventory data) to select specific point sources to evaluate for RP control38.  
This RP screening methodology involves a calculated ratio called “Q-over-d”, that 
evaluates stationary source emissions (mathematical sum of actual SO2, NOx and PM 
emissions in tons per year, denoted as “Q”) divided by the distance (in kilometers, 
denoted as “d”) of the point source from the nearest Class I area. 
The State evaluated the visibility impact sensitivity of different Q/d thresholds and 
determined that a Q/d ratio equal to or greater than “20” approximated a delta deciview 

(Δdv) impact ranging from 0.06 Δdv to 0.56 Δdv.  The resultant average of the range is 
about 0.3 Δdv, which is a more conservative RP threshold than the 0.5 Δdv that was 
used in determining which sources would be subject-to-BART under the federal BART 
regulations.  The delta deciview impact was determined by evaluating CALPUFF 
                                                           
38 Reasonable Progress Analysis of Significant Source Categories Contributing to Regional Haze at 
Colorado Class I Areas, March 31, 2010.  See the Technical Support Document 
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modeling, conducted by the state in 2005, for the ten subject-to-BART stationary 
sources.  Since the Q/d methodology involves consideration of PM emissions, the state 
has added PM (PM-10) emissions to the RP evaluation process. 
The evaluation of potential RP sources involved all Colorado stationary sources with 
actual SO2, NOx or PM10 emissions over 100 tons per year based on Air Pollution 
Emissions Notice (APEN) reports from 2007.  The one-hundred-thirteen (113) sources 
identified as exceeding the 100 tons/year threshold for any of the three pollutants (see 
Figure 8-3) were further analyzed, using ArcGIS mapping, to determine the exact 
distance from the centroid of the source to the nearest Class I area boundary.  The Q/d 
was calculated for each source, and Table 8-1 lists the sixteen (16) point sources that 
are equal to or greater than the Q/d of 20 threshold.  These sixteen sources will be 
referred to as “significant” sources for purposes of reasonable progress. 
Figure 8-3:  Point Sources with >100 TPY of Emissions 
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Table 8-1:  Colorado Significant Point Sources with a Q/d  20 

 
Note that the APEN reports may not represent actual annual emissions, as Colorado 
Regulation 3 requires APEN reports to be updated every five years if no significant 
emissions increases have occurred at the source.  Further, sources do not pay APEN 
emission fees on fugitive dust, thus sources with significant fugitive dust emissions may 
report potential rather than actual emissions in the APEN.  The state contacted sources 
to ensure that actual emissions were used as much as possible since many sources 
over-estimate emissions in APENs.  This ensures that correct emissions are used for 
the purposes of Reasonable Progress. 
Set forth below are summaries of each of the sixteen significant sources.  Many of these 
are BART sources, and emission control analyses and requirements for those sources 
are documented in Chapter 6 of this document.  The BART determinations represent 
best available retrofit control and also satisfy RP requirements, and no further 
assessment of emissions controls for these facilities is necessary for reasonable 
progress during this planning period.  In this regard, the state has already conducted 
BART analyses for its BART sources that are largely based on an assessment of the 
same factors to be addressed in establishing RPGs.  Thus, Colorado has reasonably 
concluded that any control requirements imposed in the BART determination also 
satisfy the RP related requirements in the first planning period.  See U.S. EPA, 
Guidance for Setting Reasonable Progress Goals Under the Regional Haze Program, p. 
4-2 (June 2007). 
1. The state has determined that Platte River Power Authority‟s Rawhide Power Plant 

(unit 1) is a subject-to-RP source and has conducted an emission control analysis 
for the unit (see below). 

2. The CEMEX Portland cement manufacturing facility in Lyons, Colorado, is a subject-
to-BART source that the Division reviewed for best available retrofit controls for 
SO2, NOx and PM emissions.  The state has determined that the CEMEX BART 
determinations for the kiln and the dryer (see Chapter 6) satisfy the SO2, NOx and 
PM BART/RP requirements in this planning period. 

3. The Public Service Company of Colorado (PSCo) Valmont Power Plant (unit 5) is a 
subject-to-BART source that is included in a better than BART alternative for SO2 
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and NOx (see Chapter 6), which satisfies the SO2 and NOx BART/RP requirements 
in this planning period.  For PM, the state has determined that the facility‟s closure 
by 2018 satisfies the PM BART/RP requirements in this planning period. 

4. The Colorado Energy Nations Corporation (CENC) operates two subject-to-BART 
industrial boilers (boilers 4 & 5) that the state reviewed for best available retrofit 
controls for SO2, NOx and PM emissions.  The CENC BART determination for these 
two boilers (see Chapter 6) satisfies the SO2, NOx and PM BART/RP requirements 
in this planning period.  For boiler 3, the state has determined it to be subject-to-RP 
and has conducted an emission control analysis for the boiler (see below). 

5. The PSCo Cherokee Power Plant has four units (1, 2, 3 & 4); unit 4 is a subject-to-
BART source.  All of the units are included in a better than BART alternative for SO2 
and NOx (see Chapter 6), which satisfies the SO2 and NOx BART/RP requirements 
in this planning period.  For PM, the closure of units 1, 2 and 3 by 2018 satisfies the 
PM RP requirements in this planning period.  For unit 4, the BART determination for 
PM emissions satisfies the PM BART/RP requirements in this planning period. 

6. The PSCo Arapahoe Power Plant (units 3 & 4) is a subject-to-RP source that is 
included in a better than BART alternative for SO2 and NOx (see Chapter 6), which 
satisfies the SO2 and NOx BART/RP requirements in this planning period.  For PM, 
the closure of unit 3 by 2018 satisfies the PM RP requirements in this planning 
period; for unit 4 the conversion to repower from coal to natural gas satisfies the PM 
RP requirements in this planning period. 

7. The PSCo Pawnee Power Plant (unit 1) is a subject-to-BART source that is included 
in a better than BART alternative for SO2 and NOx (see Chapter 6), which satisfies 
the SO2 and NOx BART/RP requirements in this planning period.  The BART 
determination for PM emissions satisfies the PM BART/RP requirements in this 
planning period. 

8. The Colorado Springs Utilities (CSU) Drake Power Plant (units 5-7) is a subject-to-
BART source that the state reviewed for best available retrofit controls for SO2, NOx 
and PM emissions.  The Drake BART determination (see Chapter 6) satisfies the 
SO2, NOx and PM BART/RP requirements in this planning period. 

9. The state has determined that the CSU Nixon Plant (unit 1) and the co-located Front 
Range Power Plant are subject-to-RP sources and has conducted emission control 
analyses for these sources (see below). 

10. The state has determined that the Black Hills Energy Clark Power Plant (units 1 and 
2) is a subject-to-RP source and has conducted an emission control analysis for the 
source (see below). 

11. The state has determined that the Holcim Portland cement manufacturing facility 
(kiln and dryer) is subject-to-RP and has conducted an emission control analysis for 
the source (see below). 

12. The PSCo Comanche Power Plant (units 1 and 2) is a subject-to-BART source that 
the state reviewed for best available retrofit controls for SO2, NOx and PM 
emissions.  The Comanche BART determination (see Chapter 6) satisfies the SO2, 
NOx and PM BART/RP requirements in this planning period. 
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13. The state has determined that the Tri-State Generation and Transmission 
Association‟s Nucla Power Plant is subject-to-RP and has conducted an emission 
control analysis for the source (see below). 

14. The state has determined that the PSCo Cameo Power Plant is subject-to-RP.  With 
the closure of the facility by 2012, the SO2, NOx, and PM RP requirements are 
satisfied in this planning period.  A regulatory closure requirement is contained in 
this chapter and in Regulation No. 3.   

15. The PSCo Hayden Power Plant (units 1 & 2) is a subject-to-BART source that the 
state reviewed for best available retrofit controls for SO2, NOx and PM emissions.  
The Hayden BART determination (see Chapter 6) satisfies the SO2, NOx and PM 
BART/RP requirements in this planning period. 

16. The Tri-State Generation and Transmission Association‟s Craig Power Plant has 
three units (1, 2, and 3); units 1 & 2 are subject-to-BART that the Division reviewed 
for best available retrofit controls for SO2, NOx and PM emissions.  The BART 
determinations for units 1 and 2 (see Chapter 6) satisfy the SO2, NOx and PM 
BART/RP requirements in this planning period.  The state has determined that unit 3 
is subject-to-RP and has conducted an emission control analysis for the unit (see 
below). 

Consequently, there are seven significant sources identified as subject-to-RP that 
Colorado has evaluated for controls in the RP analysis process: 

 Rawhide Unit 1 
 CENC Boiler 3 
 Nixon Unit 1  
 Clark Units 1, 2 
 Holcim Kiln, Dryer 
 Nucla 
 Craig Unit 3 

8.5 Evaluation of Point Sources for Reasonable Progress 

In identifying an appropriate level of control for RP, Colorado took into consideration the 
following factors: 
(1) The costs of compliance, 
(2) The time necessary for compliance, 
(3) The energy and non-air quality environmental impacts of compliance, and 
(4) The remaining useful life of any potentially affected sources. 
Colorado has concluded that it also appropriate to consider a fifth factor:  the degree of 
visibility improvement that may reasonably be anticipated from the use of RP controls.  
States have flexibility in how they take these factors into consideration, as well as any 
other factors that the state determines to be relevant. See U.S. EPA, Guidance for 
Setting Reasonable Progress Goals Under the Regional Haze Program, p. 5-1 (June 
2007). 
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8.5.1 Rationale for Point Source RP Determinations 

Similar to the process for determining BART as described in Chapter 6, in making its RP 
determination for each Colorado source, the state took into consideration the five 
factors on a case-by case basis, and for significant NOx controls the state also utilized 
the guidance criteria set forth in Section 6.4.3 consistent with the factors.  Summaries of 
the state‟s facility-specific consideration of the factors and resulting determinations for 
each RP source are provided in this Chapter 8.  Documentation reflecting the state‟s 
analyses and supporting the state‟s RP determinations, including underlying data and 
detailed descriptions of the state‟s analysis for each facility, are provided in Appendix D 
of this document and the TSD. 

8.5.1.1 The costs of compliance.  The Division requested, and the companies 
provided, source-specific cost information for each RP unit.  The cost information 
relates primarily to the installation and operation of new SO2 and NOx control 
equipment.  The cost for each unit is summarized below, and the state‟s consideration 
of this factor for each source is presented in detail in Appendix D. 
8.5.1.2 The time necessary for compliance. 

Regulation No 3, Part F, Section VI.B.4. requires facilities subject to RP determinations 
to submit a compliance plan within 60 days of SIP approval.  Based on Colorado facility 
submittals, the Division anticipates that the time necessary for facilities to complete 
design, permitting, procurement, and system startup, after SIP approval, would be 
approximately 3 - 5 years.  This timeframe may vary somewhat due to the necessary 
major maintenance outage with other regionally affected utilities. 
8.5.1.3 The energy and non-air quality environmental impacts of compliance.  
This factor is typically used to identify non-air issues associated with different types of 
control equipment.  The Division requested, and the companies provided, source-
specific energy and non-air quality information for each RP unit.  The state has 
particular concerns with respect to potential non-air quality environmental impacts 
associated with wet scrubber systems for SO2, as further described below. 
8.5.1.4 The remaining useful life of the source.  For those sources set to retire by 
2018, the state established a regulatory closure requirement in this chapter and in 
Regulation No. 3.  For those sources not expected to retire over the next twenty years, 
this factor did not affect any of the state‟s RP determinations. 
8.5.1.5 The degree of visibility improvement which may reasonably be 
anticipated from the use of RP.  The state took into consideration the degree of 
visibility improvement which may reasonably be anticipated from the use of RP control, 
where relevant and the information was available, although degree of visibility 
improvement is not an express element of four factors to be considered during 
reasonable progress under EPA‟s federal regulations and guidelines.  Modeling 
information where relevant and available for each RP determination is presented below 
and in Appendix D. 
8.5.1.6 Overview of the RP Determinations for Each Source.  This section presents 
an overview of the RP determinations for the significant point sources not addressed in 
Chapter 6. 
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The regional haze rule gives the states broad latitude on how the four statutory factors, 
and any other factors a state deems to be relevant, may be considered to determine the 
appropriate controls for RP.  The Regional Haze rule provides little, if any, guidance on 
specifically how states are to use these factors in making the final determinations 
regarding what controls are appropriate under the rule, other than to consider the 
factors in reaching a determination.  The manner and method of consideration is left to 
the state‟s discretion; states are free to determine the weight and significance to be 
assigned to each factor. 
The Division has reviewed available particulate controls applicable to RP facilities.  
Based on a review of NSPS, MACT and RACT/BACT/LAER, the state has determined 
that fabric filter baghouses are the best PM control available.  The Portland cement 
MACT confirms that “a well-performing baghouse represents the best performance for 
PM”.  See, 74 Fed. Reg. 21136, 21155 (May 6, 2009).  The RACT/BACT/LAER 
Clearinghouse identifies baghouses as the PM control for the newer cement kilns and 
EGUs.  Additional discussion of PM controls, including baghouse controls, is contained 
in the source specific analyses in Appendix D. 
The Division also reviewed various SO2 controls applicable to EGUs and boilers. Two 
of the primary controls identified in the review are wet scrubbers and dry flue gas 
desulphurization (FGD).  Based upon its experience, and as discussed in detail 
elsewhere in this Chapter 8, in Appendix D and in the TSD, the state has determined 
that wet scrubbing has several negative energy and non-air quality environmental 
impacts, including very significant water usage.  This is a significant issue in Colorado 
and the arid West, where water is a costly, precious and scarce resource. There are 
other costs and environmental impacts that the state also considers undesirable with 
respect to wet scrubbers.  For example, the off-site disposal of sludge entails 
considerable costs, both in terms of direct disposal costs, and indirect costs such as 
transportation and associated emissions.  Moreover, on-site storage of wet ash is an 
increasing regulatory concern.  EPA recognizes that some control technologies can 
have significant secondary environmental impacts.  See, 70 Fed. Reg. 39104, 39169 
(July 6, 2005).  EPA has specifically noted that the limited availability of water can affect 
the feasibility and costs of wet scrubbers in the arid West.  These issues were examined 
in each source specific analysis in Appendix D. 
With respect to NOx controls, the state has assessed pre-combustion and post-
combustion controls and upgrades to existing NOx controls, as appropriate. 
When determining the emission rates for each source, the state referred to the available 
literature and considered recent MACT, NSPS and RACT/BACT/LAER determinations 
to inform emission limits.  While relying on source specific information for the final limit, 
and considering that RP relates to retrofitting sources (vs. new or reconstructed 
facilities), a review of other BART and RP determinations used to better substantiate the 
source specific information provided by the source. 
For the purposes of the RP review for the three pollutants that the state is assessing for 
the seven facilities, SO2 and PM have been assessed utilizing the factors on a case by 
case basis to reach a determination. This is primarily because the top level controls for 
SO2 and PM are already largely in use on electric generating units in the state, and 
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certain other sources require a case by case review because of their unique nature.  For 
NOx controls on reasonable progress electric generating units, for reasons described 
below, the state is employing guidance criteria to aid in its RP assessment, largely 
because significant NOx add-on controls are not the norm for Colorado electric 
generating units, and to afford a degree of uniformity in the consideration of control for 
these sources. 
With respect to SO2 emissions, there are currently ten flue gas desulphurization lime 
spray dryer (LSD) SO2 control systems operating at electric generating units in 
Colorado.39  There are also two wet limestone systems in use in Colorado.  The 
foregoing systems have been successfully operated and implemented for many years at 
Colorado sources, in some cases for over twenty years.  The LSD has notable 
advantages in Colorado given the non-air quality consideration of its relatively lower 
water usage in reducing SO2 emissions in the state and other non-air quality 
considerations.  The state has determined in the past that these systems can be cost-
effective for sources in Colorado.  With this familiarity and use of the emissions control 
technology, the state has assessed SO2 emissions control technologies and/or 
emissions rates for the RP sources on a case by case basis in making its control 
determinations. 
With respect to PM emissions, fabric filter baghouses and appropriate PM emissions 
rates are in place at all power plants in Colorado.  Fabric filter baghouse systems have 
been successfully operated and implemented for many years at Colorado sources.  The 
state has determined that fabric filter baghouses are cost effective through their use at 
all coal-fired power plants in Colorado.  With this familiarity and use of the emissions 
control technology, the state has assessed PM emissions control technologies and/or 
emissions rates for the RP sources on a case by case basis in making its control 
determinations. 
With respect to NOx emissions, post-combustion controls for NOx are generally not 
employed in Colorado.  Accordingly, this requires a direct assessment of the 
appropriateness of employing such post-combustion technology at these sources for 
implementation of the Regional Haze rule.  There is only one coal-fired electric 
generating unit in the state that is equipped with a selective catalytic reduction (SCR) 
system to reduce NOx emissions, and that was employed as new technology designed 
into a new facility (Public Service Company of Colorado, Comanche Unit #3, operational 
2010).  There are currently no selective non-catalytic reduction (SNCR) systems in use 
on coal-fired electric generating units in the state to reduce NOx emissions. 
In assessing and determining appropriate NOx controls at significant sources for 
individual units for visibility improvement under the Regional Haze rule, for reasonable 
progress, the state has considered the relevant factors in each instance.  Based on its 
authority, discretion and policy judgment to implement the Regional Haze rule, the state 
has determined that costs and the anticipated degree of visibility improvement are the 
factors that should be afforded the most weight.  In this regard, the state has utilized 
screening criteria as a means of generally guiding its consideration of these factors.  
                                                           
39 EGUs with LSD controls include Cherokee Units 3 & 4, Comanche Units 1, 2 & 3, Craig Unit 3, Hayden 
Units 1 & 2, Rawhide Unit 1, Valmont Unit 5. 
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More specifically, the state finds most important in its consideration and determinations 
for individual units:  (i) the cost of controls as appropriate to achieve the goals of the 
regional haze rule (e.g., expressed as annualized control costs for a given technology to 
remove a ton of Nitrogen Oxides (NOx) from the atmosphere, or $/ton of NOx removed); 
and, (ii) visibility improvement expected from the control options analyzed (e.g., 
expressed as visibility improvement in delta deciview (Δdv) from CALPUFF air quality 
modeling). 
Accordingly, as part of its reasonable progress factor consideration the state has 
elected to generally employ criteria for NOx post-combustion control options to aid in 
the assessment and determinations for BART – a $/ton of NOx removed cap, and two 
minimum applicable Δdv improvement figures relating to CALPUFF modeling for certain 
emissions control types, as follows. 
- For the highest-performing NOx post-combustion control options (i.e., SCR systems 

for electric generating units) that do not exceed $5,000/ton of pollutant reduced by 
the state‟s calculation, and which provide a modeled visibility benefit on 0.50 Δdv or 
greater at the primary Class I Area affected, that level of control is generally viewed 
as reasonable. 

- For lesser-performing NOx post-combustion control options (e.g., SNCR 
technologies for electric generating units) that do not exceed $5,000/ton of pollutant 
reduced by the state‟s calculation, and which provide a modeled visibility benefit of 
0.20 Δdv or greater at the primary Class I Area affected, that level of control is 
generally viewed as reasonable. 

The foregoing criteria guide the state‟s general approach to these policy considerations.  
They are not binding, and the state is free to deviate from this guidance criteria based 
upon its consideration of RP control on a case by case basis. 
The cost criteria presented above is generally viewed by the state as reasonable based 
on the state‟s extensive experience in evaluating industrial sources for emissions 
controls.  For example, the $5,000/ton criterion is consistent with Colorado‟s retrofit 
control decisions made in recent years for reciprocating internal combustion engines 
(RICE) most commonly used in the oil and gas industry.40  In that case, a $5,000/ton 
threshold, which was determined by the state Air Quality Control Commission as a not-
to-exceed control cost threshold, was deemed reasonable and cost effective for an 
initiative focused on reducing air emissions to protect and improve public health.41  The 
$5,000/ton criterion is also consistent with and within the range of the state‟s 
implementation of reasonably achievable control technology (RACT), as well as best 
achievable control technology (BACT) with respect to new industrial facilities.  Control 
                                                           
40

 Air Quality Control Commission Regulation No. 7, 5 C.C.R. 1001-9, Sections XVII.E.3.a.(ii) (statewide 
RICE engines), and XVI.C.4 (8-Hour Ozone Control Area RICE engines). 
41 The RICE emissions control regulations were promulgated by the Colorado Air Quality Control 
Commission in order to: (i) reduce ozone precursor emissions from RICE to help keep rapidly growing 
rural areas in attainment with federal ozone standards; (ii) for reducing transport of ozone precursor 
emissions from RICE into the Denver Metro Area/North Front Range (DMA/NFR) nonattainment area; 
and, (iii) for the DMA/NFR nonattainment area, reducing precursor emissions from RICE directly tied to 
exceedance levels of ozone. 
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costs for Colorado RACT can be in the range of $5,000/ton (and lower), while control 
costs for Colorado BACT can be in the range of $5,000/ton (and higher).   
In addition, as it considers the pertinent factors for reasonable progress, the state 
believes that the costs of control should have a relationship to visibility improvement.  
The highest-performing post-combustion NOx controls, i.e., SCR, have the ability to 
provide significant NOx reductions, but also have initial capital dollar requirements that 
can approach or exceed $100 million per unit.42  The lesser-performing post-combustion 
NOx controls, e.g., SNCR, reduce less NOx on a percentage basis, but also have 
substantially lower initial capital requirements, generally less than $10 million.43  The 
state finds that the significantly different capital investment required by the different 
types of control technologies is pertinent to its assessment and determination.  
Considering costs for the highest-performing add-on NOx controls (i.e., SCR), the state 
anticipates a direct level of visibility improvement contribution, generally 0.50 Δdv or 
greater of visibility improvement at the primary affected Class I Area.44  For the lesser-
performing add-on NOx controls (e.g., SNCR), the state anticipates a meaningful and 
discernible level of visibility improvement that contributes to broader visibility 
improvement, generally 0.20 Δdv or greater of visibility improvement at the primary 
affected Class I Area. 
Employing the foregoing guidance criteria for post-combustion NOx controls, as part of 
considering the relevant factors for reasonable progress, promotes a robust evaluation 
of pertinent control options, including costs and an expectation of visibility benefit, to 
assist in determining what are appropriate control options for the Regional Haze rule. 

  

                                                           
42 See, e.g., Appendix C, reflecting Public Service of Colorado, Comanche Unit #2, $83MM;  Public 
Service of Colorado, Hayden Unit #2, $72MM; Tri-State Generation and Transmission, Craig Station Unit 
#1, $210MM. 
43 See, e.g., Appendix C, reflecting CENC (Tri-gen), Unit #4, $1.4MM;  Public Service Company of 
Colorado, Hayden Unit #2, $4.6MM;  Tri-State Generation and Transmission, Craig Station Unit #1, 
$13.1MM 
44

 The EPA has determined that BART-eligible sources that affect visibility above 0.50 Δdv are not to be 
exempted from BART review, on the basis that above that level the source is individually contributing to 
visibility impairment at a Class I Area. 70 Fed. Reg. at 39161.   Colorado is applying these same criteria 
to RP sources, as a visibility improvement of 0.50 Δdv or greater will also provide significant direct 
progress towards improving visibility in a Class I Area from that facility. 
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8.5.2 Point Source RP Determinations 

The following summarizes the RP control determinations that will apply to each source. 
 
Table 8-2  RP Control Determinations for Colorado Sources 

Emission 
Unit 

Assumed** 
NOx Control 

Type 

NOx Emission 
Limit 

Assumed** 
SO2 Control 

Type 

SO2 Emission 
Limit 

Assumed** 
Particulate 
Control and 

Emission Limit 

Rawhide 
Unit 101 

Enhanced 
Combustion 
Control* 

0.145 lb/MMBtu 
(30-day rolling 
average) 
 

Lime Spray 
Dryer* 

0.11 lb/MMBtu 
(30-day rolling 
average) 
 

Fabric Filter 
Baghouse* 
 
0.03 lb/MMBtu 

CENC 
Unit 3 

No Control 246 tons per year 
(12-month rolling 
total) 

No Control 1.2 lbs/MMBtu 
 

Fabric Filter 
Baghouse* 
 
0.07 lb/MMBtu 

Nixon 
Unit 1 

Ultra-low 
NOx burners 
with Over-
Fire Air 

0.21 lb/MMBtu 
(30-day rolling 
average) 
 

Lime Spray 
Dryer 

0.11 lb/MMBtu 
(30-day rolling 
average) 

Fabric Filter 
Baghouse* 
 
0.03 lb/MMBtu 

Clark 
Units 1 &2 

Shutdown 
12/31/2013 

0 Shutdown 
12/31/2013 

0 Shutdown 
12/31/2013 

Holcim - 
Florence 
Kiln 

SNCR 2.73 lbs/ton clinker 
(30-day rolling 
average) 
 
2,086.8 tons/year 

Wet Lime 
Scrubber* 

1.30 lbs/ton 
clinker 
(30-day rolling 
average) 
 
721.4 tons/year 

Fabric Filter 
Baghouse*  
246.3 tons/year 

Nucla No Control 0.5 lb/MMBtu 
(30-day rolling 
average) 

Limestone 
Injection* 

0.4 lb/MMBtu 
(30-day rolling 
average) 

Fabric Filter 
Baghouse* 
 
0.03 lb/MMBtu 

Craig 
Unit 3 

SNCR 0.28 lb/MMBtu 
(30-day rolling 
average) 
 
 

Lime Spray 
Dryer* 

0.15 lb/MMBtu 
(30-day rolling 
average) 

Fabric Filter 
Baghouse* 
 
0.013 lb/MMBtu 
filterable PM 
 
0.012 lb/MMBtu 
PM10 

Cameo Shutdown 
12/31/2011 

0 Shutdown 
12/31/2011 

0 Shutdown 
12/31/2011 

* Controls are already operating 
** Based on the state's RP analysis, the "assumed" technology reflects the control option found to 

render the RP emission limit achievable.  The "assumed" technology listed in the above table is not a 
requirement.  
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For all RP determinations, approved in the federal State Implementation Plan, the state 
affirms that the RP emission limits satisfy Regional Haze requirements for this planning 
period (through 2017) and that no other Regional Haze analyses or Regional Haze 
controls will be required by the state during this timeframe. 
The following presents an overview of Colorado‟s RP control determinations: 

8.5.2.1 RP Determination for Platte River Power Authority - Rawhide Unit 101 

This facility is located in Larimer County approximately 10 miles north of the town of 
Wellington, Colorado.  Unit 101 is a 305 MW boiler and is considered by the Division to 
be eligible for the purposes of Reasonable Progress, being an industrial boiler with the 
potential to emit 40 tons or more of haze forming pollution (NOx, SO2, PM10) at a facility 
with a Q/d impact greater than 20.  Platte River Power Authority (PRPA) submitted a 
“Rawhide NOx Reduction Study” on January 22, 2009 as well as additional relevant 
information on May 5 and 6, 2010. 

SO2 RP Determination for PRPA Rawhide Unit 101 
Dry FGD Upgrades – As discussed in EPA‟s BART Guidelines, electric generating units 
(EGUs) with existing control achieving removal efficiencies of greater than 50 percent 
do not need to be evaluated for potential removal of controls and replacement with new 
controls.  Rawhide Unit 101 operates a lime spray dryer FGD currently achieving over 
72 percent SO2 reduction.  The state has elected to consider EPA‟s BART Guidelines 
as relevant to the RP evaluation of Rawhide Unit 101 and, therefore, the following dry 
scrubber upgrades were considered. 

 Use of performance additives: Performance additives are typically used with dry-
sorbent injection systems, not semi-dry SDA scrubbers that spray slurry products.  
PRPA and the Division are not aware of SO2 scrubber performance additives 
applicable to the Unit 101 SDA system. 

 Use of more reactive sorbent: Lime quality is critical to achieving the current 
emission limit.  PRPA utilizes premium lime at higher cost to ensure compliance with 
existing limits.  The lime contract requires >92% reactivity (available calcium oxide) 
lime to ensure adequate scrubber performance.  PRPA is already using a highly 
reactive sorbent, therefore this option is not technically feasible. 

 Increase the pulverization level of sorbent: The fineness of sorbents used in dry-
sorbent injection systems is a consideration and may improve performance for these 
types of scrubbers. Again, the Unit 101 SO2 scrubber is a semi-dry SDA type 
scrubber that utilizes feed slurry that is primarily recycle-ash slurry with added lime 
slurry. PRPA recently completed SDA lime slaking sub-system improvements that 
are designed to improve the reactivity of the slaked lime-milk slurry. 

 Engineering redesign of atomizer or slurry injection system: The Unit 101 SDA 
scrubber utilizes atomizers for slurry injection. The scrubber utilizes three reactor 
compartments, each with a single atomizer. PRPA maintains a spare atomizer to 
ensure high scrubber availability. The atomizers utilize the most current wheel-
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nozzle design.  The state and PRPA concur that PRPA utilizes optimal maintenance 
and operations; therefore, a lower SO2 emission cannot be achieved with improved 
maintenance and/or operations. 

Fuel switching to natural gas was determined by the source to be a technically feasible 
option for Rawhide Unit 101, and as provided by PRPA it was evaluated by the state. 
The following tables list the emission reductions, annualized costs and cost 
effectiveness of the control alternatives. 

Rawhide Unit 101 – SO2 Cost Comparisons 

Alternative Emissions 
Reduction (tpy) 

Annualized Cost 
($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
Fuel switching – NG 906 $237,424,331 $262,169 

 
There are no energy and non-air quality impacts associated with this alternative. 
There are no remaining useful life issues for the alternative as the source will remain in 
service for the 20-year amortization period. 
The projected visibility improvements attributed to more stringent SO2 emission limits 
as a demonstration are as follows: 

SO2 Control Method 
SO2 Annual 

Emission Rate 
(lb/MMBtu) 

98th Percentile 
Impact (∆dv) 

Daily Maximum (3-yr) 0.11  
Existing Dry FGD 0.09 0.01 
Dry FGD – tighter limit 0.07 0.03 
Fuel switching – NG  0.00 0.87 

 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix D, the State has determined that SO2 RP is the following SO2 emission rates: 

Rawhide Unit 101: 0.11 lb/MMBtu (30-day rolling average) 
The state assumes that the RP emission limits can be achieved through the installation 
and operation of lime spray dryers (LSD).  The state has determined that these 
emissions rates are achievable without additional capital investment through the four-
factor analysis.  Upgrades to the existing SO2 control system were evaluated, and the 
state determines that meaningful upgrades to the system are not available.  Lower SO2 
limits would not result in significant visibility improvement (less than 0.02 delta deciview) 
and would likely result in frequent non-compliance events and, thus, are not reasonable. 

Particulate Matter RP Determination for PRPA Rawhide 

The state has determined that the existing Unit 101 regulatory emissions limit of 0.03 
lb/MMBtu (PM/PM10) represents the most stringent control option.  The unit is 
exceeding a PM control efficiency of 95%, and the emission limit is RP for PM/PM10.  
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The state assumes that the emission limit can be achieved through the operation of the 
existing fabric filter baghouses. 

NOx RP Determination for PRPA Rawhide 

Enhanced combustion control (ECC), selective non-catalytic reduction (SNCR), fuel 
switching to natural gas (NG), and selective catalytic reduction (SCR) were determined 
to be technically feasible for reducing NOx emissions at Rawhide Unit 101.  Fuel 
switching to natural gas was determined by the source to be a technically feasible 
option for Rawhide Unit 101, and as provided by PRPA it was evaluated by the state. 
The following tables list the emission reductions, annualized costs and cost 
effectiveness of the control alternatives. 

Rawhide Unit 101 - NOx Cost Comparisons 

Alternative Emissions 
Reduction (tpy) 

Annualized Cost 
($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
ECC 448 $288,450 $644 
SNCR 504 $1,596,000 $3,168 
Fuel switching – NG 545 $237,424,331 $435,681 
SCR 1,185 $12,103,000 $10,214 

 
The energy and non-air quality impacts of SNCR are increased power needs, potential 
for ammonia slip, potential for visible emissions, hazardous materials storage and 
handling. 
There are no remaining useful life issues for the alternatives as the sources will remain 
in service for the 20-year amortization period. 
The projected visibility improvements attributed to the alternatives are as follows: 

NOx Control Method 
NOx Annual 

Emission Rate 
(lb/MMBtu) 

98th Percentile 
Impact (∆dv) 

Daily Maximum (3-yr) 0.302  
ECC 0.126 0.45 
SNCR 0.121 0.46 
Fuel Switching – NG 0.118 0.47 
SCR 0.061 0.59 

 
It should be noted that the daily maximum (3-yr) value of 0.302 lb/MMBtu was a 
substituted value from CAMD.  The next highest 24-hour value was 0.222 lb/MMBtu, 
26% lower than the modeled value.  However, the Division did not conduct revised 
modeling since it was determined that it would not change the State‟s RP determination. 
Switching to natural gas was eliminated from consideration due to the excessive 
cost/effectiveness ratio and degree of visibility improvement less than 0.5 dV. 
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Based upon its consideration of the five factors summarized herein and detailed in 
Appendix D, the State has determined that NOx RP for Rawhide Unit 101 is the 
following NOx emission rate: 

Rawhide Unit 1:  0.145 lb/MMBtu (30-day rolling average) 
The state assumes that the RP emission limits can be achieved through the operation of 
enhanced combustion control.  The dollars per ton control cost, coupled with notable 
visibility improvements of 0.45 delta dv, leads the state to this determination.  Although 
SCR achieves better emission reductions, the expense of SCR was determined to be 
excessive and above the guidance cost criteria discussed in section 8.4 above.  SNCR 
would achieve similar emissions reductions to enhanced combustion controls and would 
afford a minimal additional visibility benefit ( 0.01 delta deciview), but at a significantly 
higher dollar per ton control cost compared to the selected enhanced combustion 
controls, so SNCR was not determined to be reasonable by the state. 
A complete analysis that supports the RP determination for the Rawhide facility can be 
found in Appendix D. 

8.5.2.2 RP Determination for Colorado Energy Nations Company (CENC) Boiler 3 

This facility is located adjacent to the Coors brewery in Golden, Jefferson County.  
Boiler 3 is considered by the State to be eligible for the purposes of Reasonable 
Progress, being an industrial boiler with the potential to emit 40 tons or more of haze 
forming pollution (NOx, SO2, PM10) at a facility with a Q/d impact greater than 20.  
CENC submitted a “Reasonable Progress Control Evaluation” on May 7, 2010 as well 
as additional relevant information on February 8, 2010.   

The CENC facility includes five coal-fired boilers that supply steam and electrical power 
to Coors Brewery.  Three of the boilers emit above 40 tons or more of haze forming 
pollution.  Of these three boilers, Units 4 and 5 are subject to BART, and Unit 3 is 
subject to RP.  Unit 3 is rated as follows: 225 MMBtu/hr, which is approximately 
equivalent to 24 MW, based on the design heat rate. 

SO2 RP Determination for CENC – Boiler 3 
Dry sorbent injection (DSI) and fuel switching to natural gas were determined to be 
technically feasible for reducing SO2 emissions from Boiler 3.  Dry FGD is not 
technically feasible for Boiler 3 due to space constraints onsite.  These options were 
considered as potentially RP by the state.  Fuel switching to natural gas was determined 
by the source to be a technically feasible option for Boiler 3, and as provided by PRPA it 
was evaluated by the state. 
Lime or limestone-based wet FGD is technically feasible, but was determined to not be 
reasonable due to adverse non-air quality impacts.  Dry FGD controls were determined 
to be not technically feasible. 
The following tables list the emission reductions, annualized costs and cost 
effectiveness of the control alternatives: 
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CENC Boiler 3 - SO2 Cost Comparison 

Alternative Emissions 
Reduction (tpy) 

Annualized Cost 
($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
DSI – Trona 147 $1,340,661 $9,114 
Fuel Switching – Natural Gas 245 $1,428,911 $5,828 

 
DSI – Trona and fuel switching to natural gas were eliminated from consideration due to 
excessive cost/effectiveness ratio. 
Because there are no reasonable alternatives, there are no energy and non-air quality 
impacts to consider. 
There are no remaining useful life issues for the alternatives as the source will remain in 
service for the 20-year amortization period. 
Based on CALPUFF modeling results for subject-to-BART CENC Units 4 and 5, the 
state determined the further CALPUFF modeling of smaller emission sources at the 
CENC facility would produce minimal visibility impacts (<<0.10 dv). 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix D, the state has determined that SO2 RP is an emission rate of: 

CENC Boiler 3: 1.2 lbs/MMBtu  
Although dry sorbent injection does achieve better emissions reductions, the added 
expense of DSI controls were determined to not be reasonable coupled with the low 
visibility improvement (<< 0.10 dv) afforded. 

Particulate Matter RP Determination for CENC – Boiler 3 

The state has determined that the existing Boiler 3 regulatory emissions limit of 0.07 
lb/MMBtu (PM/PM10) corresponding with the original Industrial Boiler MACT standard 
represents the most stringent control option.  The units are exceeding a PM control 
efficiency of 90%, and the emission limit is RP for PM/PM10.   The state assumes that 
the emission limit can be achieved through the operation of the existing fabric filter 
baghouse. 

NOx RP Determination for CENC – Boiler 3 

Flue gas recirculation (FGR), selective non-catalytic reduction (SNCR), rotating overfire 
air (ROFA) fuel switching to natural gas, and three options for selective catalytic 
reduction (RSCR, HTSCR, and LTSCR) were determined to be technically feasible for 
reducing NOx emissions at CENC Boiler 3.  Fuel switching to natural gas was 
determined by the source to be a technically feasible option for Boiler 3, and as 
provided by CENC  it was evaluated by the state.   
The following tables list the emission reductions, annualized costs and cost 
effectiveness of the control alternatives. 
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CENC Boiler 3 - NOx Cost Comparisons 

Alternative Emissions Reduction 
(tpy) Annualized Cost ($) Cost Effectiveness 

($/ton) 

Baseline 0 $0 $0 

FGR 33.7 $1,042,941 $30,929 

SNCR 50.6 $513,197 $10,146 

Fuel switching – NG 84.3 $1,428,911 $16,950 

ROFA w/ Rotamix 77 $978,065 $9,496 

Regenerative SCR 96.3 $978,065 $10,160 

High temperature SCR 125.6 $1,965,929 $15,651 

Low temperature SCR 144.5 $2,772,286 $19,187 

 
Because there are no reasonable alternatives, there are no energy and non-air quality 
impacts to consider. 
There are no remaining useful life issues for the alternatives as the sources will remain 
in service for the 20-year amortization period. 
Based on CALPUFF modeling results for subject-to-BART CENC Units 4 and 5, the 
state determined the further CALPUFF modeling of smaller emission sources at the 
CENC facility would produce visibility impacts below the guidance visibility criteria 
discussed in section 8.4 above. 
All NOx control options were eliminated from consideration due to the excessive 
cost/effectiveness ratios and small degree of visibility improvement. 
Based on review of historical actual load characteristics of this boiler, the state 
determines to be appropriate an annual NOx ton/year limit based on 50% annual 
capacity utilization based on the maximum capacity year in the last decade (2000).  This 
annual capacity utilization will then have a 20% contingency factor for a variety of 
reasons specific to Boiler 3 further explained in Appendix D. 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix D, the state has determined that NOx RP for Boiler 3 is the following NOx 
emission rate 

CENC Boiler 3: 246 tons/year (12-month rolling total) 
Though other controls achieve better emissions reductions, the expense of these 
options coupled with predicted minimal visibility improvement (<< 0.10 dv) were 
determined to be excessive and above the guidance cost criteria discussed in section 
8.4 of the Regional Haze SIP, and thus not reasonable 
EPA Region 8 notes to the state that a number of control cost studies, such as that by 
NESCAUM (2005), indicate that costs for SNCR or SCR could be lower than the costs 
estimated by the Division in the above BART determination.  However, assuming such 
lower costs were relevant to this source, use of such lower costs would not change the 
state's RP determination because the degree of visibility improvement achieved by 
SNCR or SCR is likely below the state's guidance criteria of 0.2 dv and 0.5 dv, 
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respectively (as demonstrated in the BART determination for CENC Boiler 4).  
Moreover, the incremental visibility improvement associated with SNCR or SCR is likely 
not substantial when compared to the visibility improvement achieved by the selected 
limits.  Thus, it is not warranted to select emission limits associated with either SNCR or 
SCR for CENC Boiler 3. 
A complete analysis that supports the RP determination for the CENC facility can be 
found in Appendix D. 

8.5.2.3 RP Determination for Colorado Springs Utilities’ - Nixon Unit 1  

The Nixon plant is located in Fountain, Colorado in El Paso County.  Nixon Unit 1 and 
two combustion turbines at the Front Range Power Plant are considered by the Division 
to be eligible for the purposes of Reasonable Progress, being industrial sources with the 
potential to individually emit 40 tons or more of haze forming pollution (NOx, SO2, PM10) 
at a facility with a Q/d impact greater than 20.  Colorado Spring Utilities (CSU) provided 
RP information in “NOx and SO2 Reduction Cost and Technology Updates for Colorado 
Springs Utilities Drake and Nixon Plants” Submittal provided on February 20, 2009 and 
additional relevant information on May 10, 2010. 

SO2 RP Determination for CSU – Nixon 
Dry sorbent injection (DSI) and dry FGD were determined to be technically feasible for 
reducing SO2 emissions from Nixon. These options were considered as potentially RP 
by the state.  Lime or limestone-based wet FGD is technically feasible, but was 
determined to not be reasonable due to adverse non-air quality impacts.   
The following tables list the emission reductions, annualized costs and cost 
effectiveness of the control alternatives: 
 

Nixon Unit 1 - SO2 Cost Comparison 

Alternative 
Emissions 
Reduction 

(tpy) 

Annualized Cost 
($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
DSI – Trona 2,473 $9,438,692 $1,997 
Dry FGD @ 78% control  
(0.10 lb/MMBtu annual average) 

3,215 $12,036,604 $3,744 

Dry FGD @ 85% control  
(0.07 lb/MMBtu annual average) 

3,392 $13,399,590 $3,950 

 
The energy and non-air quality impacts of the remaining alternatives are as follows: 

 DSI – reduced mercury capture in the baghouse, fly ash contamination with 
sodium sulfate, rendering the ash unsalable as replacement for concrete and 
rendering it landfill material only 

 Dry FGD – less mercury removal compared to unscrubbed units, significant 
water usage 
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There are no remaining useful life issues for the alternatives as the source will remain in 
service for the 20-year amortization period. 
The projected visibility improvements attributed to the alternatives are as follows: 
 

SO2 Control Method 
Nixon – Unit 1 

SO2 Annual Emission 
Rate (lb/MMBtu) 

98th Percentile Impact 
(Δdv) 

Daily Max (3-yr) 0.45  
DSI 0.18 0.44 
Dry FGD (LSD) 0.10 0.46 
Dry FGD (LSD) 0.07 0.50 

 
The state performed modeling using the maximum 24-hour rate during the baseline 
period, and compared resultant annual average control estimates.  In the state‟s 
experience, 30-day SO2 rolling average emission rates are expected to be 
approximately 5% higher than the annual average emission rate.  The state projected a 
30-day rolling average emission rate increased by 5% for all SO2 emission rates to 
determine control efficiencies and annual reductions. 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix D, the state has determined that SO2 RP is the following SO2 emission rate: 

Nixon Unit 1:  0.11 lb/MMBtu (30-day rolling average) 
The state assumes that the emission limit can be achieved with semi dry FGD (LSD).  A 
lower emissions rate for Unit 1 was deemed to not be reasonable as increased control 
costs to achieve such an emissions rate do not provide appreciable improvements in 
visibility (0.04 delta deciview).  Also, stringent retrofit emission limits below 0.10 
lb/MMBtu have not been demonstrated in Colorado, and the state determines that a 
lower emission limit is not reasonable in this planning period.   
The LSD control for Unit 1 provides 78% SO2 emission reduction at a modest cost per 
ton of emissions removed and result in a meaningful contribution to visibility 
improvement. 

 Unit 1:  $3,744 per ton SO2 removed; 0.46 deciview of improvement 

An alternate control technology that achieves the emissions limits of 0.11 lb/MMBtu, 30-
day rolling average, may also be employed. 

Particulate Matter RP Determination for CSU – Nixon  

The state determines that the existing Unit 1 regulatory emissions limit of 0.03 lb/MMBtu 
(PM/PM10) represents the most stringent control option.  The unit is exceeding a PM 
control efficiency of 95%, and the emission limits is RP for PM/PM10.  The state 
assumes that the emission limit can be achieved through the operation of the existing 
fabric filter baghouse. 
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NOx RP Determination for CSU – Nixon  

Ultra low NOx burners (ULNB), SNCR, SNCR plus ULNB, and SCR were determined to 
be technically feasible for reducing NOx emissions at Nixon Unit 1. 
The following table lists the emission reductions, annualized costs and cost 
effectiveness of the control alternatives. 

Nixon Unit 1 - NOx Cost Comparison 

Alternative Emissions 
Reduction (tpy) 

Annualized 
Cost ($) 

Cost 
Effectiveness 

($/ton) 
Baseline 0 $0 $0  
Ultra-low NOx Burners (ULNBs) 471 $567,000 $1,203 
Overfire Air (OFA) 589 $403,000 $684 
ULNBs+OFA 707 $907,000 $1,372 
Selective Non-Catalytic Reduction (SNCR) 707 $3,266,877 $4,564 
ULNB/SCR layered approach 1,720 $11,007,000 $6,398 
Selective Catalytic Reduction (SCR) 1,720 $11,010,000 $6,400 

 
The energy and non-air quality impacts of the alternatives are as follows: 

 OFA and ULNB – not significant 
 ULNB – not significant 
 SNCR – increased power needs, potential for ammonia slip, potential for visible 

emissions, hazardous materials storage and handling 
There are no remaining useful life issues for the alternatives as the sources will remain 
in service for the 20-year amortization period. 
The projected visibility improvements attributed to the alternatives are as follows: 

NOx Control Method 
Nixon – Unit 1 

NOx Annual Emission Rate 
(lb/MMBtu) 

98th Percentile 
Impact (Δdv) 

Daily Max (3-yr) 0.26  
ULNB 0.21 0.15 
OFA 0.19 0.15 
ULNB+OFA 0.18 0.16 
SNCR 0.18 0.16 
ULNB + SCR 0.07 0.24 
SCR 0.07 0.24 

 
SCR options were eliminated from consideration due to the excessive 
cost/effectiveness ratios and degree of visibility improvement. 
The state performed modeling using the maximum 24-hour rate during the baseline 
period, and compared resultant annual average control estimates.  In the state‟s 
experience and other state BART proposals, 30-day NOx rolling average emission rates 
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are expected to be approximately 5-15% higher than the annual average emission rate.  
The state projected a 30-day rolling average emission rate increased by 15% for all 
NOx emission rates to determine control efficiencies and annual reductions. 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix D, the state has determined that NOx RP for Nixon Unit 1 is the following NOx 
emission rates: 

Nixon Unit 1: 0.21 lb/MMBtu (30-day rolling average) 
The state assumes that the emission limit can be achieved with ultra-low NOx burners 
with over fire air control. The Division notes that the ultra-low NOx burners with over-fire 
air-based emissions limit is the appropriate RP determination for Nixon Unit 1 due to the 
low cost effectiveness.  SNCR would achieve similar emissions reductions at an added 
expense.   Therefore, SNCR was determined to not be reasonable considering the low 
visibility improvement afforded. 
EPA Region 8 notes to the state that a number of control cost studies, such as that by 
NESCAUM (2005), indicate that costs for SNCR or SCR could be lower than the costs 
estimated by the Division in the above RP determination.  However, assuming such 
lower costs were relevant to this source, use of such lower costs would not change the 
state's RP determination because the degree of visibility improvement achieved by 
SNCR or SCR is below the state's guidance criteria of 0.2 dv and 0.5 dv, respectively.  
Moreover, the incremental visibility improvement associated with SNCR or SCR is not 
substantial when compared to the visibility improvement achieved by the selected limits 
(i.e., 0.01 dv for SNCR and 0.09 dv for SCR).  Thus, it is not warranted to select 
emission limits associated with either SNCR or SCR for Nixon Unit 1. 
A complete analysis that supports the RP determination for the Nixon Plant can be 
found in Appendix D. 

8.5.2.4  RP Determination for Black Hills Clark Facility Units 1 and 2  

Black Hills/Colorado Electric Utility Company, LP informed the state that the Clark 
Station in the Cañon City, Colorado area will be shutdown 12/31/2013, resulting in SO2, 
NOx and PM  reductions of approximately 1,457, 861, and 72 tons per year, 
respectively.  Therefore, a four-factor analysis was not necessary for this facility and the 
RP determination for the facility is closure. 

8.5.2.5  RP Determination for Holcim’s Florence Cement Plant 

The Holcim Portland cement plant is located near Florence, Colorado in Fremont 
County, approximately 20 kilometers southeast of Canon City, and 35 kilometers 
northwest of Pueblo, Colorado. The plant is located 66 kilometers from Great Sand 
Dunes National Park. 
In May 2002, a newly constructed cement kiln at the Portland Plant commenced 
operation. This more energy-efficient 5-stage preheater/precalciner kiln replaced three 
older wet process kilns. As a result, Holcim was able to increase clinker production from 
approximately 800,000 tons of clinker per year to a permitted level of 1,873,898 tons of 
clinker per year, while reducing the level of NOX, SO2, and PM/PM10 emissions on a 
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pound per ton of clinker produced basis. As a part of this project, Holcim also installed a 
wet lime scrubber to reduce the emissions of sulfur oxides. 
The Portland Plant includes a quarry where major raw materials used to produce 
Portland cement, such as limestone, translime and sandstone, are mined, crushed and 
then conveyed to the plant site.  The raw materials are further crushed and blended and 
then directed to the kiln feed bin from where the material is introduced into the kiln. 
The dual string 5-stage preheater/precalciner/kiln system features a multi-stage 
combustion precalciner and a rotary kiln.  The kiln system is rated at 950 MMBtu per 
hour of fuel input with a nominal clinker production rate of 5,950 tons per day. It is 
permitted to burn the following fuel types and amounts (with nominal fuel heat values, 
where reported): 

 coal (269,262 tons per year [tpy] @ 11,185 Btu/pound);  
 tire derived fuel (55,000 tpy @ 14,500 Btu/pound);  
 petroleum coke (5,000 tpy @ 14,372 Btu/pound); 
 natural gas (6,385 million standard cubic feet @ 1,000 Btu/standard cubic foot); 
 dried cellulose (55,000 tpy); and  
 oil, including non-hazardous used oil (4,000 tpy @ 12,000 Btu/pound).    

The clinker produced by the kiln system is cooled, grounded and blended with additives 
and the resulting cement product is stored for shipment.  The shipment of final product 
from the plant is made by both truck and rail. 
Emissions from the kiln system, raw mill, coal mill, alkali bypass and clinker cooler are 
all routed through a common main stack for discharge to atmosphere. These emissions 
are currently controlled by fabric filters (i.e., baghouses) for PM/PM10, by the inherent  
recycling and scrubbing of exhaust gases in the cement manufacturing process and by 
a tail-pipe wet lime scrubber for SO2, by burning alternative fuels (i.e., tire-derived fuel 
[TDF]) and using a Low-NOX precalciner, indirect firing, Low-NOX burners, staged 
combustion and a Linkman Expert Control System for NOX, and by the use of good 
combustion practices for both NOX and SO2.In addition to the kiln system/main stack 
emissions, there are two other process points whose PM/PM10 emissions exceed the 
Prevention of Significant Deterioration (PSD) significance level thresholds and were 
considered as a part of this Reasonable Progress analysis:  1) the raw material 
extraction and alkali bypass dust disposal operations associated with the quarry, and 2) 
the cement processing operations associated with the finish mill. Emissions from the 
quarry are currently controlled through a robust fugitive dust control plan and emissions 
from the finish mills are controlled by a series of baghouses. 
Holcim did not initially complete a detailed four-factor analysis, though it did submit 
limited information on the feasibility of post-combustion NOX controls for the kiln system. 
In late October through early December 2010, Holcim did submit detailed information, 
including data on baseline emissions, existing controls and additional control options, 
and visibility modeling to support the reasonable progress determination process. This 
section has been revised to reflect this additional information. 
CALPUFF modeling was conducted by the Division for the kiln system, as a part of our 
original analysis, using a SO2 emission rate of 99.17 lbs/hour, a NOX emission rate of 
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837.96 pounds per hour (lbs/hour), and a PM10 emission rate of 19.83 lbs/hour. The 
modeling indicates a 98th percentile visibility impact of 0.435 delta deciview (Δdv) at 
Great Sand Dunes National Park. Holcim provided additional visibility modeling results 
in a submittal made in late October 2010. 
Because of the high level of existing fugitive dust controls employed at the quarry and 
the baghouse controls already installed on the finish mill emission points, the state has 
determined that no meaningful emission reductions (and thus no meaningful visibility 
improvements) would occur pursuant to any conceivable additional controls on these 
points.  Accordingly, the state has determined that no additional visibility analysis is 
necessary or appropriate since even the total elimination of the emissions from the 
quarry and finish mill would not result in any meaningful visibility improvement. For the 
quarry, the current PM10 emission limitation is 47.9 tpy (fugitive) and for the finish mill it 
is 34.3 tpy (point source). These limitations are included in the existing Holcim Portland 
Plant construction permit. 

SO2 RP Determination for Holcim Portland Plant – Kiln System 

In addition to good combustion practices and the inherent recycling and scrubbing of 
acid gases by the raw materials, such as limestone, used in the cement manufacturing 
process, the Portland Plant kiln system has a tail-pipe wet lime scrubber. Holcim has 
reported that this combination of controls achieves an overall sulfur removal rate of 
98.3% for the kiln system, as measured by the total sulfur input in to the system versus 
the amount of sulfur emitted to atmosphere. Holcim has also reported that they estimate 
that the wet scrubber at the Portland Plant achieves an overall removal efficiency of 
over 90% of the SO2 emissions entering the scrubber. This control technology 
represents the highest level of control for Portland cement kilns. As a result, the state 
did not consider other control technologies as a part of this RP analysis. 
The state did assess the corresponding SO2 emissions rates. The facility is currently 
permitted to emit 1,006.5 tpy of SO2 from the kiln system main stack. At a permitted 
clinker production level of 1,873,898 tpy, this equates to an annual average of 1.08 
pounds of SO2 per ton of clinker (the current permit does not contain an annual pound 
per ton of clinker or a short-term emission limit for SO2).  The actual kiln SO2 emissions 
divided by the actual clinker production for the five-year baseline period used in this 
analysis (2004, 2005, 2006, 2007 and 2008) calculate to an overall annual average rate 
of 0.51 pound of SO2 per ton of clinker, with a standard deviation of 0.26 pound per ton. 
The highest annual emission rate in the baseline years was 0.95 pound per ton of 
clinker. 
As a part of their submittals, Holcim analyzed continuous hourly emission data for SO2. 
The hourly emission data from 2004 to 2008 (baseline years) were used to calculate the 
daily emission rates.  A 30-day rolling average emission rate was calculated by dividing 
the total emissions from the previous 30 operating days by the total clinker production 
from the previous 30 operating days. The 99th percentile of the 30-day rolling average 
data was used to establish the short-term baseline emissions limit of 1.30 pounds of 
SO2 per ton of clinker. The 99th percentile accounts for emission changes due to short-
term and long-term inherent process, raw material and fuel variability. The long-term 
annual limit was calculated at 721.4 tpy by multiplying the long-term baseline SO2 value 
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of 0.77 lb/ton (the mean of 0.51 pound per ton plus one standard deviation of 0.26 
pound per ton) by the annual clinker limit of 1,873,898 tpy, and then dividing by 2,000 
pounds per ton.  
Because there are no changes to the existing controls for SO2, there are no associated 
energy and non-air quality impacts for this determination. There are no remaining useful 
life issues for the source, as the state has presumed that the source will remain in 
service for the 20-year amortization period. 
For the kiln system, based upon our consideration and weighing of the four factors, the 
state has determined that no additional SO2 emissions control is warranted given that 
the Holcim Portland Plant already is equipped with the top performing control 
technologies – the inherent recycling and scrubbing effect of the process itself followed 
by a tail-pipe wet lime scrubber. The RP analysis provides sufficient basis to establish a 
short-term SO2 emission limit of 1.30 pound per ton of clinker on a 30-day rolling 
average basis and a long-term annual emission limit of 721.4 tons of SO2 per year (12-
month rolling total) for the kiln system. There is no specific visibility improvement 
associated with this emission limitation. 
Finally, on August 9, 2010, EPA finalized changes to the New Source Performance 
Standards (NSPS) for Portland Cement Plants and to the Maximum Achievable Control 
Technology standards for the Portland Cement Manufacturing Industry (PC MACT). The 
NSPS requires, new, modified or reconstructed cement kilns to meet an emission 
standard of 0.4 pound of SO2 per ton of clinker on a 30-day rolling average or a 90% 
reduction as measured at the inlet and outlet of the control device. While the new NSPS 
does not apply to the Holcim Portland Plant because it is an existing facility, it is 
important to note that the estimated level of control achieved by Holcim‟s wet scrubber 
(~90%) is consistent with the level of control prescribed by the NSPS for new sources. 

Particulate Matter RP Determination for Holcim Portland Plant – Kiln System 

The state has determined that the existing fabric filter baghouses installed on the kiln 
system represent the most stringent control option.  Holcim has reported a nominal 
control efficiency for the kiln system baghouses at 99.5%. The units are exceeding a 
PM control efficiency of 95% and this control technology represents the highest level of 
control for Portland cement kilns. As a result, the state did not consider other control 
technologies as a part of this RP analysis. 
The state did assess the corresponding PM10 emissions rates. The facility is currently 
permitted to emit 246.3 tpy of PM10 from the kiln system main stack (includes emissions 
from the clinker cooler). At a permitted clinker production level of 1,873,898 tpy, this 
equates to an annual average of 0.26 pound of PM10 per ton of clinker (the current 
permit does not contain an annual pound per ton of clinker or a short-term emission limit 
for PM10).  The actual kiln system PM10 emissions divided by the actual clinker 
production for the five-year baseline period used in this analysis (2004, 2005, 2006, 
2007 and 2008) average to a rate of 0.16 pound of PM10 per ton of clinker (combined 
emissions from main stack). This value is derived from the limited annual stack test 
data, which are effectively snapshots in time, and does not take into account the short-
term inherent variability in the manufacturing process, raw material and fuel. 
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Because there are no changes to the existing controls for PM10, there are no associated 
energy and non-air quality impacts for this determination. There are no remaining useful 
life issues for the source, as the state has presumed that the source will remain in 
service for the 20-year amortization period. 
As a part of our original analysis, the state modeled possible visibility improvements 
associated with two emission rates – the baseline emission rate of 0.08 pound of PM10 
per ton of clinker (19.83 lbs/hour) and a rate of 0.04 pound of PM10 per ton of clinker 
(9.92 lbs/hour). This analysis assumed the baseline emissions were all attributable to 
the kiln (i.e., no contribution from the clinker cooler) to assess the impact of a possible 
reduction of the kiln emission limit. There was no change to the 98th percentile impact 
deciview value from 19.83 lbs/hour to 9.92 lbs/hour and therefore, no visibility 
improvement associated with this change. The state‟s modeling results showed that the 
most significant contributors to the visibility impairment from the Portland Plant were 
nitrates (NO3) followed by sulfates (SO4).The contribution of PM10 to the total visibility 
impairment was insignificant in the analysis. The level of PM10 emissions evaluated had 
no discernable impact on visibility. 
For the kiln system, based upon our consideration and weighing of the four factors and 
the very limited impact of PM10 emissions from the kiln system on visibility impairment, 
the state has determined that no additional PM10 emissions control is warranted given 
that the Holcim Portland Plant already is equipped with the top performing control 
technology – fabric filter baghouses. These baghouses and the current permit limit of 
246.3 tpy of PM10 (12-month rolling total) from the kiln system main stack (including 
emissions from the clinker cooler) represent RP for this source. Furthermore, the 
Portland Plant is subject to the PC MACT and the recent amendments to the PC MACT 
include new, lower standards for PM emissions. As an existing facility, the Portland 
Plant kiln system will be subject to this standard once it becomes effective on 
September 9, 2013.  Compliance with the new PC MACT PM emission standards will 
result in further reductions in the PM10 emissions. 

NOX RP Determination for Holcim Portland Plant – Kiln System 

There are a number of technologies available to reduce NOX emissions from the 
Portland Plant kiln system below the current baseline emissions level (the current 
configuration already includes indirect firing, low-NOX burners, staged combustion, a 
low-NOX precalciner, and a Linkman Process Control Expert system). These include 
water injection (the injection of water or steam into the main flame of a kiln to act as a 
heat sink to reduce the flame temperature), and selective non-catalytic reduction 
(SNCR). These technologies were determined to be technically feasible and appropriate 
for reducing NOX emissions from Portland cement kilns. 
As further discussed in Appendix D, the state has determined that selective catalytic 
reduction (SCR) is not commercially available for the Portland Plant cement kiln system.  
Presently, SCR has not been applied to a cement plant of any type in the United States.  
Holcim notes that the major SCR vendors have either indicated that SCR is not 
commercially available for cement kilns at this time, or if they are willing to provide a 
quotation for an SCR system, the associated limitations that are attached with the quote 
severely undercut the efficacy of the system.  The state does not believe that a limited 
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use - trial basis application of an SCR control technology on three modern kilns in 
Europe constitutes reasonable “available” control technology for purposes of RP at the 
Holcim Portland Plant.  The state believes that commercial demonstration of SCR 
controls on a cement plant in the United States is appropriate when considering whether 
a control technology is “available” for purposes of retrofitting such control technology on 
an existing source. 
In the preamble to the recently finalized changes to the Portland Cement MACT/NSPS, 
EPA stated: “However, although SCR has been demonstrated at a few cement plants in 
Europe and has been demonstrated on coal-fired power plants in the US, the Agency is 
not satisfied that it has been sufficiently demonstrated as an off-the-shelf control 
technology that is readily applicable to cement kilns.” Based on our research and EPA‟s 
analysis for the MACT/NSPS standards, the state has eliminated SCR as an available 
control technology for purposes of this RP analysis. 
The design of the Holcim Portland Plant does allow for the effective use of Selective 
Non-Catalytic Reduction (SNCR), which requires ammonia-like compounds to be 
injected into appropriate locations of the preheater/precalciner vessels where 
temperatures are ideal (between 1600-2000ºF) for reducing NOX to elemental nitrogen. 
Holcim has indicated to the state that SNCR is technically and economically feasible for 
the Portland Plant. In April 2008, Holcim provided information to the state on SNCR 
systems that was based on trials that were conducted at the plant in the 4th quarter of 
2006. Holcim estimated that NOX emissions could be reduced in the general range of 60 
to 80% (based on a 1,000 pound per hour emission rate) at an approximate cost of 
$1,028 per ton. This was based on a short-term testing and showed considerable 
ammonia slip which could cause significant environmental, safety and operational 
issues. 
The facility is currently permitted to emit 3,185.7 tpy of NOX from the kiln system main 
stack. At a permitted clinker production level of 1,873,898 tpy, this equates to an annual 
average of 3.40 pounds of NOX per ton of clinker (the current permit does not contain 
an annual pound per ton of clinker or a short-term emission limit for NOX). The actual 
kiln NOX emissions divided by the actual clinker production for the five-year baseline 
period used in this analysis (2004, 2005, 2006, 2007 and 2008) calculate to an overall 
annual average rate of 3.43 pounds of NOX per ton of clinker, with a standard deviation 
of 0.21 pound per ton. The highest annual emission rate in the baseline years was 3.67 
pounds per ton of clinker. 
As a part of their submittals, Holcim analyzed continuous hourly emission data for NOX. 
The hourly emission data from 2004 to 2008 (baseline years) were used to calculate the 
daily emission rates.  A 30-day rolling average emission rate was calculated by dividing 
the total emissions from the previous 30 operating days by the total clinker production 
from the previous 30 operating days. The 99th percentile of the 30-day rolling average 
data was used to establish the short-term baseline emission rate of 4.47 pounds of NOX 
per ton of clinker. The 99th percentile accounts for emission changes due to short-term 
and long-term inherent process, raw material and fuel variability. 
Holcim is permitted to burn up to 55,000 tpy of TDF annually and has been using TDF 
during the baseline years.  Use of TDF as a NOX control strategy has been well 
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documented and recognized by EPA. A reduction in NOX emissions of up to 30% to 
40% has been reported. Since the TDF market and possible associated TDF-use 
incentives are unpredictable and TDF‟s long-term future availability is unknown, the 
baseline emission rate was adjusted upward by a conservative factor of 10% to account 
for the NOX reduction in the baseline years as a result of the use of TDF during this 
baseline period that might not be available in future years. This increased the baseline 
30-day rolling average emissions rate from 4.47 to 4.97 pounds of NOX per ton of 
clinker. 
An SNCR control efficiency of 50% is feasible for the Portland Plant kiln that already 
has number of technologies available to reduce NOX emissions including indirect firing, 
low-NOX burners, staged combustion, a low-NOX precalciner, and a Linkman Process 
Control Expert system.  However, to achieve the necessary system configuration and 
temperature profile, SNCR will be applied at the top of the preheater tower and thus the 
alkali bypass exhaust stream cannot be treated.  To achieve the proper cement product 
specifications, the Portland Plant alkali bypass varies from 0 - 30% of main kiln gas 
flow.  Adjusting by 10%, (conservative estimate) for the alkali bypass to account for the 
exhaust gas that is not treated (i.e., bypassed) by the SNCR system, the overall SNCR 
control efficiency for the main stack will be 45%. 
Based on the above discussion, the 30-day rolling average short-term limit was 
calculated at 2.73 pounds of NOX per ton of clinker by adjusting upward the short-term 
baseline emission rate of 4.47 pounds of NOX per ton clinker by 10% for TDF and then 
accounting for SNCR 45% overall control efficiency [4.47/0.9*(1-0.45) = 2.73]. The long-
term annual limit was calculated at 2,086.8 tpy by adjusting upward the annual baseline 
emission rate of 3.64 lbs/ton clinker (the mean of 3.43 pounds per ton plus one standard 
deviation of 0.21 pound per ton) by 10% for TDF and then accounting for SNCR 45% 
overall control efficiency [3.64/0.9*(1-0.45) = 2.23 lb/ton]. This calculated value of 2.23 
pounds per ton was then multiplied by the annual clinker limit of 1,873,898 tpy, and then 
divided by 2,000 pounds per ton to arrive at the 2,086.8 tpy NOX limit. 
Because SNCR with existing LNB is technically and economically feasible, the state did 
not further consider water injection because the level of control associated with this 
option is not as high as with SNCR. 
The following table lists the most feasible and effective option (SNCR): 

NOx Control Technology 
Estimated 

Control 
Efficiency 

30-day Rolling 
Average Emissions 
(lb/ton of Clinker)  

Annual Controlled 
NOx Emissions 

(tpy) 
Baseline NOx Emissions - 4.97 3,185.7* 
SNCR  w/ existing LNB  45%** 2.73 2,086.8 

* Defaulted to the permit limit since the calculated baseline was higher. 
** This is calculated based on the 50% SNCR removal efficiency and 10% bypass 

 
There are no significant associated energy and non-air quality impacts for SNCR in 
operation on a Portland cement plant. There are no remaining useful life issues for the 
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source, as the state has presumed that the source will remain in service for the 20-year 
amortization period. 
The following table lists the emission reductions, annualized costs and the control cost 
effectiveness for the feasible controls: 

Holcim Portland Plant – Kiln System 

NOx Control 
Technology 

NOx Emission 
Reduction 
(tons/yr) 

Annualized 
Cost ($/yr) 

Cost 
Effectiveness 

($/ton) 

Incremental Cost 
Effectiveness 

($/ton) 

Baseline NOx 
Emissions -    

SNCR  w/existing LNB 
(45% control) 1,098.9 $2,520,000* $2,293 - 

* Annualized cost is based on the estimates provided by Holcim. The state believes that the $2,293/ton 
value is generally representative of control costs for the scenario evaluated in this RP analysis. 
 
As a part of their late October 2010 submittals, Holcim provided modeling data for their 
proposed NOX RP limitations. The following table lists the projected visibility 
improvements for NOX controls, as identified by Holcim: 
 

Holcim Portland Plant – Kiln System 

NOx Control Method 98th Percentile 
Impact (Δdv) 

98th Percentile 
Improvement (Δdv) 

Maximum (24-hr max) 
(based on modeled emission rates of 1,363 
lb/hr NOx, 586 lb/hr SO2, 86.4 lb/hr PM10) 

0.814 N/A 

SNCR w/ existing LNB  
(45% overall NOX control efficiency) 

Limits of 2.73 lb/ton (30-day rolling average) 
and 2,086.8 tons per year 
(based on modeled emission rates of 750 lb/hr 
NOX, 586 lb/hr SO2, 86.4 lb/hr PM10) 

0.526 0.288 

 
For the kiln, the state has determined that SNCR w/existing LNB is the best NOX control 
system available with NOX RP emission limits of 2.73 pounds per ton of clinker (30-day 
rolling average) and 2,086.8 tons per year (12-month rolling total).  The emissions rate 
and the control efficiency reflect the best performance from the control options 
evaluated.  This RP determination affords the most NOX reduction from the kiln system 
(1,098.9 tpy) and contributes to significant visibility improvement. 
A complete analysis that further supports the RP determination for the Holcim Portland 
Plant can be found in Appendix D. 
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8.5.2.6  RP Determination for Tri-State Generation and Transmission 
Association’s Nucla Facility 

The Tri-State Nucla Station is located in Montrose County about 3 miles southeast of 
the town of Nucla, Colorado.  The Nucla Station consists of one coal fired steam driven 
electric generating unit (Unit 4), with a rated electric generating capacity of 110 MW 
(gross), which was placed into service in 1987.  Nucla Unit 4 is considered by the 
Division to be eligible for the purposes of Reasonable Progress, being an industrial 
boiler with the potential to emit 40 tons or more of haze forming pollution (NOx, SO2, 
PM10) at a facility with a Q/d impact greater than 20.  Tri-State Generation and 
Transmission Association (Tri-State) provided information relevant to RP to the Division 
on December 31, 2009, May 14, 2010, June 4, 2010 and July 30, 2010. 

SO2 RP Determination for Nucla – Unit 4 

Limestone injection improvements, a spray dry absorber (SDA) system (or dry FGD), 
limestone injection improvements with a SDA, hydrated ash reinjection (HAR), and HAR 
with limestone injection improvements were determined to be technically feasible for 
reducing SO2 emissions from Nucla Unit 4.  Study-level information for HAR systems at 
Nucla or any other EGU in the western United States were not available for use in 
evaluating costs.  Since the option to install a dry FGD alone (even without improving 
limestone injection) provides a better estimated control efficiency than a HAR system 
plus limestone injection improvements, the HAR system was not considered further in 
this analysis. 
The following tables list the emission reductions, annualized costs and cost 
effectiveness of the control alternatives: 

Nucla Unit 4 - SO2 Cost Comparison 

Alternative Emissions 
Reduction (tpy) 

Annualized Cost 
($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
Limestone Injection 
Improvements 

526 $914,290 $4,161 

Spray Dry Absorber (dry 
FGD) 

1,162 $7,604,627 $6,547 

Limestone Injection 
Improvements + dry FGD 

1,254 $9,793,222 $7,808 

 
A dry FGD system, or limestone injection improvements plus dry FGD system, were 
eliminated from consideration by the state as unreasonable during this planning period 
due to:  1) the excessive costs, 2) that they would require replacement of an existing 
system and installation of a completely new system (with attendant new capital costs 
and facility space considerations), and 3) the lack of modeled visibility affects 
associated with these particular SO2 reductions. 
There is no energy and non-air quality impacts associated with limestone injection 
improvements.  For dry FGD, the energy and non-air quality impacts include less 
mercury removal compared to unscrubbed units and significant water usage. 
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There are no remaining useful life issues for alternatives as the source will remain in 
service for the 20-year amortization period. 
Due to time and domain constraints, projected visibility improvements were not modeled 
by the state for this analysis. 
Nucla already has a system in place to inject limestone into the boiler as required by 
current state and federal air permits.  This system achieves an approximate 70% SO2 
emissions reduction capture efficiency at a permitted emission rate of 0.4 lbs/MMBtu 
limit.  Increased SO2 capture efficiency (85%) with the existing limestone injection as an 
effective system upgrade, by use of more limestone (termed “limestone injection 
improvements”) was evaluated and determined to not be feasible under certain 
operating conditions.  The system cannot be „run harder‟ with more limestone to achieve 
a more stringent SO2 emission limit; the system would have to be reconstructed or 
redesigned with attendant issues, or possibly require a new or different SO2 system, to 
meet an 85% capture efficiency. 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix D, the state has determined that the existing permitted SO2 emission rate for 
Unit 4 satisfies RP: 

Nucla Unit 4: 0.4 lb/MMBtu (30-day rolling average) 
The state assumes that the emission limit can be achieved through the operation of the 
existing limestone injection system.   

PM10 RP Determination for Nucla – Unit 4 

The state has determined that the existing regulatory emissions limit of 0.03 lb/MMBtu 
represents the most stringent control option.  The unit is exceeding a PM control 
efficiency of 95%, and the emission limit is RP for PM/PM10.  The state assumes that 
the emission limit can be achieved through the operation of the existing fabric filter 
baghouse. 

NOx RP Determination for Nucla – Unit 4 

Selective non-catalytic reduction (SNCR) was determined to be technically feasible for 
reducing NOx emissions at Nucla Unit 4.  SCR is not technically feasible on a circulating 
fluidized bed coal-fired boiler, and is otherwise not cost-effective, as discussed in 
Appendix D.  With respect to SNCR, however, there is substantial uncertainty 
surrounding the potential control efficiency achievable by a full-scale SNCR system at a 
CFB boiler burning western United States coal.  The state and Tri-State‟s estimates 
vary between 10 – 40% NOx reduction potential, which correlates to between $3,000 - 
$17,000 per ton NOx reduced and may result in between 100 to 400 tons NOx reduced 
per year. 
The energy and non-air quality impacts of SNCR are increased power needs, potential 
for ammonia slip, potential for visible emissions, hazardous materials storage and 
handling. 
There are no remaining useful life issues for the alternatives as the sources will remain 
in service for the 20-year amortization period. 
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Due to time and domain constraints, projected visibility improvements were not modeled 
by the state for this analysis.  There are several qualitative reasons that NOx controls 
may be warranted at Nucla.  First, NOx control alternatives may result in between 100 – 
400 tons of NOx reduced annually.  Second, Nucla is within 100 kilometers in proximity 
to three Class I areas, depicted in the figure above, and within approximately 115 
kilometers to five Class I areas, including Utah‟s Canyonlands and Arches National 
Parks.  Third, Nucla has a limited, small-scale SNCR system for emissions trimming 
purposes installed. 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix D, the State has determined that NOx RP for Nucla Unit 4 is no control at the 
following NOx emission rate: 

Nucla Unit 4: 0.5 lb/MMBtu (30-day rolling average) 

Additional Analyses of SO2 and NOx Controls for Nucla 

As state-only requirements of this Reasonable Progress determination, the Commission 
requires, and Tri-State agrees, that Tri-State conduct a comprehensive four factor 
analysis of all SO2 and NOx control options for Nucla using site-specific studies and 
cost information and provide to the state a draft analysis by July 1, 2012.  A protocol for 
the four-factor analysis and studies will be approved by the Division in advance.  The 
analysis will include enhancements or upgrades to the existing limestone injection 
system for increased SO2 reduction performance, other relevant SO2 control 
technologies such as lime spray dryers and flue gas desulfurization, and all NOx control 
options.  A final analysis that addresses the state‟s comments shall be submitted to the 
state by January 1, 2013.  By January 1, 2013, Tri-State shall also conduct appropriate 
cost analyses, study and, if deemed necessary by the state and the source, testing, as 
approved by the Division, to inform what performance would be achieved by a full-scale 
SNCR system at Nucla to determine potential circulating fluidized bed (CFB) boiler-
specific NOx control efficiencies.  By January 1, 2013, Tri-State shall conduct CALPUFF 
modeling in compliance with the Division‟s approved BART-modeling protocol to 
determine potential visibility impacts the different SO2 and NOx control scenarios for 
Nucla.  Finally, Tri-State shall propose to the state any preferred SO2 and NOx 
emission control strategies for Nucla by January 1, 2013. 
A complete analysis that supports the RP determination for the Nucla facility can be 
found in Appendix D. 

8.5.2.7  RP Determination for Tri-State Generation and Transmission 
Association’s Craig Facility Unit 3 

The Tri-State Craig Station is located in Moffat County about 2.5 miles southwest of the 
town of Craig, Colorado.  This facility is a coal-fired power plant with a total net electric 
generating capacity of 1264 MW, consisting of three units. Units 1 and 2, rated at 4,318 
mmBtu/hour each (net 428 MW), were placed in service in 1980, and 1979, 
respectively.  Construction of Unit 3 began in 1981 and the unit commenced operation 
in 1984.   Craig Units 1 and 2 are subject to BART.  Craig Unit 3 is considered by the 
Division to be eligible for the purposes of Reasonable Progress, being an industrial 
boiler with the potential to emit 40 tons or more of haze forming pollution (NOx, SO2, 
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PM10) at a facility with a Q/d impact greater than 20.  Tri-State Generation and 
Transmission Association (Tri-State) provided information relevant to RP to the Division 
on December 31, 2009, May 14, 2010, June 4, 2010 and July 30, 2010. 

SO2 RP Determination for Craig – Unit 3 

Dry FGD Upgrades - As discussed in EPA‟s BART Guidelines, electric generating units 
(EGUs) with existing controls achieving removal efficiencies of greater than 50 percent 
do not need to be evaluated for potential removal of controls and replacement with new 
controls.  Craig Unit 3 operates a [lime spray dryer FGD] currently achieving over 80 
percent SO2 reduction.  The state considers EPA‟s BART Guidelines relevant to the RP 
evaluation of Craig Unit 3 and, therefore, the following dry scrubber upgrades were 
considered. 

 Use of performance additives: Performance additives are typically used with dry-
sorbent injection systems, not semi-dry SDA scrubbers that spray slurry products.  
Tri-State and the Division are not aware of SO2 scrubber performance additives 
applicable or commercially available for the Unit 3 SDA system.   

 Use of more reactive sorbent/Increase the pulverization level of sorbent: The 
purchase and installation of two new vertical ball mill slakers improved the ability to 
supply high quality slaked (hydrated) lime.  A higher quality slaked lime slurry means 
a more reactive sorbent.  Typically, slakers are not designed for particle size 
reduction as part of the slaking process.  However, the new vertical ball mill slakers 
are particularly suited for slaking lime that is a mixture of commercial pebble lime 
and lime fines.  Fines are generated at the Craig facility in the pneumatic lime 
handling system.  Therefore, the Division concurs that TriState cannot use a more 
reactive sorbent or increase the pulverization level of sorbent. 

 Engineering redesign of atomizer or slurry injection system: Both the slaked lime 
slurry and recycled ash slurry preparation and delivery systems were redesigned to 
improve overall performance and reliability.  The improved system allows for slurry 
pressure control at both the individual reactor level and for each slurry injection 
header level on each reactor.  Tri-State notes that consistent control of slurry 
parameters (pressure, flow, composition) promotes consistent and reliable SO2 
removal performance.  The Division concurs that with the recent redesign of the 
slurry injection system and expansion to two trains of recycled ash slurry 
preparation, no further redesigns are possible at this time. 

Therefore, there are no technically feasible upgrade options for Craig Station Unit 3.  
However, the state evaluated the option of tightening the emission limit for Craig Unit 3 
and determined that a more stringent 30-day rolling SO2 limit of 0.15 lbs/MMBtu 
represents an appropriate and reasonable level of emissions control for this dry FGD 
control technology.  Upon review of 2009 emissions data from EPA‟s Clean Air Markets 
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Division website, the state has determined that this emissions rate is achievable without 
additional capital investment. 
The projected visibility improvements attributed to the alternatives are as follows: 

SO2 Control Method 
Craig – Unit 3 

SO2 Emission Rate 
(lb/MMBtu) 

98th Percentile Impact 
(Δdv) 

Daily Maximum (3-yr) 0.33  
Dry FGD 0.15 0.26 
Dry FGD 0.07 0.38 

 
The current SO2 emission limits for Craig 3 are: 

 0.20 lb/MMBtu averaged over a calendar day, to be exceeded no more than 
once during any calendar month; 

 80% reduction of the potential combustion concentration of SO2, determined on 
a 30-day rolling average basis 

 2,125 tons/year annual emission limit 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix D, the state has determined that SO2 BART is the following SO2 emission 
rates: 

Craig Unit 3: 0.15 lb/MMBtu (30-day rolling average) 
The state assumes that the emission limit can be achieved through the operation of 
existing dry FGD controls.  An SO2 limit lower than 0.15 lbs/MMBtu would not result in 
significant visibility improvement (less than 0.2 delta deciview) and would likely result in 
frequent non-compliance events and, thus, is not reasonable. 

PM10 RP Determination for Craig – Unit 3 

The State has determined that the existing Unit 3 regulatory emissions limits of 0.013 
(filterable PM) and 0.012 lb/MMBtu (PM10) represents the most stringent control option.  
The unit is exceeding a PM control efficiency of 95%, and the emission limit is RP for 
PM/PM10.  The state assumes that the emission limit can be achieved through the 
operation of the existing fabric filter baghouse. 
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NOx RP Determination for Craig – Unit 3 

Selective non-catalytic reduction (SNCR) and selective catalytic reduction (SCR) were 
determined to be technically feasible for reducing NOx emissions at Craig Unit 3. 
The following table lists the emission reductions, annualized costs and cost 
effectiveness of the control alternatives: 

Craig Unit 3 - NOx Cost Comparisons 

Alternative Emissions 
Reduction (tpy) 

Annualized Cost 
($) 

Cost Effectiveness 
($/ton) 

Baseline 0 $0 $0 
SNCR 853 $4,173,000 $4,887 
SCR 4,281 $29,762,387 $6,952 

 
SCR was eliminated from consideration due to the excessive cost/benefit ratio. 
The energy and non-air quality impacts of SNCR are increased power needs, potential 
for ammonia slip, potential for visible emissions, hazardous materials storage and 
handling. 
There are no remaining useful life issues for the alternatives as the sources will remain 
in service for the 20-year amortization period. 
The projected visibility improvements attributed to the alternatives are as follows: 

NOx Control Method NOx Annual Emission Rate 
(lb/MMBtu) 

98th Percentile Impact 
(∆dv) 

Daily Maximum (2nd half 2009) 0.365  
SNCR 0.240 0.32 
SCR 0.070 0.79 

 
The state performed modeling using the maximum 24-hour rate during the baseline 
period, and compared resultant annual average control estimates.  In the state‟s 
experience and other state BART proposals, 30-day NOx rolling average emission rates 
are expected to be approximately 5-15% higher than the annual average emission rate.  
The state projected a 30-day rolling average emission rate increased by 15% for all 
NOx emission rates to determine control efficiencies and annual reductions. 
Based upon its consideration of the five factors summarized herein and detailed in 
Appendix D, the state has determined that NOx RP for Craig Unit 3 is the following NOx 
emission rates: 

Craig Unit 3: 0.28 lb/MMBtu (30-day rolling average) 
The state assumes that the RP emission limits can be achieved through the operation of 
SNCR.  To the extent practicable, any technological application Tri-State utilizes to 
achieve this RP emission limit shall be installed, maintained, and operated in a manner 
consistent with good air pollution control practice for minimizing emissions.  For SNCR-
based emission rates at Unit 3, the cost per ton of emissions removed, coupled with the 
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estimated visibility improvements gained, falls with guidance cost criteria discussed in 
section 8.4 above. 

 Unit 3: $4,887 per ton NOx removed; 0.32 deciview of improvement  

The dollars per ton control cost, coupled with notable visibility improvements, leads the 
state to this determination.  Although SCR achieves better emission reductions, the 
expense of SCR was determined to be excessive and above the guidance cost criteria 
discussed in section 8.4 above. The state reached this conclusion after considering the 
associated visibility improvement information and after considering the SCR cost 
information in the SIP materials and provided during the pre-hearing and hearing 
process by the company, parties to the hearing, and the FLMs. 
A complete analysis that supports the RP determination for the Craig facility can be 
found in Appendix D. 

8.5.2.8  RP Determination for Public Service Company’s Cameo Station 

Public Service Company informed the state that the Cameo Station east of Grand 
Junction, Colorado will be shutdown 12/31/2011, resulting in SO2, NOx and PM  
reductions of approximately 2,618, 1,140, and 225 tons per year, respectively.  
Therefore, a four-factor analysis was not necessary for this facility and the RP 
determination for the facility is closure. 
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Chapter 9  Long Term Strategy 

The Long-Term Strategy (LTS) is required by both Phase 1 (Reasonably Attributable 
Visibility Impairment) and Phase 2 (Regional Haze) regulations. The LTS‟ of both 
phases are to be coordinated.  
This chapter contains: 

 LTS requirements; 
 An overview of the current Reasonably Attributable Visibility Impairment Long 

Term Strategies (RAVI LTS), adopted by the Commission in 2004 and 
subsequently approved by EPA; 

 A review of the 2004 RAVI LTS and a SIP revision; 
 A Regional Haze LTS; and 
 Reasonable Progress Goals for each of the state‟s 12 mandatory federal Class I 

areas. 

9.1 LTS Requirements  

The LTS requirements for reasonably attributable visibility impairment, as described in 
40 CFR 51.306, are as follows: 

 Submittal of an initial RAVI LTS and 3-year periodic review and revision (since 
revised to 5-year updates per 40 CFR 51.306(g)) for addressing RAVI; 

 Submittal of revised LTS within three years of state receipt of any certification of 
impairment from a federal land manager; 

 Review of the impacts from any new or modified stationary source; 
 Consultation with federal land managers; and 
 A report to the public and EPA on progress toward the national goal. 

The LTS requirements for Regional Haze (RH), as described in 40 CFR 51.308(d)(3), 
are as follows: 

 Submittal of an initial LTS and 5-year progress review per 40 CFR 51.308(g) that 
addresses regional haze visibility impairment; 

 Consult with other states to develop coordinated emission management 
strategies for Class I areas outside Colorado where Colorado emissions cause or 
contribute to visibility impairment, or for Class I areas in Colorado where 
emissions from other states cause or contribute to visibility impairment; 

 Document the technical basis on which the state is relying to determine its‟ 
apportionment of emission reduction obligations necessary for achieving 
reasonable progress in each Class I area it affects; 

 Identify all anthropogenic sources of visibility impairing emissions; 
 Consider the following factors when developing the LTS:  

(1) Emission reductions due to ongoing air pollution control programs, including 
measures to address reasonably attributable visibility impairment; 

(2) Emission limitations and schedules for compliance to achieve the RP goal; 
(3) Measures to mitigate the impacts of construction activities; 
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(4) Smoke management techniques for agricultural and forestry management 
purposes including plans as currently exist within the state for this purpose; 

(5) Source retirement and replacement schedules; 
(6) Enforceability of emission limitations and control measures; and 
(7) The anticipated net effect on visibility due to projected changes in point, area, 

and mobile source emissions over the period addressed by the long-term 
strategy. 

The following sections 9.2 and 9.3 address these LTS requirements. 

9.2 2004 RAVI Long-Term Strategy 

The RAVI LTS was adopted by the Commission in November 2004.  It was 
subsequently approved by EPA in December 2006 and is summarized below. 
9.2.1 Existing Impairment 

The LTS must have the capability of addressing current and future existing impairment 
situations as they face the state. Colorado considers that Commission Regulation No. 3, 
Part B, 5XIV.D ("Existing Impairment") meets this LTS requirement regarding existing 
major stationary facilities and provides Federal Land Managers (FLMs) the opportunity 
to certify whether an existing stationary source(s) is likely reasonably attributable to 
existing visibility impairment and potentially subject to BART.  The state believes 
existing regulations along with strategies and activities outlined below have together 
provided for reasonable progress toward the national visibility goal under Phase 1 of the 
visibility protection program.  However, a specific requirement associated with the RH 
rule is found in 40 CFR § 51.306(c) and is intended to bring into harmony the 
reasonable attribution requirement in place since 1980 and the RH rule.  As such, to 
meet one part of that requirement, the State of Colorado commits to review the long-
term strategy as it applies to reasonably attributable impairment, and make revisions, as 
appropriate, within three years of state receipt of any certification of reasonably 
attributable impairment from a Federal Land Manager.  This is consistent with the 
current LTS and State Regulation No. 3 noted above.  In addition, Regulation 3, Part D, 
is amended as part of this SIP action to change the current 3 year review cycle to a 5 
year cycle to coordinate the RAVI and RH elements together as intended by the RH 
rule.  Elsewhere in this SIP the state has documented measures to be adopted to 
address the RH element of the rule including BART determinations and strategies 
identified in Chapter 8- Reasonable Progress. 
In a related action, this 5-year update will satisfy Colorado‟s requirement for developing 
emissions estimates from activities on federal lands (Colorado Revised Statute 25-7-
105(1)).  The state commits to consult with Federal Land Managers to develop a 
consolidated emissions inventory, which will be brought to the Air Quality Control 
Commission as part of the 5-year LTS update and then submitted to EPA.  After the 
2008 emission inventory data submittal, the Consolidated Emission Reporting Rule will 
be completely replaced by the Air Emissions Reporting Requirements Rule. 
Following is a review of the elements contained in the LTS in a chronological order. 
During the five-year review required by the RH rule, the State of Colorado will add to or 
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revise this section as needed based on any new findings or actions taken related to 
RAVI notifications delivered to the state by a FLM. 
9.2.1.1 Mt. Zirkel Wilderness 

The U.S.D.A. Forest Service (USFS) concluded in its July 1993 certification letter to the 
State of Colorado that visibility impairment existed in the Mt. Zirkel Wilderness Area 
(MZWA) and local existing stationary sources, namely the Craig and Hayden power 
stations, contributed to the problem. In 1996 and again in 2001, settlement agreements 
between various parties and the Hayden and Craig (Units 1 and 2) Generating Stations, 
respectively, were completed.  The state believes significant emission reductions of 
SO2 and PM effectively address the RAVI in the MZWA associated with the Hayden 
and Craig (Units 1 & 2) Generating Stations.  The state further believes the Hayden and 
Craig Consent Decrees effectively resolve the certification of impairment brought by the 
U.S.D.A. Forest Service.  The Forest Service indicated its complaint against Hayden 
and Craig had been satisfied. 
9.2.1.2 BART and Emission Limitations 

Although RAVI BART determinations were not made by the state regarding Hayden and 
Units 1 and 2 of Craig generating stations, emission limitations for the two power plants 
were incorporated into the LTS SIP in August 1996 (Hayden) and April 2001 (Craig 
Units 1 and 2) and these SIP revisions remain incorporated into the Colorado SIP.  The 
contents of the August 1996 LTS SIP revision incorporating emission limitations, 
construction and compliance schedules, and reporting requirements for Hayden 
generating station Units 1 and 2 were incorporated into the 2004 LTS SIP by reference.  
EPA originally approved this SIP amendment on January 16, 1997.  The contents of the 
April 2001 LTS SIP revision incorporating emission limitations, construction and 
compliance schedules, and reporting requirements for the Craig generating station Units 
1 and 2 were incorporated into the 2004 LTS SIP by reference.  
This RH SIP amendment establishes new limits on Hayden Units 1 and 2, and Craig 
Units 1 and 2, based on a full BART analysis under the current EPA guidelines.  
Chapter 6 of this SIP (and Appendix C as well as supporting technical support 
documents) and changes to Regulation No. 3 result in new control requirements for 
these units to meet BART. 
9.2.1.3 Monitoring 

It is important to track the effects of the emission changes on visibility and other Air 
Quality Related Values in and near Mt. Zirkel Wilderness Area and other Class I areas 
in Colorado.  The Division committed in the 2004 LTS SIP amendment to coordinating a 
monitoring strategy with other agencies and to provide periodic assessments of various 
monitored parameters in "before" compared to "after" emission reductions periods.  
Colorado commits to maintain a monitoring strategy and periodically report to the public 
and the EPA on an annual basis to include trends, current levels and emission changes.  
In addition periodic emission inventory updates required by the national emissions 
reporting rule establish a 3-year reporting cycle for emissions updates.  Finally, this RH 
SIP commits to a five year review process established by the RH rule.  Through this, the 
state believes a demonstration of „before and after emission reductions‟ will be met. 
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9.2.1.4 Other Stationary Sources and Colorado Class I Areas and Additional 
Emission Limitations and Schedules for Compliance 

There are no outstanding certifications of Phase I visibility impairment in Colorado.  For 
Regional Haze, Chapters 6 and 8 specifically delineate the comprehensive BART 
analysis and Reasonable Progress analysis of other sources.  In these sections specific 
additional controls of selected stationary sources are detailed and emission reductions 
from these are reflected in the Appendices and technical support documents. The state 
believes the coordination of these added control measures meets the requirements of 
the LTS showing both emission limitations and schedules for compliance. In regard to 
any future certification of any RAVI, the state is prepared to respond to any future 
certifications as per AQCC Regulation No. 3 X1V.D in accordance with the five year 
limit established in 40 CFR § 51.306(c). 
9.2.1.5 Ongoing Air Pollution Programs 

In the 2004 LTS SIP revision, the state committed to: 
 Continue to attain and maintain the PM10 and PM2.5 standards which will have 

some effect on improving visibility in pristine and scenic areas; 
 Continue to provide technical support to efforts to understand and reduce the 

Brown Cloud in the Front Range of Colorado. Analysis of Brown Cloud data 
indicates it improved approximately 28% between 1991 and 2006, and data 
through 2009 indicates this trend continues as demonstrated in the APCD Annual 
Air Quality Data reports; 

 Continue to stay involved and inform the Colorado Air Quality Control 
Commission about emissions growth in the Four Corners area; 

 Continue to participate in any future work of the Rocky Mountain National Park 
research effort; and, 

 Continue to administer and follow existing regulations of point, area and mobile 
sources as specified in AQCC regulations. 

9.2.2 Prevention of Future Impairment 

The LTS must establish mechanisms to address the prevention of future impairment 
and outline strategies to ensure progress toward the national goal.  The 2004 LTS 
summarized programs and activities providing reasonable progress toward the national 
goal under the Phase 1 RAVI program.  Generally, Colorado considers its NSR and 
PSD programs meet the long-term strategy requirements for preventing future 
impairment from proposed major stationary sources or major modifications to existing 
facilities. 
9.2.3 Smoke Management Practices 

The LTS requires smoke management practices of prescribed burning be addressed. 
The 2004 LTS described Colorado‟s Regulation No. 9 regarding open burning and 
wildland fire smoke management.   As the level and complexity of burning increases the 
Division committed to continually evaluate its regulatory program for this source of air 
pollution and surveyed its current activities in the 2004 LTS review.  The addition of the 
Fire Emissions Tracking System (FETS) by the WRAP, FLMs and states allows 
Colorado to input fire emission data into the national tracking system thereby adding 
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more precise information for future inventories and studies. The state commits in this 
SIP to continue administration of Regulation 9 as part of this LTS, and to input data into 
the FETS as long as it is operational.  Colorado will continue as part of Regulation 9 to 
maintain a database of fire related permits and actions - the basis for data entered into 
the FETS. 
9.2.4 Federal Land Manager Consultation and Communication 

The state committed to providing for the plans, goals, and comments of the Federal 
Land Managers during SIP and LTS revisions. The state will provide, at a minimum, the 
opportunity for consultation with the FLMs at least 60 days prior to any public hearing on 
any element of the Class I Visibility SIP including LTS revisions and review.  In addition 
the state will publish as part of the SIP process any formal comments received by the 
FLMs as a result of their review along with a listing of responses the state made in 
regard to such comments. 

9.3 Review of the 2004 RAVI LTS and Revisions 

A July 2007 review of the 2004 RAVI LTS concluded that “The Division does not believe 
extensive and substantive revisions are necessary at this time to ensure reasonable 
progress toward the national goal under Phase I of the Class I Visibility Protection 
Program.  However, small updates and edits are proposed so this part of the SIP does 
not become outdated.”  Appendix A of this SIP document contains this review.  The only 
other changes to this LTS relate to the change in the update period in Regulation 3, as 
described above in section 9.2.1, and a commitment to utilize the FETS to track fire 
data as described above in section 9.2.3. The state commits to work with the FLMs to 
coordinate any changes to the RH/RAVI LTS on the five year cycle required by the 
regulation.  This will include responding to any notification of impairment by the FLMs, 
providing an opportunity to comment 60 days prior to any public hearing on proposed 
changes to the RH/RAVI LTS, and to publish the FLM comments and state responses 
as part of that review process.  Appendix B of this document contains the SIP revision 
for the RAVI LTS. 

9.4 Regional Haze Long Term Strategy 

The following presents Colorado‟s Long Term Strategy (LTS) for Regional Haze. 
9.4.1 Impacts on Other States 

Where the state has emissions reasonably anticipated to contribute to visibility 
impairment in any mandatory Class I Federal area located in another state or states, the 
state must consult with the other state(s) in order to develop coordinated emission 
management strategies.  Colorado has analyzed the output of the initial 2006 PSAT 
product from the WRAP and determined that emissions from the state do not 
significantly impact other states‟ Class I areas. The two largest Colorado visibility 
impacts are at Canyonlands National Park in Utah and Bandelier National Monument in 
New Mexico, where Colorado‟s total nitrate and sulfate contribution are only 1.0% and 
0.5%, respectively, of total haze at these Class I areas.  This is not a meaningful level of 
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contribution, and all other modeled contributions at other Class I areas are of a smaller 
magnitude. 

Table 9-1 Colorado’s Nitrate and Sulfate Impacts at Bandelier and Canyonlands 

 
 
9.4.2 Impacts from Other States 

Where other states cause or contribute to impairment in a mandatory Class I Federal 
area, the state must demonstrate it has included in its implementation plan all measures 
necessary to obtain its share of the emission reductions needed to meet the progress 
goal for the area. Chapter 7 presents modeling information that describes the 
contribution to visibility impairment in Colorado‟s Class I areas from other states.  
Colorado is establishing reasonable progress goals later in this chapter utilizing 
modeling results presented in Chapter 7, with supporting information in the technical 
support documents.  This demonstration reflects the emission reductions achieved by  
the controls committed to by other states. 
9.4.3 Document Technical Basis for RPGs 

The state must document the technical basis (e.g., modeling) on which the state is 
relying to determine its apportionment of emission reduction obligations necessary for 
achieving reasonable progress in each mandatory Class I Federal area.  This is 
addressed in the Technical Support Document, Chapter 7, and later in this Chapter 9. 
9.4.4 Identify Anthropogenic Sources 

The state must identify all anthropogenic sources of visibility impairment considered by 
the state in developing its LTS. Colorado presents comprehensive emission inventories 
in Chapter 5 and the TSD, and presents emissions control evaluations in Chapters 6 
and 8.  Chapter 7 and the Technical Support Documents present information about 
source apportionment for each Class I area in Colorado.  
9.4.5 Emission Reductions Due to Ongoing Air Pollution Control Programs 

Below is a discussion of ongoing air pollution control programs that reduce visibility 
impairing emissions throughout Colorado. 
Numerous emission reduction programs exist for major and minor industrial sources of 
NOx, SO2 and particulates throughout the state, as well as in the Denver Metro 
Area/Northern Front Range region for VOCs, NOx, and particulates from mobile, area, 
stationary and oil/gas sources, and are contained in the following Colorado Air Quality 
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Control Commission Regulations: 

 Regulation Number 1:  Emission Controls for Particulates, Smoke, Carbon Monoxide 
and Sulfur Oxides 

o In the SIP (includes specific fugitive dust and open burning regulations) 
 Regulation Number 3:  Stationary Source Permitting and Air Pollutant Emission 

Notice Requirements 
o Parts A, B,D, F in the SIP or Submitted to EPA for inclusion in the SIP 
o Part C is the Title V program and is delegated by EPA to the state 

 Regulation Number 4:  New Wood Stoves and the Use of Certain Woodburning 
Appliances on High Pollution Days 

o Regulation Number 4 is in the SIP.  One provision, the Masonry Heater Test 
Method, is state only.  Colorado is waiting for EPA to develop their own test 
method – the state will adopt it when EPA goes final 

 Regulation Number 6:  Standards of Performance for New Stationary Sources 
o Part A – Federal NSPS‟s adopted by the state – EPA has delegated authority 

to the state to implement; Colorado has requested delegation for the most 
recent adoptions 

o Part B – state-only NSPS regulations 
 Regulation Number 7:  Control of Ozone Precursors 

o The majority of Regulation Number 7 for VOC and NOx control is in the SIP 
or has been submitted for approval into the SIP – these provisions relate to 
VOC and NOx control measures for the Denver Metro Area/North Front 
Range 8-hour ozone nonattainment area and are summarized below 

 Regulation Number 9:  Open Burning, Prescribed Fire and Permitting – state-only 
 Regulation Number 11:  Motor Vehicle Emission Inspection Program – Parts A-F in 

the SIP 
 Regulation Number 16:  Street Sanding Emissions – In the SIP 

Some examples of these programs and the visibility-improving emission reductions they 
achieve are as follows.  It is noted as to whether the program is federally enforceable, 
submitted by the state in an unrelated submittal for inclusion into the SIP, or state-only 
enforceable. 

 Early reductions from BART sources include approximately 24,000 tpy of SO2 from 
metro Denver power plants, approximately 6,500 tpy of SO2 from the Comanche 
power plant, and approximately 18,000 tpy of SO2 from the Craig and Hayden 
power plants – state-only 

 Oil and gas condensate tank control regulations for the Front Range region that 
have achieved approximately 52,000 tpy of volatile organic compounds (VOC) 
emission reductions by 2007 - in the SIP - with additional projected reductions of 
18,000 tpy by 2010 – Submitted for inclusion in the SIP 

 Existing industrial engine control regulations for the Front Range region that have 
achieved NOx and VOC emissions reductions of approximately 8,900 tpy – In the 
SIP 

 Oil and gas pneumatic actuated device control regulations for the Front Range 
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region that have achieved VOC emission reductions of approximately 8,400 tpy – 
state-only 

 Mobile source emissions controls for VOCs and NOx through vehicle 
inspection/maintenance and lower volatility gasoline programs for the Front Range 
region is estimated to reduce emissions by approximately 8,000 tpy by 2011 – 
Submitted for inclusion in the SIP 

 Statewide condensate tank control regulations that have achieved approximately 
5,600 tpy of VOCs emission reductions – state-only 

 Statewide existing industrial engine control regulations that are estimated to achieve 
NOx and VOC emissions reductions of approximately 7,100 tpy by 2010 – state-only 

 PM10 emission reduction programs in PM10 maintenance areas throughout the 
state – In the SIP 

 Fugitive dust control programs for construction, mining, vehicular traffic, and 
industrial sources state-wide – In the SIP 

 Smoke management programs for open burning and prescribed fire activities 
statewide – state-only 

 Renewable energy requirements that are driving current and future NOx, SO2 and 
PM emission reductions from coal-fired power plants - Ballot Initiative 37 – by 
requiring electricity to be obtained from renewable resources – state-only 

 Attaining and maintaining the PM10 and PM2.5 standards throughout the state  
 Reducing Colorado Front Range Urban Visibility Impairment (Denver‟s Brown Cloud) 

by 28% between 1991 and 2006) – state-only 
 Reducing Colorado emissions in the Four Corners area (which is upwind of 

numerous Class I areas in three states) through oil and gas control measures 
administered by the CDPHE and the Colorado Oil and Gas Conservation 
Commission, and by working with the Southern Ute Indian Tribe to develop a Title V 
permitting program and a minor source permitting program – state-only 

 Federal mobile source tailpipe exhaust reductions of approximately 55,000 tpy of 
VOC and NOx emissions by 2020 – gained through fleet turn-over 

(Discussion of state-only measures in this Regional Haze SIP is informational only and 
not intended to make such measures federally enforceable.  However, such measures 
could be included in future SIP revisions if found necessary to meet National Ambient 
Air Quality Standards or visibility requirements.) 
Another comprehensive review of existing and ongoing programs as well as monitoring 
data and trends is contained in the Colorado Air Quality Control Commission‟s 2008-
2009 Report to the Public available at the following website: 

http://www.cdphe.state.co.us/ap/rttplinks.html 
As recently as 1995 Colorado had 12 “non-attainment” areas within the state for carbon 
monoxide, ozone, and/or PM10 health standards. Generally, all of these areas now 
maintain good air quality. This progress reflects the effects of local, statewide, regional, 
and national emission control strategies. This clean-up of Colorado‟s non-attainment 
areas also benefited Class I visibility conditions to some unknown degree. 
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In the summer of 2003, the Denver metropolitan area violated the 8-hour ozone 
standard. EPA designated all or parts of 9 counties in northeastern Colorado as 
nonattainment for the 1997 8-hour ozone standard, though the nonattainment 
designation was deferred with the adoption of the Ozone Action Plan by the Colorado 
Air Quality Control Commission in March 2004 under EPA's Early Action Compact 
provisions.  High concentrations of ground-level ozone during the 2005-2007 period put 
the nine-county Denver region in violation of the 1997 standard, and the deferred 
nonattainment designation became effective in November 2007.  A detailed plan to 
reduce ozone was adopted by the Colorado Air Quality Control Commission in 
December 2008 and submitted to EPA for approval in 2009.  This new plan contains 
additional VOC and NOx emission reduction measures to support achievement of 
compliance with the 1997 ozone standard by the end of 2010. 
The table below shows the designation status for all current and former non-attainment 
areas. 
Table 9-1 REDESIGNATION and PLAN AMENDMENT STATUS REPORT 

PM10 Redesignations Plan Amendments 

Aspen AQCC approved 1/11/01; EPA 
approved 5/15/03, effective 7/14/03 

10-year update:  AQCC approved 
12/16/10 
 

Canon City AQCC approved 10/17/96; EPA 
approved 5/30/00, effective 7/31/00 

10-year update:  AQCC approved 
11/20/08; Legislature approved 2/15/09; 
submitted to EPA 6/18/2009 
 

Denver AQCC approved 4/19/01; EPA 
approved 9/16/02, effective 10/16/02 

Plan amendment developed with 
MOBILE6 to remove I/M from SIP; AQCC 
approved 12/15/05; EPA approved 
11/6/07, effective 1/7/08 
 

Lamar AQCC approved 11/15/01; EPA 
approved 10/25/05, effective 
11/25/05 

None 

Pagosa 
Springs 

AQCC approved 3/16/00; EPA 
approved 6/15/01, effective 8/14/01 

10-year update:  AQCC approved 
11/19/09; Legislature approved 2/15/10; 
submitted to EPA 3/31/2010 
 

Steamboat 
Springs 

AQCC approved 11/15/01; EPA 
approved 10/25/04, effective 
11/24/04 

 

Telluride AQCC approved 3/16/00; EPA 
approved 6/15/01, effective 8/14/01 

10-year update:  AQCC approved 
11/19/09; Legislature approved 2/15/10; 
submitted to EPA 3/31/2010 
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Carbon 
Monoxide Redesignations Plan Amendments 

Colorado 
Springs 

AQCC approved 1/15/98; EPA 
approved 8/25/99, effective 9/24/99 

- Amendment to drop oxyfuels approved 
by AQCC 2/17/00; EPA approved 
12/22/00, effective 2/20/01 
- Amendment using MOBILE6 to 
eliminate I/M from SIP and revise 
emission budget approved by AQCC 
12/18/03; EPA approved 9/07/04, 
effective 11/08/04 
- 10-year update:  AQCC approved 
12/17/09; Legislature approved 2/15/10; 
submitted to EPA 3/31/2010 
 

Denver AQCC approved 1/10/00; EPA 
approved 12/14/01, effective 1/14/02 

- Amendment using MOBILE6 to revise 
emission budgets approved by AQCC 
6/19/03; EPA approved 9/16/04, effective 
11/15/04 
- Amendment developed with MOBILE6 
to remove I/M & oxyfuels from SIP; 
AQCC approved 12/15/05; EPA approved 
8/17/07, effective 10/16/08 
 

Ft. Collins AQCC approved 7/18/02; EPA 
approved 7/22/03, effective 9/22/03 

10-year update:  AQCC approved 
12/16/10 
 

Greeley AQCC approved 9/19/96; EPA 
approved 3/10/99, effective 5/10/99 

- Amendment using MOBILE6 to revise 
emission budget & to eliminate oxyfuels 
from the regulation/SIP & I/M from the 
SIP approved by AQCC 12/19/02; EPA 
approved 8/19/05, effective 9/19/05 
- 10-year update:  AQCC approved 
12/17/09; Legislature approved 2/15/10; 
submitted to EPA 3/31/2010 
 

Longmont AQCC approved 12/19/97; EPA 
approved 9/24/99, effective 11/23/99 

- Amendment using MOBILE6 to revise 
emission budget approved by AQCC 
12/18/03; EPA approved 9/30/04, 
effective 11/29/04 
- Amendment developed with MOBILE6 
to remove I/M & oxyfuels from SIP; 
AQCC approved 12/15/05; EPA approved 
8/17/07, effective 10/16/08 
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Ozone Redesignations Plan Amendments 

Denver/Nort
hern Front 
Range 

AQCC approved 1-hour 
redesignation request and 
maintenance plan 1/11/01; EPA 
approved 9/11/01, effective 10/11/01 
 
Early Action Compact 8-hour Ozone 
Action Plan approved by AQCC 
3/12/04; EPA approved 8/19/05, 
effective 9/19/05 
 

- 8-hour OAP updated to include periodic 
assessments; AQCC approved 12/15/05; 
EPA approved //0, effective //0 
- 8-hour OAP updated 12/17/06 by AQCC 
to incorporate Reg. 7‟s 75% oil and gas 
condensate tank requirements.  EPA 
approved 2/13/08, effective 4/14/08 
- Due to 2005-2007 ozone values, Front 
Range has violated the ozone standard 
and the nonattainment designation 
became effective 11/20/07; revised 
attainment plan approved by AQCC 
12/11/08; Legislature approved 2/15/09; 
submitted to EPA 6/18/2009 
 

Lead Redesignations Plan Amendments 

Denver EPA redesignated Denver 
attainment in 1984 
 

 

Nitrogen 
Dioxide 

Redesignations Plan Amendments 

Denver EPA redesignated Denver 
attainment in 1984 
 

 

 
For larger stationary sources, the state of Colorado considers its New Source Review 
and Prevention of Significant Deterioration (PSD) programs as being protective of 
visibility impairment from proposed major stationary sources or major modifications to 
existing facilities. 

9.4.6 Measures to Mitigate the Impacts of Construction Activities 

Regulations 1 and 3 are currently part of Colorado‟s EPA-approved SIP and apply 
statewide. In part, provisions of Regulation 1 address emissions of particulate matter, 
from construction activities. Provisions of Regulation 3 cover issuance of permits 
applicable to sources defined in these regulations and air pollution emission notices 
required of specified sources. Provisions of Regulation 1, sections III.D.2.b apply to new 
and existing point and area sources.  This section of the regulation addresses fugitive 
particulate emissions from construction activities.  As such the state believes these 
regulations address common construction activities including storage and handling of 
materials, mining, haul roads and trucks, tailings piles and ponds, demolition and 
blasting activities, sandblasting, and animal confinement operations. 
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Colorado believes point and area sources of emissions from these regulated sources 
are in part contributing to regional haze in Colorado.  Colorado relies on the particulate 
emission controls specified in Regulation 1 to most directly address these sources of 
fine and course particles known to have a minor, but measured, impact on visibility in 
Class I areas of the state. Based on Coarse Mass Emissions Trace Analysis, described 
in Section 8 of the Technical Support Document for each Mandatory Class I Federal 
Area in Colorado included in this SIP, the greatest impact from coarse mass related 
construction in the state is expected in Rocky Mountain National Park.  In RMNP slightly 
over 6% of the total impact on visibility on the 20% worst days is attributed to coarse 
mass particulate matter from construction activities.  All other Class I areas have 
impacts from construction in the 2 to 3 percent range. 
This regulatory provision requires applicable new and existing sources to limit emissions 
and implement a fugitive emission control plan.  Various factors are specified in the 
regulation under which consideration in the control plan encompasses economic and 
technological reasonability of the control. 

9.4.7 Smoke Management 

For open burning and prescribed fire, Colorado believes its smoke management 
program reduces smoke emissions through emission reduction techniques and is 
protective of public health and welfare as well as Class I visibility. 
Regulation No. 9 (Open Burning, Prescribed Fire, and Permitting) is the main vehicle in 
Colorado for addressing smoke management and preventing unacceptable smoke 
impacts.  The rule applies to all open burning activity within Colorado, with certain 
exceptions.  Section III specifically exempts agricultural open burning from the permit 
requirement45.  Section III.A of the regulation requires anyone seeking to conduct open 
burning to obtain a permit from the Division. Regulation No. 9 also contains a number of 
factors the Division must consider in determining whether and, if so, under what 
conditions, a permit may be granted. Many of these factors relate to potential visibility 
impacts in Class I areas.  A permit is granted only if the Division is reasonably certain 
that under the permit‟s conditions that include the prescribed meteorological conditions 
for the burn there will be no unacceptable air pollution (including visibility) impacts.  
Colorado‟s program also maintains an active compliance assistance and enforcement 
component.  In 2005, the Division certified its smoke management program as 
consistent with EPA‟s Interim Air Quality Policy on Wildland Prescribed Fire, May 1998.  
Factors considered under Regulation No. 9, include, for example, 

 the potential contribution of such burning to air pollution in the area; 
 the meteorological conditions on the day or days of the proposed burning; 
 the location of the proposed burn and smoke-sensitive areas and Class I areas 

that might be impacted by the smoke and emissions from the burn; 

                                                           
45 The Division has determined that agricultural burning is not a significant source of emissions related to 
regional haze impairment. For example, 2004 estimates from the Division are that only 503 tpy of PM10 
were generated from agricultural burning in the entire State of Colorado. See TSD “Agricultural Burning in 
Colorado, 2003 and 2004 Inventories”. 
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 whether the applicant will conduct the burn in accordance with a smoke 
management plan or narrative that requires: 

o that best smoke management methods will be used to minimize or 
eliminate smoke impacts at smoke-sensitive receptors (including Class I 
areas); 

o that the burn will be scheduled outside times of significant visitor use in 
smoke-sensitive receptor areas that may be impacted by smoke and 
emissions from the fire; and 

 a monitoring plan to allow appropriate evaluation of smoke impacts at smoke-
sensitive receptors. 

The regulation requires all prescribed fire permitees to submit an application to the 
Division.  A permit is granted only if the Division‟s assessment demonstrates that under 
the prescribed meteorological conditions for the burn there will be no unacceptable air 
pollution (including visibility) impacts.  The Division reviews each permit application and 
determines if the burn can be conducted without causing unacceptable visibility impacts 
within Class I areas, as well as other smoke sensitive sites.  In addition, the regulation 
provides for the Division to impose “permit conditions necessary to ensure that the burn 
will be conducted so as to minimize the impacts of the fire on visibility and on public 
health and welfare.”  
Permitted sources are also required to report actual activity to the Division. Depending 
on the size and type of fire, reporting may be a daily requirement.  At a minimum, each 
year all permitted sources must return their permit forms with information indicating 
whether or not there was any activity in the area covered by the permit and, if so, how 
many acres were burned.  The Division annually prepares a report on prescribed 
burning activity and estimated emissions.  Reports from 1990 through 2009 are 
available by contacting the Division. 
The regulation requires the draft permit for any proposed prescribed fire rated as having 
a “high” smoke risk rating be subject to a 30-day public comment period.  The notice for 
the public comment period must contain information relating to the potential air quality 
and visibility impacts at smoke sensitive receptors, including Class I areas. 
The Division‟s web site contains information about various aspects of Colorado‟s Smoke 
Management Program, downloadable forms and instructions, and links.  It is also used 
to contain the notices for public comment periods for the draft permits subject to public 
comment.  It is located at:  http://www.cdphe.state.co.us/ap/smoke/ 
The addition of the Fire Emissions Tracking System (FETS) allows Colorado to input fire 
emission data into the national tracking system thereby adding more precise information 
for future inventories and studies.  The state commits in this SIP to continue 
administration of Regulation 9 as part of this LTS, and to input data into the FETS as 
long as it is operational.  Colorado will continue as part of Regulation 9 to maintain a 
data base of fire related permits and actions - the basis for data entered into the FETS. 
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9.4.8 Emission Limitations and Schedules for Compliance to Achieve the 
Reasonable Progress Goal, and Enforceability of Emission Limitations and 
Control Measures 

The emission limitations and compliance schedules for those sources specifically 
identified for control in this Regional Haze SIP can be found in Chapters 6 and 8, and 
Regulation Nos. 3 and 7.  Enforceability of the requirements is ensured by codifying 
these requirements in regulation, inspecting the sources for compliance and initiating 
enforcement action under EPA-approved compliance regimes, and requiring monitoring, 
recordkeeping and reporting. 
9.4.9 Source Retirement and Replacement Schedules 

Source retirement and replacement schedules for those sources specifically identified 
for control in this Regional Haze SIP can be found in Chapters 6 and 8, and in 
Regulation No. 3.  Unless otherwise indicated in those chapters or in Regulation No. 3, 
the state assumes that all other stationary sources will remain in operation through the 
end of this planning period.  For mobile sources, the turnover of the fleet from older, 
higher-emitting vehicles to newer, lower-emitting vehicles is captured in the emission 
inventory presented in Chapter 5 – the fleet turn-over rate was developed utilizing EPA-
approved methodologies.  
9.4.10 Anticipated Net Effect on Visibility 

The WRAP has produced extensive analytical results from air quality monitoring, 
emissions inventories and air quality modeling.  These data demonstrate that causes of 
regional haze in the West are due to emissions from a wide variety of anthropogenic 
and natural sources, some of which are controllable, some of which are natural, and 
some of which originate outside the jurisdiction of any state or the federal government 
and are uncontrollable.   Analyses to date consistently show that anthropogenic 
emissions of haze causing pollutants will decline significantly across the West through 
2018, but overall visibility benefits of these reductions will be tempered by emissions 
from natural, international, and uncontrollable sources. 
Colorado in this RH SIP addresses projections to 2018 anticipating growth and all 
committed to or reasonably expected controls at the time of modeling (emission 
inventories for Colorado are presented in Chapter 5).  Note that at the time of this 2009 
WRAP modeling, Colorado had made BART determinations for each subject to BART 
unit in 2007 and 2008, and the associated emission reductions were included in the 
modeling.  The inventories indicate a total SO2 emission reduction of 58,907 tons per 
year and a total NOx emission reduction of 123,497 tons per year by 2018.  (SO2 and 
NOx are the primary emissions addressed by Colorado in this Regional Haze SIP.) 
For the uniform rate of progress analysis and to establish Reasonable Progress Goal 
(RPGs), the modeling results from Chapter 7 are utilized.  The modeled Uniform Rate of 
Progress and the progress made towards URP are presented below.  Depending on the 
Class I area, the state has achieved 36 to 76 percent of the visibility improvement 
necessary to achieve URP.  Note that this analysis does not include emission 
reductions that result from the BART and RP determinations presented in Chapters 6 
and 8.  
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Figure 9-2 Summary of CMAQ Modeling Progress Towards 2018 URP 

 
 
 
 
 
 
 
 
The total tons of visibility impairing pollutants reduced by 2018 due to the BART and RP 
measures adopted in 2010 are summarized below in Figures 9-4, 9-5 and 9-6. 

 2010 BART: 20,734  tons/year 
 2010 BART alternative: 37,488  tons/year 
 2010 RP: 12,624  tons/year 

Total: 70,846 tons/year 
 
The following figures also present “CALPUFF” modeling results that show the visibility 
benefits of each BART and RP determination.  Though not additive to the visibility 
improvement values presented in Figure 9-2 above because different modeling 
platforms were used, the CALPUFF modeling illustrates that additional visibility 
improvement can be anticipated from the BART and RP controls. 
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Figure 9-3 Emission Reductions Achieved by 2010 BART Determinations 
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Figure 9-4 Emission Reductions Achieved by 2010 BART Alternative 
Determinations 

Facility 

NOx 
Emissions 
Average 

2006-2008 
(tpy) 

NOx 
Emissions 

from 
Alternative 

(TPY) 

Total NOx 
Emissions 
Reduced 

(TPY) 

SO2 
Emissions 
Average 

2006 -2008 
(tpy) 

SO2 
Emissions 

from 
Alternative 

(TPY) 

Total SO2 
Emissions 
Reduced 

(TPY) 

Arapahoe       
Unit 3 1,770 0  925 0  
Unit 4 1,148 90046  1,765 1.28  

Cherokee       
Unit 1 1,556 0  2,221 0  
Unit 2 2,895 0  1,888 0  
Unit 3 1,866 0  743 0  
Unit 4 4,274 2,06347  2,135 7.8148  

Valmont 2,314 0  758 0  
Pawnee 4,538 1,40349  13,472 2,40650  
Totals 20,361 4,366 15,995 23,908 2,415 21,493 
 
Total Emission Reductions Achieved:  37,488 tons per year 
  

                                                           
46 Includes 300 tpy NOx for offset or netting purposes and 600 tpy NOx from firing Arapahoe 4 on natural 
gas as a peaking unit. 
47 Includes 500 NOx tpy for offset or netting purposes and emissions at 0.12 lb NOx/MMBtu 
48 Emissions at 0.0006 lb SO2/MMBtu 
49 Emissions at 0.07 lb NOx/MMBtu 
50 Emissions at 0.12 lb SO2/MMBtu 
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Figure 9-5 Emission Reductions Achieved by 2010 RP Determinations  
 

 
 
 
Of these 70,800 tons of SO2 and NOx reduced due to 2010 BART and RP, 
approximately 44,500 tons per year were not included in the WRAP‟s 2009 “CMAQ” 
modeling.  Figure 9-6  below presents this analysis for each of the BART and RP 
sources. 

Exhibit PAC/2605 
Ralston/164



 

Colorado Visibility and Regional Haze State Implementation Plan for 12 Mandatory Class I Federal Areas 
Colorado Dept. of Public Health and Environment, Air Pollution Control Division 
Approved January 7, 2011 

165 

Figure 9-6 Difference Between the WRAP and Final BART/RP Emissions for 
NOx and SO2 

 

 
 
These substantial additional emission reductions will further the amount of progress 
achieved by 2018. 
Colorado believes the combination of WRAP‟s CMAQ modeling and the Division‟s 
BART and RP modeling adequately demonstrate the anticipated net positive visibility 
benefit or improvement for this SIP.  Although the state of Colorado makes no 
commitment to produce comprehensive RH modeling unless resources are available 
and there is a need for such analysis (e.g., through the WRAP), it is anticipated in the 
five year review required by the RH rule and committed to in this SIP that additional 
regional CMAQ modeling will be done to evaluate compliance with the Reasonable 
Progress Goals for all the western states. 

9.5 Reasonable Progress Goals 

Based on the requirements of the Regional Haze Rule, 40 CFR 51.308(d)(1), the state 
must establish goals, for each Class I area in Colorado (expressed in deciviews) that 
provide for Reasonable Progress (RP) towards achieving natural visibility conditions in 
2018 and to 2064.  The reasonable progress goals (RPGs) must provide for 
improvement in visibility for the most-impaired (20% worst) days over the period of the 
State Implementation Plan (SIP) and ensure no degradation in visibility for the least-
impaired (20% best) days over the same period. 
Colorado is relying on the Western Regional Air Partnership‟s (WRAP‟s) CMAQ regional 
modeling performed in 2009 to establish these goals.  As stated throughout this chapter, 
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all western states‟ reasonably foreseeable control measures at the time of modeling 
were included in the projections of 2018 visibility levels.  Colorado determines that the 
2018 projections represent significant visibility improvement and reasonable progress 
upon the state‟s consideration of the statutory factors, and are the RPGs for each Class 
I area.  Figure 9-7 presents these RPGs. 

Figure 9-7 Reasonable Progress Goals for Each Class I Area 

 
 
 
 
 
 
As required, each Class I area must 1) make improvement in visibility for the most-
impaired (20% worst) days over the period ending in 2018, and 2) allow no degradation 
in visibility for the least-impaired (20% best) days.  This is demonstrated in Figure 9-5.  
As stated above in section 9.4.10, these goals reflect the emissions reductions achieved 
throughout Colorado (as reflected in the Chapter 5 inventories) and the nation.  The 
additional emissions reductions from the BART and RP determinations will increase the 
amount of progress achieved by 2018. 
In establishing the RPGs, the state considered the required four factors as per EPA 
regulations:  (1) the costs of compliance; (2) the time necessary for compliance; (3) the 
energy and non-air quality environmental impacts of compliance; and (4) the remaining 
useful life of any potentially affected sources.  Colorado describes in Chapter 8 how the 
four factors were used to select significant sources/source categories not already 
covered by BART or federal measures for control evaluation.  The evaluations resulted 

No 
Degradation of 
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in substantial emission reductions that build on the reductions already achieved by other 
measures. 
Although the state used the four factors to determine reasonable and appropriate 
emission controls for subject facilities, Figure 9-7 illustrates that the RPGs do not 
achieve URP.  The state realizes additional emissions reductions from both within and 
outside of the state are necessary to achieve URP.  The state finds that the RPGs 
established in this SIP are reasonable for this planning period and that achieving URP 
in this planning period is not reasonable.  In this SIP, Colorado has described, based 
upon its consideration of the statutory factors, why certain controls for specified BART 
and RP sources are reasonable, and why additional controls during this planning period 
are not reasonable.  Similarly, the state has described why additional controls for certain 
area sources (such as oil and gas heater treaters and lean burn RICE engines) are not 
reasonable in this planning period.  The emission reductions needed to achieve URP at 
each Class I area for this planning period cannot be determined with precision, due to 
limitations in calculating and modeling all of the visibility-impairing emissions.  In the first 
5-year assessment, the state commits to begin evaluating this shortfall, first accounting 
for the degree of additional emission reductions achieved in Colorado and in other 
states that are not included in the modeling, and then assessing the inventory and 
modeling technical issues.   
Because RPGs are not achieving URP by 2018 and natural conditions by 2064, 
Colorado is required by the Regional Haze rule to re-calculate and state the length of 
time necessary to achieve natural conditions, as shown below and presented in Figure 
9-8.  Instead of achieving natural conditions in 2064 (60 years) at all Class I areas, the 
year and the length of time is re-calculated as follows: 

 Sand Dunes:       2152 (148 years) 
 Mesa Verde:       2168 (164 years) 
 Zirkel & Rawah:      2106 (102 years) 
 Rocky Mountain:      2098 (94 years) 
 Black Canyon, Weminuche, & La Garita:   2119 (115 years) 
 Eagles Nest, Flat Tops, Maroon Bells & West Elk: 2083 (79 years) 

 
The recalculated natural conditions timeline is based upon progress through 2018, 
though, as described above, the calculations do not consider the emission control 
requirements adopted by the state in 2010 and presented in Chapters 6 and 8.  The four 
factors were used to evaluate significant sources of SO2, NOx (and PM from stationary 
sources) only as the state also determined that it was not reasonable to evaluate 
sources organic carbon, elemental carbon and particulate matter for control during this 
planning period.  Thus, all reasonable control measures are presented in this SIP and it 
is acceptable under the Regional Haze rule that natural conditions are projected to be 
achieved beyond 2064. 
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Figure 9-8 Re-Calculation of the Length of Time Necessary to Achieve Natural 
Conditions 

 

 
 
The following figures for Mesa Verde National Park illustrate the re-calculations. 
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Figure 9-9 Current Uniform Rate of Progress Glidepath for Mesa Verde and the 
Reasonable Progress Goal for 2018 

 

 
 
Figure 9-10 Revised Glidepath for Mesa Verde Illustrating the Number of Years to 

Achieve Natural Conditions  
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Chapter 10 Commitment to Consultation, Progress Reports, 
Periodic Evaluations of Plan Adequacy, and Future 
SIP Revisions 

 

10.1 Future Consultation Commitments 

10.1.1  FLM Consultation 

As required by 40 CFR 51.308(i)(4), Colorado will continue to consult with the FLM on 
the implementation of the visibility protection program: and the following items 

1. Colorado will provide the FLM an opportunity to review and comment on SIP 
revisions, the five-year progress reports, and other developing programs that may 
contribute to Class I visibility impairment. This report will include:  

a. Implementation of emission reduction strategies identified in the SIP as 
contributing to achieving improvement of worst-day visibility; 

b. Summary of major new source permits issued; 
c. Any changes to the monitoring strategy or monitoring stations that may 

affect tracking reasonable progress; 
d. Work underway in preparing the five and ten year reviews 

2. Colorado will afford the FLM with an opportunity for consultation in person and at 
least 60 days prior to holding any public hearing on a SIP revision. The FLM 
consultation must include the opportunity to discuss their assessment of visibility 
impairment in each federal Class I area; and to provide recommendations on the 
reasonable progress goals and on the development and implementation of the 
visibility control strategies. Colorado will include a summary of how it addressed 
the FLM comments in the revised RH SIP. 

10.1.2  Tribal Consultation 

Colorado will continue to remain in contact with those Tribes which may reasonably be 
anticipated to cause or contribute to visibility impairment in Colorado mandatory Class I 
Federal area(s). For those Tribes that adopted a RH TIP, Colorado will consult with 
them directly. For those Tribes without a RH TIP, Colorado will consult with both the 
Tribe and EPA. Documentation of the consultation will be maintained. 
10.1.3  Inter-state Consultation/Coordination 

In accordance with 40 CFR 51.308(d)(1)(iv) and 51.308(d)(3)(i), Colorado commits to 
continue consultation with Arizona, Nebraska, Kansas, Wyoming, New Mexico, Utah, 
and California, and any other state which may reasonably be anticipated to cause or 
contribute to visibility impairment in federal Class I areas located within Colorado. 
Colorado will also continue consultation with any state for which Colorado‟s emissions 
may reasonable be anticipated to cause or contribute to visibility impairment in those 
state‟s federal Class I areas. 
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With regards to the established or updated goal for reasonable progress, should 
disagreement arise between another state or group of states, Colorado will describe the 
actions taken to resolve the disagreement in future RH SIP revisions for EPA‟s 
consideration. With regards to assessing or updating long-term strategies, Colorado 
commits to coordinate its emission management strategies with affected states and will 
continue to include in its future RH SIP revisions all measures necessary to obtain its 
share of emissions reductions for meeting progress goals. 
10.1.4  Regional Planning Coordination 

As per the requirements of [51.308(c)(1)(i)],Colorado commits to continued participation 
with one or more other States in a planning process for the development of future RH 
SIP revisions. Future plans will include:  

1. Showing of inter-state visibility impairment in federal Class I areas based on 
available inventory, monitoring, or modeling information as per the requirements of 
[51.308(c)(1)(ii)]. 

2. Description of the regional planning process, including the list of states, which have 
agreed to work with Colorado to address regional haze, the goals, objectives, 
management, decision making structure for the regional planning group, deadlines 
for completing significant technical analyses and developing emission 
management strategies, and a schedule for State review and adoption of 
regulations implementing the recommendations of the regional group as per the 
requirements of ; [51.308(c)(1)(iii)]. 

4. Address fully the recommendations of WRAP, including Colorado‟s apportionment 
of emission reduction obligations as agreed upon through WRAP and the resulting 
control measures required [51.308(c)(1)(iv) and 51.308(d)(3)(ii)]. 

10.2 Commitment to Progress Reports 

40 CFR 51.308(g), requires a State/Tribe to submit a progress report to EPA every five 
years evaluating progress towards the reasonable progress goal(s). The first progress 
report is due five years from the submittal of the initial implementation plan and must be 
in the form of an implementation plan revision that complies with Sections 51.102 and 
51.103. At a minimum, the progress reports must contain the elements in paragraphs 
51.308(g)(1) through (7) for each Class I area as summarized below. 

1. Status of implementation of the RFP SIP measures for CIAs in Colorado and those 
outside the State identified as being impacted by emissions from within the state 

2. Summary of emissions reductions in Colorado adopted or identified as part of the 
RFP strategy 
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3. A five year annual average assessment of the most and least impaired days for 
each CIA in Colorado including the current visibility conditions, difference between 
current conditions and baseline and change in visibility impairment over the five 
year period 

4. Analysis, by type of source or activity of pollutant emission changes or activities 
over the five year period from all sources contributing to visibility impairment in 
Colorado, based on the most recent EI with estimates projected forward as 
necessary to account for changes in the applicable five year period 

5. Assessment of significant changes in anthropogenic emissions in or out of 
Colorado in the applicable five years which limited or impeded RFP; 

6. Assessment of the current SIP sufficiency to meet reasonable progress goals both 
in Colorado and other States CIA identified as being significantly impacted by 
Colorado emissions  

7. Assessment of Colorado‟s visibility monitoring strategy and modifications of the 
strategy as necessary. 

In accordance with the requirements listed in Section 51.308(g) of the federal regional 
haze rule, Colorado commits to submitting a report on reasonable progress to EPA 
every five years following the initial submittal of the SIP. That report will be in the form of 
an implementation plan revision. The reasonable progress report will evaluate the 
progress made towards the reasonable progress goal for each mandatory Class I area 
located within Colorado and in each mandatory Class I area located outside Colorado, 
which have been identified as being affected by emissions from Colorado. 
The State will also evaluate the monitoring strategy adequacy in assessing reasonable 
progress goals. 

10.3 Determination of Current Plan Adequacy 

Based on the findings of the five-year progress report, 40 CFR 51.308(h) requires a 
State to make a determination of adequacy of the current implementation plan. The 
State must take one or more of the actions listed in 40 CFR 51. 308(h)(1) through (4) 
that are applicable. These actions are described below and must be taken at the same 
time the State is required to submit a five-year progress report. 

1. If the State finds that no substantive SIP revisions are required to meet established 
visibility goals and emissions reductions, the State will provide a negative 
declaration that no implementation plan revision is needed. 

2. If the State finds the implementation plan is, or may be, inadequate to ensure 
reasonable progress due to emissions from outside the State, the State shall notify 
EPA and the other contributing state(s) or tribe(s). The plan deficiency shall be 
addressed through a regional planning process in developing additional strategies 
with the planning efforts described in the progress report(s). 

3. If the State finds the implementation plan is, or may be, inadequate to ensure 
reasonable progress due to emissions from another country, the State shall notify 
EPA and provide the available supporting information. 
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4. If the State finds the implementation plan is, or may be, inadequate to ensure 
reasonable progress due to emissions from within the State, the State shall revise 
the plan to address the deficiency within a year. 

Colorado commits, in accordance with 40 CFR 51.308(h), to make an adequacy 
determination of the current SIP at the same time a five-year progress report is due.  

10.4 Commitment to Comprehensive  SIP Revisions 

In addition to SIP revisions made for plan adequacy as specified in Section 10.3 of this 
plan, 40 CFR 51.308(f)(1-3)requires a State to revise and submit its regional haze 
implementation plan to EPA by July 31, 2018, and every ten years thereafter. Colorado 
commits to providing this revision and to evaluate and reassess elements under 40 CFR 
51.308(d) taking into account improvements in monitoring data collection and analysis, 
and control technologies. Elements of the future plans are summarized below. 
10.4.1  Current Visibility Conditions 

Colorado commits to determine and report current visibility conditions for the most and 
least impaired days using themost recent five year period for which data is available and 
to determine the actual progress made towards natural conditions. Current visibility 
conditions will be calculated based on the annual average level of visibility impairment. 
10.4.2  Long Term Strategy Effectiveness 

Colorado commits to determine the effectiveness of the long-term strategy for achieving 
reasonable progress goals over the prior implementation period(s) and to affirm or 
revise the RPG and monitoring strategy as specified in 10.4.3 and 10.4.4 of this section. 
10.4.3  Affirmation of or Revisions to Reasonable Progress Goals 

As part of this comprehensive SIP update and future ten year revisions, Colorado 
commits to affirm or revise the reasonable progress goals in accordance with the 
procedures set forth in 40 CFR 51.308(d)(1). For any goal which provided a slower rate 
of progress than needed to attain natural conditions by the year 2064, Colorado will 
perform the analysis of additional measures that could be adopted to achieve the 
degree of visibility improvement projected by the analysis contained in the initial 
implementation plan. This analysis of additional measures will be performed in 
accordance with the procedures set forth in 40 CFR 51.308(d)(1)(A) to include a 
consideration of the costs of compliance, energy and non-air quality environmental 
impacts of compliance, and the remaining useful life of any potentially affected sources, 
and a demonstration showing how these factors were taken into consideration in 
selecting the goal. 

1. Colorado commits, in accordance with 40 CFR 51.308(d)(1)(B), to analyze and 
determine the rate of progress needed to attain natural conditions by the year 
2064 comparing baseline visibility to natural visibility conditions in each CIA 
considering the uniform rate of improvement and emission reduction measures 
needed to achieve RFP. 
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2. As per 40 CFR 51.308(d)(1)(B)(ii) if Colorado establishes a RPG with a slower 
rate of progress than needed to attain natural conditions by 2064, Colorado will 
demonstrate, based on the factors listed in this section 10.4.3, the rate of 
progress is unreasonable and the established goal is reasonable. Colorado will 
provide for a public review, as part of the implementation plan revision in 2018, 
an assessment of the number of years it will take to attain natural conditions 
based on the RPG.  

3. As per 40 CFR 51.308(d)(1(B)(iv) Colorado will consult with States reasonably 
anticipated to cause or contribute to visibility impairment in the mandatory Class I 
Federal areas and where Colorado or another State cannot agree a RPG is 
appropriate, Colorado will describe, in the SIP submittal of 2018, actions taken to 
resolve disagreements. 
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Chapter 11 Resource and Reference Documents 

 
There are a substantial number of documents that are referenced in this SIP and form 
the detailed technical basis for the proceeding Chapters. This Chapter is not the full 
Technical Support Document. It is a catalog of references used in the preparation of this 
SIP revision. The full Technical Support Document will be on the Air Pollution Control 
Division web site at http://www.cdphe.state.co.us/ap/regionalhaze.html 
11.1 Class I Area Technical Support Documents (TSDs)  TSDs are a comprehensive 
technical summary for each Class I area in Colorado. The individual Class I area TSDs 
includes sections describing the Class I area; visibility monitoring; visibility conditions; 
haze impacting particles; emission source characterization; regional modeling; and PM 
source apportionment. Included in each TSD is the PSAT Modeling showing estimated 
source category impacts on Class I areas.  Titles include: 

Colorado State Implementation Plan for Regional Haze Technical Support 
Document – Black Canyon of the Gunnison National Park, Colorado Dept. of Public 
Health and Environment, Air Pollution Control Division, October 2007 
Colorado State Implementation Plan for Regional Haze Technical Support 
Document –Eagles Nest Wilderness Area, Colorado Dept. of Public Health and 
Environment, Air Pollution Control Division, October 2007 
Colorado State Implementation Plan for Regional Haze Technical Support 
Document –Flat Tops Wilderness Area, Colorado Dept. of Public Health and 
Environment, Air Pollution Control Division, October 2007 
Colorado State Implementation Plan for Regional Haze Technical Support 
Document –La Garita Wilderness Area, Colorado Dept. of Public Health and 
Environment, Air Pollution Control Division, October 2007 

Colorado State Implementation Plan for Regional Haze Technical Support 
Document – Maroon Bells Wilderness Area, Colorado Dept. of Public Health and 
Environment, Air Pollution Control Division, October 2007 
Colorado State Implementation Plan for Regional Haze Technical Support 
Document –Mesa Verde National Park, Colorado Dept. of Public Health and 
Environment, Air Pollution Control Division, October 2007 
Colorado State Implementation Plan for Regional Haze Technical Support 
Document –Mount Zirkel Wilderness Area, Colorado Dept. of Public Health and 
Environment, Air Pollution Control Division, October 2007 
Colorado State Implementation Plan for Regional Haze Technical Support 
Document –Rocky Mountain National Park, Colorado Dept. of Public Health and 
Environment, Air Pollution Control Division, October 2007 
Colorado State Implementation Plan for Regional Haze Technical Support 
Document –Rawah Wilderness Area, Colorado Dept. of Public Health and 
Environment, Air Pollution Control Division, October 2007 

Exhibit PAC/2605 
Ralston/175



 

Colorado Visibility and Regional Haze State Implementation Plan for 12 Mandatory Class I Federal Areas 
Colorado Dept. of Public Health and Environment, Air Pollution Control Division 
Approved January 7, 2011 

176 

Colorado State Implementation Plan for Regional Haze Technical Support 
Document –Sand Dunes National Park, Colorado Dept. of Public Health and 
Environment, Air Pollution Control Division, October 2007 
Colorado State Implementation Plan for Regional Haze Technical Support 
Document – Weminuche Wilderness Area, Colorado Dept. of Public Health and 
Environment, Air Pollution Control Division, October 2007 
Colorado State Implementation Plan for Regional Haze Technical Support 
Document –West Elk Wilderness Area, Colorado Dept. of Public Health and 
Environment, Air Pollution Control Division, October 2007 

11.2 Other Technical Support Documents In addition to the Class I area-specific TSDs, two 
other technical support documents have been developed. One for the IMPROVE look-
alike monitors at Douglas Pass and Ripple Creek and another for agricultural burning in 
Colorado. Titles are: 

Colorado State Implementation Plan for Regional Haze Technical Support 
Document –Douglas Pass and Ripple Creek Pass Sites, Colorado Dept. of Public 
Health and Environment, Air Pollution Control Division, June 2007 
Colorado State Implementation Plan for Regional Haze Technical Support 
Document –Agricultural Burning in Colorado 2003-4 Inventory, Colorado Dept. of 
Public Health and Environment, Air Pollution Control Division, July 2007 
Colorado State Implementation Plan for Regional Haze. Technical  Support 
Document, Analysis of Colorado Visibility Impacts on Nearby Class I Areas, 
Colorado Dept. of Public Health and Environment, Air Pollution Control Division, 
March 2007 

11.3 Long-Term Strategy Review Update   In 2004, the State adopted this SIP revision in 
order to update the LTS. This SIP revision is intended to amend the 2002 LTS portion of 
the Class I Visibility SIP. This document is titled: 

Long-Term Strategy Review and Revision of Colorado’s State Implementation Plan 
for Class I Visibility Protection Part II Revision of the Long-Term Strategy, Colorado 
Department of Public Health and Environment, Air Pollution Control Division, 
November 2004 

List of Appendices –  

Appendix A – Periodic Review of Colorado RAVI Long Term Strategy 

Appendix B – SIP Revision for RAVI Long Term Strategy 

Appendix C – Technical Support for the BART Determinations 

Appendix D – Technical Support for the Reasonable Progress Determinations 
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Decision No. C12-0843 

BEFORE THE PUBLIC UTILITIES COMMISSION OF THE STATE OF COLORADO 

DOCKET NO. 11A-917E 

IN THE MATTER OF THE APPLICATION OF PUBLIC SERVICE COMPANY OF 

COLORADO FOR A CERTIFICATE OF PUBLIC CONVENIENCE AND NECESSITY 

FOR THE HAYDEN EMISSIONS CONTROL PROJECT. 

ORDER DENYING EXCEPTIONS 

AND REQUEST FOR ORAL ARGUMENT 

Mailed Date:   July 24, 2012 

Adopted Date:   July 18, 2012 

I. BY THE COMMISSION 

A. Statement 

1. This matter comes before the Commission for consideration of Exceptions to 

Decision No. R12-0593 (Recommended Decision) filed on June 21, 2012 by  

Ms. Leslie Glustrom.  The Recommended Decision grants a Certificate of Public Convenience 

and Necessity (CPCN) to Public Service Company of Colorado (Public Service or Company) for 

constructing and installing emission control equipment at Hayden 1 and 2 generating stations.  

Public Service timely filed responses to the exceptions.  

2. Now being duly advised in the matter, we deny the exceptions.  

B. Background 

3. In House Bill 10-1365, also known as the Clean Air Clean Jobs Act (CACJA), the 

General Assembly declared that Colorado would benefit from addressing emissions from  

front-range coal-fired power plants.  In the CACJA, the legislature tasked the Commission and 

other state agencies with vetting and shaping the plans proposed by regulated electric utilities.   
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4. In Docket No. 10M-245E, by Decision Nos. C10-1328 issued December 15, 2010 

and C11-0121 issued February 3, 2011, the Commission approved Public Service’s emission 

reduction plan pursuant to the CACJA.  Hayden 1 and 2 were included in this emission reduction 

plan.  In Docket No. 10M-245E, the Commission approved the installation of selective catalytic 

reduction (SCR) on Hayden Unit 1 in 2015 and Hayden Unit 2 in 2016.  Hayden 1 is a coal-fired 

electric generating facility that began operations in 1965.  Hayden 2 is a coal-fired generating 

station that began operations in 1976.  Public Service is the operator of the Hayden Station and is 

partial owner of Hayden 1 and 2, owning 139 megawatts (MW) of Hayden 1 (75.5 percent) and 

98 MW of Hayden 2 (37.4 percent).   

5. Public Service’s emission reduction plan was also fully incorporated in the 

Regional Haze State Implementation Plan (SIP), adopted and approved by the Colorado Air 

Quality Control Commission on January 7, 2011.  The SIP was approved by the Colorado 

General Assembly pursuant to House Bill 11-1291 and signed by Governor Hickenlooper in 

May 2011.  

6. In Docket No. 10M-245E the Commission determined that the emission controls 

at Hayden were needed and in the public interest.  However, the Commission also found that 

future CPCN application filings were necessary to ensure that the costs and rate impacts 

associated with the plan remain reasonable over the course of its implementation.  Regarding 

these proceedings, in Decision No. C11-0121, the Commission concluded that no additional 

studies regarding coal prices, coal supplies, or the units’ operations were necessary in any CPCN 

proceedings related to the emission controls at Hayden.  Therefore, the Commission instructed 

Public Service to file for a CPCN in a separate proceeding for the limited purpose of reviewing 

detailed cost estimates and project schedules. 
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7. Consistent with the determination in Docket No. 10M-245E regarding follow-on 

CPCN proceedings, on November 14, 2011 Public Service filed an application for a CPCN for 

the installation of emissions control equipment at its Hayden 1 and 2 generating stations, 

commencing this Docket No. 11A-917E.   

8. On June 1, 2012, the Administrative Law Judge (ALJ) presiding over this matter 

issued Recommended Decision No. R12-0593.  The ALJ granted Public Service a CPCN to 

construct and install emission control equipment at Hayden 1 and 2 generating stations.   

The ALJ found Public Service had sustained its burden of proof regarding the additional cost and 

construction schedule information.  Additionally, it was determined there was no need for a cost 

cap for project costs.  The ALJ further found there was no requirement in this docket for the 

Company to demonstrate prudence of the proposed cost because § 40-3.2-205(3), C.R.S., 

establishes a rebuttable presumption of prudence for these projects.  During a subsequent electric 

rate case, Public Service will carry the burden of proof that it acted in a prudent manner in 

expending funds for the construction of the Hayden 1 and 2 facilities.  

C. Exceptions 

9. In her Exceptions to Recommended Decision No. R12-0593 filed June 21, 2012, 

Ms. Glustrom asserts that the Recommended Decision failed to consider 

“changed circumstances” that have occurred since the Commission issued its decisions in Docket 

No. 10M-245E and that specific factual findings are necessary.  

10. Specifically, in addition to making additional specific findings of fact, 

Ms. Glustrom requests that the Commission review the appropriateness of adding SCR controls 

to the Hayden coal plants.  She further contends that “changed circumstances” since 

Docket No. 10M-245E necessitate a review of the investment in coal plants “at a time when the 
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effects of climate change are becoming increasingly obvious, when coal costs are increasing, 

when demand on [Public Service]’s system is lower than expected and when it is becoming 

increasingly well understood that a 21
st
 century utility needs to be flexible…”  

11. Further, Ms. Glustrom requests that the Commission hold oral arguments on the 

issues she raised in her Exceptions. 

12. Finally, Ms. Glustrom requests that the Commission waive Rule 1505(b) of the 

Rules of Practice and Procedure, 4 Code of Colorado Regulations (CCR) 723-1.  She argues that 

the transcript of the March 8, 2012 hearing has been made and is available on the Commission 

website. If the Commission determines that an additional transcript is needed, Ms. Glustrom 

respectfully requests that the costs of the transcript be waived as the transcript has been prepared 

and should be available to the Commission for little or no cost.   

13. On July 5, 2012, Public Service filed a response opposing Ms. Glustrom’s 

exceptions.  The Company states that Ms. Glustrom has improperly launched a collateral attack 

at the Commissions’ determinations in Docket No. 10M-245E, and her arguments are outside of 

the scope of the instant proceeding.  Therefore, Public Service argues that exceptions should be 

denied consistent with similar arguments raised by Ms. Glustrom that the Commission denied in 

Docket No. 11A-325E.  That docket was similarly limited regarding CPCN proceedings related 

to Public Service’s Pawnee emissions control project. 

14. Public Service further opposes the contention that the Recommended Decision is 

deficient because it lacked specific finding of fact.  The Company asserts that concerns raised by 

Ms. Glustrom not outside of the scope of the instant proceeding were considered in testimony 

presented; while findings of fact may not have been explicit, they were implicit in the decision 

approving the CPCN.  
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15. Further, Public Service argues that similar to the recently issued Colorado 

Supreme Court decision, Glustrom v. Colo. Pub. Util. Comm’n. 11SA164, 2012 WL 239079 

(Colo. June 25, 2012), Ms. Glustrom’s arguments here: (1) are substantially identical to 

arguments she presented to the Commission recently (i.e., in Docket No. 10M-245E); and 

(2) involve subjects properly addressed by expert testimony.   

D. Findings and Conclusions 

16.  We find that oral argument requested by Ms. Glustrom pursuant to Rule 1505(c) 

will not assist us in making a just and reasonable decision in this case and that written exceptions 

are sufficient.  We therefore deny the request for oral argument.  

17. We agree with Public Service and deny Ms. Glustrom’s exceptions regarding 

"changed circumstances” and that certain findings of fact are necessary.  Ms. Glustrom is seeking 

an opportunity to attack the decisions reached by the Commission pursuant to the CACJA 

regarding Public Service’s emission reduction plan, which was fully incorporated in the SIP 

adopted and approved by the Colorado Air Quality Control Commission and the Colorado 

General Assembly.   

18. We also find the instant request similar to Ms. Glustrom’s argument regarding 

“changed circumstances” that was recently rejected in Glustrom v. Colo. Pub. Util. Comm’n. 

11SA164, 2012 WL 239079 (Colo. June 25, 2012).  Ms. Glustrom’s arguments are substantially 

identical to those recently raised in Docket No. 10M-245E and involve subjects properly 

addressed by expert testimony.   
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19. Further, no additional specific findings of fact are necessary.  Ms. Glustrom 

recognizes that findings of fact by the Commission need not be presented in any particular form 

and that they may even be implied. Aspen Airwaves v. Publ. Util. Comm’n, 453 P.2d 789 (1969); 

Colo. Mun. League v. Publ Util. Comm’n, 473 P.2d 960 (1970). The Commission must merely 

make findings sufficient to show a reviewing court which of the evidence it accepts as competent 

and worthy of belief and which of the evidence it rejects. Aspen Airways, 453 P.2d, at 792.  We 

therefore deny exceptions on this point. 

20. Regarding Ms. Glustrom’s request to waive Rule 1505(b), 4 CCR, 723-1, we 

agree with Ms. Glustrom that the transcript from the evidentiary hearing in this matter exists and 

is available as a non-confidential document in the Commission’s E-Filing System.  We therefore 

find no grounds to grant the requested waiver and thus deny her exceptions on this point.  

II. ORDER 

A. The Commission Orders That: 

1. The Exceptions to Recommended Decision No. R12-0593 filed by  

Ms. Leslie Glustrom on June 21, 2012 are denied, consistent with the discussion above. 

2. The 20-day period provided for in § 40-6-114, C.R.S., within which to file 

applications for rehearing, reargument, or reconsideration begins on the first day following the 

effective date of this Order. 

3. This Order is effective upon its Mailed Date. 
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B. ADOPTED IN COMMISSIONERS’ WEEKLY MEETING  

July 18, 2012. 
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and shall not postpone the effectiveness 
of such rule or action. 

This action may not be challenged 
later in proceedings to enforce its 
requirements. (See section 307(b)(2).) 

List of Subjects in 40 CFR Part 52 
Environmental protection, Air 

pollution control, Incorporation by 
reference, Particulate matter. 

Dated: November 28, 2012. 
Judith A. Enck, 
Regional Administrator, Region II. 

Dated: December 11, 2012. 
H. Curtis Spalding, 
Regional Administrator, Region I. 

Part 52, chapter I, title 40 of the Code 
of Federal Regulations is amended as 
follows: 

PART 52—APPROVAL AND 
PROMULGATION OF 
IMPLEMENTATION PLANS 

■ 1. The authority citation for part 52 
continues to read as follows: 

Authority: 42 U.S.C. 7401 et seq. 

Subpart H—Connecticut 

■ 2. Section 52.379 is amended by 
adding paragraph (g) to read as follows: 

§ 52.379 Control strategy: PM2.5. 
* * * * * 

(g) Determination of Attainment. EPA 
has determined, as of December 31, 
2012, that the New York-N. New Jersey- 
Long Island, NY-NJ-CT fine particle 
(PM2.5) nonattainment area has attained 
the 2006 PM2.5 National Ambient Air 
Quality Standard. This determination 
suspends the requirements for this area 
to submit an attainment demonstration, 
associated reasonably available control 
measures, a reasonable further progress 
plan, contingency measures, and other 
planning SIPs related to attainment of 
the standard for as long as the area 
continues to attain the 2006 PM2.5 
NAAQS. 

Subpart FF—New Jersey 

■ 3. Section 52.1602 is amended by 
adding paragraph (e) to read as follows: 

§ 52.1602 Control strategy and 
regulations: PM2.5. 
* * * * * 

(e) Determination of Attainment. EPA 
has determined, as of December 31, 
2012, that the New York-N. New Jersey- 
Long Island, NY-NJ-CT fine particle 
(PM2.5) nonattainment area has attained 
the 2006 PM2.5 National Ambient Air 
Quality Standard. This determination 
suspends the requirements for this area 
to submit an attainment demonstration, 

associated reasonably available control 
measures, a reasonable further progress 
plan, contingency measures, and other 
planning SIPs related to attainment of 
the standard for as long as the area 
continues to attain the 2006 PM2.5 
NAAQS. 

Subpart HH—New York 

■ 4. Section 52.1678 is amended by 
adding paragraph (f) to read as follows: 

§ 52.1678 Control strategy and 
regulations: Particulate matter. 
* * * * * 
■ (f) Determination of Attainment. EPA 
has determined, as of December 31, 
2012, that the New York-N. New Jersey- 
Long Island, NY-NJ-CT fine particle 
(PM2.5) nonattainment area has attained 
the 2006 PM2.5 National Ambient Air 
Quality Standard. This determination 
suspends the requirements for this area 
to submit an attainment demonstration, 
associated reasonably control available 
measures, a reasonable further progress 
plan, contingency measures, and other 
planning SIPs related to attainment of 
the standard for as long as the area 
continues to attain the 2006 PM2.5 
NAAQS. 
[FR Doc. 2012–31214 Filed 12–28–12; 8:45 am] 

BILLING CODE 6560–50–P 

ENVIRONMENTAL PROTECTION 
AGENCY 

40 CFR Part 52 

[EPA–R08–OAR–2011–0770, FRL–9734–8] 

Approval and Promulgation of 
Implementation Plans; State of 
Colorado; Regional Haze State 
Implementation Plan 

AGENCY: Environmental Protection 
Agency. 
ACTION: Final rule. 

SUMMARY: EPA is approving a State 
Implementation Plan (SIP) revision 
submitted by the State of Colorado on 
May 25, 2011 that addresses regional 
haze. Colorado submitted this SIP 
revision to meet the requirements of the 
Clean Air Act (CAA or ‘‘the Act’’) and 
our rules that require states to prevent 
any future and remedy any existing 
man-made impairment of visibility in 
mandatory Class I areas caused by 
emissions of air pollutants from 
numerous sources located over a wide 
geographic area (also referred to as the 
‘‘regional haze program’’). EPA is taking 
this action pursuant to section 110 of 
the CAA. 
DATES: This final rule is effective 
January 30, 2013. 

ADDRESSES: EPA has established a 
docket for this action under Docket ID 
No. EPA–R08–OAR–2011–0770. All 
documents in the docket are listed on 
the www.regulations.gov Web site. 

Publicly available docket materials 
are available either electronically 
through www.regulations.gov, or in hard 
copy at the Air Program, Environmental 
Protection Agency (EPA), Region 8, 
1595 Wynkoop Street, Denver, Colorado 
80202–1129. EPA requests that if, at all 
possible, you contact the individual 
listed in the FOR FURTHER INFORMATION 
CONTACT section to view the hard copy 
of the docket. You may view the hard 
copy of the docket Monday through 
Friday, 8 a.m. to 4 p.m., excluding 
Federal holidays. 
FOR FURTHER INFORMATION CONTACT: 
Laurel Dygowski, Air Program, 
Mailcode 8P–AR, Environmental 
Protection Agency, Region 8, 1595 
Wynkoop Street, Denver, Colorado 
80202–1129, (303) 312–6144, 
dygowski.laurel@epa.gov. 
SUPPLEMENTARY INFORMATION: 

Table of Contents 

I. Background 
A. Regional Haze 
B. Lawsuits 
C. Our Proposal 
D. Public Participation 

II. Final Action 
III. Basis for Our Final Action 
IV. Issues Raised by Commenters and EPA’s 

Response 
A. NOX BART for Tri-State Craig Unit 1 

and Unit 2 
B. NOX BART Determination for Martin 

Drake Units 5, 6, and 7 
C. BART Determination for Colorado 

Energy Nations (CENC) Unit 4 and Unit 
5 

D. NOX BART Determination for Cemex 
Lyons Kiln 

E. NOX BART Determination for Comanche 
Unit 1 and Unit 2 

F. NOX Reasonable Progress Determination 
for Craig Unit 3 

G. NOX Reasonable Progress Determination 
for Nucla 

H. Reasonable Progress for Rio Grande 
Cement Company (GCC) 

I. Legal Issues 
1. Public Service Company of Colorado 

(PSCO) BART Alternative 
2. Timing of Implementation 
3. Compliance With Section 110(l) 
J. Comments Generally in Favor of Our 

Proposal 
V. Statutory and Executive Order Reviews 

Definitions 
For the purpose of this document, we 

are giving meaning to certain words or 
initials as follows: 

i. The words or initials Act or CAA mean 
or refer to the Clean Air Act, unless the 
context indicates otherwise. 
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1 We note that our proposed rule contained 
certain errors, as follows: (1) In Table 2, at 77 FR 
18060, ‘‘Tri-State Generation and Transmission, 
Inc.’’ should have read ‘‘Tri-State Generation and 
Transmission Association, Inc.;’’ (2) In Table 13, at 
77 FR 18068, the visibility improvement for SCR for 
Craig Unit 2 should have read 0.98 deciviews 
instead of 1.01 deciviews; and (3) In Table 38, at 
77 FR 18085, the annualized costs for the limestone 
injection improvements (LII) option should have 
read $2,188,595 instead of $914,290. None of these 
errors impact our analysis or decision. In particular, 
the cost effectiveness value for the LII option in 
Table 38 already accounted for the correct 
annualized cost value. 

ii. The initials APEN mean or refer to Air 
Pollution Emissions Notice. 

iii. The initials AQCC mean or refer to the 
Air Quality Control Commission. 

iv. The initials BACT mean or refer to Best 
Available Control Technology. 

v. The initials BART mean or refer to Best 
Available Retrofit Technology. 

vi. The initials CMA mean or refer to the 
Colorado Mining Association. 

vii. The words Colorado and the State 
mean the State of Colorado. 

viii. The initials EGUs mean or refer to 
Electric Generating Units. 

ix. The words EPA, we, us, our, or the 
Agency mean or refer to the United States 
Environmental Protection Agency. 

x. The initials LNB mean or refer to low 
NOX burner. 

xi. The initials NAAQS mean or refer to the 
National Ambient Air Quality Standards. 

xii. The initials NOX mean or refer to 
nitrogen oxides. 

xiii. The initials NPS mean or refer to 
National Park Service. 

xiv. The initials PM2.5 mean or refer to 
particulate matter with an aerodynamic 
diameter of less than 2.5 micrometers. 

xv. The initials SCR mean or refer to 
selective catalytic reduction. 

xvi. The initials SIP mean or refer to State 
Implementation Plan. 

xvii. The initials SNCR mean or refer to 
selective non-catalytic reduction. 

xviii. The initials SO2 mean or refer to 
sulfur dioxide. 

xix. The initials TSD mean or refer to 
Technical Support Document. 

I. Background 
The CAA requires each state to 

develop plans, referred to as SIPs, to 
meet various air quality requirements. A 
state must submit its SIPs and SIP 
revisions to us for approval. Once 
approved, a SIP is enforceable by EPA 
and citizens under the CAA, also known 
as being federally enforceable. This 
action addresses the requirement that 
states have SIPs that address regional 
haze. 

A. Regional Haze 
In 1990, Congress added section 169B 

to the CAA to address regional haze 
issues, and we promulgated regulations 
addressing regional haze in 1999 (64 FR 
35714, July 1, 1999, codified at 40 CFR 
part 51, subpart P). The requirements for 
regional haze, found at 40 CFR 51.308 
and 51.309, are included in our 
visibility protection regulations at 40 
CFR 51.300–309. The requirement to 
submit a regional haze SIP applies to all 
50 states, the District of Columbia and 
the Virgin Islands. States were required 
to submit a SIP addressing regional haze 
visibility impairment no later than 
December 17, 2007 (40 CFR 51.308(b)). 

Few states submitted a regional haze 
SIP prior to the December 17, 2007, 
deadline, and on January 15, 2009, EPA 
found that 37 states, including 

Colorado, the District of Columbia, and 
the Virgin Islands, had failed to submit 
SIPs addressing the regional haze 
requirements (74 FR 2392). Once EPA 
has found that a state has failed to make 
a required submission, EPA is required 
to promulgate a Federal Implementation 
Plan (FIP) within 2 years unless the 
state submits a SIP and the Agency 
approves it within the 2-year period. 
CAA section 110(c)(1). 

Colorado submitted a SIP addressing 
regional haze on May 25, 2011. 

B. Lawsuits 
In a lawsuit in the U.S. District Court 

for the District of Colorado, 
environmental groups sued us for our 
failure to take timely action with respect 
to the regional haze requirements of the 
CAA and our regulations. In particular, 
the lawsuits alleged that we had failed 
to promulgate FIPs for these 
requirements within the 2-year period 
allowed by CAA section 110(c) or, in the 
alternative, fully approve SIPs 
addressing these requirements. 

As a result of these lawsuits, we 
entered into a consent decree. The 
consent decree requires that we sign a 
notice of final rulemaking addressing 
the regional haze requirements for 
Colorado by September 10, 2012. We are 
meeting that requirement with the 
signing of this notice of final 
rulemaking. 

C. Our Proposal 
We signed our notice of proposed 

rulemaking on March 15, 2012, and it 
was published in the Federal Register 
on March 26, 2012 (77 FR 18052). In 
that notice, we provided a detailed 
description of the various regional haze 
requirements. We are not repeating that 
description here; instead, the reader 
should refer to our notice of proposed 
rulemaking for further detail.1 In our 
proposal, we proposed to approve 
Colorado’s May 25, 2011, regional haze 
SIP. 

D. Public Participation 
We requested comments on all 

aspects of our proposed action and 
provided a 60-day comment period, 

with the comment period closing on 
May 25, 2012. We received comments 
on our proposed rule that generally 
supported our proposed action and 
comments that were critical of certain 
aspects of our proposed action. In this 
action, we are responding to the 
comments we have received, taking 
final rulemaking action, and explaining 
the bases for our action. 

II. Final Action 
With this action, EPA is approving a 

SIP revision submitted by the State of 
Colorado on May 25, 2011, that 
addresses regional haze. We are 
approving the State’s regional haze SIP, 
including revisions submitted as part of 
the regional haze SIP to: 

• Regulation No. 3, Part F, Section VI 
and Section VII. 

• Regulation No. 3, Part D, Section 
XIV.F. 

• Regulation No. 7, Section 
XVII.E.3.a. 

III. Basis for Our Final Action 
We have fully considered all 

significant comments on our proposal 
and have concluded that no changes 
from our proposal are warranted. Our 
action is based on an evaluation of 
Colorado’s regional haze SIP submittal 
against the regional haze requirements 
at 40 CFR 51.300–51.309 and CAA 
sections 169A and 169B. All general SIP 
requirements contained in CAA section 
110, other provisions of the CAA, and 
our regulations applicable to this action 
were also evaluated. The purpose of this 
action is to ensure compliance with 
these requirements. Our authority for 
action on Colorado’s SIP submittal is 
based on CAA section 110(k). 

We are approving the State’s regional 
haze SIP provisions because they meet 
the relevant regional haze requirements. 
Most of the adverse comments we 
received concerning our proposed 
approval of the regional haze SIP 
pertained to the State’s best available 
retrofit technology (BART) and 
reasonable progress determinations. 
With respect to the BART 
determinations, we understand that 
there is room for disagreement about 
certain aspects of the State’s analyses. 
Furthermore, we may have reached 
different conclusions had we been 
performing the determinations in the 
first instance. However, the comments 
have not convinced us that the State, 
conducting specific case-by-case 
analyses for the relevant units, acted 
unreasonably or that we should 
disapprove the State’s BART 
determinations. 

With respect to the State’s reasonable 
progress determinations, the State 
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2 Letter from Callie A. Videtich, Director, Air 
Program, EPA Region 8, to Paul Tourangeau, Air 
Director, Colorado Department of Public Health and 
the Environment, October 26, 2010, Re: Regional 
Haze State Implementation Plan. (October 26, 2010 
letter). 

3 NPS Comments on Best Available Retrofit 
Technology (BART) Analysis of Control Options for 
Tri-State Generation & Transmission Association, 
Inc.—Craig Station Units 1 & 2, December 1, 2010. 

4 The presumptive limit for dry-bottom wall-fired 
EGUs firing bituminous coal is 0.39 lb/MMBtu (70 
FR 39172). 

included emission limits in the SIP that 
reflect reasonable levels of control for 
reasonable progress for this initial 
planning period. Here again, we 
understand that there is room for 
disagreement about the State’s analyses 
and appropriate limits. And, again, we 
may have reached different conclusions 
had we been performing the 
determinations. However, the comments 
have not convinced us that the State, 
conducting specific case-by-case 
analyses for the relevant units, made 
unreasonable determinations for this 
initial planning period or that we 
should disapprove the State’s SIP. 

IV. Issues Raised by Commenters and 
EPA’s Response 

A. NOX BART for Tri-State Craig Unit 1 
and Unit 2 

Comment: We received comments 
that the State and EPA did not follow 
the BART guidelines or otherwise meet 
the intent of the BART requirements 
because the State and we did not 
evaluate the most stringent control 
efficiencies associated with operating 
selective catalytic reduction (SCR). The 
commenters pointed out that State and 
EPA evaluations assumed that SCR is 
capable of achieving 0.07 lb/MMBtu on 
an annual average and 0.07–0.08 lb/ 
MMBtu on a 30-day rolling average. 
Commenters stated that this level 
reflects 74–75% reduction from baseline 
emissions from these units, and SCR is 
well known to be capable of control 
efficiencies greater than 90% and limits 
of 0.05 lb/MMBtu or less on a 30-day 
rolling average. One commenter pointed 
out that in a November 2010 report, Tri- 
State’s own consultants evaluated a 0.05 
lb/MMBtu design emission rate for SCR. 
One commenter also pointed out that 
previous statements by EPA and the 
National Park Service (NPS) to the State 
about the Colorado regional haze plan 
reflect this.2 3 

One commenter went on to say that if 
an emission rate of 0.05 lb/MMBtu had 
been used to assess the cost of SCR, the 
State would have found the cost to be 
$5,879 per ton of NOX reduced for Unit 
1 and $5,728 per ton of NOX reduced for 
Unit 2. Commenters provided numerous 
examples of electric generating units 
(EGUs) that are achieving or will be 
required to achieve a NOX emission rate 

of 0.05 lb/MMBtu or less on an annual 
and 30-day rolling average. 

Response: We agree that SCR in some 
cases can achieve annual NOX emission 
rates as low as 0.05 lb/MMBtu. 
However, the annual emission rate 
assumed by Colorado, 0.07 lb/MMBtu, 
is within the range of actual emission 
rates demonstrated at similar facilities 
in EPA’s Clean Air Markets Division 
(CAMD) emission database. 

Comment: The proposed emission 
limit of 0.27 lb/MMBtu for selective 
non-catalytic reduction (SNCR) does not 
reflect what is achievable for that 
control technology. The State’s 
technical support document (TSD) 
shows that Craig Unit 1 is already 
meeting an emission rate of 0.27 lb/ 
MMBtu, even without SNCR. 
Furthermore, as noted by EPA in its 
October 26, 2010, letter, SNCR is 
capable of achieving emission 
reductions of 20–30% below baseline. 
This would mean that SNCR would 
actually be capable of achieving an 
emission rate of around 0.20 lb/MMBtu 
or lower at Units 1 and 2, not 0.27 lb/ 
MMBtu. 

Response: We disagree that the State’s 
TSD shows that Craig 1 is already 
achieving a 30-day rolling average 
emission rate of 0.27 lb/MMBtu, even 
without SNCR. The commenter has 
confused actual average annual 
emission rates that Colorado used for 
cost calculations with 30-day rolling 
average emission rates. Colorado’s TSD 
shows that the maximum actual 30-day 
rolling average emission rate during this 
period was 0.304 lb/MMBtu. Therefore, 
Craig 1 is currently operating above, not 
below, the BART emission limit. 
However, we understand that the 
commenter’s larger point is that the 
emission limit for Craig Unit 1 does not 
reflect the level of control that can be 
achieved with SNCR. 

As noted by the commenter, SNCR 
can typically achieve a 20–30% 
reduction after combustion controls. By 
contrast, Colorado assumed that at Craig 
SNCR could achieve a 15% reduction 
after combustion controls. This in turn 
was based on Tri-State’s assertion that 
the Craig BART units can only meet this 
level of control since the effectiveness of 
SNCR is lower for wall-fired boilers 
similar to those at Craig. Under the 
circumstances, we do not find that the 
State’s conclusion was unreasonable. 

Comment: EPA provided no insight as 
to what it considers presumptive BART 
to be for Craig Units 1 and 2. 
Presumptive BART for the Craig units 
should be based on the primary type of 
coal burned there, which is sub- 
bituminous. EPA should establish the 
presumptive BART limit for Craig at 

0.23 lb/MMBtu. On this basis, the limits 
proposed by EPA exceed presumptive 
BART. 

Response: The presumptive limits for 
EGUs, which are reflective of 
combustion controls for all but cyclone 
boilers, are clearly stated in the BART 
guidelines. The presumptive limit for 
dry-bottom wall-fired EGUs firing sub- 
bituminous coal, such as the Craig 
BART units, is 0.23 lb/MMBtu (70 FR 
39172, July 6, 2005). 

Colorado has stated that the Craig 
BART units fire sub-bituminous coal 
that is ‘‘bituminous-like’’ with respect to 
NOX formation.4 That is, they exhibit 
relatively higher NOX emissions. This is 
supported by actual emissions data, 
which show that the units fail to 
achieve the presumptive limit with the 
existing ultra low-NOX burners and 
overfire air, the same combustion 
controls that EPA assumed for sources 
when it established the presumptive 
limit. The State’s analysis of CEMs data 
in EPA’s CAMD emissions database 
shows an actual maximum 30-day 
rolling average emission rate of 0.304 lb/ 
MMBtu at each unit (2006–2008). Thus, 
we conclude that the presumptive limit 
that applies to Craig—0.23 lb/MMBtu— 
does not provide a meaningful 
benchmark for evaluating the State 
selected limits at Craig. Furthermore, 
our BART guidelines are clear that the 
BART analysis may result in a limit that 
differs from the presumptive limit. 

Comment: One of the options 
suggested by the BART Guidelines to 
evaluate cost effectiveness is cost/ 
deciview. Applying the cost/deciview 
metric to SCR at Craig yields about $10 
million/deciview for Mt. Zirkel and $2.6 
million/deciview on a cumulative basis. 
Both values are reasonable when 
compared to the national average of 
$14–$18 million/deciview. 

Response: The BART Guidelines 
require that cost effectiveness be 
calculated in terms of annualized 
dollars per ton of pollutant removed, or 
$/ton (70 FR 39167). The commenters 
are correct in that the BART Guidelines 
list the $/deciview ratio as an additional 
cost effectiveness metric that can be 
employed along with $/ton for use in a 
BART evaluation. However, the State 
was not required to use this metric. We 
do not generally recommend the use of 
this metric as it can be complicated to 
use and the results can be difficult to 
assess. We also note that the $/deciview 
metric has not been widely used as a 
comparative tool. It is sufficient to 
analyze the cost effectiveness of 
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5 The overnight cost method represents the cost 
of building the plant as if all the supplies could be 
purchased and all the labor paid within a very short 
period of time. In contrast, when forecasting 
revenue requirements for environmental retrofits, 
utilities typically attempt to estimate the costs that 
would actually be reflected in their future rate cases 
as a result of the retrofits in what is known as the 
‘‘all in’’ method. According to commenters, the 
results from these two cost calculating methods 
cannot and should not be compared. Commenters 
also asserted the following: (1) Relative to the EPA 
CCM, the utility method typically overstates the 
cost of control per ton of avoided emissions by 
about 36%; and (2) National consistency in cost 
allocation method is necessary to ensure that no 
company or state receives an economic advantage 
by using a different cost method. 

6 According to commenters, this cost is not 
allowed because Tri-State is not a rate-regulated 
utility and the AFUDC cost is not already included 
in the base case, as per a utility commission 
decision. 

7 For the highest-performing NOX post- 
combustion control options (i.e., SCR systems for 
EGUs) that do not exceed $5,000/ton of pollutant 
reduced by the State’s calculation, and which 
provide a modeled visibility benefit of 0.5 deciview 
or greater at the primary Class I Area affected, the 
State views that level of control as generally 
reasonable. For lesser-performing NOX post- 
combustion control options (e.g., SNCR 
technologies for EGUs) that do not exceed $5,000/ 
ton of pollutant reduced by the State’s calculation, 
and which provide a modeled visibility benefit of 
0.2 deciview or greater at the primary Class I Area 
affected, the State views that level of control as 
generally reasonable. 

potential BART controls using $/ton, in 
conjunction with an assessment of the 
modeled visibility benefits of the BART 
control. 

Comment: Because the control 
efficiency for SCR was underestimated, 
the visibility benefits from SCR are 
underestimated by the modeling. 

Response: We disagree with this 
comment. As stated above, while we 
recognize that lower annual emission 
rates for SCR have been demonstrated at 
some facilities, the annual emission rate 
of 0.07 lb/MMBtu assumed by Colorado 
in estimating the costs and benefits of 
SCR is within the overall range for 
similar facilities in EPA’s CAMD 
emission database. Given this, we find 
that it was not unreasonable for 
Colorado to use 0.07 lb/MMBtu to 
model the predicted visibility 
improvement from SCR. 

Other Comments: A number of 
commenters objected to our proposed 
approval of the State’s BART 
determination for Craig Unit 1 on other 
grounds and asserted that the State 
should have selected SCR as BART. 
These commenters articulated several 
bases for their comments. The 
comments fall into four main categories, 
as follows: 

(1) Costs 
We received numerous comments that 

the State, relying on Tri-State’s cost 
analysis, significantly overestimated 
capital costs for SCR at Craig Unit 1 and 
Unit 2, and that EPA did not conduct a 
detailed review of Tri-State’s cost 
analysis. Commenters cited numerous 
sources to show that the expected 
capital costs for SCR at Unit 1 and Unit 
2 should be lower than what Tri-State 
assumed in its cost estimates. 
Commenters noted limited or missing 
information, such as lack of vendor 
quotes or detailed cost estimates. 
According to a commenter, this type of 
information is necessary for the public 
or other agencies to be able to 
thoroughly review and comment on the 
proposed determinations. According to 
commenters, the absence of this 
underlying information renders EPA’s 
proposed approval of the BART 
determinations for these sources 
arbitrary. Commenters said that, to the 
extent that the State or EPA relied on 
such information, failure to include it in 
the docket further illegally impaired and 
deprived the public of its notice and 
comment rights, by concealing 
important grounds for the proposed 
action and preventing the public from 
examining and offering meaningful 
comment thereon. 

Commenters noted several items in 
Tri-State’s and the State’s cost analyses 

that are not allowed by or are 
inconsistent with EPA’s Control Cost 
Manual (CCM). According to 
commenters, Tri-State and the State: (1) 
Disregarded EPA’s cost method, often 
referred to as the ‘‘overnight cost 
method;’’ 5 (2) included Allowance for 
Funds During Construction (AFUDC);6 
(3) used escalation, which is 
inappropriate and generally not 
allowed; (4) included lost generation 
costs with no support or justification for 
the costs, the duration of outages 
needed, and why time beyond normal 
scheduled outages would be necessary; 
(5) provided no justification for the 
inclusion of owner’s costs as 10% of the 
direct cost; (6) included a 50-hour 
workweek in their cost estimate without 
any justification; (6) included no 
consideration of the cost savings when 
controls like SCR are applied to 
multiple units at the same facility; and 
(7) used an unrealistic equipment life 
and interest rate. 

Commenters provided revised cost 
analyses for SCR at Craig Units 1 and 2. 
One commenter calculated that a more 
accurate cost effectiveness value would 
be no higher than $3,460/ton and 
$3,370/ton at Unit 1 and Unit 2, 
respectively. Another commenter 
calculated that average costs would be 
$2,209/ton for Unit 1 and $1,962/ton for 
Unit 2. Commenters pointed out that 
these costs were below the threshold 
established by the State for choosing 
SCR. 

(2) Visibility Improvement 
Commenters point out that EPA only 

provides the impacts to the most 
impacted Class I area, Mt. Zirkel, and 
that the cumulative impact of a source’s 
emissions on visibility, as well as the 
cumulative benefit of emission 
reductions, is a necessary consideration 
as part of the fifth step in the BART 
analysis. Commenters provided 

examples where other EPA regions 
(Region 6 and Region 9) have 
considered cumulative visibility 
benefits. The NPS performed modeling 
and submitted the results as part of its 
comments. NPS modeling shows that 
the cumulative visibility impact from 
Craig Units 1 and 2 is 17.61 deciviews, 
while SCR at both units would provide 
a cumulative visibility improvement of 
8.99 deciviews. The modeling also 
shows that SCR at both units would 
achieve at least a 0.5 deciview 
improvement at each of five Class I 
areas. 

(3) Determination of BART 
Commenters identified numerous 

issues with the State’s determination of 
BART and consideration of the five 
factors. First, commenters pointed out 
that the State relied on a predetermined 
set of thresholds applicable only to post- 
combustion NOX controls for 
determining what is BART,7 and that 
the State attempted to justify this by a 
short discussion of its belief that ‘‘the 
costs of control should have a 
relationship to visibility improvement.’’ 
According to commenters, the State 
articulated no governing principle or 
rational explanation for how it 
considered the five factors within the 
context of this threshold. 

Commenters asserted that EPA, in its 
October 26, 2010, comment letter to 
Colorado, anticipated some of the 
reasons the State’s threshold is 
untenable. One commenter went on to 
say that in the unlikely scenario that the 
appropriate cost of SCR at Craig Units 
1 and 2 is in fact above $5,000/ton, the 
State’s criteria ‘‘preclude a reasonable 
weighing of the five factors,’’ as EPA 
had foretold. Commenters indicated that 
EPA relied on the State’s vague and 
unsubstantiated criteria without 
resolving or even discussing its prior 
concerns. 

Commenters noted that the Craig 
analysis presented data for each of the 
five BART factors, but pointed out that 
when it came to the crux of the BART 
determination, the actual weighing of 
the factors, EPA’s proposed rulemaking 
failed to explain how EPA determined 
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that costs were unjustified in light of 
anticipated visibility benefits and the 
other considerations. As such, 
commenters said that EPA had failed to 
require a reasoned basis for weighing 
the five factors in the Craig BART 
analysis and determination. One 
commenter went on to say that to 
comply with the Administrative 
Procedure Act, the Agency must provide 
a reasoned basis for its BART 
determination, including a reasonable 
explanation why certain benefits do not 
justify certain costs, why EPA’s chosen 
methods for evaluating costs and 
benefits are appropriate, and what 
significance the Agency has accorded to 
each of the five BART factors. The 
commenter argued that EPA’s failure to 
identify its method of decision making 
amounts to an arbitrary decision. 

One commenter stated that it was 
concerned that, although the State 
found SCR to be reasonable as BART for 
Craig Unit 2, it found the control 
technology to be unreasonable for Unit 
1, even though according to the five 
factors, it would meet the same 
reasonability threshold as for Unit 2. 
Notably, the State found the cost of SCR 
for Unit 2, $5,728 per ton of NOX 
reduced, to be reasonable as it was 
ultimately adopted as BART. 

(4) BART Alternative 
Commenters pointed out that the 

Craig BART alternative fails to provide 
for greater reasonable progress than 
would be achieved if an adequate 
source-specific BART limit were 
required of both subject-to-BART Craig 
units. Commenters went on to say that 
BART should have been SCR on both 
Craig units and thus, the BART 
alternative of SNCR on Unit 1 and SCR 
on Unit 2 is not better than BART. 
According to commenters, given that 40 
CFR 51.308(e)(2)(C) requires states to 
make a BART determination for any 
source subject to an alternative to 
BART, the State’s flawed BART analysis 
fails to support an alternative to BART 
pursuant to EPA regulations. 

Response: While we agree with some 
aspects of the commenters’ assertions in 
these four categories, we disagree with 
others and ultimately conclude that 
Colorado’s plan achieves a reasonable 
result overall. We acknowledged in our 
October 26, 2010, comment letter to the 
State that the cost analysis was not 
conducted by Colorado in accordance 
with EPA’s Control Cost Manual, and 
we agreed that the costs for SCR at Craig 
Units 1 and 2 appeared to be 
substantially overestimated, which the 
commenters also pointed out. In 
addition, as we suggested during the 
State’s public comment period, the State 

should have more thoroughly 
considered the visibility impacts of 
controlling emissions from Craig 1 on 
the various impacted Class I areas and 
not just have focused on the most 
impacted Class I area. 

EPA acknowledges that Colorado’s 
approach appears to be a novel and 
comprehensive strategy for addressing 
regional haze requirements and other air 
quality goals. In 2010, the Colorado 
General Assembly adopted legislation 
authorizing the Air Quality Control 
Commission and the Public Utilities 
Commission to develop a 
comprehensive plan for coal-fired 
electric generating units in the state that 
would address not only regional haze 
but also potential new ozone standards 
and mercury standards, as well as other 
requirements that, in the State’s view, 
could apply to coal-fired electric 
generation units in the foreseeable 
future. The State desired to address 
these issues in a coordinated way in 
order to achieve the most cost-effective 
strategy that accounted for not only 
current, but other imminent regulatory 
requirements. This approach appears to 
be unique and, as noted below, will 
yield significant emissions reductions 
not only of pollutants that affect 
visibility in Class I areas, but also 
significant reductions in pollutants that 
contribute to ozone formation, nitrogen 
deposition, and mercury emissions and 
deposition. The State spent considerable 
time and conducted sequential and 
extended hearings to develop a plan 
which seeks to balance a number of 
variables beyond those that would be 
involved in a simpler and narrower 
regional haze determination. 

Colorado’s BART requirements for the 
Craig units reflect a balance struck by 
Tri-State Generation & Transmission 
Association, Inc. and several 
environmental groups before the 
Colorado Air Quality Control 
Commission during an extensive and 
formal proceeding; at the conclusion of 
the proceeding, the Commission 
adopted the agreement reached by Tri- 
State and those environmental groups as 
part of Colorado’s regional haze plan. As 
a result, the plan requires installation of 
SCR at one of the two Craig BART- 
eligible units even though the 
Commission previously had concluded 
that installation of SCR was not 
warranted at either unit. In addition, we 
note that Colorado has imposed SCR as 
BART on two other EGUs in western 
Colorado—Hayden Units 1 and 2—and 
at the Pawnee plant in eastern Colorado. 
Moreover, Colorado has exceeded the 
minimum requirements for BART and 
reasonable progress for sources included 
in the PSCO BART Alternative (as 

described in our notice of proposed 
rulemaking, 77 FR 18073–18075), and 
has imposed substantial and meaningful 
controls, that go beyond what EPA’s 
regulations otherwise might have 
required, to address reasonable progress 
sources for the initial planning period. 

Under the unique circumstances 
discussed above, EPA concludes that 
Colorado’s plan achieves a reasonable 
result overall. Based on this, we are 
approving the entirety of the Colorado 
regional haze SIP, even though the 
State’s BART analysis for Craig 1 only 
analyzed visibility impacts at the most 
impacted Class I area and appears to 
overestimate the costs of SCR controls. 
We expect Colorado to revisit the 
appropriateness of SCR controls on 
Craig Unit 1 in the next reasonable 
progress planning period. 

Finally, we note that the State’s plan 
will result in NOX emission reductions 
of 34,774 tons per year, SO2 emission 
reductions of 35,776 tons per year, and 
PM reductions of 532 tons per year. As 
many of the NOX emission reductions 
will occur along Colorado’s Front 
Range, the State’s plan should help 
reduce ozone levels in Colorado’s ozone 
non-attainment area and nitrogen 
deposition in Rocky Mountain National 
Park. In addition, portions of Colorado’s 
plan includes retirement and fuel- 
switching of existing coal-fired units, 
resulting in significant reductions of 
emissions of mercury into the 
atmosphere at levels that exceed what a 
straightforward application of emission 
reduction technology to satisfy BART 
and reasonable progress would have 
conferred on sources throughout the 
state. 

B. NOX BART Determination for Martin 
Drake Units 5, 6, and 7 

Comment: The NOX BART 
determination for Martin Drake 
underestimates the control efficiency of 
SCR. A conservative, but more 
appropriate control efficiency would be 
an annual average of 0.05 lb/MMBtu. 
This would result in additional 
reductions of 41, 69, and 105 tons of 
NOX per year at Units 5, 6, and 7, 
respectively. This would also result in 
larger modeled visibility benefits. 

Response: We agree that at some 
facilities, SCR has achieved annual NOX 
emission rates as low as 0.05 lb/MMBtu; 
however, the annual emission rate of 
0.07 lb/MMBtu assumed by Colorado in 
estimating the costs and benefits of SCR 
is within the range of actual emission 
rates demonstrated at similar facilities 
in EPA’s CAMD emission database. 
Given this, we find that it was not 
unreasonable for Colorado to use 0.07 
lb/MMBtu to model the predicted 
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8 See Colorado Department of Public Health and 
Environment, Operating Permit, Trigen-Colorado 
Energy Corporation Golden Facility (Feb. 1, 2003). 
Attached as Exhibit 1 to the comment. 

visibility improvement from SCR. 
Moreover, while we do agree that 
assuming a control efficiency of 0.05 lb/ 
MMBtu would have resulted in greater 
modeled visibility benefits, we do not 
agree that the difference in visibility 
benefits would have led Colorado to a 
different conclusion given the 
magnitude of the benefits associated 
with SCR. 

Comment: The costs of SCR were 
overestimated in the Martin Drake 
analysis in the following ways: (1) The 
SCR costs were estimated using the 
Integrated Emissions Control Cost 
(IECCOST) model, not the CCM as 
required by the BART Guidelines; (2) 
the calculated costs included items that 
are expressly disallowed or typically 
excluded when following the CCM 
methodology, including royalties, initial 
catalyst and chemicals, and escalation. 
These costs add millions of dollars to 
the total amount attributed to SCR; (3) 
the $/kW costs were extremely high. 
While SCR retrofits typically range from 
$83—$300/kW, including the most 
complex and space constrained projects, 
the costs for the Martin Drake units 
were $558/kW, $448/kW, and $325/kW, 
for Units 5, 6, and 7, respectively; and 
(4) the analysis did not consider the cost 
savings when controls like SCR are 
applied to multiple units at the same 
facility. This discount is on the order of 
4–10%. 

Response: We agree with several 
points in this comment. In fact, we 
raised many of the same issues related 
to cost analysis in our October 26, 2010, 
comment letter to the State. However, 
we note that Colorado eliminated SCR 
from consideration for the Martin Drake 
BART units primarily on the basis of the 
level of visibility improvement. The 
visibility improvement associated with 
SCR at Units 5, 6, and 7, is 0.12, 0.27, 
and 0.37 deciviews, respectively. In 
addition, as the State noted, the 
incremental visibility improvement 
from SCR versus ultra-low NOX burners 
and overfire air (the control technology 
upon which the State’s NOX BART 
limits are based) is even lower—0.04, 
0.07, and 0.11 deciview, respectively, at 
Units 5, 6, and 7. The State concluded 
that lower costs would not change its 
BART determination. Based on these 
visibility improvement values and the 
expectation that cost effectiveness 
values for SCR calculated in accordance 
with the CCM would still be relatively 
high compared to the selected control 
option, we find that the State’s NOX 
BART determination for Martin Drake 
Units 5, 6, and 7 was reasonable. 

Comment: A cost analysis consistent 
with the CCM would indicate that SCR 
is cost effective for the Martin Drake 

units. A revised costs analysis would 
show that the revised cost effectiveness 
for SCR is under the State’s $5000/ton 
threshold. 

Response: The commenter did not 
provide sufficient data or analysis to 
support this assertion regarding a 
revised cost analysis. Regardless, for the 
reasons stated above, we conclude that 
the State’s BART determination was 
reasonable. Even if a control technology 
is arguably cost-effective on a dollar per 
ton basis, a State may conclude that the 
control technology is not warranted 
based on a consideration of all BART 
factors. 

Comment: EPA failed to consider the 
cumulative visibility benefits on all of 
the impacted Class I areas. Additionally, 
the predicted improvement for SCR at 
the most affected Class I area, at least 
0.12 deciview, 0.27 deciview, and 0.37 
deciview, for Units 5, 6, and 7, 
respectively, are not insignificant. 

Response: While we agree that 
Colorado should have considered 
impacts to the various impacted Class I 
areas, we have no reason to believe that 
the cumulative visibility benefits would 
warrant a change in our approval of the 
State’s NOX BART determination for 
Martin Drake Units 5, 6, and 7. 
Regarding the predicted improvement at 
the most affected Class I area, while we 
agree that the levels are not 
insignificant, they are not significant 
enough for us to conclude that the 
State’s BART determination was 
unreasonable, particularly when the 
incremental visibility improvement and 
expected costs of SCR are considered. 

Comment: Cost-effective visibility 
benefits were rejected as a result of 
Colorado’s criteria that holds post- 
combustion controls and SCR in 
particular to a higher standard of 
visibility benefits. As EPA itself 
previously pointed out in its October 26, 
2010, letter: ‘‘* * * the criteria appear 
to discriminate against SCR as a 
potential control option. Under the 
criteria, if the cost of SCR is under 
$5,000/ton and the modeled visibility 
benefit is 0.20 delta-deciview or greater 
but less than 0.50 delta-deciview, the 
State would reject SCR. Using the 
State’s criteria, the State would find 
SNCR reasonable with the same $/ton 
and delta-deciview values. We are not 
aware of a valid basis for applying 
different criteria to the two control 
options.’’ 

This example proves EPA’s point. By 
this logic, if the evaluated technology in 
this instance were SNCR instead of SCR, 
it would be BART for at least Units 6 
and 7, and possibly Unit 5. We concur 
with EPA’s previous critique: this 

distinction has no basis and is 
untenable. 

Response: While we do not 
necessarily agree with the State’s 
criteria for post-combustion controls, we 
find the State’s NOX BART 
determination for Martin Drake Units 5, 
6, and 7 to be reasonable within the 
context of the five factors for the reasons 
stated above. 

C. BART Determination for Colorado 
Energy Nations (CENC) Unit 4 and Unit 
5 

Comment: In determining BART for 
Units 4 and 5, the State failed to identify 
and analyze alternative fueling 
scenarios that would lead to greater 
reductions in NOX, sulfur dioxide (SO2), 
and particulate matter. The proposed 
rule notes, and the underlying record 
clearly explains, that Units 4 and 5 are 
capable of burning (and do in fact burn) 
fuels other than coal. In particular, the 
proposed rule states that Unit 4 can and 
does burn natural gas or fuel oil and that 
Unit 5 can and does burn fuel oil. Both 
boilers may fire ethanol or sludge from 
the Coors Brewery. 

Despite this, the State did not assess 
whether alternative fueling scenarios, 
such as a full or partial shift from coal 
to natural gas or fuel oil at Units 4 and 
5 would represent BART. This is a 
concern because according to the CAA 
Title V Operating Permit for the facility, 
both Units 4 and 5 could meet stronger 
SO2 and NOX emission rates than have 
been proposed by the State as BART. 
The operating permit shows that the 
permitted emission rates for Units 4 and 
5, when firing natural gas and/or fuel 
oil, are already lower than the proposed 
BART emission rates.8 Given that 
permitted emission rates are higher than 
actual emissions, this means that the 
facility is most likely capable of 
achieving far greater emission 
reductions under an alternative fueling 
scenario. Indeed, for Unit 4, whether 
firing natural gas or fuel oil, both 
permitted SO2 and NOX emission rates 
are lower than the proposed BART 
limits. For Unit 5, when firing fuel oil, 
the permitted SO2 emission rate is lower 
than proposed BART. Furthermore, 
although the permitted NOX emission 
rate for Unit 5 when firing fuel oil is 
higher than the proposed BART, it is 
based on a 3-hour average (as opposed 
to a 30-day average) and even then, 
actual emissions are likely to be lower 
than the proposed BART 

Here, alternative fueling scenarios, 
such as a full or partial shift away from 
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9 The State sent an email to EPA Region 8 on July 
16, 2012 containing its cost estimates for fuel 
switching. The cost analysis can be found in the 
docket. 

10 See Armendariz, A, The Costs and Benefits of 
Selective Catalytic Reduction on Cement Kilns for 
Multi-Pollutant Control and the Applicability to the 
CEMEX Lyons Cement Plant (February 15, 2008) at 
19. This report is attached as Exhibit 2 to this 
comment. 

11 See Letter from Armendariz, A. to Dann, C. in 
re: SCR and Cement Kilns (July 22, 2008). This 
letter is attached as Exhibit 3 to this comment. 

coal to fuels that are already being 
burned in Units 4 and 5 (including 
natural gas and fuel oil) both seem to 
represent the ‘‘best system of 
continuous emission control 
technology’’ and seem entirely 
reasonable when considering the five 
factors required to be assessed by states 
when determining BART. The State 
failed to analyze alternative fueling in 
its SIP. Alternative fueling is an 
available technology that should have 
been analyzed by the State given that 
the visibility benefits to Class I areas 
could be tremendous. Although the 
State purported to identify ‘‘all available 
technologies’’ in its BART analysis, 
clearly it did not identify all available 
technologies. 

The failure to analyze alternative 
fueling scenarios is especially confusing 
because the State did, apparently, 
identify in its TSD for the CENC facility 
a fuel switch to natural gas as an 
available technology and in analyzing 
‘‘SO2 Emissions Management’’ as 
potential BART, noted that an option to 
reduce emissions could involve a 
‘‘dispatch [of] natural gas-fired 
capacity.’’ There is, however, no 
explanation in the TSD as to why ‘‘fuel 
switching,’’ or otherwise increased 
reliance on natural gas, would not 
constitute BART or would be contrary to 
the five factors required to be 
considered in establishing BART under 
the CAA. 

The failure to analyze alternative 
fueling scenarios is further confusing 
because the EPA’s BART guidelines 
indicate that alternative fueling 
scenarios should be analyzed by states 
when determining BART. The 
guidelines specifically state that 
‘‘potentially applicable retrofit control 
alternatives’’ can include the ‘‘use of 
inherently lower-emitting processes/ 
practices’’ or ‘‘combinations of 
inherently lower-emitting processes and 
add-on controls.’’ Appendix Y at 
Section IV.D.3. Above all, states should 
‘‘identify potentially applicable retrofit 
technologies that represent the full 
range of demonstrated alternatives.’’ Id. 
The guidelines clearly indicate that 
inherently ‘‘lower-emitting processes,’’ 
such as alternative fueling, are squarely 
within the realm of what may be 
considered BART. 

Given the State’s failure to take into 
consideration an available technology, 
the EPA must disapprove the BART 
determinations for CENC Units 4 and 5 
and in accordance with the CAA 
promulgate a FIP that establishes BART 
limits based on a full consideration of 
alternative fueling scenarios. 

Response: Although the State did not 
present the information in the SIP and 

was not required to analyze such 
scenarios, the State in fact analyzed 
alternative fueling scenarios for Unit 4 
and Unit 5.9 The State examined fuel 
switching to a number of different fuels. 
The State determined that Units 4 and 
5 are not capable of burning wood or 
other biomass fuels and the use of 
sludge as the primary fuel is not 
technically feasible due to handling and 
storage issues. The State determined 
residual oil, distillate oil, ethanol, and 
natural gas were technically feasible 
options. 

The State determined residual oil 
would not result in pollutant 
reductions, and that distillate oil, 
ethanol, and biodiesel are high cost 
fuels for boilers of this size, with prices 
about two to three times the cost of 
natural gas, and six to seven times the 
cost of coal (at the time of analysis— 
December 2009) and highly volatile. 
Thus, the State eliminated these fuels 
from further consideration. 

Furthermore, the State determined the 
cost effectiveness of fuel-switching to 
natural gas for SO2 and NOX control for 
Units 4 and 5. The State determined the 
costs for fuel switching to natural gas for 
SO2 would be $29,985/ton removed for 
Unit 4 and $30,945/ton removed for 
Unit 5. The State determined the costs 
for fuel switching to natural gas for NOX 
would be $64,102/ton removed for Unit 
4 and $82,834/ton removed for Unit 5. 
Because of the high cost effectiveness 
values, the State did not perform any 
visibility modeling for fuel switching to 
natural gas and the State eliminated it 
from further consideration for BART. 
We have reviewed the State’s cost 
calculations and find them reasonable. 

Based on the above statement from 
our BART guidelines, and based on the 
State’s analysis, we agree with the 
State’s conclusion that fuel switching to 
natural gas is not BART at CENC Units 
4 and 5. 

D. NOX BART Determination for Cemex 
Lyons Kiln 

Comment: Colorado did not 
appropriately analyze whether SCR was 
reasonable as BART for the kiln at the 
Cemex Lyons cement plant. In 
particular, the State rejected SCR as not 
an available technology. EPA itself did 
not agree with this finding. Despite this, 
EPA allowed the State to reject SCR due 
to perceived uncertainty over its cost 
effectiveness. However, because the 
State rejected SCR as an available 
technology, no analysis of the costs of 

SCR was actually undertaken and 
therefore, EPA’s claims are baseless. 

SCR has been an available emission 
control technology for NOX emissions 
for many years. Although its use on 
cement kilns has come about recently, 
several sources indicate that the 
technology is available and cost- 
effective, contrary to claims by the State. 
A report commissioned by Rocky 
Mountain Clean Air Action, which later 
merged with WildEarth Guardians, 
found that SCR ‘‘is an effective and 
proven technology to reduce nitrogen 
oxide emissions from cement kilns.’’ 10 
The report concluded that: ‘‘The 
installation of SCR on the [Cemex] 
Lyons Cement Plant could be expected 
to achieve substantial reductions (85– 
95%) in emissions of NOX.’’ The report 
also found that the cost effectiveness of 
utilizing SCR ranges between $1,500 
and $3,800 per ton of NOX reduced, 
which is ‘‘easily within regulatory cost 
thresholds for many NOX control 
programs.’’ Follow up correspondence 
from the author of the report, Dr. 
Armendariz to the State further 
confirmed that SCR was available and 
cost-effective.11 

EPA cannot come to conclusions on 
the cost effectiveness of SCR without 
analytical support, and there is no 
support for approving the State BART 
determination for the Cemex Lyons 
cement kiln. We request the EPA 
promulgate a FIP that objectively and 
thoroughly analyzes SCR as an available 
technology for purposes of establishing 
BART limits for the Cemex Lyons 
cement kiln. 

Response: We disagree with this 
comment and stand by the rationale 
presented in our proposal (77 FR 
18062). As we said there, we accept the 
State’s decision, not to analyze SCR 
further for the purposes of regional 
haze. EPA has acknowledged, in the 
context of establishing the New Source 
Performance Standards (NSPS) for 
Portland Cement Plants, substantial 
uncertainty regarding the cost 
effectiveness associated with the use of 
SCR at such plants (75 FR 54995). In 
particular, while EPA noted that SCR 
had been used at three cement kilns in 
Europe, and had been agreed to by one 
domestic cement kiln as part of a 
settlement, EPA also noted the potential 
for dust buildup on the catalyst, ‘‘which 
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12 The State indicated that CEMEX consulted four 
potential SCR vendors but was unable to obtain 
meaningful quotes from any of them. 

[could] be influenced by site specific 
raw material characteristics present in 
the facility’s proprietary quarry, such as 
trace contaminants that may produce a 
stickier particulate than is experienced 
at sites where the technology has been 
installed.’’ Id. at 54994, 54995. EPA 
went on to state in the NSPS rulemaking 
that ‘‘[t]his buildup could reduce the 
effectiveness of the SCR technology, and 
make cleaning of the catalyst difficult 
resulting in kiln downtime and 
significant costs.’’ Id. Because of the 
uncertainty, EPA was unable to estimate 
these costs. Id. For the reasons stated in 
our NSPS rulemaking and in the State’s 
regional haze SIP, there is also 
substantial uncertainty regarding the 
costs and control effectiveness of SCR at 
Cemex. We are not convinced that cost 
and control effectiveness information 
from the European plants or from SCR 
applications at other types of sources is 
sufficiently reliable to guide a BART 
determination for Cemex.12 Under the 
circumstances, we find that Colorado 
reasonably eliminated SCR as a 
potential BART control technology. As 
we stated in our proposal, we expect the 
State to reevaluate SCR technology in 
subsequent reasonable progress 
planning periods as more information 
regarding the use of SCR at cement kilns 
becomes available. 

E. NOX BART Determination for 
Comanche Unit 1 and Unit 2 

Comment: Comanche Units 1 and 2 
are currently meeting lower NOX 
emission rates than the emission limits 
the State proposed for BART. With 
regard to the proposed BART limits, the 
State has proposed, and EPA has 
proposed to approve, a 30-day emission 
rate for Units 1 and 2 of 0.20 lb/MMBtu 
and a combined annual average 
emission rate of 0.15 lb/MMBtu for 
Units 1 and 2. According to the State, 
these limits will be met with no 
additional controls on Unit 1 or Unit 2. 

The State’s own BART analysis notes 
that currently Unit 1 is emitting at an 
average annual rate of 0.124 lb/MMBtu 
and Unit 2 is emitting at an average 
annual rate of 0.165 lb/MMBtu. This 
means that both on a 30-day rolling 
average basis and on an annual average 
basis, both units are capable of emitting, 
and indeed do emit, at rates below the 
proposed BART limits of 0.20 lb/ 
MMBtu on a 30-day rolling average and 
0.15 lb/MMBtu on an annual basis. In 
essence, Colorado’s BART proposal 
actually allows Comanche Units 1 and 

2 to emit more pollution than what they 
currently emit. 

Under the State’s proposed BART, 
emissions will be allowed to increase on 
an annual basis. Using annual heat 
input totals from the baseline year of 
2009 obtained from the EPA’s Air 
Markets Program Data Web site 
(24,247,113.27 MMBtu for unit 1 and 
27,423,612.26 MMBtu for unit 2) and 
using the proposed annual combined 
average BART limits, it appears that 
under the annual BART limits, NOX 
emissions will be allowed to increase by 
at least 14 tons per year (tpy). 

Concerning the 30-day rolling average 
limits, there will definitely be allowed 
emission increases. During the baseline 
year of 2009, both Comanche Unit 1 and 
Unit 2 emitted far lower than the 
proposed BART limit of 0.20 lb/MMBtu. 
During the baseline year of 2009, 30-day 
rolling average NOX emissions were 
consistently far below 0.20 lb/MMBtu 
for the year. Even the peak 30-day 
rolling averages of 0.142 and 0.179 lb/ 
MMBtu for Units 1 and 2, respectively, 
are below the proposed limit. Based on 
this, the proposed BART would actually 
allow Unit 1 to emit at least 40% more 
NOX than the baseline 30-day rolling 
average peak and Unit 2 to emit 12% 
more NOX. However, this is just in the 
context of the baseline peak 30-day 
rolling average. In all reality, actual 30- 
day rolling average emission will 
remain even further below the proposed 
BART limit of 0.20 lb/MMBtu. 

Clearly, Comanche Units 1 and 2 
could easily meet lower emission limits 
as BART. We do not suggest that the 
State was required to set the emission 
limits exactly at the levels emitted, but 
clearly when the data demonstrates that 
Unit 1 could meet a 30-day rolling 
average NOX emission limit of 0.15 lb/ 
MMBtu and Unit 2 could meet a limit 
of 0.18 lb/MMBtu without any trouble, 
the BART limits should reflect what is 
achievable. 

Although the State and the EPA may 
claim the proposed limits are necessary 
to provide a margin or cushion of 
compliance, nothing in the CAA or the 
EPA’s regulations suggests that it is 
appropriate to build in such margins or 
cushions into BART limits, especially 
given that BART must represent that 
‘‘best system of continuous emission 
reduction.’’ If Comanche Units 1 and 2 
can do better, than clearly, the proposed 
BART limits are not the best. Nothing in 
the CAA or the EPA’s regulations 
implementing the regional haze program 
suggest or remotely imply that a state 
could allow emission increases as 
BART. 

Accordingly, EPA must disapprove of 
Colorado’s NOX BART determinations 

for Comanche Unit 1 and Unit 2 and 
adopt a FIP that establishes BART limits 
that are consistent with the CAA and 
that represent actual emission 
reductions. 

Response: In our October 26, 2010, 
comment letter to Colorado, we asked 
Colorado to evaluate tightening 
Comanche’s NOX limits as potential 
BART. As discussed in Colorado’s 
BART analysis for the Comanche units, 
Colorado did in fact evaluate emission 
limit tightening in response to our 
concerns. Colorado subsequently 
concluded that a 0.20 lb/MMBtu 30-day 
rolling average emission limit was 
necessary to account for uncertainty 
regarding load fluctuations, cold- 
weather operating, start-up, and cycling 
for renewable energy. Colorado noted 
that greater future reliance on renewable 
energy will lead to increased cycling of 
the Comanche units and more frequent 
start-ups. This in turn may lead to 
increased emissions over shorter 
averaging periods compared to past 
actual emissions. Colorado also noted 
the limited amount of actual emissions 
data for the two units since controls 
were installed for SO2, and the same is 
true for NOX. Thus, while Colorado 
established an annual NOX BART limit 
of 0.15 lb/MMBtu that is lower than the 
average actual emissions of 0.16 lb/ 
MMBtu for Units 1 and 2 between 
January and October 2010, Colorado 
allowed greater leeway in the 30-day 
rolling average limit than would result 
from the strict application of a 15% 
buffer to 0.16 lb/MMBtu (0.20 lb/ 
MMBtu versus 0.184 lb/MMBtu). Given 
some of the uncertainties regarding 
future operations and emissions, we 
have determined that the State acted 
reasonably in setting the emission limits 
for Comanche Units 1 and 2. We also 
note that commenter’s own analysis 
suggests that the difference in annual 
emissions between maximum emissions 
under the BART limit using 2009 heat 
inputs and 2009 actuals would only be 
14 tons per year. This is not significant 
when compared to Comanche’s annual 
NOX emissions of approximately 3,860 
tons; it does not warrant disapproval 
and a subsequent FIP. 

In addition, Comanche’s actual 
emissions following the installation of 
low NOX burners and over-fire air 
occurred under permit limits that are 
identical to those the State selected as 
BART. The commenter has provided no 
evidence that the State’s adoption of the 
same limits as BART limits will cause 
an increase in actual emissions. 

Comment: The State failed to assess 
appropriately the cost of SCR. In 
particular, the State assumed that SCR 
would achieve an emission rate of 0.07 
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lb/MMBtu. However, as EPA itself noted 
in its October 26, 2010, comment letter 
to the State, SCR does achieve emission 
rates as low as 0.04 lb/MMBtu on an 
annual basis, and a 0.05 lb/MMBtu 
emission rate is a more appropriate 
benchmark from which to assess the 
cost effectiveness of SCR. 

In this case, the State did not assess 
the cost effectiveness of SCR based on 
a rate of 0.05 lb/MMBtu. Thus, it did not 
reasonably take into account the cost of 
compliance with SCR in accordance 
with the CAA. Without an adequate 
case-specific cost analysis, there is 
simply no support for concluding SCR, 
particularly for Unit 2, is unreasonable. 

Response: As stated above, we agree 
that SCR has in some cases achieved 
annual NOX emission rates as low as 
0.05 lb/MMBtu, the emission rate that 
commenters suggest would have been a 
more appropriate benchmark in 
assessing the costs of SCR at 
Commanche; however, the 0.07 lb/ 
MMBtu annual emission rate assumed 
by Colorado in estimating the costs and 
visibility benefits associated with SCR is 
within the range of actual emission rates 
demonstrated at similar facilities in 
EPA’s CAMD emission database. 
Moreover, as with Martin Drake, we do 
not believe that if Colorado had used a 
more stringent emission rate that the 
impact on the BART analysis would 
have led Colorado to a different 
conclusion given the magnitude of the 
benefits associated with SCR. Given 
this, we conclude that the State’s use of 
0.07 lb/MMBtu to evaluate the cost 
effectiveness of SCR at Comanche was 
not unreasonable. 

Comment: The State appears to have 
overestimated the capital cost of SCR. 
Both the EPA and the NPS previously 
commented to the State that the State 
should have used the EPA’s CCM and 
noted that the CUECost model relied 
upon by the State is not appropriate. 
Nowhere in the record does the State 
explain why CUECost was reasonable, 
particularly in light of the concerns 
expressed by the EPA and the NPS. It 
appears that the reliance on CUECost 
led to artificially inflated capital costs, 
which in turn overestimated the true 
cost of SCR. 

Response: We agree that there were 
flaws in Colorado’s approach to 
estimating the costs of SCR for the 
Comanche BART units. However, we 
find that the State’s NOX BART 
determination to be reasonable within 
the context of the five factors, 
particularly based on the relatively 
modest visibility improvement 
associated with SCR—0.14 deciviews at 
Unit 1, and 0.17 deciviews at Unit 2— 
and the expectation that cost 

effectiveness values for SCR calculated 
in accordance with the CCM would still 
be relatively high compared to the 
selected control option. 

Comment: Although the State and 
EPA may claim that, even if the costs 
were accurately assessed, the visibility 
benefits of SCR would not be 
significant, even for Unit 2, there is no 
support for this assertion. In particular, 
it appears as if the State’s assessment of 
visibility improvements is based on an 
assumption that the proposed BART 
limits (i.e., the ‘‘do nothing’’ BART) 
would actually improve visibility. Given 
that the proposed BART limits would 
allow increased emissions, it would not 
actually improve visibility. When 
compared to the real impacts of the 
State’s proposed BART for Comanche 
unit 1, SCR would appear to provide 
significant visibility improvements 
because, as opposed to the proposed 
BART, SCR would actually achieve 
improvements. For Unit 2, this is 
especially significant because SCR was 
the only available technology analyzed 
for BART. Thus, by all indications, SCR 
is the only means of actually achieving 
visibility improvements at Comanche 
Unit 2. 

Response: We disagree with this 
comment. As shown in Colorado’s 
visibility impact analysis for the 
Comanche BART units, Colorado 
assessed the benefit of control options 
relative to both the subject-to-BART 
baseline and to the installation of new 
LNB in 2007 and 2008. In addition, the 
subject-to-BART modeling emission 
rates were based on the maximum 24- 
hr rate consistent with the BART 
guidelines. Colorado’s analysis shows 
visibility benefits for all of the control 
options considered, not just SCR. 
Moreover, relative to the subject-to- 
BART baseline, Colorado’s BART 
selection (combustion controls), does in 
fact show visibility improvement (0.16 
deciview and 0.31 deciview for Units 1 
and 2, respectively). Therefore, EPA 
finds that no changes to the BART 
determinations or to the SIP are needed 
in response to this comment. 

Comment: It is unclear why the State 
rejected SNCR for Comanche Unit 1, 
particularly given that the proposed 
BART limit for Unit 1 is less stringent 
than Unit 1’s current actual emissions. 
Under an SNCR scenario, Unit 1 would 
meet a 30-day rolling average emission 
rate of 0.10 lb/MMBtu according to the 
EPA. According to the State, the cost, 
coupled with the State’s perceived ‘‘low 
visibility improvement’’ warranted a 
determination that SNCR was not 
reasonable. However, according to the 
State’s analysis, SNCR is cost effective 
at Unit 1, costing $3,644 per ton of NOX 

reduced, which is squarely within the 
range of what the State considers to be 
cost-effective. 

Response: We find that the State’s 
rejection of SNCR was reasonable based 
on its weighing of the BART factors. The 
State reasonably concluded that the cost 
of SNCR was not warranted given the 
relatively modest visibility 
improvement that would result—0.11 
deciviews. Even if a control technology 
is arguably cost-effective on a dollar per 
ton basis, a State may conclude that the 
control technology is not warranted 
based on a reasonable consideration of 
all BART factors. 

Comment: With regard to visibility 
benefits, the State’s analysis also 
indicates that SNCR would achieve 
greater improvement than an emission 
rate of 0.20 lb/MMBtu on a 30-day 
rolling average. Although the State 
asserts that the improvement would 
amount to 0.11 deciviews, it is unclear 
why such improvements are not 
reasonable or are otherwise 
insignificant, particularly given that the 
purpose of BART is to reduce or 
eliminate visibility impairment, and 
indeed there is no explanation in the 
record supporting the State’s assertion. 
It also appears as if the State’s 
assessment of visibility improvements is 
based on an assumption that the 
proposed BART limits would actually 
improve visibility. Given that the 
proposed BART allows increased 
emissions, it would not improve 
visibility. When compared to the real 
impacts of the State’s proposed BART 
for Comanche Unit 1, SNCR appears to 
provide significant visibility 
improvements because, as opposed to 
the proposed BART, SNCR would 
actually achieve improvements. This 
further underscores why the State’s 
BART determination for Comanche Unit 
1 is flawed and why EPA must 
promulgate a FIP that establishes 
appropriate NOX BART limits. 

Response: The commenter is correct 
that the State predicted that SNCR 
would result in additional improvement 
in visibility over the control technology 
the State selected as BART. However, 
this does not mean the CAA or our 
regulations required the State to select 
SNCR as BART. For the reasons stated 
above, we find that it was reasonable for 
the State to reject SNCR based on 
consideration of all the BART factors. 
Regarding the commenter’s suggestion 
that the State’s selected limits will lead 
to an increase in emissions, as noted 
above, the commenter has presented no 
evidence that this will occur. Moreover, 
as indicated in a separate response to 
comments, above, Colorado assessed the 
benefit of control options relative to 
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both the subject-to-BART baseline and 
to the installation of new LNB in 2007 
and 2008. Relative to the subject-to- 
BART baseline, Colorado’s BART 
determination does in fact result in 
visibility benefits. The installation of 
LNB resulted in a visibility 
improvement of 0.16 deciview and 0.31 
deciview for Comanche Units 1 and 2, 
respectively. 

F. NOX Reasonable Progress 
Determination for Craig Unit 3 

Comment: We received comments 
that the reasonable progress evaluation 
of Craig Unit 3 includes the same flaws 
as for Units 1 and 2 (see comments in 
section IV.A.1—4 above). One 
commenter indicated that the estimated 
cost effectiveness is no higher than 
$3,190/ton, and likely lower, 
considering the conservative $300/kW 
starting point for their analysis. Another 
commenter estimated the cost 
effectiveness of SCR at Unit 3 as $2,385/ 
ton. 

Based on visibility modeling from the 
NPS, commenters pointed out that the 
visibility benefits of adding SCR to Unit 
3 are similar to those at Units 1 and 2— 
over 0.5 deciview at five Class I areas, 
and additional benefits at several more. 
The commenters asserted that, 
cumulatively, Unit 3 has an 8.39 
deciview impact, with SCR providing a 
cumulative visibility improvement of 
4.56 deciviews. Commenters went on to 
say that SCR at a limit of 0.05 lb/MMBtu 
should be required as reasonable 
progress for Craig Unit 3. 

Response: We agree that the State 
likely overestimated the cost associated 
with SCR at Unit 3, but we are not 
prepared to disapprove the State’s 
reasonable progress determination for 
Craig Unit 3. Assuming the commenters’ 
assessments of the cost effectiveness of 
SCR are reasonably accurate, the values 
are not so low that it is clear that the 
State would have been unreasonable to 
reject SCR, especially given the State’s 
requirement that Craig Unit 3 install 
SNCR and the resulting visibility 
benefits. We expect the State to re- 
evaluate SCR for Unit 3 in the next 
planning period. 

G. NOX Reasonable Progress 
Determination for Nucla 

Comment: The State’s proposed SIP 
appears to allow increased emissions 
from the Nucla coal fired power plant 
under the reasonable progress aspect of 
the proposed SIP. In light of this, it is 
unclear how the proposed emission 
limits for NOX and SO2 actually meet 
the State’s reasonable progress goals. 
Under the reasonable progress prong of 
the regional haze requirements of the 

CAA, the State determined that 
additional controls at the Nucla plant 
were reasonable to protect Class I areas. 
Accordingly, the State proposed to 
require the power plant to achieve a 
NOX emission limit of 0.5 lb/MMBtu 
and an SO2 limit of 0.4 lb/MMBtu, both 
over a 30-day rolling average period. 
However, according to data from EPA’s 
Air Markets Program Database, Nucla 
has been meeting emission rates far 
below these proposed reasonable 
progress limits. 

Indeed, data from the EPA 
demonstrates that between January 1, 
2009, and December 31, 2011, Nucla has 
been meeting an average monthly NOX 
emission rate of 0.367 lb/MMBtu and an 
average monthly SO2 emission rate of 
0.301 lb/MMBtu. These rates indicate 
that Nucla is able to meet more stringent 
emission rates at no additional cost. The 
monthly SO2 and NOX emission rates 
actually achieved by Nucla in the past 
3 years clearly demonstrate that the 
power plant has consistently emitted at 
rates below the reasonable progress 
limits proposed by the State. Nucla is 
capable of achieving NOX and SO2 
emission rates lower than 0.30 lb/ 
MMBtu on a 30-day basis. 

More importantly though, these rates 
indicate that the State’s proposed 
reasonable progress limits actually 
allow more air pollution to be emitted 
from Nucla than is currently emitted. 
An increase in emissions would not 
appear to ensure reasonable progress in 
restoring visibility in Colorado’s Class I 
areas. Thus, the State’s proposed SIP is 
not approvable by EPA because it fails 
to ensure reasonable progress in 
accordance with 42 U.S.C. 7491(g)(1) 
and 40 CFR 51.308(d)(1)(i). At the least, 
the proposed reasonable progress 
emission limits for Nucla demonstrate 
that the State failed to appropriately 
assess the costs of compliance in 
accordance with the CAA. Indeed, if the 
State had appropriately assessed the 
costs of compliance, it would have 
found that lower emission rates would 
be equally cost-effective and more 
protective of visibility. Such a flawed 
analysis of reasonable progress in 
relation to the Nucla plant cannot be 
approved by EPA. 

The EPA must promulgate a FIP that 
establishes reasonable progress limits at 
the Nucla plant that actually achieve 
cost-effective emissions reductions. To 
this end, we request EPA adopt 
reasonable progress limits that limit 
NOX emissions to no more than 0.25 lb/ 
MMBtu and SO2 emissions to no more 
than 0.28 lb/MMBtu. Such limits are 
achievable and appear to be very cost- 
effective given that they would cost 
nothing. 

Response: We disagree with this 
comment. Colorado based the SO2 
emission limit of 0.4 lb/MMBtu on the 
existing limestone injection system for 
SO2, and it based the NOX limit of 0.5 
lb/MMBtu on the inherent low-NOX 
nature of the circulating fluidized bed 
boiler. A review of recent (2008–2010) 
monthly data in EPA’s CAMD emissions 
database shows monthly NOX emission 
rates as high as 0.45 lb/MMBtu and 
monthly SO2 emission rates as high as 
0.33 lb/MMBtu. These rates are 
commensurate with the reasonable 
progress emission limits established by 
Colorado. Based on its reasonable 
progress analysis, Colorado concluded 
that no additional controls were 
reasonable. We concur with that 
conclusion. 

H. Reasonable Progress for Rio Grande 
Cement Company (GCC) 

Comment: The State should have 
analyzed visibility impacts due to GCC, 
as either a permit modification or as a 
reasonable progress source. To date, the 
State has not considered the impacts of 
the source under either program. Had 
the State compared GCC’s emissions (Q) 
as a function of distance (d) to the 
threshold Q/d > 20 used to determine 
whether a source would be included in 
the reasonable progress analysis, GCC 
would have qualified for reasonable 
progress review. The State contends that 
GCC was not included in the reasonable 
progress review because the State used 
2007 emissions to determine which 
sources were subject to reasonable 
progress review, and GCC did not begin 
normal operations until 2009. However, 
in its analysis of the proposed permit 
modification, the State asserts that 
GCC’s actual emissions should be based 
upon the current permit limits, not zero 
emissions. In that case, GCC’s permit 
emissions should have been used to 
trigger inclusion in the Colorado 
reasonable progress analysis. 

It is essential that any regulatory 
program try to maintain a ‘‘level playing 
field.’’ There are two other cement 
plants in Colorado, and additional NOX 
controls are being required on both 
under Colorado’s regional haze SIP. 

GCC has installed SNCR but the 
current permit does not require these 
controls to be operated. We believe that, 
because the GCC permit allows 
emissions that exceed the State’s 
threshold for determining which 
sources are subject to a reasonable 
progress analysis, GCC should have 
been included as a reasonable progress 
source. It is likely, based on the State’s 
actions regarding the other two cement 
plants that the State would have 
required continuous operation of SNCR. 
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EPA should require GCC to reduce NOX 
emissions by 45% on a continuous 
basis. 

Response: The State based its 
evaluation of potential reasonable 
progress sources on stationary sources 
with actual emissions of 100 tpy or 
greater of PM, NOX, and SO2 based on 
Air Pollution Emissions Notice (APEN) 
reports from 2007. The APEN reports for 
2007 are based on data reported to the 
State by April 30, 2007, which is based 
on the previous full year of production 
(2006). The State formalized its 
reasonable progress analysis process in 
2009. At that time, the APEN report data 
the State had (that had undergone full 
quality assurance and quality control) 
were the 2007 APEN reports based on 
the source reported 2006 data. 

In 2006, Rio Grande Cement reported 
zero emissions because it did not 
operate. In 2007, Rio Grande Cement 
did report APEN emissions (based on 
permitted limits) resulting in a Q/d≤20, 
but those emissions were not actual 
emissions because the source did not 
actually begin producing cement until 
April 2008. Because the State based its 
reasonable progress evaluation on 2006 
actual emissions, we find it reasonable 
that the State did not further evaluate 
GCC for purposes of reasonable 
progress. We expect the State to do so 
for the next reasonable progress 
planning period. 

I. Legal Issues 

1. Public Service Company of Colorado 
(PSCO) BART Alternative 

Comment: Phase III of the SIP 
Rulemaking (at which the PSCO BART 
Alternative was adopted), to which 
Colorado Mining Association (CMA) 
was a party, was based upon numerous 
irregularities and violations of the 
Colorado Administrative Procedures 
Act, the Colorado Air Pollution 
Prevention and Control Act, and H. B. 
10–1365. CMA filed a complaint 
challenging the Air Quality Control 
Commission’s (AQCC) SIP Rulemaking 
on March 16, 2011, in Denver District 
Court. The CMA case is pending review 
by the District Court. The issues before 
the court are numerous and establish 
the AQCC’s Phase III rulemaking was 
improper and that the PSCO BART 
Alternative should be stricken from the 
Colorado regional haze SIP. If the Court 
determines that the Phase III rulemaking 
was improper, and therefore, portions of 
the proposed Colorado SIP were invalid 
under State law, those same portions of 
the proposed Colorado SIP would be 
unenforceable under federal law. 

As a result of the AQCC’s egregious 
failures in Phase III of the SIP 

Rulemaking, the PSCO BART 
Alternative should not be included in 
the Colorado regional haze SIP. Until 
the Court has completed its review, EPA 
should not act to include the PSCO 
BART Alternative in the State’s regional 
haze SIP. 

Response: Once a state has submitted 
a SIP revision to us, we must approve 
it if it meets the CAA’s minimum 
requirements. One of the relevant 
requirements is that the State have 
adequate authority under State law to 
carry out the plan. See CAA section 
110(a)(2)(E). Absent a stay or 
determination by a court that a plan is 
invalid, or some other clear indication 
that the State lacks authority to 
implement the plan, we have no basis 
to disapprove it under 110(a)(2)(E). 
Here, there is no indication that 
Colorado lacks authority to implement 
the PSCO BART Alternative. Indeed, it 
is our understanding that CMA’s lawsuit 
has been dismissed by the Denver 
District Court as moot. We have 
included a copy of the court’s June 6, 
2012 order in the docket for this action. 
If a court subsequently invalidates the 
PSCO BART Alternative, we will need 
to evaluate the Colorado SIP at that 
time, but the possibility of future 
invalidation does not provide a basis for 
us to disapprove the PSCO BART 
Alternative. 

2. Timing of Implementation 
Comment: Colorado’s proposed SIP 

appears to contain a blanket schedule of 
BART compliance that states, ‘‘sources 
must comply as expeditiously as 
practicable, but no later than 5 years 
from EPA approval of the SIP.’’ This 
blanket schedule of compliance, which 
applies to all subject-to-BART sources 
under the proposed Colorado SIP, is 
contrary to the CAA. It is true that the 
CAA requires that subject-to-BART 
sources ‘‘procure, install, and operate, 
as expeditiously as practicable’’ any 
additional controls that may represent 
BART. However, simply stating 
verbatim in the SIP that ‘‘sources must 
comply as expeditiously as practicable’’ 
fails to give force and effect to this 
statutory provision. In this case, it is 
unclear what ‘‘as expeditiously as 
practicable’’ means, particularly in the 
context of individual subject-to-BART 
sources. The lack of any specificity 
renders this provision unenforceable, 
which further undermines the adequacy 
of the SIP under CAA section 110 and 
frustrates the statutory mandate set forth 
under the CAA. 

Additionally, the CAA is clear that in 
mandating ‘‘expeditious’’ compliance, 
SIPs must ensure that subject-to-BART 
sources comply as soon as possible. In 

this case, Colorado’s SIP simply fails to 
ensure compliance with BART as soon 
as possible. It lacks any concrete dates 
by which subject-to-BART sources must 
comply, other than to state that sources 
must comply within the statutory 
maximum compliance date of 5 years. 
However, the CAA is clear that if a 
source can comply with BART before 5 
years, it must comply by that earlier 
date. See 42 U.S.C. 7491(g)(4). Simply 
deferring to the 5-year deadline 
undermines the Congressional intent 
behind the ‘‘as expeditiously as 
practicable’’ provision. 

It is notable that in other situations, 
the EPA has proposed to require 
concrete compliance dates to satisfy the 
CAA’s ‘‘as expeditiously as practicable’’ 
provisions under the regional haze 
program. For example, in proposing a 
FIP for BART for the San Juan 
Generating Station in New Mexico, the 
EPA proposed a 3-year compliance date, 
finding it to be ‘‘as expeditiously as 
practicable’’ (76 FR 504). Although EPA 
ultimately concluded that a 5-year 
schedule of compliance was 
appropriate, the Agency’s proposed 
action clearly signaled that a concrete 
date is needed to satisfy the CAA. 

The EPA must therefore disapprove of 
Colorado’s blanket schedule of BART 
compliance. In its place, the Agency 
must promulgate a FIP that sets forth 
concrete dates by which all subject-to- 
BART sources must ‘‘procure, install, 
and operate’’ BART that represent the 
most expeditious dates practicable. 

Response: We have reviewed the 
compliance dates for meeting BART 
limits that are contained in the SIP. 
These dates are reasonable given the 
magnitude of the retrofits being 
undertaken. We note that the State’s 
Regulation Number 3—Stationary 
Source Permitting And Air Pollutant 
Emission Notice Requirements that we 
are approving as part of this action 
provides for compliance as 
expeditiously as practicable, but in no 
event later than 5 years from EPA final 
approval of the SIP. 

3. Compliance With Section 110(l) 
Comment: The EPA is duty-bound to 

ensure the proposed SIP does not 
interfere with attainment and 
maintenance of the National Ambient 
Air Quality Standards (NAAQS), in 
accordance with section 110(l) of the 
CAA. Thus, the EPA must ensure that 
the proposed SIP adequately limits air 
pollution in order to safeguard public 
health. 

In this case, we are concerned that in 
proposing to approve Colorado’s 
regional haze plan that the EPA has not 
demonstrated that the proposal 
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adequately safeguards the 2008 8-hour 
ozone NAAQS, the newly promulgated 
1-hour nitrogen dioxide NAAQS, the 
newly promulgated 1-hour SO2 NAAQS, 
and the 2006 fine particulate matter 
(PM2.5) NAAQS. Thus, EPA has not 
shown the extent to which public health 
is likely to be protected under the 
proposed SIP. 

We are particularly concerned that the 
EPA overlooked its 110(l) obligations 
under the CAA given that, although the 
proposed rule may lead to emission 
reductions, no analysis or assessment 
has been prepared to demonstrate that 
even after these emission reductions, 
the recently promulgated NAAQS will 
be met. In this case, we are particularly 
concerned that the recently promulgated 
1-hour NO2 and SO2 NAAQS could be 
jeopardized. Indeed, many, if not most, 
of the proposed emission rates are based 
on 30-day rolling averages. There is no 
indication that meeting emission rates 
on a 30-day rolling average will ensure 
that 1-hour NAAQS will be sufficiently 
protected. Indeed, a source could 
comply with a 30-day rolling average 
limit, yet still emit enough pollution on 
an hourly basis to cause or contribute to 
violations of the NAAQS, thereby 
interfering with attainment or 
maintenance. 

We are further concerned over the fact 
that several BART limits allow for 
increased emissions. For example, the 
proposed NOX BART determinations for 
Comanche Units 1 and 2 allow for 
greater emissions than are currently 
released by the units. This raises 
concerns over the impacts to the 
NAAQS. These impacts must be 
addressed by EPA. 

In this case, the EPA must either 
disapprove of the Colorado SIP over the 
State’s failure to perform a 110(l) 
analysis or prepare its own 110(l) 
analysis to demonstrate that the SIP will 
effectively protect public health and not 
interfere with attainment or 
maintenance of the NAAQS. 

Response: CAA section 110(l) 
provides that EPA ‘‘shall not approve a 
revision of a plan if the revision would 
interfere with any applicable 
requirement concerning attainment and 
reasonable further progress * * *, or 
any other applicable requirement of’’ 
the CAA. It is not clear that the regional 
haze SIP submitted by Colorado is a 
‘‘revision of a plan’’ within the meaning 
of CAA section 110(l) as it is the first 
implementation plan due under the 
regional haze program. See, e.g., 
§ 51.308(b). However, even if such an 
analysis were required, the commenter 
has not provided any evidence that the 
Colorado regional haze SIP will interfere 
with any applicable requirement 

concerning attainment and reasonable 
progress or any other applicable 
requirement of the CAA, or that further 
analysis under 110(l) is necessary. 

Although the Colorado regional haze 
SIP will lead to emission reductions, the 
commenter asserts that that even so EPA 
must determine that the SIP revision 
will ensure the NAAQS are met. We 
disagree with this interpretation of CAA 
section 110(l). The Act and EPA’s 
regulations require the regional haze SIP 
to address visibility impairment in 
mandatory Class I areas—attainment of 
the NAAQS is provided for through a 
separate SIP process. It is EPA’s 
consistent interpretation of section 
110(l) that a SIP revision does not 
interfere with attainment and 
maintenance of the NAAQS if the 
revision at least preserves the status quo 
air quality by not relaxing or removing 
any existing emissions limitation or 
other SIP requirement. EPA does not 
interpret section 110(l) to require a full 
attainment or maintenance 
demonstration for each NAAQS for 
every SIP revision. See, e.g., Kentucky 
Resources Council, Inc., v. EPA, 467 
F.3d 986 (6th Cir. 2006); see also, 61 FR 
16050, 16051 (April 11, 1996) (actions 
on which the Kentucky Resources 
Council case were based). 

Thus, in this action, we need not 
determine whether a 30-day limit is 
adequate to protect a shorter-term 
NAAQS because the regional haze SIP is 
not required to ensure attainment of the 
NAAQS. The fact that the regional haze 
SIP specifies 30-day limits will not 
preclude Colorado from adopting limits 
with a shorter averaging time, if at some 
future date such limits are found to be 
necessary and required by the CAA to 
protect the NAAQS. 

The commenter also alleges that 
‘‘several BART limits allow for 
increased emissions’’ over current 
actual source emissions and cites as an 
example the NOX BART limits for 
Comanche Units 1 and 2. The 
commenter claims this raises concerns 
over impacts to the NAAQS. However, 
the Colorado regional haze SIP imposes 
new emissions limits on a number of 
existing sources, and it does not relax 
any existing emissions limits or other 
SIP requirements. In fact, the regional 
haze SIP makes violations of the 
NAAQS less likely because without the 
BART limits, actual emissions could 
increase even more. And, the regional 
haze SIP does not prevent the State from 
adopting lower limits in the future as 
necessary to protect the NAAQS. Thus, 
the regional haze SIP revision and its 
BART limits will not interfere with ‘‘any 
applicable requirement concerning 
attainment and reasonable further 

progress * * *, or any other applicable 
requirement of’’ the CAA. 

J. Comments Generally in Favor of our 
Proposal 

Comment: We received comment 
letters fully in support of our 
rulemaking from Xcel Energy, Tri-State 
Generation, and a letter on behalf of 
Colorado Environmental Coalition, 
Environment Colorado, Environmental 
Defense Fund, and Western Resource 
Advocates. We received 84 comments 
from members of National Parks 
Conservation Association generally in 
support of our action. These comments 
from National Parks Conservation 
Association members also urged EPA to 
finalize stricter NOX controls on Tri- 
State Craig Unit 1, which we have 
addressed above. We also received 
comments from National Parks 
Conservation Association, the NPS, and 
WildEarth Guardians that supported the 
majority of our action, but pointed out 
some concerns, to which we have 
responded above. 

Response: We acknowledge the 
support of these commenters for part or 
all of our proposed action. 

V. Statutory and Executive Order 
Reviews 

Under the Clean Air Act, the 
Administrator is required to approve a 
SIP submission that complies with the 
provisions of the Act and applicable 
Federal regulations. 42 U.S.C. 7410(k); 
40 CFR 52.02(a). Thus, in reviewing SIP 
submissions, EPA’s role is to approve 
state choices, provided that they meet 
the criteria of the Clean Air Act. 
Accordingly, this action merely 
approves state law as meeting Federal 
requirements and does not impose 
additional requirements beyond those 
imposed by state law. For that reason, 
this action: 

• Is not a ‘‘significant regulatory 
action’’ subject to review by the Office 
of Management and Budget under 
Executive Order 12866 (58 FR 51735, 
October 4, 1993); 

• Does not impose an information 
collection burden under the provisions 
of the Paperwork Reduction Act (44 
U.S.C. 3501 et seq.); 

• Is certified as not having a 
significant economic impact on a 
substantial number of small entities 
under the Regulatory Flexibility Act (5 
U.S.C. 601 et seq.); 

• Does not contain any unfunded 
mandate or significantly or uniquely 
affect small governments, as described 
in the Unfunded Mandates Reform Act 
of 1995 (Pub. L. 104–4); 

• Does not have Federalism 
implications as specified in Executive 
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Order 13132 (64 FR 43255, August 10, 
1999); 

• Is not an economically significant 
regulatory action based on health or 
safety risks subject to Executive Order 
13045 (62 FR 19885, April 23, 1997); 

• Is not a significant regulatory action 
subject to Executive Order 13211 (66 FR 
28355, May 22, 2001); 

• Is not subject to requirements of 
Section 12(d) of the National 
Technology Transfer and Advancement 
Act of 1995 (15 U.S.C. 272 note) because 
application of those requirements would 
be inconsistent with the Clean Air Act; 
and 

• Does not provide EPA with the 
discretionary authority to address, as 
appropriate, disproportionate human 
health or environmental effects, using 
practicable and legally permissible 
methods, under Executive Order 12898 
(59 FR 7629, February 16, 1994). 

In addition, this rule does not have 
tribal implications as specified by 
Executive Order 13175 (65 FR 67249, 
November 9, 2000), because the SIP is 
not approved to apply in Indian country 
located in the state, and EPA notes that 
it will not impose substantial direct 
costs on tribal governments or preempt 
tribal law. 

The Congressional Review Act, 5 
U.S.C. 801 et seq., as added by the Small 
Business Regulatory Enforcement 
Fairness Act of 1996, generally provides 
that before a rule may take effect, the 
agency promulgating the rule must 
submit a rule report, which includes a 
copy of the rule, to each House of the 
Congress and to the Comptroller General 
of the United States. EPA will submit a 
report containing this action and other 
required information to the U.S. Senate, 
the U.S. House of Representatives, and 
the Comptroller General of the United 
States prior to publication of the rule in 
the Federal Register. A major rule 
cannot take effect until 60 days after it 
is published in the Federal Register. 
This action is not a ‘‘major rule’’ as 
defined by 5 U.S.C. 804(2). 

Under section 307(b)(1) of the Clean 
Air Act, petitions for judicial review of 
this action must be filed in the United 
States Court of Appeals for the 
appropriate circuit by March 1, 2013. 
Filing a petition for reconsideration by 
the Administrator of this final rule does 
not affect the finality of this action for 
the purposes of judicial review nor does 
it extend the time within which a 
petition for judicial review may be filed, 
and shall not postpone the effectiveness 
of such rule or action. This action may 
not be challenged later in proceedings to 
enforce its requirements. (See CAA 
section 307(b)(2).) 

List of Subjects in 40 CFR Part 52 

Environmental protection, Air 
pollution control, Incorporation by 
reference, Nitrogen dioxide, Ozone, 
Particulate matter, Sulfur oxides. 

Dated: September 10, 2012. 
James B. Martin, 
Regional Administrator, Region 8. 

For the reasons discussed in the 
preamble, 40 CFR chapter I is amended 
as follows: 

PART 52—APPROVAL AND 
PROMULGATION OF 
IMPLEMENTATION PLANS 

■ 1. The authority citation for Part 52 
continues to read as follows: 

Authority: 42 U.S.C. 7401 et seq. 

Subpart G—Colorado 

■ 2. Section 52.320 is amended by 
adding paragraph (c)(108)(i)(C) and 
adding paragraph (c)(124) to read as 
follows: 

§ 52.320 Identification of plan. 

* * * * * 
(c) * * * 
(108) * * * 
(i) * * * 
(C) Colorado Air Quality Control 

Commission, Regulation Number 3, 5 
CCR 1001–5, Stationary Source 
Permitting and Air Pollutant Emission 
Notice Requirements, Part D, 
Concerning Major Stationary Source 
New Source Review and Prevention of 
Significant Deterioration, Section XIV.F, 
Long Term Strategy, subsection XIV.F.1. 
introductory text and XIV.F.1.c; adopted 
January 7, 2011; effective February 14, 
2011. 
* * * * * 

(124) On May 25, 2011 the State of 
Colorado submitted revisions to its State 
Implementation Plan to address the 
requirements of EPA’s regional haze 
rule. 

(i) Incorporation by reference. 
(A) Colorado Air Quality Control 

Commission, Regulation Number 3, 5 
CCR 1001–5, Stationary Source 
Permitting and Air Pollutant Emission 
Notice Requirements, Part F, Regional 
Haze Limits—Best Available Retrofit 
Technology (BART) and Reasonable 
Progress (RP), Section VI, Regional Haze 
Determinations, and Section VII, 
Monitoring, Recordkeeping, and 
Reporting for Regional Haze Limits; 
adopted January 7, 2011; effective 
February 14, 2011. 

(B) Colorado Air Quality Control 
Commission, Regulation Number 7, 5 
CCR 1001–9, Control of Ozone via 
Ozone Precursors (Emissions of Volatile 

Organic Compounds and Nitrogen 
Oxides), Section XVII, (State Only, 
except Section XVII.E.3.a. which was 
submitted as part of the Regional Haze 
SIP) Statewide Controls for Oil and Gas 
Operations and Natural Gas-Fired 
Reciprocating Internal Combustion 
Engines, subsection E.3.a, (Regional 
Haze SIP) Rich Burn Reciprocating 
Internal Combustion Engines; adopted 
January 7, 2011; effective February 14, 
2011. 
[FR Doc. 2012–31192 Filed 12–28–12; 8:45 am] 

BILLING CODE 6560–50–P 

ENVIRONMENTAL PROTECTION 
AGENCY 

40 CFR Parts 52 and 81 

[EPA–R05–OAR–2011–0468; FRL–9764–9] 

Approval and Promulgation of 
Implementation Plans and Designation 
of Areas for Air Quality Planning 
Purposes; Ohio; Redesignation of the 
Ohio Portion of the Huntington- 
Ashland 1997 Annual Fine Particulate 
Matter Nonattainment Area to 
Attainment 

AGENCY: Environmental Protection 
Agency (EPA). 
ACTION: Final rule. 

SUMMARY: EPA is approving, under the 
Clean Air Act (CAA), the state of Ohio’s 
request to redesignate the Ohio portion 
of the Huntington-Ashland (OH–WV– 
KY) nonattainment area (Lawrence, 
Scioto, and portions of Adams and 
Gallia Counties) to attainment for the 
1997 annual National Ambient Air 
Quality Standard (NAAQS or standard) 
for fine particulate matter (PM2.5). The 
Ohio Environmental Protection Agency 
(Ohio EPA) submitted its request on 
May 4, 2011. EPA determined that the 
entire Huntington-Ashland area has 
attained the 1997 annual PM2.5 
standard, and proposed to approve 
Ohio’s request to redesignate the Ohio 
portion of the area on December 22, 
2011. EPA’s final rulemaking involves 
several related actions. EPA has 
determined that the entire Huntington- 
Ashland area continues to attain the 
1997 annual PM2.5 standard. EPA is 
approving, as a revision to the Ohio 
State Implementation Plan (SIP), the 
state’s plan for maintaining the 1997 
annual PM2.5 NAAQS in the area 
through 2022. EPA is also approving the 
2005 and 2008 emissions inventories for 
the Ohio portion of the Huntington- 
Ashland area as meeting the 
comprehensive emissions inventory 
requirement of the CAA. EPA finds 
adequate and is making a finding of 
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I. STATEMENT 

1. Public Service Company of Colorado (Public Service or Company) filed an 

application for a certificate of public convenience and necessity (CPCN) for the installation of 

emissions control equipment at its Hayden 1 and 2 generating stations (Application).  Public 

Service proposes installing selective-catalytic reduction (SCR) on Hayden Unit 1 in 2015 and 

Hayden Unit 2 in 2016.  As part of its Application, Public Service filed the direct testimony and 

exhibits of Ms. Karen T. Hyde, Mr. James R. Vader, and Ms. Susan Arigoni. 
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2. On November 15, 2011, the Commission issued Notice of the Application 

(Notice) to all interested persons, firms, or corporations.  The Notice advised that any person 

desiring to intervene in or participate as a party in this proceeding was required to file a petition 

for leave to intervene within 30 days after the date of the Notice, or no later than December 15, 

2011. 

3. At the Commissioners’ Weekly Meeting on December 21, 2011, the Application 

was deemed complete and referred to an Administrative Law Judge (ALJ) for disposition. 

4. The Colorado Office of Consumer Counsel (OCC) intervened as of right in this 

proceeding. 

5. Permissive intervenors in this proceeding included: Climax Molybdenum 

Company and CF&I Steel, L.P., doing business as Evraz Rocky Mountain Steel (jointly, Climax 

and CF&I); Western Resource Advocates (WRA); Sierra Club; Ms. Leslie Glustrom; Colorado 

Independent Energy Association (CIEA); Colorado Energy Consumers (CEC); Holy Cross 

Electric Association, Inc.; Colorado Mining Association (CMA); Intermountain Rural Electric 

Association (IREA); American Coalition for Clean Coal Electricity (ACCCE); Peabody Energy 

Corporation (Peabody); and, Noble Energy Inc. (Noble) and EnCana Oil & Gas (USA) (EnCana) 

(collectively, Colorado Gas Producers). 

6. By Interim Order No. R12-0089-I, issued January 26, 2012, a procedural schedule 

was adopted that set an evidentiary hearing in this matter for March 8 and 9, 2012.   

7. At the scheduled date and time, the evidentiary hearing in this matter was held.  

Appearances were entered by Public Service, IREA, OCC, Climax and CF&I, CEC, CIEA, 

Sierra Club, CGP, Noble, EnCana, Peabody, CMA, and ACCCE.  Ms. Karen T. Hyde,  

Mr. James R. Vader, and Ms. Susan Arigoni testified at the hearing on behalf of Public Service.  

Ms. Leslie Glustrom testified at the hearing on her own behalf.   
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8. Pursuant to § 40-6-109, C.R.S., the Administrative Law Judge transmits to the 

Commission the record of this proceeding, along with a written Recommended Decision. 

II. DISCUSSION AND FINDINGS 

9. Pursuant to Decision Nos. C10-1328 and C11-0121 in Docket No. 10M-245E, 

issued on December 15, 2010 and February 3, 2011 respectively, the Commission approved a 

plan of unit retirements and replacements to the year 2017 to implement House Bill  

(HB) 10-1365, the Clean Air Clean Jobs Act (CACJA).  The component of the plan relevant here 

is the installation of pollution control facilities for Public Service’s Hayden 1 and Hayden 2 

stations.  Hayden 1 is a coal-fired electric generating facility that began operations in 1965.  

Hayden 2 is a coal-fired generating station that began operation in 1976.  Public Service is the 

operator of Hayden Station and is partial owner of Hayden 1 and 2, owning 139 megawatts 

(MW) of Hayden 1 (75.5 percent) and 98 MW of Hayden 2 (37.4 percent).  In Docket  

No. 10M-245E, Public Service proposes as part of its CACJA compliance plan that it would 

retrofit the Hayden units with an SCR beginning in 2015 for Hayden 1 and 2016 for Hayden 2.   

10. Commission Decision No. C10-1328 determined that the emission controls at 

Hayden were needed and in the public interest.  The Commission determined that the application 

for a CPCN required by that Decision would allow consideration of the establishment of a  

not-to-exceed maximum level of expenditures for these projects.  In conjunction with the cost 

recovery mechanisms addressed in the Decision, the Commission determined that the future 

CPCN application filings were necessary to ensure that the costs and rate impacts associated with 

the plan remain reasonable over the course of its implementation. 

11. By Interim Order No. R12-0231-I, issued March 1, 2012, the scope of this 

proceeding was limited to the proposed costs of the Hayden emission control project, as well as 

the coal costs as those costs directly relate to the cost effectiveness of the project, the efficacy of 
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imposing a cost cap, and the details associated with the emission control project as specified by 

the Commission in Decision Nos. C10-1328 and C11-0121. 

12. In pre-filed testimony and in testimony at the evidentiary hearing, Ms. Hyde 

provided an overview of the project pursuant to the Commission’s directives in Docket  

No. 10M-245E.  According to Ms. Hyde, in Docket No. 10M-245E, the Commission heard 

testimony that the Air Quality Control Commission (AQCC) had made a preliminary 

determination that the installation of SCRs at Hayden 1 and 2 was necessary to meet the Best 

Available Retrofit Technology (BART) requirements of the Regional Haze Program.  The 

ACQQ’s determination was based on an evaluation of the available emission control options to 

reduce nitrogen oxide (NOx) emissions on the two units, the cost of emission controls, the 

remaining useful life of the facilities, and the degree of visibility improvement in Class I areas in 

close proximity such as the Mount Zirkel Wilderness.   

13. Based on that determination, the Commission approved the inclusion of the 

Hayden SCRs in the CACJA plan.  On January 7, 2011, the AQCC made a final determination 

that the installation of SCRs at Hayden 1 and 2 was BART for NOx reduction for Hayden and 

included new NOx emission rate limits of 0.08 and 0.07 lbs/MMBtu for Hayden Units 1 and 2 

respectively in the Regional Haze State Implementation Plan (SIP).  The SIP was subsequently 

approved by the Colorado Legislature and then submitted to the Environmental Protection 

Agency on May 25, 2011.   

14. According to Ms. Hyde in her direct testimony (Hearing Exhibit No. 1), the 

BART determination is important because it means that SCRs must be installed on both Hayden 

units to meet the new NOx emission rate limits for continued operation of the plant as a  

coal-fired generator.  The SCRs are proposed to be installed on Hayden 1 in 2015 and Hayden 2 

in 2016. 
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15. Ms. Hyde states that the estimated cost for the project is $164.9 million, of which 

about $90 million will be Public Service’s share.  This is the same estimate provided in Docket 

No. 10M-245E with escalation taken into account.  Ms. Hyde represents that the Company 

determined that the original estimate was of sufficient quality to be filed with this CPCN 

application since it had now had the opportunity to fully vet its estimates as it would in a CPCN 

proceeding.   

16. In his direct testimony (Hearing Exhibit No. 3), Mr. Vader described the proposed 

elements of the project in more detail.  Regarding installation of the new equipment, he noted 

that the Hayden units currently utilize a Fabric Filter Dust Collector for particulate control and 

lime spray dryer for sulfur dioxide (SO2) control.  The units also employee early vintage Low 

NOX Burners for NOX reduction.  Unit 2 has Over Fire Air Ports which further enhance NOX 

reduction.  These systems will stay in place and operate in concert with the new control 

equipment to reduce NOX, SO2, and particulate emissions. 

17. Mr. Vader included project schedules in his direct testimony as Exhibit  

Nos. JRV-3 and JRV-4 which describe the stages of the project.  Mr. Vader notes that engineering 

activities have already begun even though completion dates are scheduled for the end of 2015 

and 2016 for Units 1 and 2.  According to Mr. Vader, Public Service contracted with an outside 

engineering firm to help with the equipment specifications for the SCR and ammonia handling 

system.  This was done together with the SCR for the Pawnee project so the equipment could be 

bid out at the same time.  Further, a Request for Proposals has been issued and responses have 

been received and are currently being evaluated.  The engineering and detail design work is 

proposed to start in 2012 once preliminary design information is received from the selected 

equipment supplier.  A single contractor is to build both units, starting Unit 1 construction in the 
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summer of 2013. That contractor will be selected through a competitive bidding process through 

the Company’s existing protocols. 

18. As regards assurances by the Company that the projects will be completed as 

proposed, Mr. Vader states that the project schedule that has been developed and provided in 

Exhibit Nos. JRV-3 and JRV-4 is based on current equipment lead times and past SCR projects.  

It will be integrated with the design, equipment supply, and construction schedules when they 

become available.  The schedule will be updated on a regular basis and will be used to identify 

potential issues that could impact an on time completion of the project.  Recovery plans are to be 

developed as needed to keep the project on schedule.  In addition, an independent organization 

that has experience with the execution of similar projects is to be retained to review the schedule 

and offer suggestions on changes or improvements. The consultant will also perform 

constructability reviews as the design progresses to assure that the design is compatible with 

efficient construction practices. 

19. The cost estimate for the Unit 1 SCR is $73.9 million and $91 million for Unit 2.  

According to Mr. Vader, the Company’s share of these estimated costs is $55.8 million for Unit 1 

and $34 million for Unity 2, based on Public Service’s ownership percentages of each unit and 

common equipment.1  Mr. Vader also explained the cost estimates provided by Public Service in 

more detail.   

20. The cost estimates include line items for all major equipment, SCR, ammonia 

injection system, foundations, electrical equipment and ductwork.  It also includes estimates for 

engineering design, construction, and internal Company costs for management of the project.  

The estimate includes a contingency amount of approximately 10 percent to cover line item cost 

                                                 
1 Detailed information is provided in Mr. Vader’s Confidential Exhibit No. JRV-1, Hayden Unit 1 SCR and 

Confidential Exhibit No. JRV-2, Hayden Unit 2 SCR. 
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overruns and activities that may be necessary, but which have not been budgeted for at the 

preliminary stage of the project such as material overruns due to commodity price increases.  A 

portion of the contingency is to be allocated to line items with the balance available to be 

allocated to unbudgeted work.  As the project progresses, remaining dollars from completed line 

items are to be moved into or out of the overall contingency account. 

21. Project costs were estimated by a consultant who reviewed the configuration of 

the units, design of the boilers, the existing emission control equipment, type of coal burned, and 

construction access at the facility.  The consultant also obtained indicative vendor SCR pricing 

and the status of the market for SCRs, which the consultant used to develop the project estimate 

provided in Docket No. 10M-245E.  That data was reviewed and confirmed that it was of 

sufficient quality to be used for this CPCN proceeding.   

22. Mr. Vader goes on to state that the Company further broke down the estimate to 

allocate costs to smaller activities to determine whether there was sufficient funds to cover all the 

cost items.  In addition, labor costs were divided by projected labor rate averages to determine 

whether sufficient man-hours were allocated to perform the work.  This breakdown further 

confirmed that the estimate was reasonable in the Company’s view. 

23. As for the 20 percent range of accuracy, Mr. Vader provides that while the current 

range of accuracy is 20 percent, the Company will develop scopes of work and engineering 

details in order to bid out the major equipment and later the construction work.  It will then enter 

into contracts to acquire those goods and services. As Public Service moves through that process 

over the next few years, Mr. Vader is confident that the project estimate will be refined and its 

range of accuracy will be reduced. 

24. Regarding factors that could have a significant impact on the project cost, 

Mr. Vader notes that commodity prices for copper, steel, fuels, concrete, and other construction 
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materials have been volatile recently and could impact the total project cost if demand increases 

significantly during the project.  In addition, the availability of construction labor is also a 

significant factor.  If economic activity increases, it could cost more to attract a qualified 

workforce.  Further, with such a retrofit project, it is possible that other parts of the plant may be 

required to be modified to complete the installation of the new equipment.  The Company is also 

concerned that new environmental regulations may increase the demand for SCRs, thus 

increasing the price for this equipment.  In order to mitigate that risk, Public Service is buying 

SCRs earlier than required to meet the schedule completion dates. 

25. In order to manage project costs, Mr. Vader indicates that once a detailed project 

budget has been developed, it will be tracked and updated as contracts are executed and costs are 

incurred to manage overall project costs.  As contracts are executed, committed costs will be 

compared to the project estimate for each scope of work and the project budget will be updated.  

Opportunities for cost savings will be identified and evaluated on a life cycle cost basis, and 

implemented where possible and appropriate. 

26. Ms. Hyde also offered that the Company does not think it is necessary to impose a 

cap on the ultimate cost of this project.  According to Ms. Hyde’s testimony, while Public 

Service agreed to a soft cap on the costs of the Cherokee 2 synchronous condenser in the 

settlement agreement in Docket No. 11A-209E, the issues that led to such an agreement there do 

not exist here.  In addition, Ms. Hyde notes that HB 10-1365 provides that Public Service may 

“fully recover the costs that it prudently incurs in executing an approved emission reduction plan 

…” § 40-3.2-207(1)(a), C.R.S.  Those costs are to include costs for planning, developing, 

constructing, operating, and maintaining emission controls constructed pursuant to an emission 

reduction plan, in addition to interim air quality emission costs it may incur while the plan is 

being implemented.  Id. 
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27. As far as establishing prudence, Ms. Hyde states that it is the Company’s position 

that the grant of a CPCN application provides it the presumption of prudence to move forward 

with the addition of SCR emissions controls on Hayden Units 1 and 2.  If no Construction Work 

in Progress (CWIP) is in rate base, then a prudence challenge would be made in a rate case when 

Public Service proposes to put the project in rate base and recover costs in base rates.  For the 

CACJA projects, Public Service has approval to add CWIP to rate base without Allowance for 

Funds Used During Construction offset and the Company’s position is that those estimates should 

be consistent with the CPCN estimates or the latest budget estimates.  Ms. Hyde maintains that 

parties can challenge the level of costs but cannot challenge the fact that the Company is entitled to 

such rate treatment, if applied in accordance with the Commission’s ruling in Docket No. 10M-245E. 

28. Regarding the establishment of prudence here, Ms. Hyde notes that the Company is 

not expressly asking for a presumption of prudence in this case. However, it is Public Service’s 

position that it does not need to establish prudence.  Rather, Public Service’s position is that under 

established Commission practice and policy and normal regulatory and ratemaking principles, a 

presumption of prudence should attach to this project when a CPCN is granted at the level of the 

Company’s estimated costs with its projected range of accuracy applying to it.  Ms Hyde 

acknowledges that a finding of presumption may be rebutted by parties in a subsequent proceeding 

since such a finding is not a predetermination of prudence. In this regard, Public Service is proposing 

procedures that will allow parties to monitor costs of the project as it goes forward. 

29. In addition, Public Service intends to employ all of its cost control measures 

which have been successfully employed in several other projects including Comanche 3,  

Fort St. Vrain 1 through 6, as well as other generation projects in Minnesota, South Dakota, and 

New Mexico.  The Company represents that it uses competitive bidding to acquire equipment 

and services and it has processes to accurately track capital costs through project construction.   
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30. Finally, Ms. Hyde states that Public Service offers to provide periodic reports to 

the Commission as the construction project proceeds through its timeline in order to track 

progress, cost containment efforts, and prudence.  Public Service expects the reports to be similar 

to the reports it provided during the construction of Comanche 3.  The contents of the reports 

will contain a status of critical project activities, as well as changes in schedule, budget, and 

scope.  Public Service also offers to make representatives available to Commission Staff and the 

OCC to discuss the reports and answer questions about the project. 

31. Public Service witness Ms. Arigoni provides in her direct testimony (Hearing 

Exhibit No. 5) an overview of coal supply issues applicable to Hayden 1 and 2 and describes 

how prior forecasts of delivered prices for Hayden were developed, as well as how prices 

negotiated in a recent coal purchase for Hayden differ from the forecast provided in the CACJA 

proceeding.  As indicated in the application, Public Service now has information that actual coal 

supply costs will be more expensive than what it is currently paying.   

32. Ms. Arigoni discusses that for most of Hayden’s operational life, coal was 

supplied from the Seneca Mine.  Since that mine closed, Hayden has been supplied from 

Peabody’s Twentymile coal mine operations (Twentymile).  Twentymile and the Seneca Mine are 

in close proximity to Hayden, which was economically beneficial for both Public Service and 

Peabody.   

33. Ms. Arigoni goes over the assumptions regarding the coal cost estimates provided 

in the CACJA proceedings.  She states that those costs were developed in early to mid-2010 and 

focused on Colorado since the plants under consideration in CACJA all burn Colorado coal.  

While Hayden is primarily served by the Twentymile mine, that mine is anticipated to be played 

out in 2013.  In 2010, Peabody was considering opening a new mine at Sage Creek, but at that 

time had not made a commitment to open it.   
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34. Ms. Arigoni states that scenarios developed for CACJA included various 

reductions of coal for Cherokee and Valmont with Hayden operating on Colorado coal with the 

installation of SCRs on both units.  In addition, the base case developed for CACJA assumed 

Cherokee and Valmont would continue burning coal with the installation of emission controls, so 

the base case assumed no change in demand for Colorado coal.  However, when the 

Commission, as part of its CACJA decision, required the cessation of coal use by the end of 2017 

by Cherokee and Valmont, it was apparent that the demand for Colorado coal by Public Service 

would be significantly reduced. 

35. Ms. Arigoni goes on to detail the coal cost studies performed by a research and 

consulting company for Public Service, to assess the effect of reduced demand on the price of 

Colorado coal.  For the study, the consultant used its adjusted forecast for Colorado coal and ran 

scenarios based on various reductions in Colorado coal demand caused by the retirement of 

Public Service’s different coal plants.   

36. The scenarios developed for modeling in the CACJA plan were used by the 

consultant in its model, and the coal prices derived by the model were used in the CACJA model 

runs.  Coal cost for Hayden was the price derived by the consultant’s model.  The consultant’s 

study covered the period 2010 through 2018 and covered the effect of reduced demand on price.  

The demand reduction associated with the elimination of Cherokee and Valmont demand was 

established at approximately two million tons.  The base case assumed Twentymile capacity would 

be replaced by the Sage Creek Mine. 

37. The modeling predicted that with a demand reduction of approximately two million 

tons magnitude, a price reduction of $8 to $15 per ton could be expected if the mine and its 

replacement capacity were to continue to operate.  Since the consultant’s study only went through 
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2018, prices for Hayden beyond that time were escalated from the 2018 price for the life of the plant 

in Public Service’s Strategist modeling. 

38. Regarding transportation costs, even though a contract for transporting the coal had 

not been negotiated, transportation costs were estimated assuming rail delivery of coal beginning in 

2012.  Ms. Arigoni also discusses the process that went into replacing Twentymile mine with a coal 

supply as close as possible to the Hayden facility.  She asserted that Public Service was able to 

balance a lack of competitive options to replace Twentymile with Peabody’s interests in 

achieving a transaction which provided a long-term coal supply with Hayden after exhausting all 

other options.   

39. Another factor affecting coal prices is the export demand for Colorado coal as 

Peabody and other Colorado coal producers sought to export coal due to a weak demand for 

Colorado coal within the state.  Ms. Arigoni maintains that this increase in export demand was 

not anticipated in early 2010.   

40. Ms. Arigoni cites these factors for the reason that the negotiated delivered cost on 

a $/MMbtu basis with Peabody is higher than the consultant’s forecast prepared in early 2010.  

By Ms. Arigoni’s reckoning, this increase is due primarily to assumptions relating to reduced 

demand causing a price reduction which was not proved out.  However, she does note that none 

of the events causing a reduction in demand in the consultant’s model (the elimination of demand 

from Cherokee and Valmont) has occurred yet, so market prices have not yet adjusted to those 

events. 

41. Ms. Arigoni concludes that while the negotiated coal delivery prices are higher than 

the consultant’s forecast, they reflect real market conditions.  The contract provides Public Service 

with a supply of coal to Hayden at least though 2019 and the prices for the coal result in a reasonable 

cost of coal supply for Hayden. 
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42. Ms. Glustrom was the only party to file answer testimony (Hearing Exhibit 

No. 7).  Ms. Glustrom states that there are several likely cost impacts regarding Public Service’s 

proposal for Hayden, including return of and return on the capital investment which will be 

borne by ratepayers, as well as coal cost and supply issues which the Company has admitted 

were wrong in the CACJA proceedings.  Ms. Glustrom indicates that Public Service has 

represented in discovery responses that it is unwilling to accept a limit on future cost recovery 

for coal costs.  She also notes that the Company has a poor track record of predicting coal costs 

as illustrated in Exhibits LWG-13, LWG-16, and LWG-17 to her answer testimony.   

43. Ms. Glustrom also argues that there are several cost impacts from the Company’s 

proposal including: increased fixed operating costs and variable operating and maintenance costs 

which will also be passed on to ratepayers; capital expenditures to maintain aging coal plants for 

which ratepayers will be responsible for the return on these investments; possible increase in 

costs due to more stringent environmental controls; and, possible costs related to carbon dioxide 

emissions.  Ms. Glustrom believes that environmental regulations will become more stringent 

and as a result, costs to comply with those increased regulations will be passed on to ratepayers. 

44. Ms. Glustrom also lists several problems she identified with the Company’s 

alternative analysis provided in this proceeding.  These problems include: 

• Failure to consider the excess capacity on Public Service’s system.  In 
years when there is excess capacity, Public Service would not need to 
build new generic resources to replace the Hayden coal plant 

• Failure to consider the fact that Boulder may leave Public Service’s 
system freeing up additional excess capacity. 

• Failure to consider the availability of gas turbines that have already been 
built and which would otherwise be stranded. 

• Failure to consider the serious impacts of climate change. 
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• Failure to consider the likely cheaper option of managing demand instead 
of building new capacity to meet peak demand—which by definition 
occurs only one hour of the year. 

• Failure to consider health and environmental costs of coal-fired generation 
as was done in the 10M-245E docket. 

• Failure to consider the possibility of more stringent environmental 
regulations related to issues such as coal ash and mercury. 

• Failure to consider the costs associated with locking in inflexible resources 
when in the 21st century increasing levels of renewable energy are best 
complemented by more flexible resources, including natural gas 
turbines—not inflexible coal plants. 

• Combining a low coal cost escalation rate with a discounting of future fuel 
and chemical costs at 7.6 percent per year. 

A. Analysis and Conclusions 

45. The origin of this CPCN application is rooted in Docket No. 10M-245E, the 

CACJA proceeding.  There, the Commission approved Public Service’s emission reduction plan 

pursuant to CACJA.  With respect to this application, the Commission found that the proposed 

controls at Hayden are needed and in the public interest for emission reduction purposes.  The 

Commission required Public Service to file a modified application for a CPCN for the proposed 

controls similar to several other projects identified in Docket No. 10M-245E which the 

Commission identified as requiring a CPCN application in Decision No. C10-1328. 

46. The Commission did express concerns regarding the lack of detailed cost 

estimates provided in the CACJA proceeding regarding the Hayden project.  The Commission 

expressed its expectation that the CPCN applications required by C10-1328 would allow it “to 

consider the establishment of a not-to-exceed maximum level of expenditures for [the Hayden] 

project.” Id. at ¶151.   

47. Because the Commission found a need for emission controls at Hayden, it did not 

require the Company to submit all of the information typically required by Rules Regulating 

Electric Utilities, 4 Code of Colorado Regulations 723-3-3102 for a new facility.  Id. at ¶148.  
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Rather, the Commission determined that this CPCN, similar to the other CPCN follow-on 

proceedings, was to “focus narrowly on the Commission review and approval of detailed cost 

estimates and project schedules associated with the construction of the new generation plant.” Id.  

As a result, the Commission only required the following information from Rule 3102:  

• the information required in Commission Rules 3002(b) and 3002(c), 
consistent with conventional application filings; 

• a description of the proposed facilities to be constructed; 

• estimated costs of the proposed facilities to be constructed;  

• anticipated construction start date, construction period, and in-service 
date;  

• a map showing the general area or actual location where facilities will be 
constructed at Hayden; and 

• electric one-line diagrams, as applicable. 

Id. at ¶¶148 and 150. 

48. Public Service maintains that it has complied with the Commission’s C12-1328 

directives.2  According to the Company, the record is sufficient to find that construction of the 

Hayden 1 and 2 emission control equipment continues to be in the public interest and that a 

CPCN should be granted.  Public Service notes that the current cost estimate for the installation 

of the equipment is the same as it presented in Docket No. 10M-245E, subject only to a 

correction for escalation.  Public Service claims that the record here establishes that its current 

cost estimates are in line with what the Commission reviewed in CACJA and therefore its CPCN 

should be granted. 

49. Public Service also argues that while the intervenors here make various 

arguments, none has submitted testimony that suggests that the Company’s estimate should be at 

                                                 
2 Public Service represents that it has complied with all the directives except providing an electric one-line 

diagram because the installation of SCR at Hayden will not impact the plant’s 230 kV, 69 kV, or 4160V one-line 
diagrams.   
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a different level.  Public Service is of the opinion that the record in this Docket establishes that 

its current capital cost estimates are in line with what the Commission reviewed in Docket 

No. 10M-245E.  By running Strategist with the higher coal contract assumptions, Public Service 

maintains that it has established that installation of SCR on the Hayden units remains a  

cost-effective option, even when considering that the Company’s fuel costs under its new coal 

supply contract with Peabody will be higher than projected in the CACJA proceedings.  As a 

result, the Company believes it should be granted a CPCN.   

50. Public Service’s estimate for the project here, $148 million, is the same as its 

estimate in Docket No. 10M-245E, except the estimate here includes an escalation which takes 

into account that the actual project work will be undertake between 2012 and 2016.  With the 

escalation, Public Service’s estimate is approximately $165 million, plus or minus 20 percent.  

Public Service’s share of costs is estimated to be approximately $90 million.  See, Confidential 

Exhibits JRV-1, JRV-1a, JRV-2, and JRV-2a (Confidential Hearing Exhibit No. 4C).   

51. The Company contends that it did not, as some Intervenors claim, merely 

resubmit its estimate from Docket No. 10M-245E.  Public Service maintains that it hired an 

expert to review the configuration of the units, design of the boilers, and obtained indicative 

equipment pricing which the consultant used to develop the estimate used in Docket  

No. 10M-245E.  Public Service reviewed that estimate and determined that it was of CPCN 

quality and submitted it in this Docket.  Company witness Mr. Vader states that costs contained 

in the estimate were allocated to smaller costs and activities for the Company’s own budgeting 

process.  The estimates the Company presented in this proceeding were in greater detail than in 

Docket No. 10M-245E, according to Mr. Vader.  However, Ms. Hyde stresses that Public Service 

is not in a position to firm up its estimate at this point since it has not yet entered major 
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equipment and construction contracts.  As those occur, the range of accuracy will become 

narrower.   

52. In arguing that the Hayden emission control project remains cost effective despite 

the increase in coal costs under its new coal supply arrangement with Peabody in relation to its 

estimates in Docket No. 10M-245E, Ms. Hyde describes Public Service’s Strategist runs it 

performed comparing a scenario where controls were installed at Hayden with a scenario where 

Hayden was retired.  Those Strategist runs showed that the installation of the Hayden SCR 

remained the lowest cost alternative by $269 million net present value with a CO2 proxy cost of 

$0 per ton and a $185 million net present value with a CO2 equal to “3-Source Low Escalation” 

values. (Hearing Exhibit No. 1; see also, Hearing Exhibit No. 8).  The Company argues that the 

record supports its request for a CPCN even when the higher coal costs are taken into account. 

53. Public Service also addressed concerns by the OCC regarding double counting of 

labor costs in the Company’s preparation of its estimate for the project.  Public Service contends 

that how its labor costs were assigned in a previous cost of service in its last rate case before 

HB 10-1365 was passed, does not affect the proper accounting for this project or its project 

estimate.  This is due to resetting of Public Service’s cost of service based on a more current 

period in a subsequent rate case. 

54. Public Service also addresses concerns raised by some Intervenors over its cost 

controls for the project.  While Public Service notes that in a proceeding such as this, it is not 

typically required to explain in detail its cost controls, it nonetheless points out that in Docket 

No. 10M-245E, it offered information regarding cost controls it intends to employ for this project 

(as well as others) through the testimony and exhibits of its witness Mr. Gregory Ford in order to 

demonstrate that it would meet the requirements of § 40-3.2-204(2)(c), C.R.S., to its initial 

CACJA plan.   
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55. The Company’s cost control measures include a schedule which results in full 

implementation on or before December 31, 2017.  The schedule may also include interim 

milestones and will protect system reliability and control overall cost.  In addition, Company 

witness Mr. Vader provided an overview of cost controls that will be employed for this project in 

his direct testimony (Hearing Exhibit No. 3 at 11-12), in which he cross-references Mr. Ford’s 

testimony and exhibits from Docket No. 10M-245E. 

56. Additionally, Public Service urges the Commission to resist imposing any cost 

caps for project costs.  According to the Company, cost caps are inconsistent with  

§ 40-3.2-207(1)(a), C.R.S., which allows it to recover its prudently incurred costs for the project.   

57. While Public Service has not been required to prepare and submit reports to the 

Commission to inform it and interested parties of key developments, the Company nonetheless 

remains committed to providing such reports to any interested parties.3 

58. Peabody supports the grant of a CPCN to install emission controls at Hayden 1 

and 2.  Peabody agrees with Ms. Hyde’s assessment that continuing to operate Hayden on coal 

will maintain Public Service’s fuel diversity in its generation mix and preserve jobs at both 

Hayden and local mines.  Peabody maintains that its long term coal supply agreement with 

Public Service for Hayden will advance the stated goals of CACJA by mitigating the impact of 

plan implementation on Colorado’s energy producing communities, as well as provide Public 

Service and its ratepayers with a reliable long-term supply at a stable price.  Peabody represents 

                                                 
3 In its Closing Statement of Position, Public Service also requests clarification from the ALJ regarding 

Paragraph No. 10 of Interim Order No. R12-0231-I in which it was stated that parties, to the extent they had issues 
concerning coal costs or whether Hayden should remain open could address those issues in a different venue.  The 
ALJ clarifies that the reference in Paragraph No. 10 was that at a future date, there may arise circumstances 
regarding the viability of the Hayden facility where a party may wish to assert various claims.  The findings in 
Decision No. R12-0231-I at Paragraph No. 10 do not preclude any future claims in that regard.  However, to the 
extent that such claims relate to Commission findings in the CACJA proceedings, it is clarified that findings made 
by the Commission in Docket No. 10M-245E regarding the installation of emission controls at Hayden or the 
prudence of installing the controls are precluded from collateral attack pursuant to § 40-6-112(2), C.R.S. 
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that as the world’s largest private-sector coal company, it has the wherewithal to develop the 

Sage Creek mine and intends to fulfill its obligations under the contract. 

59. The Colorado Gas Producers also support approval of the CPCN application.  The 

Colorado Gas Producers believe approval of the CPCN is in the public interest and that no cost 

cap should be imposed on the project.  However, their support for approval is somewhat 

qualified in that the Colorado Gas Producers argue that despite claims by Public Service to the 

contrary, there was no determination made by the Commission in the CACJA proceedings, nor 

should there be a determination here that extends the life of the Hayden 1 and 2 facilities.  In 

addition, the Colorado Gas Producers argue that there is no need to impose a cost cap here.  

Because Public Service has agreed with the parties to file periodic reports on the status of the 

project, the Colorado Gas Producers urge the Commission to accept the reports as a stipulation 

between the parties. 

60. The OCC requests that the Commission approve the Hayden CPCN subject to 

four conditions.  First, the OCC proposes that the Commission should not find that the actually 

incurred expenditures for the installation of the emissions control equipment at Hayden 1 and 2 

facilities are presumed prudent by the grant of this application.  The OCC argues that the burden 

of proof should lie with Public Service to prove that the claimed construction costs are prudent, 

no matter the amount finally expended, in a future electric rate case.   

61. Second, the OCC also proposes that Public Service should be required to track the 

internal costs of the project in order to meet its burden of proof that there has not been a double 

counting of costs associated with the installation of the emissions control equipment and costs 

already being recovered through rates. 
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62. Third, because of Public Service’s partial ownership of Hayden 1 and 2, the OCC 

also proposes that the Company should be required to set forth the procedure to allocate the 

specific and common costs between the Hayden 1 and 2 projects. 

63. Finally, the OCC proposes requiring Public Service to file with the Commission 

every six months, a report indicating expenditures related to the construction project and all other 

CACJA projects as offered by Public Service in this proceeding.  The semi-annual reports should 

illustrate the budgeted amount for each CACJA project to the same level of detail as provided in 

the various applications and the associated variances from the budgeted amounts. 

64. The remainder of the intervenors take issue in some form or another with the cost 

information provided by Public Service.  CEC and CIEA, along with Climax and CF&I, and 

Ms. Glustrom all strongly oppose granting Public Service a CPCN in this proceeding. 

65. CEC and CIEA argue that the Commission should determine that the 

authorization to proceed with the project carries no presumption of prudence regarding the costs 

incurred for the project, and that Public Service’s ability to recover its costs in furtherance of this 

project from ratepayers should be conditioned on the Company’s affirmative demonstration of 

the prudence of its expenditures, irrespective of challenge by a party.   

66. CEC and CIEA take the position that § 40-3.2-207(1)(a), C.R.S., entitles Public 

Service to “fully recover the costs that it prudently incurs in executing an approved emission 

reduction plan” as long as it demonstrates the prudence of the costs involved.  However, CEC 

and CIEA point to § 40-3.2-205(3), C.R.S., which they argue distinguishes a presumption of 

prudence as to costs, in that the statute provides that the “actions” taken by a utility in 

furtherance of, and in compliance with, an approved plan are “presumed to be prudent actions.” 

(emphasis supplied).   
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67. In addition, CEC and CIEA argue that 99 percent of the proposed budget remains 

preliminary at this point and at a very high level with little detail.  Without an affirmative proof 

of prudence here, CEC and CIEA argue that parties will be left having to simply accept Public 

Service’s untested numbers without the benefit of knowing what they should have been.  With 

such affirmative proof of prudence, it will not only be impossible to determine reasonableness of 

costs and rate impacts, it will be difficult to determine whether the Company managed 

implementation of the Hayden project in a reasonable manner.  In turn, CEC and CIEA argue that 

this presents an unreasonable risk to ratepayers due to the opacity of costs. 

68. In the alternative, should the Commission accept Public Service’s initial estimate, 

CEC and CIEA support a cost cap of $90 million on the implementation of the Hayden emissions 

project, less the plus or minus 20 percent cushion.  CEC and CIEA argue that imposition of a 

cost cap would impose some necessary budgetary discipline on the process to ensure that 

ratepayers are not left to bear the risk and costs of a faulty forecast or any project 

mismanagement.  

69. Climax and CF&I maintain that Public Service did not provide the cost data 

expressly ordered by the Commission in the CACJA proceeding.  The only purpose for this 

docket, according to Climax and CF&I is to conduct an examination of the Hayden costs 

consistent with the CACJA orders, since the need for the project was previously established by 

the Commission in the CACJA proceedings.  However, Climax and CF&I argue that the cost 

estimates provided here, were previously rejected by the Commission as insufficient to meet the 

standards of Rule 3102(b).  Further, the cost estimate is inadequate by any standard, especially 

given the 20 percent margin of error.  As a result, Climax and CF&I maintain that there should be 

no presumption of prudence attached here due to Public Service’s failure to provide cost data of 

sufficient quality for ratemaking purposes. 
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70. Ms. Glustrom raises numerous concerns regarding the Hayden 1 and 2 projects, 

including the age of the facilities, the project costs, the realized profit for Public Service from 

this project, and various coal supply issues.   

71. Ms. Glustrom is concerned that the project will significantly increase Public 

Service’s “net plant” for Hayden 1 and 2, which will increase the Company’s earning and profit 

from the two facilities.   

72. Ms. Glustrom also forecasts that additional costs over the estimated $90 million 

project cost will be significant and will be borne by Public Service ratepayers over the next 

25 years.  In addition, she takes issue with the Strategist modeling assumptions utilized by Public 

Service, including concerns of fuel and other costs being higher than anticipated, as well as 

sensitivity runs regarding higher than anticipated regulation costs or CO2 emission costs.  

Ms. Glustrom argues that the Company failed to adequately estimate these costs which could 

have long range negative implications for ratepayers. 

73. Coal supply issues are also of great concern to Ms. Glustrom.  She views the 

contract with Peabody as restricting Public Service in several respects.  For instance, she argues 

that the contract limits the Company’s opportunities to seek competitive coal prices.  In addition, 

she points out that coal prices under the contract are not guaranteed. 

74. Ms. Glustrom also expresses apprehension concerning Public Service’s ability to 

accurately predict coal prices.  She notes that while the Company predicted coal costs to increase 

2 percent per year up to 2027, in fact, since 2003, coal costs have increased an average of 

9 percent per year (citing Hearing Exhibit No. 28).  As a result, Ms. Glustrom recommends 

establishing a cost cap on the project, as well as establishing a cost cap on the recovery of fuel 

costs with any coal costs greater than 110 percent of Public Service’s projected costs in this 

docket being the sole responsibility of Public Service shareholders.  In addition, Ms. Glustrom 
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recommends establishing a cost cap on variable and fixed operating costs, again, with any costs 

greater than 110 percent of projected costs to be borne by Company shareholders. 

1. Conclusions 

75. Through the Commission’s Decisions in the CACJA Docket, C10-1328, and its 

Decisions on exceptions in other follow-on CPCN Dockets, the directives of the Commission 

and the course it expects these follow-on Dockets to adhere have become apparent.   

76. For example, in ruling on exceptions to Recommended Decision No. R11-1257 

issued November 22, 2011 through Decision No. C12-0159 issued February 14, 2012, Docket 

No. 11A-325E, the Commission set aside the findings of the ALJ and determined that Public 

Service is entitled to full recovery of the costs prudently incurred to install these follow on 

facilities pursuant to § 40-3.2-205(3), C.R.S.  Notably, the Commission determined that once 

Public Service seeks cost recovery for these projects in a future electric rate case, the general 

presumption of prudence regarding its expenditures for these projects will attach. See, Decision 

No. C12-0159, Docket No. 11A-325E, ¶39. 

77. The Commission went on to find that CACJA entitles Public Service to fully 

recover the costs prudently incurred to install the approved facilities, citing § 40-3.2-205(3), 

C.R.S.  Id. at ¶38.  The Commission did highlight that the presumption of prudence that flows 

from granting a CPCN does not obviate the need for Public Service to present robust direct 

testimony in a rate case, which will enable the Commission to determine what portion of the 

actual costs incurred are properly chargeable to ratepayers.   

78. The Commission further opined that Public Service carries the burden of proof 

that the Company acted in a prudent manner in constructing the facility.  It also noted that the 

general presumption of prudence that attaches to the CPCN is rebuttable.  As a result, an 

intervenor challenging the construction costs may make a prima facie showing through answer 
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testimony that the Company acted in some imprudent manner.  Although such a prudence 

challenge is generally necessary for some amount of the actual costs incurred to be disallowed, 

fair and efficient rate case proceedings require that the Company not wait until the development 

and filing of rebuttal testimony in order to carry its burden of proof.  Id. at ¶40. 

79. Consequently, the Commission found that the record in that proceeding did not 

support the establishment of a prospective, not-to-be exceeded maximum level of expenditures 

for the Pawnee project.  The Commission declined to find that the record supported a finding or 

conclusion as to whether the cost estimate Public Service provided there was the appropriate 

starting point against which the prudency of actual costs may be tested.  Id. at ¶41. 

80. In its Decision on rehearing, reargument and reconsideration in Docket  

No. 11A-303E, the Commission reiterated its previous findings and re-affirmed that once Public 

Service is prepared to seek cost recovery for these projects in a rate case, it will enter that 

proceeding with a general presumption of prudence regarding its expenditures.  Nonetheless, the 

Commission attempted to ease concerns in that Docket by noting that Public Service is 

nonetheless required to present robust direct testimony in a future rate case concerning the costs 

of the project in order for the Commission to determine what portion of the actual costs incurred 

are properly chargeable to ratepayers.  Decision No. C12-0346, Docket No. 11A-303E, issued 

April 3, 2012 ¶11. 

81. The Commission also re-emphasized its position that it need not make findings 

regarding the recovery of any specific amount of costs when granting a CPCN.  The Commission 

stressed that the absence of a finding regarding Public Service’s cost estimate means that there is 

no explicit Commission support for the estimate as a benchmark in a future rate proceeding.  Id. 

at ¶12. 
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82. Given the path the Commission has indicated it intends to follow regarding the 

CACJA follow-on CPCN dockets, it is apparent that the cost data provided by Public Service in 

this proceeding is sufficient to grant it a CPCN for the Hayden 1 and 2 emission control project.  

In the Pawnee emissions control project CPCN application (11A-325E) and the Cherokee 

decommissioning of Units 1 and 2 CPCN application (11A-303E), the Commission made clear 

that while cost estimates are relevant in determining whether a CPCN should be granted, the 

Commission need not make findings regarding the recovery of any specific amount of costs 

when granting a CPCN.   

83. The Commission determined in Docket Nos. 11A-303E and 11A-325E that Public 

Service had provided sufficient cost information there in order to grant it a CPCN for each 

project.  Likewise, the Commission found that a CPCN filing does not require a demonstration of 

prudence, which is determined instead at a subsequent rate case proceeding.  Further, pursuant to 

§ 40-3.2-205(3), C.R.S., at a subsequent rate case proceeding, Public Service will enter into that 

proceeding with a general presumption of prudence regarding its expenditures that result from 

the follow on CACJA CPCN proceedings.  The Commission further determined in those 

proceedings, that a prospective, not-to-exceed maximum level of expenditures for the projects 

should not be imposed.  Finally, the Commission established that it would make no findings 

regarding whether the cost estimates provided by Public Service were the appropriate starting 

point against which the prudency of actual costs may be subsequently tested.   

84. Based on those findings, it is evident the Commission has established a clear 

direction in assessing these applications.  Applying those directives to the matter at hand, it is 

found that Public Service has sustained its burden of proof regarding the grant of a CPCN to 

install the emission controls at Hayden 1 and 2.  The additional cost and schedule of construction 

information provided by the Company here complies with the Commission’s requirement in 
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Decision No. C10-1328 to provide more developed cost estimates for the Hayden 1 and 2 

projects.  Further, the projected cost of $90 million (Public Service’s share of the cost of the 

project) and the plus or minus 20 percent range of accuracy are both found to be reasonable 

under the circumstances.  Given the stage of the project as of the date of the hearing in this 

matter, the level of detail provided in Confidential Hearing Exhibit No. 4C (JRV-1, JRV-1a,  

JRV-2 and JRV-2a) is found to be reasonable. 

85. Additionally, it is found that there is no need for a cost cap for project costs.  The 

Commission did not establish the need for such a cap in Decision No. C10-1328 and no evidence 

was presented in this proceeding to support imposing a cost cap.   

86. It is further found that there is no requirement here for Public Service to 

demonstrate prudence of the proposed costs of the Hayden 1 and 2 projects.  As the Commission 

noted, § 40-3.2-205(3), C.R.S., establishes a rebuttable presumption of prudence for these 

projects and during a subsequent electric rate case, Public Service will carry the burden of proof 

that it acted in a prudent manner in expending funds for the construction of the Hayden 1 and 2 

facilities.   

87. CEC and CIEA’s argument regarding the language of § 40-3.2-205(3), C.R.S., 

that it is a utility’s “actions” and not its “costs” which are to be deemed prudent is unavailing.  In 

addition to the citations offered by CEC and CIEA regarding statutory construction, it has also 

well established that a statute may not be construed in such a way as to defeat the obvious 

legislative intent. People v. Meyers, 182 Colo. 21, 510 P.2d 430 (1973).  The entirety of 

subparagraph (3) provides that: “[all] actions taken by the utility in furtherance of, and in 

compliance with, an approved plan are presumed to be prudent actions, the costs of which are 

recoverable in rates as provided in section 40-3.2-207.”  It is clear that when reading  

§ 40-3.2-205(3) with § 40-3.2-207, C.R.S., the legislative intent is clear that a general 
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presumption of prudence regarding a utility’s expenditures attaches to the grant of a CPCN such 

as here.   

88. In addition, two statutes concerning the same subject matter should be read 

together to give full effect to the legislative purpose of each statute.  Injury Fund v. Trevethan, 

809 P.2d 1098 (Colo. App. 1991).  Should the Commission ascribe the intent to § 40-3.2-205(3), 

C.R.S., as proposed by CEC and CIEA, the result would be an untenable conflict between that 

section and § 40-3.2-207, C.R.S.  Not only does CEC and CIEA’s interpretation create a conflict 

between the two statutes, it also presents an obvious conflict with the legislative declaration at 

§ 40-3.2-101, C.R.S., which provides that the public interest is served by providing utilities such 

as Public Service with proper funding mechanisms in order to reduce emissions and air 

pollutants, as well as increase energy efficiency.  That is precisely what §§ 40-3.2-205(3) and  

40-3.2-207, C.R.S., accomplish in concert, through entitling a utility to recover costs it prudently 

incurs for emission reduction projects such as Hayden.  As a result, CEC and CIEA’s proposed 

interpretation of § 40-3.2-205(3), C.R.S., will not be adopted.   

89. While Public Service voluntarily agreed to provide periodic reports on the 

progress of the project, as well as cost data, the Commission found in Decision No. C12-0159 

that such reporting was not necessary.  Therefore, Public Service will not be required to provide 

any reports regarding the Hayden 1 and 2 projects.  In regard to the Colorado Gas Producers’ 

request to accept any reports from Public Service as a stipulation between the parties, it will be 

left to Public Service to voluntarily provide reports to those Intervenors here who were parties to 

such a stipulation.   

90. As a result, good cause is found to grant Public Service a CPCN to construct and 

install emissions control equipment at its Hayden 1 and 2 generating stations by installing 

selective-catalytic reduction on Hayden Unit 1 in 2015 and Hayden Unit 2 in 2016.   
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91. By granting this CPCN, the Hayden 1 and 2 projects are authorized to move 

forward through construction.  Public Service will be granted the right to invest capital in the 

project and, upon completion of the projects, the amount of investment found to be prudent will 

be placed in Public Service’s rate base. 

92. In accordance with § 40-6-109, C.R.S., it is recommended that the Commission 

enter the following order. 

III. ORDER 

A. The Commission Orders That: 

1. The application by Public Service Company of Colorado (Public Service) seeking 

a certificate of public convenience and necessity for the construction and installation of 

emissions control equipment at its Hayden 1 and 2 generating stations by installing  

selective-catalytic reduction on Hayden Unit 1 in 2015 and Hayden Unit 2 in 2016 is granted 

consistent with the discussion above. 

2. Public Service is granted a Certificate of Public Convenience and Necessity to 

construct and install emissions control equipment at Hayden 1 and 2 generating stations. 

3. This Recommended Decision shall be effective on the day it becomes the 

Decision of the Commission, if that is the case, and is entered as of the date above. 

4. As provided by § 40-6-106, C.R.S., copies of this Recommended Decision shall 

be served upon the parties, who may file exceptions to it. 

 a.) If no exceptions are filed within 20 days after service or within any extended 

period of time authorized, or unless the recommended decision is stayed by the Commission 

upon its own motion, the recommended decision shall become the decision of the Commission 

and subject to the provisions of § 40-6-114, C.R.S. 
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 b.) If a party seeks to amend, modify, annul, or reverse a basic finding of fact in its 

exceptions, that party must request and pay for a transcript to be filed, or the parties may 

stipulate to portions of the transcript according to the procedure stated in § 40-6-113, C.R.S.  If 

no transcript or stipulation is filed, the Commission is bound by the facts set out by the 

administrative law judge; and the parties cannot challenge these facts.  This will limit what the 

Commission can review if exceptions are filed. 

5. If exceptions to this Recommended Decision are filed, they shall not exceed 30 

pages in length, unless the Commission for good cause shown permits this limit to be exceeded. 

(S E A L) 
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Doug Dean,  
Director 

THE PUBLIC UTILITIES COMMISSION 
OF THE STATE OF COLORADO 
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________________________________ 
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BEFORE THE WYOMING PUBLIC SERVICE COMMISSION 

 

IN THE MATTER OF THE APPLICATION OF 

ROCKY MOUNTAIN POWER FOR APPROVAL 

OF A GENERAL RATE INCREASE IN ITS 

RETAIL ELECTRIC UTILITY SERVICE RATES 

IN WYOMING OF $36.1 MILLION PER YEAR 

OR 5.3 PERCENT  

) 

) 

) 

) 

) 

) 

Docket No. 20000-446-ER-14 

(Record No. 13816) 

 

 

APPEARANCES 

 

For the Applicant, Rocky Mountain Power (RMP or the Company): 

PAUL J. HICKEY, NANCY VEHR, Hickey & Evans, LLP, Cheyenne, Wyoming, 

DANIEL E. SOLANDER, R. JEFF RICHARDS, Corporate Counsel, Salt Lake City, Utah. 

 

For the Office of Consumer Advocate (OCA): 

IVAN H. WILLIAMS, CHRISTOPHER LEGER, Counsel, Cheyenne, Wyoming. 

 

For the Intervenor, Wyoming Industrial Energy Consumers (WIEC): 

THORVALD A. NELSON, ABBY BRIGGERMAN, Holland & Hart, LLP  

Greenwood Village, Colorado. 

 

For the Intervenor, Sierra Club (Sierra): 

TRAVIS RITCHIE, Counsel, San Francisco, California. 

 

For the Intervenor, Northern Laramie Range Alliance (NLRA): 

CRYSTAL J. McDONOUGH, Counsel, Greeley, Colorado. 

 

HEARD BEFORE 

 

Chairman ALAN B. MINIER 

Deputy Chairman WILLIAM F. RUSSELL 

Commissioner KARA BRIGHTON 

 

JOHN S. BURBRIDGE, Assistant Secretary, 

Presiding pursuant to a Special Order of the Commission. 

 

FINDINGS OF FACT, CONCLUSIONS OF LAW, DECISION AND ORDER  
(Issued December 30, 2014) 

 

 This matter is before the Wyoming Public Service Commission (Commission) upon the 

application of RMP for approval of a general retail electric service rate increase and on the 

interventions of the OCA, WIEC, Sierra and NLRA (collectively, with RMP, the Parties). 

 

 The Commission, having reviewed the application and respective attached exhibits, the 

evidence introduced at the public hearing held on October 13-21, 2014, its files regarding RMP, 
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applicable Wyoming utility law, having heard the arguments of the Parties, and otherwise being 

fully advised in the premises, FINDS and CONCLUDES: 

 

Introduction 

 

1. RMP is a public utility, as defined in Wyo. Stat. § 37-1-101(a)(vi)(C), providing 

retail electric public utility service under certificates of public convenience and necessity issued 

by the Commission.  RMP is subject to the Commission’s jurisdiction pursuant to Wyo. Stat. § 37-

2-112.  RMP is a division of PacifiCorp, an Oregon Corporation, which provides electric service 

to retail customers through its RMP division in Wyoming, Utah, and Idaho, and through its Pacific 

Power division in Oregon, California and Washington.  (Ex. 1, p. 2). 

 2. On March 3, 2013, RMP submitted an application requesting authority to increase 

its retail electric utility service rates by approximately $36.1 million per year, or 5.3 percent.  RMP 

included with its application the prefiled direct testimony of 17 witnesses:  A. Richard Walje, RMP 

President and Chief Executive Officer (Ex. 2); Bruce N. Williams, RMP Vice President and 

Treasurer  (Ex. 3); Samuel C. Hadaway, a principal in FINANCO, Inc., Financial Analysis 

Consultants  (Ex. 4); Steven R. McDougal, RMP Director of Revenue Requirement  (Ex. 5); 

Kelcey A. Brown, RMP Manager of Load Forecasting (Ex. 6); Gregory N. Duvall, RMP Director 

of Net Power Costs  (Ex. 7); Cindy A. Crane, Vice President  Inter-West Mining Company and 

Fuel Resources for PacifiCorp Energy (Ex. 8); Rick T. Link, Director of Commercial and Trading 

for PacifiCorp Energy (Ex. 9); Chad A. Teply, Vice President of Resource Development and 

Construction for PacifiCorp Energy (Ex. 10); Dana M. Ralston, RMP Vice President of Thermal 

Generation  (Ex. 11); Mark R. Tallman, RMP Vice President of Renewable Resources (Ex. 12); 

Natalie L. Hocken, RMP Senior Vice President of Transmission and System Operations (Ex. 13); 

Douglas N. Bennion, RMP Vice President of Engineering Services and Asset Management   (Ex. 

14); Erich D. Wilson, RMP Director of Human Resources  (Ex. 15); Douglas K. Stuver, RMP 

Senior Vice President and Chief Financial Officer  (Ex. 16); and Joelle R. Steward, RMP Director 

of Pricing, Cost of Service and Regulatory Operations.  (Ex. 17).      

 

 3. On March 5, 2014, the Commission issued a Suspension Order suspending the 

application for the purpose of investigation for the initial six-month period provided in subsection 

(c) of Wyo. Stat. § 37-3-106.  (Ex. 101).  

 

 4.  On March 6, 2014, the Commission issued a Notice of Application setting a 

deadline of April 4, 2014, for interested persons to file a statement, intervention petition, protest, 

or request for a public hearing.  A public notice was published in newspapers in RMP’s service 

territory.  (Ex. 102).   

 

 5. On March 5, 2014, WIEC, an unincorporated association comprised of large 

industrial customers, filed a Petition for Leave to Intervene and Request for Hearing.  (Ex. 100). 

  

 6. On March 11, 2014, the OCA, a separate, independent division of the Public 

Service Commission charged with representing the interests of Wyoming citizens and all classes 

of utility customers pursuant to Wyo. Stat. § 37-2-401, filed its Notice of Intervention.  (Ex. 103). 
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 7. On March 25, 2014, the Commission issued a Special Order Authorizing One 

Commissioner and/or Presiding Officer to Conduct Public Hearing.  (Ex. 105). 

 

 8. On April 3, 2014, Sierra, a national, non-profit environmental and conservation 

organization, filed a Petition to Intervene.  (Ex. 106). 

  

 9. On April 4, 2014, NLRA, a citizens’ group with members who are residents of 

Wyoming, filed a Petition for Leave to Intervene.  (Ex. 107). 

 

 10. On April 17, 2014, the Commission issued orders authorizing the interventions of 

Sierra, NLRA and WIEC.  (Exs. 109, 110 and 111). 

 

 11. On April 29, 2014, the Commission issued a Scheduling Order Nunc Pro Tunc 

establishing the procedural schedule and setting a public hearing for October 13, 2014.  (Ex. 114). 

 

 12. A Protective Order was issued by the Commission on May 1, 2014. (Ex. 115). 

Accordingly, WIEC, NLRA and Sierra filed their respective Exhibits A to Protective Order.  

 

 13. On June 16, 2014, RMP filed the Supplemental Direct Testimony of Gregory N. 

Duvall.  (Ex. 7, GND-1S and GND-2S). 

 

 14. Pursuant to the Scheduling Order Nunc Pro Tunc:  the OCA, WIEC, Sierra and 

NLRA filed the direct testimony of their witnesses on July 25, 2014; RMP filed its rebuttal 

testimony on September 5, 2014; the OCA, WIEC and NLRA filed cross answer testimony on 

September 5, 2014; and, RMP, the OCA, WIEC, and Sierra filed sur-rebuttal testimony on 

September 19, 2014.  (Ex. 114). 

 

 15.  On September 15, 2014, the Commission issued a Notice and Order Setting Public 

Hearing for October 13, 2014.  A public notice was published in newspapers in RMP’s service 

territory.  (Ex. 116). 

 

 16. The public hearing was held on October 13-21, 2014, pursuant to the Wyoming 

Administrative Procedure Act, Wyo. Stat. § 16-3-101, et seq. (the WAPA).  Testifying for RMP 

were Walje, Williams, Hadaway, McDougal, Wilson, Ralston, Tallman, Bennion, Hocken, Duvall, 

Stuver, Brian T. Durning, Teply, Brown, Stewart, Steward and McDougal.  Anthony Ornelas, 

Belinda J. Kolb, Bryce J. Freeman and Denise K. Parrish, testified on behalf of the OCA.  Jeremy 

Fisher, Ph.D., testified on behalf of Sierra.  Sally H. Sarvey testified on behalf of NLRA.  Michael 

P. Gorman, Philip Hayet, Bradley G. Mullins, Jeffry Pollock and Kevin C. Higgins, testified on 

behalf of WIEC.     

 

17. On October 13, 2014, the exhibit conference was held and the following exhibits 

were received into evidence: 

 

• RMP’s Exhibit Nos. 1 through 18.  (Tr. Vol. I, p. 7). 

• OCA Exhibit Nos. 200 through 207.  (Tr. Vol. I, p. 9). 

• NLRA Exhibit Nos. 500 and 501.  (Tr. Vol. I, p. 10). 

• Sierra Club Exhibit Nos. 400 through 404 and 406 through 409.  (Tr. Vol. I, p. 11). 
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• WIEC Exhibit Nos. 300 through 310.3.  (Tr. Vol. I, p. 13). 

• PSC Exhibit Nos. 100 through 156 and 158 through 166.  (Tr. Vol. I, p. 19). 

 

18. Over the course of the hearing, the Commission also received the following exhibits 

into evidence: 

  

• PSC Confidential Exhibit Nos. 167 and 168.  (Tr. Vol. II, pp. 262 and 401). 

• PSC Exhibit No. 155, Attachment 14.7.  (Tr. Vol. III, p. 526). 

• WIEC Exhibit No. 313.  (Tr. Vol. V, p. 945). 

• WIEC Exhibit No. 328.  (Tr. Vol. II, p. 373). 

• WIEC Exhibit No. 330.  (Tr. Vol. III, p. 596). 

• WIEC Exhibit No. 332.  (Tr. Vol. VII, p. 1402). 

• RMP Exhibit No. 19.  (Tr. Vol. IV, p. 748). 

 

19. The Commission took administrative notice of two pleadings filed in Docket 

Numbers UE-287 and UM-1689 on August 14, 2014 and Order Number 14-331 entered on 

October 1, 2014, by the Public Utilities Commission of the State of Oregon. (Tr. Vol. VII, pp. 

1266 - 1268). 

 

 20. At the conclusion of the hearing, the Commission requested post-hearing briefs be 

filed by November 14, 2014.  (Tr. Vol. VII, pp. 1509 and 1513).   

 

 21. The Commission held public deliberations on December 10, 2014, pursuant to 

Wyo. Stat. § 16-4-403.  The Commission then directed the preparation of an order consistent with 

its decision. 

 

Summary of Decision 

  

  22. The Commission approved RMP’s application for a rate increase, with adjustments, 

for a revenue requirement of $20,188,227 from $32,365,515, a return on equity of 9.5% from 

10.00%, and a rate of return of 7.412% from 7.669%. 

 

Contentions of the Parties and Resulting Issues 

 

 23. RMP identifies the issues and decision points before the Commission as follows: 

 

(a) Capital Structure 

 

(i)  Should RMP’s Proposed Capital Structure set forth below be approved, to wit: 

 

Component           Percent of Total           % Cost Weighted Average 

Long Term Debt     48.551%      5.20%   2.525% 

Preferred Stock       0.016%      6.75%  0.001% 

Common Equity Stock   51.433%      10.00%   5.143% 

   100.000%        7.669% 
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(b) Return on Equity 

 

  (i) Should RMP’s proposed Return on Equity of 10.00% be approved? 

 

 (c)  Revenue Requirement 

 

(i) Should RMP’s revised revenue requirement of $32,365,515 be approved? 

 

(ii) Should O&M escalation factors provided by IHS-Global Insights be 

included in the test year expense?  Should a productivity offset be established? 

 

(iii) Should the pre-paid pension asset be included in rate base?  Should any 

adjustment be made to assist ratepayers in transitioning to the inclusion of this asset 

in rate base? 

 

(iv) Should any legal expenses be removed from this category of expense? 

 

(v) Should RMP labor expense be reduced because of open positions, for which 

applications are currently being sought are not currently staffed? 

 

(vi) Has RMP reasonably estimated the overhaul expenses for Lake Side 2 and 

Carbon Plant? 

 

(vii) Should the Company be allowed a one-time recovery of the Carbon Plant 

labor and non-labor O&M expense required to operate the Carbon Plant until the 

April 2015 retirement? 

 

(viii) Should RMP be allowed to include in rate base and recover the Allowance 

for Funds Used During Construction (AFUDC) costs associated with the Blundell 

Well Installation and Well Integration Project? 

 

(ix) Should the Commission approve the Company’s unchallenged investment 

in Lake Side 2, the Wyoming share of which is $105 million? 

 

(x) Should the Commission approve the Company’s unchallenged investment 

in the Mona-to-Oquirrh and Sigurd-to-Red Butte transmission resources? The 

respective Wyoming allocated shares of these investments are $59.0 million and 

$58.1 million, respectively. 

 

(xi) Should the Commission approve the Company’s unchallenged investment 

in the Carbon Plant Replacement Project and the Standpipe Substation Project? The 

respective Wyoming allocated shares of these investments are $7.4 million and $4.3 

million. 

 

(xii) Should the Commission approve the unchallenged non-main grid 

transmission investments and distribution investments which were included in this 
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case? The Wyoming allocated share of these investments is approximately $32.1 

million and $50.1 million, respectively. 

 

(xiii) Should the Commission approve the unchallenged expense of the Merwin 

fish collector project, the Wyoming allocated share of which is $9.4 million? 

 

(xiv) Should the Commission approve the unchallenged expense of the Hunter 

Unit I environmental compliance project, the Wyoming allocated share of which is 

$13.9 million? 

  

(xv) Should the Commission approve RMP’s investment in Hayden Unit 1 

environmental compliance project? 

 

(d) Net Power Costs 

 

(i) Should the Commission approve RMP’s Net Power Costs (NPC) of $1.485 

billion company wide and $256.2 million on a Wyoming allocated basis? 

 

(ii) Should the Commission approve RMP’s proposal to off-set Energy 

Imbalance Market (EIM) costs with an equal amount of assumed benefits allowing 

all additional benefits, above that amount to flow to customers through the ECAM 

at 70%? 

 

(iii) In the event that EIM benefits are not set in this case at WIEC’s suggested 

level, should any market caps currently in GRID be removed? 

 

(iv) Should two swap gas contracts with J. Aron & Company be removed from 

NPC on the theory that Goldman Sachs is an “Affiliate” of RMP’s parent 

Company? 

 

(v) Should the Commission approve the wind and load integration charges 

within NPC? 

 

(vi) Should the Commission set new criteria for inclusion of QFs in NPC in this 

GRC docket? 

 

(vii) Should the Commission adopt WIEC’s proposed heat rate/minimum 

capacity adjustment? 

 

(viii) Should the Commission remove 3 outages from the averaging of historical 

outages in setting base NPC, because they were longer than other outages? 

 

(ix) Should the Commission include gas start-up energy in NPC? 

 

(x) Should the Commission remove costs related to non-owned wind 

integration, even though the case includes revenue from a FERC-approved tariff? 
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(xi) Should the Commission adjust the short-term non-firm transmission 

modeled in GRID? 

 

(xii) Should the Commission adjust the modeling assumptions in GRID for 

either, or both, of the Black Hills Power or UMPA II Contracts? 

 

(xiii) Should the Commission approve the agreed upon adjustment to GRID, 

which assumes Naughton Unit 3 will continue to operate as coal facility throughout 

the test period? 

 

 (e) Cost of Service/Rate Spread 

 

(i) Should the Commission approve RMP’s revised class cost of service study 

using the classification and allocation methodologies adopted for prior cases? 

 

(ii) Should the Commission approve RMP’s proposed rate spread and rate 

design, which continue to collect between 99 and 101 percent of class target 

revenues from the cost of service study? 

 

(iii) Should the Commission increase the residential basic service charge from 

$20.00 to $22.00 in order to better reflect cost of service? 

 

(f) Tariff Changes 

  

 (i) Should the Commission approve RMP’s proposed changes to Rule 12 of its 

tariff dealing with line extensions? 

 

(ii) Should the Commission approve the unchallenged “housekeeping” changes 

proposed by RMP to Rule 7, metering and Rule 10, disconnection of service. 

 

(iii) Should the Commission approve the unchallenged changes to schedule 300, 

reflecting prices associated with Rules 7, 10, and 12. 

 

 24. WEIC identifies the issues and decision points before the Commission as follows: 

 

(a) Has Rocky Mountain Power established that the uncontested issues in its 

Application are just and reasonable? 

 

(b) Is 9.3% the appropriate return on equity for Rocky Mountain Power, instead of the 

Company’s unreasonable request for 10%? 

 

(c)  Is 48.89% debt and 51.11% equity the appropriate capital structure for Rocky 

Mountain Power? 

 

(d) Should Rocky Mountain Power’s capital structure be based on the end of test year 

period to capture known and measurable changes that will occur before the rate effective 

period, instead of the five-quarter average that diminishes the effect of those changes? 
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(e) Is $2,146,335 the appropriate revenue requirement increase for Rocky Mountain 

Power, instead of the Company’s request for a $36,076,026 increase? 

 

(i) With respect to non-net power cost adjustments: 

 

(A) Should the revenue requirement exclude the inflation escalator 

applied by RMP to its test period non-labor O&M expense, because the 

inflation escalator is not a known and measurable expense? 

 

(B) Should the revenue requirement be adjusted downward to reflect a 

reduction to forecasted Lake Side Unit 2 overhaul expenses for the July 

2014 to June 2018 period to account for RMP’s past tendency to 

overestimate forecasted overhaul expenses? 

 

(C) Should the revenue requirement for generation overhaul expense be 

adjusted downward to remove historical overhaul expenses associated with 

the Carbon Plant? 

 

(D) Should the revenue requirement be adjusted downward to account 

for certain legal expenses, including those associated with legal disputes (1) 

regarding RMP’s imprudent or unreasonable behavior, (2) regarding 

shareholder interests only, and (3) involving extraordinary events and 

therefore unlikely to recur? 

 

(E) Should the revenue requirement be adjusted downward to account 

for the reduction of full-time equivalent employees at the Carbon Plant and 

elsewhere in the Company since the 2013 base period? 

 

(F) Should non-labor O&M expenditures projected for the retiring 

Carbon Plant be removed from base rates and recovered through an 

alternative mechanism? 

 

(G) Should wage and benefits expenses projected for the retiring Carbon 

Plant be removed from base rates and recovered through an alternative 

mechanism? 

 

(H) Should the revenue requirement include an unreasonable return on 

RMP’s prepaid pension asset? And if the Commission allows RMP a return 

on the prepaid pension asset in its revenue requirement, then: 

 

(I) Should the pretax rate of return on the prepaid pension asset 

be capped at the long-term return on the pension assets used in 

calculating RMP’s pension expense? 

 

(II) Should the rate of return be limited to changes in the amount 

of the prepaid pension asset on a going-forward basis? 
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(III) Should the Commission recognize the full net present value 

of $9.5 million (using the Company’s weighted average cost of 

capital rather than the consumer price index as the discount rate) of 

the Company’s historic practice to ignore prepaid pension liabilities 

that would have benefited customers in rates? 

 

(I) Should the revenue requirement be reduced to reflect the WIEC 

proposed adjustments that were accepted by RMP? 

 

(J) Should the revenue requirement exclude costs associated with 

Hayden Unit 1’s selective catalytic reduction (“SCR”) controls?  (WIEC 

did not raise this issue in this proceeding and does not address the issue in 

its Brief; however it was raised by the Sierra Club and is a decision point 

for the Commission.) 

 

(ii) With respect to net power cost adjustments: 

 

(A) Should RMP’s proposed net power costs be reduced to account for 

known and measurable benefits from RMP’s participation in the Energy 

Imbalance Market?  If yes: 

 

(I) Should the adjustment to account for benefits from the 

Energy Imbalance Market include $1.3 million for interregional 

dispatch benefits? 

 

(II) Should the adjustment to account for benefits from the 

Energy Imbalance Market include $2.0 million for intraregional 

dispatch benefits?  

 

(III) Should the adjustment to account for benefits from the 

Energy Imbalance Market include $0.5 million for flexibility 

reserve benefits? 

 

(IV) Should the adjustment to account for benefits from the 

Energy Imbalance Market include $0.6 million for within hour 

dispatch benefits? 

 

(V) If not, should certain unrealistic, unjust, and unreasonable 

market caps in the GRID model be removed? 

 

(B) Should RMP’s proposed net power costs be reduced to account for 

costs associated with two gas swap contracts entered into with the 

Company’s affiliate, a subsidiary of Goldman Sachs? In the alternative, 

should RMP’s proposed net power costs be reduced to reflect the fact that 

these two gas swaps were imprudent? 
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(C) Should RMP’s proposed net power costs be reduced to account for 

the removal of a system balancing inter-hour wind integration charge to 

avoid double-counting of the cost of inter-hour wind integration in the 

calculation of net power costs? 

 

(D) Should RMP’s proposed net power costs be reduced to account for 

the removal of a new, inter-hour load integration charge because these costs 

are already reflected in the hourly system balancing calculated by the GRID 

model? 

 

(E) Should RMP’s proposed net power costs be reduced to account for 

the removal of Qualifying Facilities that have not started construction of 

their projects and are unlikely to achieve commercial operation during the 

test period?  Should the Commission establish an objective standard or 

policy to evaluate whether Qualifying Facilities will be used and useful 

during the test period and should therefore be included in net power costs? 

 

(F) Should RMP’s proposed net power costs be reduced to account for 

the impact of removing extended forced outages at the Colstrip 4, Lake Side 

1, and Gadsby 4 plants as inputs for modeling forced outage rates because 

these outages were outliers and are unlikely to recur? 

 

(G) Should RMP’s proposed net power costs be reduced to account for 

forced outage rate modeling flaws (use of the deration approach) that result 

in excessive fuel costs because GRID is restricted from using more efficient 

heat rates? 

 

(H) Should RMP’s proposed net power costs be reduced to account for 

the benefit of energy produced during start-up, since the Company 

incorporates a charge for the fuel used during start-up? 

 

(I) Should RMP’s proposed net power costs be reduced to account for 

the GRID model’s assumption that Black Hills Power will take power 

primarily in the highest cost hours possible? 

 

(J) Should RMP’s proposed net power costs be reduced to account for 

the GRID model’s assumption that UMPA II sales were made primarily in 

the high load hours? 

 

(K) Should RMP’s proposed net power costs be reduced by changing 

the modeling of short term non-firm transmission in GRID using 

transmission rates input on a dollar per megawatt hour basis, instead of input 

on a fixed cost basis? 

 

(L) Should RMP’s proposed net power costs be reduced to avoid retail 

customers from subsidizing non-owned wind generators due to the 
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intrahour integration costs (fuel and purchase power) that the Company 

incurs in providing ancillary services to the generators? 

 

(M) Should the Commission order RMP to perform a final GRID run to 

include all of the Commission-approved adjustments to net power costs, and 

require RMP to account for any impact caused by combining adjustments 

and removing adjustments that overlap? 

 

(f) Cost Allocation and Rate Design 

 

(i) Should production/transmission plant-related costs be classified 100% as 

demand related, with the six coincident peak method used to allocate these costs to 

Wyoming retail customer classes, based on the principle of allocating costs based 

on causation? 

 

(ii) Should energy-related costs be allocated to retail customer classes in a 

manner that recognizes seasonal and time of day cost differentials, based on the 

principle of allocating costs based on causation? 

 

(iii) Should the Commission reject RMP’s use of aggregated loss factors and 

instead use loss factors further disaggregated by delivery voltage?  Should the 

Commission order RMP to prepare a new loss study for its next rate case for 

purposes of both inter- and intra-state cost allocation? 

 

(iv) Should the Commission require industrial customers to pay for the 

residential ratepayers’ rate increase proposed by RMP, contrary to the principle of 

allocating costs based on causation? 

 

(v) Should the Commission reject the proposed $2 increase to residential 

ratepayers’ basic charge?  (WIEC did not raise this issue in this proceeding and 

does not address the issue in its Brief; however it was raised by various parties and 

is a decision point for the Commission.) 

 

(g) Rule 12 

 

(i) Should RMP have sole discretion to determine the amount of an Extension 

Allowance? 

 

(ii) Should the Commission require RMP to notify new/expanding customers 

about the cost of a required line extension within a reasonable period of time after 

the customer has provided RMP with all of the necessary information? 

 

(iii) Should the Commission reduce the Extension Allowance from 1.0 times 

annual electric revenues to 0.8 times annual electric revenues? 

 

(iv) Should the Commission accept RMP’s proposal to expand the definition of 

Network Upgrade to include certain transmission facilities? 
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(v) Should the Commission preclude RMP from interconnecting new 

customers to facilities if it would cause a decline in service quality to the initial 

customer of a line extension, or result in a stranded investment? 

 

(vi) Should the Commission permit RMP to limit refunds associated with line 

extension to five years? 

 

(vii) Should the Commission permit customers to fund a line extension through 

the customer’s choice of either a contribution-in-aid-of-construction or through the 

payment of a Facilities Charge? 

 

(viii) Should the Commission prohibit Extension Allowances for so-called 

“speculative loads” and require such loads to pay, up front, both the customer and 

Company portion of any Network Upgrade? 

 

 25. NLRA’s issues and decision points are as follows: 

 

(a)  Should the Commission deny the Company’s request to raise the residential-class 

base charge from $20 to $22? 

 

(b) Should the Commission ensure that residential ratepayers are not subsidizing 

industrial consumers’ increased energy use? 

 

(c) Should the Commission adjust downward the Company’s proposed rate increase, 

removing wind integration costs and excess payments (above current avoided cost) for non-

firm QF energy from the NPC? 

 

(d) Should the Commission adopt a policy wherein the Commission reviews each QF 

contract on a case-by-case basis for compliance with PURPA and state law so that eash QF 

PPA may be appropriately included in future NPC’s for ratemaking purposes? 

 

26. Sierra Club identifies the issues and decision points before the Commission as 

follows: 

 

(a) Whether Rocky Mountain Power’s construction and installation of Selective 

Catalytic Reduction (“SCR”) controls at the Hayden coal plant unit 1 in Colorado is 

prudent.  

 

(b) Whether to remove from rate base the capital costs of the Hayden 1 SCR, which is 

a net rate base adjustment of $395,297 for Wyoming’s allocated share of rate base.   

   

(c) Whether to reduce Rocky Mountain Power’s requested revenue requirement by 

$23,358 to remove the Wyoming allocated share of costs associated with the Hayden 1 

SCR.   
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27. OCA identifies the issues and decision points before the Commission as follows: 

 

            ISSUE  OCA RECOMMENDED DECISION  

1 Return On Equity  9.35%  

2 Capital Structure  Accept Company Filed Case Embedded With 

Updates And Pro-Forma Adjustments  

3 WACC  7.3346%  

4 Hunter 1  Accept Company Filed Case  

5 Hayden 1  Accept Company Filed Case  

6 Total NPC  $249,675,289  

7 EIM Adjustment To NPC  $31.995 Million (Total Company) $4.969 

Million (Wyoming Allocated)  

8 NPC Adjustment Naughton Unit 3  $2.275 Million - RMP Accepted OCA Position 

In Rebuttal  

9 Mona-Oquirrh  Accept Company Filed Case  

10 Sigurd- Red Butte  Accept Company Filed Case  

11 Carbon Decommissioning 

Investments  

Accept Company Filed Case  

12 Standpipe Substation  Accept Company Filed Case  

13 Rule 12 – General Service Line 

Extension Allowance  

Adopt .8x Ear To Bring Rate To Cost Of 

Service  

14 Rule 12 - Transmission And 

Substation Network Upgrade Voltage 

Thresholds  

Adopt 115Kv To Align Rule With BES NERC 

Definition  

15 Facilities Charges  Change To Actual Parameters Of This Rate 

Case As Ultimately Approved By The 

Commission  

16 NV Energy Impact On Corporate 

Allocations  

RMP Accepted OCA Position In Rebuttal  

17 Prepaid Pension Assets  Use 5 Year Average To Bring Item In To Rate 

Base - $500,000  

18 Global Insight Escalators  Eliminate Global Insight Escalators And 

Replace With Known Cost Increases  

19 Blundell AFUDC  Remove Blundell AFUDC In Light Of 

Construction Delay Rationale - $65,000  

20 Cost Of Service  Keep CCOS At 12 CP (75%Demand/25% 

Energy) – Consistent With MSP  

21 Revenue Requirement  $13.2 Million Overall  

22 Lakeside 2  Accept Company Filed Case  

23 Rate Design  Recalculate 99-101% If Change In CCOS; 

Additional Notice to Customers Switched 

Between Classes  

24 Residential Customer Charge  Keep At $20  

 

 28. For purposes of this findings of fact, conclusions of law and order, we will follow 

the Company’s outline of  issues and decision points set forth in paragraph 23 above,  as they 
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adequately present  the pertinent components of this case which require consideration relevant to 

our final decision.   

 

Findings of Fact 

 

CAPITAL STRUCTURE 

 

29. In determining capital structure, RMP uses a five quarter average methodology.  

RMP’s proposed capital structure is the amount of debt and equity the Company uses to finance 

the business on a consolidated basis in each of its state regulatory proceedings.  (Tr. Vol. I, pp. 

111-112).  The Company requested an overall cost of capital of 7.669 percent, which is a reduction 

of five basis points (0.05 percent) from its original proposal.  (Ex. 3, Williams Rebuttal, p. 3, Table 

1).  RMP claims its request is reasonable and reduces its revenue requirement by approximately 

$1.2 million from the capital structure proposed originally.  (Ex. 3, Williams Rebuttal, p. 3). 

 

30. The Company calculated the cost of capital based on the actual capital structure by 

averaging five quarterly projections of total company earnings, dividends, and financing activities 

beginning with actual June 30, 2014, results projected through June 30, 2015.  (Ex. 3, Williams 

Dir., p. 12).  RMP states this method provides the best view of its capital structure over a future 

period of time.  (Tr. Vol. I, p. 91).   

 

31. The Company explained that its proposed structure will allow the Company to 

maintain its credit rating and finance debt at the lowest possible cost.  (Tr. Vol. I, pp. 102-103 and 

114-115; Ex. 2, Walje Dir., p. 5; and Ex. 3, Williams Dir., p. 3).  RMP stated that due, in part, to 

maintenance of the Company’s strong credit ratings, it has reduced the cost of debt by about 1% 

since 2010, or a 70 basis point reduction, saving Wyoming customers more than $7 million 

annually.  (Tr. Vol. I, p. 92 and Ex. 3, Williams Dir., pp. 3 and 7).   

 

32. WIEC recommends a common equity component of 51.09 percent which produces 

an overall weighted average cost of capital of 7.30 percent.  (Tr. Vol. VI, p. 1059; Exs. 307, p. 7, 

and 307.2).  WIEC did not propose any changes to the Company’s proposed 5.20 percent cost of 

long term debt or 6.75 percent cost of preferred stock.  (Exs. 3, Williams Rebuttal, p. 3, Table 1 

and 307.2).   

 

33. The OCA argues that the use of the Company’s embedded capital structure, as 

updated with pro-forma adjustments, is appropriate for use in this proceeding.  The OCA believes 

that it is “reasonable and fair both to the Company and its customers.”  (Ex. 201, p. 454).  As stated 

in OCA’s direct case, this capital structure consists of 48.556% debt, 0.016% preferred stock, and 

51.428% common equity.  (Ex. 201, p. 45).  While this information was initially filed on a 

confidential basis, RMP stated during the hearing that these numbers are, in fact, not confidential.  

(Tr. Vol. I, pp. 95-96). 

 

34. In rebuttal, the Company provided an updated capital structure consisting of 

48.551% debt, 0.016 % preferred stock, and 51.433% common equity.  (Ex. 3, Williams Rebuttal, 

p. 3).   
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35. As stated by the OCA:  

 

The importance of the overall capital structure in setting rates for regulated utilities 

cannot be overstated. The object of determining the WACC for a regulated utility 

is to minimize the total cost of capital financing while at the same time preserving 

the utility’s ability to attract and maintain capital.  (Ex. 201, p. 43).   

 

36. Based upon the Company’s updated embedded capital structure and the OCA’s 

recommended return on equity, the OCA recommended an overall weighted average cost of capital 

of 7.3345%.  (Tr. Vol. IV, p. 886). 

 

RETURN ON EQUITY 

 

37. RMP requests a ROE of 10.0% which it claims is reasonable and appropriate for 

the following reasons: [i] the technical cost of capital models, which produce lower estimates of 

ROE, do not  reflect the changing and improved economic conditions that currently exist; [2] 

today’s interest rate environment has changed since the Commission approved its existing 9.8% 

ROE in mid-2012, noting that  interest rates are almost 50 basis points higher than they were during 

2012; and [iii] its proposal is consistent with the Commission’s recent ROE approvals of 9.9% for 

Cheyenne Light Fuel & Power and Black Hills Power Company.  The Company states its requested 

ROE is consistent with, and virtually identical to, allowed returns for vertically integrated electric 

utilities from around the country.  (Tr. Vol. I, pp. 120-124). 

 

38. WIEC contends the Company’s proposed ROE of 10% is unjust and unreasonable 

and should be reduced to 9.30%.  (Tr. Vol. VI, pp. 1069 and 1072; Ex. 307.2). 

 

39. WIEC used five models to estimate the Company’s cost of common equity: [i] a 

constant growth discounted cash flow (DCF) model using consensus analysts’ growth rate 

projections; [ii] a constant growth DCF using sustainable growth rate estimates; [iii] a multi-stage 

growth DCF model; [iv] a Risk Premium model; and [v] a Capital Asset Pricing Model (CAPM).  

(Ex. 301, p 12).  These models produced results ranging from 9.00% to 9.6%.  (Id. at 38, Table 

MPG-4).  WIEC’s recommended ROE of 9.3% is the midpoint of the model output ranges and 

represents current market capital costs, increased interest rate risk in the current market due to 

Federal Reserve policies, and other factors.  WIEC contends its recommended ROE supports 

RMP’s ability to maintain its financial integrity, attract capital under reasonable terms, and 

represents fair compensation to RMP’s investors for the total investment risk of its regulated utility 

activities.  (Id. at 38). 

 

40. The OCA recommends a cost of equity of 9.35%.  (Ex. 201, p. 41).  Based upon 

considerations of market risk dynamics, business risk, comparable companies, constant and non-

constant growth discounted cash flow modeling, and capital asset price modeling, the OCA derived 

an initial range of reasonableness between 6.82% and 10.04%.  (Id. at 39).  Further OCA analysis 

resulted in a preferred range of reasonableness between 9.04% and 10.04%.  (Id. at 41). 

 

41. Bryce Freeman described the process the OCA used to derive its 9.35% 

recommendation as follows: 
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In the final analysis, I have relied more heavily on the traditional indicators, the 

constant grown DCF model and the long term CAPM. I am cognizant of the fact 

that popular opinion seems to support rising interest rates and I have considered 

that possibility in my analysis. However, I believe it is equally likely, based on the 

fact that interest rates have declined rather than increased recently, that interest rates 

will not increase from their present levels. For this reason, I have weighted the 

historic CAPM estimate and the projected CAPM estimate equally in my final 

determination.  (Id.). 

 

42. Mr. Freeman contends the OCA’s recommended return will “balance the interests 

of customers in just and reasonable rates and the interest of the utility in supporting its ability to 

attract and maintain capital.”  (Id.). 

 

43. The following Table summarized the Parties positions:  

 

 RMP Direct RMP Rebuttal OCA WIEC 

DCF - indicated range 9.1% - 9.6% 9.2% - 9.4% 9.19%   

  Constant Growth (Analysts' 

Growth) 
9.1% - 9.2% 9.3% - 9.4% 

  9.10% 

  Constant Growth (GDP Growth) 9.5% - 9.6% 9.20%   9.10% 

  Multistage Growth Model 9.4% - 9.5% 9.20%   8.63% 

CAPM 
10.3% - 11.3%     

9.14% - 

9.73% 

Historical     9.04%   

Projected     10.40%   

Risk Premium       

9.2% - 

9.95% 

Forecast Risk Premium  10.1% 9.65%     

Current Risk Premium 9.9% 9.59%     

Recommendation 10.00% 10.00% 9.35% 9.30% 

 

REVENUE REQUIREMENT 

 

44. RMP proposes an adjusted revenue requirement increase of $32,365,515.  (Tr. Vol. 

I, p. 139; Ex. 5, p. 1; see also RMP Post Hearing Brief, p. 28).  WIEC proposes adjustments 

resulting in a total revenue increase of $2,146,335.  (Tr. Vol. VII, p. 1375; Ex. 306 (Corrected)).  

OCA proposes adjustments resulting in a revenue increase of $13,200,000.  (Tr. Vol. V, p. 963).   

 

45. The Company uses historical accounting data as the basis to forecast costs for the 

test period.  (Ex. 5, McDougal Dir., p. 6).  From this starting point, the Company calculated its 

requested increase using a 12-month test period ending June 30, 2015, and the 2010 protocol inter-

jurisdictional allocation methodology previously approved by the Commission.  (Tr. Vol. I, pp. 

139-140).  The Company’s earnings reports, filed with the Commission every six months, 

demonstrate that the Company is not overearning.  This means that the Company has not forecasted 

costs in such a way as to make excess profit.  (Id. at 192). 
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46. WIEC recommended a revenue requirement increase of $2,146,335, plus an 

additional $1.6 million recovery of non-recurring costs related to the Carbon Plant closure.   (Tr. 

Vol. VII, p. 1375 and Ex. 306 (Corrected)).  WIEC does not object to the Company’s approach for 

the removal of the Carbon expense.  (Id. at 1376).  WIEC objects to the Company’s request with 

respect to the inflation escalator, overhaul expenses for the Lake Side and Carbon Plants, legal 

expenses, number of employees used to determine the wage and benefit expenses, and treatment 

of the prepaid pension asset.  (Id. at 1377). 

 

47. The OCA supports a total rate increase of approximately $13.2 million.  (Tr. Vol. 

V, p. 963).  The OCA proposed four adjustments.  The first adjustment was to incorporate 

allocations for charges associated with the acquisition of Nevada Energy, Inc. by Berkshire 

Hathaway Energy.  The Company agreed to this adjustment.  (Ex. 5, McDougal Rebuttal, p. 6).  

Other proposed adjustments were to the prepaid pension asset, inflation escalation factors, and 

AFUDC associated with the Blundell well integration project. 

 

Should O&M escalation factors provided by IHS-Global Insights be included in the test year 

expense?  If so, should a productivity offset be established? 

 

48. The Company included an inflation escalator from IHS/Global Insights to convert 

historic dollars to test period dollars.1  WIEC proposed removing the escalator for an adjustment 

of $795,616.  (Ex. 306, p. 8).  OCA proposed removal of the escalator and allowance for individual 

item increases for an overall adjustment of $900,000. (Tr. Vol. 5, p. 971).  Sierra Club and NLRA 

did not take a position on this issue. 

 

49. According to RMP, inflation should not be ignored when trying to forecast costs.  

(Tr. Vol. I, p. 141; Tr. Vol. VII, p. 1408).  Therefore, the Company included an inflation escalator 

that converts historic June 2013 dollars to the test period June 2015 dollars.  However, this does 

not align with the rate effective period which will produce some lag in the rates.  (Tr. Vol. I, pp. 

141-142). 

 

50. WIEC’s position is that the inflation escalator for non-labor O&M expenses 

proposed by RMP should be removed from the Company’s test period over concerns that it will 

make inflation “a self-fulfilling prophecy.”  (Tr. Vol. VII, p. 1378).  WIEC also explained the 

inflation escalators provide RMP with “an unnecessary cost cushion in rates that unduly increases 

electricity prices to customers.”  (Ex. 300, pp. 4 and 15).     

 

51. The OCA proposes removing the Global Insights escalators because the inflation 

factors do not track with available historic data and are not statistically supportable for purposes 

of estimating future costs.  (Tr. Vol. V, p. 970).  The OCA mitigated the impact of this removal by 

adding back increases that have been independently justified.  (Tr. Vol. V, p. 971).  The net effect 

is an overall total decrease of approximately $900,000 in the revenue requirement.  (Id.). 

 

                                                 
1 IHS was formerly known as Global Insights. It is a company that forecasts, among other things, 

a national utility inflation rate.  (Tr. Vol. I, pp. 173-174 and 243-244; Tr. Vol. III, pp. 638-641 and 

649-651). 
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Should the prepaid pension asset be included in rate base?  Should any adjustment be made 

to assist ratepayers in transitioning to the inclusion of this asset in rate base? 

 

52. The prepaid pension asset represents the Company’s contributions to its pension 

and postretirement welfare plans in excess of what is expensed to that time.  (Ex. 16, Stuver Dir., 

p. 2).  The Company’s revenue requirement reflects a $162 million net on a Company level and 

$23.7 million on a Wyoming-allocated basis addition to rate base.  (Tr. Vol. VII, p. 1491; Ex. 16, 

Stuver Dir., p. 3). 

 

53. RMP seeks rate base treatment of its prepaid pension asset because it finances the 

asset with a combination of debt and equity financing.  (Tr. Vol. II, p. 441).  The Company did not 

include this rate base item in prior cases.  It has therefore not been able to recover its financing 

costs on this asset.  (Tr. Vol. II, p. 429).  The Company proposes adding the prepaid pension asset 

into rate base in order to collect its authorized rate of return on it.  (Tr. Vol. II, pp. 430 and 432). 

 

54. RMP’s prepaid pension contributions come from cash on hand, short-term debt, or 

on a long-term basis through the Company’s capital structure.  (Tr. Vol. I, pp.  107-108).  The 

contributions go into a pension trust dedicated solely to funding retiree pension benefits in the 

future.  (Tr. Vol. II, p. 431).  Although the Company incurs a cash cost to fund the contributions, 

under ERISA it has no ability to use those funds for other purposes.  (Tr. Vol. I, pp. 108-109 and 

117-118).  ERISA sets minimum contribution requirements and the IRS sets maximum tax 

deductible contribution levels.  (Tr. Vol. II, p. 444).  However, the trust investment returns and its 

growth reduce the pension expense (company contribution requirements) and thereby also reduce 

expenses to customers.  (Tr. Vol. II, pp. 443-444). 

 

55. RMP’s original request was $2.6 million, but was reduced to $2.564 million in the 

Company’s rebuttal case.  (Tr. Vol. III, p. 513 and Tr. Vol. VII, p. 1491).  However, the Company 

stated during the hearing that it is agreeable to an adjustment of $300,000 or the OCA’s proposed 

$570,000 adjustment.  (Tr. Vol. III, pp. 513-514, 517-518 and 526-527; Tr. VII, p. 1493 and Ex. 

16, DKS-1R).  As an alternative to including an adjustment of $300,000 or $570,000 to the 

Company's proposed revenue requirement in this case, RMP suggested during the hearing it could 

also be handled as a one-time surcredit.  (Tr. Vol. III, pp. 521-522). 

 

56. The Company offered a one-time reduction of approximately $300,000.  (Tr. Vol. 

VII, p. 1493).  WIEC recommended disallowance of the asset entirely.  (Tr. Vol. VII, p. 1385).  At 

the hearing, WIEC recalculated the adjustment using the RMP methodology and RMP rate of 

return over that time period to arrive at an adjustment of approximately $9.5 million to the value 

of the asset.  (Ex. 332).  Ultimately, the Company stated that OCA’s proposed adjustment is an 

“equitable alternative” to the Company’s calculated $300,000 adjustment, and that the Company 

would be willing to accept it.  (Tr. Vol. VII, p. 1493). 

 

Should any legal expenses be removed from this category of expense? 

 

57. Legal expenses are part of RMP’s standard operating costs. The Company does not 

attempt to recover dollar-for-dollar on its legal expenses for specific cases, but instead, attempts 

to set a normal level of legal expenses on a going forward basis.  The Company’s legal expenses 
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in the test period are comparable to the legal expenses incurred by the Company in previous years.  

(Tr. Vol. I, pp. 142-143; Ex. 5, McDougal Rebuttal, p. 31, Table 6). 

 

58. WIEC challenges the legal expenses for three specific cases: USA Power, Deseret 

Power and Wood Hollow.  WIEC views that, because the interests at stake in the USA Power and 

Deseret Power cases are solely related to shareholder interests, the legal expenses should be 

removed from the revenue requirement.  WIEC also contends the expenses associated with Wood 

Hollow should be removed as an abnormal business cost that is unlikely to recur.  (Tr. Vol. VII, 

p. 1382-1383).  WIEC’s adjustment would reduce the Company’s revenue requirement by 

$712,000.  (Id.). 

 

Should RMP labor expense be reduced because of open positions? 

 

59. The Company has over 1,380 employees in the state of Wyoming and is actively 

recruiting 175 additional employees for its Wyoming operations.   (Tr. Vol. II, pp. 278-279).  These 

employees are necessary for the Company to provide and maintain adequate facilities and deliver 

adequate service to its Wyoming customers.  (Ex. 15, Wilson Rebuttal, Table, p. 3). 

 

60. RMP calculated its wage and benefit requirements based on the average number of 

employees during the base period ending June 2013.  WIEC proposes that wage and benefits 

should be calculated based on the actual employee count in April 2014.  (Tr. Vol. VII, p. 1384).  

Under WIEC’s approach, the Company’s workforce levels should be reduced by 119 employees 

with a corresponding reduction of $1.7 million in labor expenses.  (Id. at 1384-1385). 

 

Has RMP reasonably estimated overhaul expenses for Lake Side 2 and the Carbon Plant? 

 

61. Because Lake Side 2 is a new plant and does not have four years of historical 

overhaul expense, the Company estimated the annual overhaul expense for the plant using four 

years of projected annual costs for the period July 2014 through June 2018.  The Company is 

seeking recovery of $1.0 million for the four-year average of Lake Side 2. (Ex. 11, Ralston 

Rebuttal, pp. 1-2). 

 

62. The Company included the Carbon plant in the four-year average because it is still 

operating and will be in service during most of the test period in this case.  (Tr. Vol. I, p. 195).  

However, the Company scaled back the four-year average by 25 percent to account for the plant's 

scheduled April 2015 retirement.  (Id. at 231-232 and 248-249).  The Company also incurred a 

$2.7 million overhaul expense in 2013 that has not been included in any prior rate case.  Therefore, 

RMP contends this expense should be included in order to provide the Company with the revenue 

it needs to maintain its plants and perform future work.  (Id. at 142). 

 

63. WIEC proposed removing 100 percent of the Carbon Plant overhaul from the four-

year average because the plant will be retired before the end of the test period.  (Tr. Vol. VII, pp. 

1381-1382). WIEC maintains that the Company overstated its forecasted expense and proposes an 

adjustment of $43,457 on a Wyoming basis.   

 

Should the Company be allowed a one-time recovery of the Carbon Plant labor and non-

labor O&M expense required to operate the Carbon Plant until the April 2015 retirement? 
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64. WIEC proposed that the costs be recovered only for the first year of the rate 

effective period through a rider that expires in 12 months or is amortized as part of a regulatory 

asset.  As an alternative, RMP proposed to record the amount in rates resulting from Carbon O&M 

expense as an offset in Carbon Removal Cost regulatory asset each month beginning in January 

2016.  (Ex. 306, p. 2).  During the hearing, Higgins testified that WIEC does not object to the 

Company’s alternative proposal.  (Tr. Vol. VII, pp. 1414-1415). 

 

Should RMP be allowed to include in rate base and recover the Allowance for Funds Used 

During Construction (AFUDC) costs associated with the Blundell Well Installation and Well 

Integration Project? 

 

65. RMP explained that, during the time period where OCA claims there was limited 

activity on the Blundell Well Installation and Well Integration Project (2009-2013), project 

development and implementation activities continued, including owner’s engineering services, 

technical specification development, procurement of ancillary equipment, installation of tie-in 

isolation points, and procurement of long-lead primary equipment and components.  (Ex. 10, Teply 

Rebuttal, p. 6). 

 

66. The Company also explained that the Blundell project schedule reflected the 

realities of coordinating development activities, permitting timelines, existing facility outage 

schedules, and the procurement and construction schedule while also managing the Company's 

interface with the Bureau of Land Management.  (Tr. Vol. III, pp. 545-546).  The Company 

demonstrated that the implementation schedule associated with the Blundell Project was prudently 

managed through its planning process and steps taken to mitigate risk.  (Ex. 10, Teply Rebuttal, 

pp. 6-7).  The Company also demonstrated that the 2014 well integration tie-in is in the best 

interests of customers through a PVRR(d) cost comparison analysis.  (Id. at 7). 

 

67. The OCA argues that ratepayers should not be required to pay costs related to 

capitalized financing that accrues when a project is not being actively worked on or constructed.  

(Ex. 202, pp. 22-23).  OCA does not address the fact that the Company continued development 

and implementation activities on the project during the time in question, and that, therefore, the 

project was being actively worked on.  Further, FERC includes permitting, and activities prior to 

physical construction such as the development of plans or the process of obtaining permits from 

governmental agencies, in the definition of construction activities that qualify for AFUDC.  (Tr. 

Vol. II, pp. 450-451).   

 

CAPITAL PROJECTS 

 

Should the Commission approve the Company’s investment in Lake Side 2? 

 

68. The Company’s capital investment in this resource includes $660 million on a 

Company basis and $105 million on a Wyoming-allocated basis.  This resource will provide 645 

MW of flexible, cost-effective, gas-fueled generation for RMP’s customers.  (Ex. 9, Link Dir., p. 

14).  The Company acquired Lake Side 2 through a competitive bidding process that included 

oversight from three independent evaluators.  (Id. at 7-8).  No party opposed this investment.  
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Should the Commission approve the Company’s investment in the Mona-to-Oquirrh and 

Sigurd-to-Red Butte transmission resources?  

 

69. The cost of the Mona-to-Oquirrh project is approximately $369.7 million on a total 

Company basis and $59.0 million on a Wyoming allocated basis.  (Ex. 13, Hocken Dir., p. 5).  The 

Mona-to-Oquirrh transmission project consists of a 100-mile single circuit 500/345 kilovolt (kV) 

transmission line from the new Clover substation, located near the community of Mona, Utah, to 

the existing Oquirrh substation, located in West Jordan, Utah.  In order to complete construction 

of this new line, it was also necessary for RMP to upgrade and modify the existing Oquirrh 

substation.  This line was placed into service in May, 2013.  (Tr. Vol. II, p. 327; Ex. 13, Hocken 

Dir., pp. 4-12). 

 

70. The cost of the Sigurd-to-Red Butte transmission project is approximately $363.7 

million on a total Company basis and $58.1 million on a Wyoming allocated basis.  (Ex. 13, 

Hocken Dir., pp. 12-19).  The Sigurd-to-Red Butte transmission project consists of a single-circuit 

345 kV transmission line running from the Sigurd substation located near the town of Richfield, 

Utah, extending south approximately 170 miles to the Red Butte substation located in Washington 

County, Utah.  This line is currently under construction and is expected to go into service by May 

31, 2015.  (Tr. Vol. II, p. 327; Ex. 13, Hocken Dir., pp. 12-22). 

 

71. The OCA endorses both transmission projects.  (Tr. Vol. IV, pp. 837, 848). No 

other party opposed these investments.   

 

Should the Commission approve the Company’s investment in the Carbon Plant 

Replacement Project and the Standpipe Substation Project?  

 

72. RMP’s investment in the Carbon Plant Replacement Project is approximately $46.5 

million on a total Company basis and $7.4 million on a Wyoming-allocated basis.  (Ex. 13, Hocken 

Dir., pp. 22-23).  This project is needed because the Company plans to decommission the existing 

172 MW Carbon thermal facility located in Carbon County, Utah. This project includes installation 

of equipment necessary to ensure voltage stability, along with various communications upgrades 

and protection and control equipment.  This project is on schedule to be placed into service in 

April, 2015.  (Tr. Vol. II, p. 327-328; Ex. 13, Hocken Dir., pp. 22-24).  The OCA recommended 

approval of the Carbon decommissioning investments.  (Ex. 203, pp. 42-43).  

 

73. The cost of the Standpipe substation project is approximately $26.9 million on a 

total Company basis and $4.3 million on a Wyoming-allocated basis.  (Ex. 13, Hocken Dir., p. 25).    

The Standpipe 230 kV substation was placed into service in August, 2014.  The shunt reactor, 

which is being relocated from the Platte substation, is forecasted to be placed into service at the 

Standpipe substation in November, 2014. There is a second phase to this project that includes 

installation of the synchronous condenser and associated equipment.  Because that phase is not 

expected to go into service until 2016, those costs are not included in this case.  (Tr. Vol. II, p. 

328; Ex. 13, Hocken Dir., pp. 24-26).  The OCA recommended approval of the Standpipe 

substation.  (Ex. 203, pp. 42-43). 

 

Should the Commission approve the non-main grid transmission investments and 

distribution investments which were included in this case?  
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74. The Company will place approximately $200.8 million on a total company basis 

and $32.1 million on a Wyoming-allocated basis of non-main grid transmission investment, and 

approximately $50.1 million of Wyoming distribution investment, that will be placed into service 

between June 30, 2013 and June 30, 2015.  (Ex. 14, Bennion Dir., p. 2).  This includes a number 

of specific investments that were part of RMP’s Stipulated 2010 general rate case.  (Id. at 3-4). 

 

75. System reinforcement investment in the case includes approximately $7.8 million 

of system reinforcement at distribution level voltages in Wyoming and approximately $49.1 

million of non-main grid system reinforcement investment on the Company’s transmission system.  

In general, upgrading or adding transformers and distribution feeders is initiated when thermal 

loading is projected to reach 105 percent of thermal rating or when voltage delivery at the customer 

metering point is projected to fall outside of the American National Standards Institute (ANSI) 

planning criteria.  (Id. at 5-6). 

 

76. The Company plans to place in service $8.3 million in Wyoming distribution 

system compliance work and $78.1 million in Company transmission system compliance work 

during the test period.  These projects include: environmental programs; modifications to facilities 

to meet National Electric Safety Code requirements; additions to renew distribution and 

transmission access permits; relocation of facilities for public works or customer requests, 

overhead to underground conversions and other miscellaneous customer third party requests; and 

projects and investment programs necessary to comply with the Federal Energy Regulatory 

Commission and the North American Electric Reliability Corporation standards.  (Id. at 6-7). 

 

77. During the test period, the Company states it will install new customer connections, 

including residential (Wyoming distribution connections budgeted at $7.6 million), commercial 

(Wyoming distribution connections budgeted at $6.1 million), industrial (Wyoming distribution 

connections budgeted at $1.6 million and Company transmission connections budgeted at $7.0 

million), and irrigation, street lighting and miscellaneous other distribution connections (budgeted 

at $0.6 million).  (Id. at 7-8).  The Company explains the replacement of failed or deteriorating 

assets is essential to maintaining and/or improving reliable service.  The revenue requirement in 

this case includes $12.5 million in Wyoming distribution plant replacements and $60.5 million for 

Company transmission replacements.  (Id. at 8-9).  RMP also described the efficiencies it is finding 

and the steps the Company is taking to improve reliability.  (Id. at 10).  No party opposed RMP’s 

transmission and distribution investments. 

 

Should the Commission approve the expense of the Merwin fish collector project? 

 

78. In order to comply with the Federal Energy Regulatory Commission (FERC) 

hydroelectric licenses applicable to the Lewis River hydro project, including the Merwin 

hydroelectric project license issued by FERC, the Company is required to implement the Merwin 

Fish Collector Project to collect, trap, and haul anadromous fish around three Lewis River dams 

in Washington State.  (Ex. 12, Tallman Dir., pp. 2 and 3).  Wyoming customers will benefit from 

the investment in the Merwin Fish Collector Project because the Company will be able to continue 

to operate the integrated Lewis River project, which is capable of generating up to 578 MW for 

the benefit of customers.  (Id. at 4).  No party opposed this investment. 
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Should the Commission approve the expense of the Hayden Unit I environmental compliance 

project? 

  

79. PacifiCorp is a minority owner of Hayden Unit 1, with an interest of 24.5 percent.  

The Participation Agreement governing that ownership interest mandates the installation of capital 

improvements that are required by applicable law.  (Ex. 10, Teply Dir., p. 4).   

 

80. The Company began communicating its intent with respect to planning, assessment, 

and Hayden Ownership Agreement constraints associated with Hayden environmental compliance 

in its 2011 IRP Update Confidential Appendix A dated March 30, 2012.  (Ex. 10, Confidential Ex. 

CAT-7R).  The Company also documented its justification for participation in the Hayden Unit 1 

SCR project in its 2013 IRP Confidential Volume III dated April 30, 2013.  (Ex. 10, Confidential 

Ex. CAT-8R). 

 

81. The Company has also pursued selling its interest in Hayden 1 as an alternative to 

incurring environmental compliance costs, including an open-ended Request for Expressions of 

Interest in Hayden Units 1 and 2 with a requested response date of April 18, 2014.  The Company 

did not receive any responses to the Request for Expressions of Interest.  (Ex. 10, Teply Rebuttal, 

p. 13). 

 

82. The Sierra Club claims that the Company’s participation in the installation of the 

SCR on Hayden Unit 1 is in contravention to the Company’s own findings with respect to the 

economic analysis.  (Ex. 400, pp. 4 and 5).  Sierra Club also maintains that the Company should 

have either immediately divested itself of its share of Unit 1 rather than participate in the costs, or 

contested the installation of SCR through arbitration.  (Id. at 6). 

 

Should the Commission approve RMP’s investment in Hunter Unit 1 environmental 

compliance project? 

 

83. In order to meet RMP’s emissions compliance obligations imposed by the Regional 

Haze rules and the state of Utah’s Regional Haze SIP and associated permits, the Company was 

required to replace the originally installed particulate matter control equipment on Hunter Unit 1 

with a best available retrofit technology baghouse. (Ex. 10, Teply Dir., p. 14).  The Company also 

was required to equip Hunter Unit 1 with NOx combustion controls that replace originally installed 

equipment.  (Id. at 15).  No party opposed this investment. 

 

ISSUES ON REBUTTAL 

 

84. While RMP contests the foregoing proposed adjustments to the revenue 

requirement, the Company accepted, or accepted in part, several WIEC-advocated adjustments.  

Specifically, the Company accepted the following adjustments in full, with the exception of the 

two noted, which RMP accepts in part.  Regarding the two exceptions noted with asterisks in the 

table below, the Company accepts the adjustment in concept, but proposes a different dollar 

amount.   
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 WIEC 

 Adjustment 

Affiliate Charge Expense Adjustment (142,756) 

Pension Expense adjustment (105,197) 

Post-Retirement Benefits Other than Pensions (PBOP) Exp. Adjustment (10,748) 

Injuries & Damages Expense Adjustment (139,123)* 

Pension Administrative Expense Adjustment (22,627) 

401(k) Administrative Expense Adjustment (23,438) 

Severance Expense Adjustment (32,006) 

Contingency Reserve Adjustment (70,375) 

Lake Side 1 Rate Base Correction Adjustment (112,874) 

Populus – Terminal Condemnation Rate Base Adjustment (162,223) 

Naughton Unit 3 Extended Coal Operation Adjustment (Non-NPC Portion) 252,559 

Energy Imbalance Market (Non-NPC Portion) 698,984* 

 

85. First, it is appropriate to reduce the Wyoming revenue requirement deficiency by 

$142,756 to account for a reduced level of affiliated charges allocated to PacifiCorp by Berkshire 

Hathaway Energy Company (“BHEC”) and MidAmerican Energy Company (“MEC”) in the test 

period as a result of BHEC’s recent acquisition of NV Energy, Inc.  (Ex. 300, pp. 4 and 21-22). 

 

86. Second, the test year level of FAS 87 pension expense should be adjusted to reflect 

the impact of RMP’s revised 2014 plan expense.  This adjustment reduces RMP’s Wyoming 

revenue requirement deficiency by $105,197.  (Id. at 4 and 25-27).  

 

87. Third, the Commission should reduce the Wyoming revenue requirement 

deficiency by $10,748 because the test year level of other post-retirement benefits – FAS 106 

(“PBOP”) expense should be adjusted to reflect the impact of RMP’s revised 2014 plan expense.  

(Id. 5 and 27-28).   

 

88. Fourth, given the high degree of variability in pension administration expense, the 

test period level of this expense should be based on the historical three-year average, which in turn 

reduces the Wyoming revenue requirement deficiency by $22,627.  (Id. at 5 and 35-36). 

 

89. Fifth, it is appropriate to base test period 401(k) administration expense on the 

historical three-year average level of this expense.  Doing so reduces the Wyoming revenue 

requirement deficiency by $23,438.  (Id. at 5-6).  

 

90. Sixth, because the Company has no plans to reduce its workforce or eliminate 

positions during the test period, the Commission should remove severance expense from the test 

period.  This adjustment reduces the Wyoming revenue requirement deficiency by $32,006.  (Id. 

at 6).   

 

91. Seventh, the Commission should remove contingency costs for new investments 

that had been included in the Company’s filing, but which since have been revised downward.  

WIEC further recommended that the Commission consider, as a policy matter, whether forecast 

test years should include “contingency costs” at any level associated with plant still under 

construction because almost by definition those costs are not known and measurable.  (Id. at 5).  
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However, WIEC acknowledges that this policy issue can be addressed in future rate cases if that 

is the Commission’s preference.  This adjustment as accepted by RMP benefits Wyoming 

ratepayers by further reducing the Wyoming revenue requirement deficiency by $70,375.  (Id. at 

7). 

 

92. Eighth, the Commission should accept the correction to the in-service date of the 

Lake Side U11 and U12 combustion overhaul projects from March 2015 to May 2015 to avoid 

double counting which reduces the Wyoming revenue requirement deficiency by $112,874.  (Id. 

at 8). 

 

93. Ninth, the Commission should remove the Populus-Terminal 345 kV line 

condemnation settlement project from test period rate base, since it is not projected to be in service 

during RMP’s test period.  This adjustment reduces the Wyoming revenue requirement deficiency 

by $162,223.  (Id.).  

 

94. Tenth, the Company accepts a non-NPC adjustment that accompanies the Naughton 

Unit 3 extended coal operations, presented by WIEC in its recommended base NPC adjustment 

for this Unit.  Upon adoption by the Commission, this adjustment increases the Wyoming revenue 

requirement deficiency by $252,559.  (Id.). 

 

95. Next, there are two adjustments which the Company accepts in concept, but RMP 

proposes an alternative resulting adjustment calculation.  Of these two, WIEC accepts RMP’s 

correction for the injuries and damages expense, and for the other, WIEC stands by its calculation. 

 

96. Specifically, WIEC proposed an adjustment for certain injuries and damages 

expense accrued in the year ended June 2012 that should be excluded from the calculation of the 

historical three-year average used to determine the test period level of this expense.  (Id. at 34).  

This adjustment is consistent with the Company’s treatment for this expense accrued in the base 

period, and reduces the Wyoming revenue requirement deficiency by $147,003.  (Id. at 35).  

Although RMP accepts this adjustment, the Company made a correction to its filed case that results 

in a net positive revenue requirement impact of $139,123.  (Ex. 5, McDougal Rebuttal., p. 7).   

 

97. Lastly, WIEC’s proposes corresponding non-NPC adjustments which accompany 

the California Independent System Operator (“CAISO”) Energy Imbalance Market (“EIM”) NPC 

adjustment.  As initially recommended, this non-NPC adjustment increased the Wyoming revenue 

deficiency by $653,346.  (Ex. 300, p. 8).  RMP accepts this adjustment, but offered its alternative 

calculation of $756,184.  (Ex. 306, p. 20).  On Sur-Rebuttal, WIEC agreed that the revenue 

requirement impact of this positive adjustment should be increased by approximately $45,600, 

resulting in an adjustment to the Wyoming revenue deficiency of $698,984.  (Id. at 1 and 20).    

 

NET POWER COSTS 

 

Should the Commission approve RMP’s requested Net Power Costs (NPC)? 

 

98. The Company proposed net power costs of $1.485 billion, $256.2 million of which 

would be allocated to Wyoming.  The actual NPC for 2013 were $1.61 billion, approximately $130 

million above the Company’s proposed NPC in this case.  (Tr. Vol. II, p. 346).  The forecast NPC 
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for 2014 are projected to be $1.6 billion or approximately $115 million above the company's 

proposal in this case.  (Tr. Vol. II, pp. 346 and 347).   

 

99. The NPC requested on a Wyoming allocated basis of $256.2 million reflect a $5 

million reduction from the Company’s original request.  The requested amount reflects the June 

16, 2014 updates, the assumption that the Naughton Unit 3 will continue to use coal throughout 

the test period, and an adjustment to include benefits in base rates for the new energy imbalance 

market.  (Tr. Vol. II, p. 346). 

 

100. WIEC advocates a reduction in NPC of $8 million dollars on a Wyoming basis 

relative to the Company's surrebuttal NPC based upon greater assumed EIM benefits and an 

additional 16 proposed modeling adjustments.  (Id. at 346).  

 

101. The OCA also advocates for greater assumed EIM benefits which, in its opinion, 

should reduce the proposed NPC by approximately $5 million dollars on a Wyoming allocated 

basis relative to the Company's surrebuttal position.  OCA did not join in the additional 16 WIEC 

modeling adjustments.  (Id. at 346).   

 

Should the Commission approve RMP’s proposal to off-set Energy Imbalance Market (EIM) 

costs with an equal amount of assumed benefits allowing all additional benefits, above that 

amount to flow to customers through the ECAM at 70%?   

 

102. The EIM is designed to generate cost savings for customers as a result of a more 

efficient operation of the system.  The EIM is premised upon optimal joint re-dispatch of the 

Company’s and the CAISO’s system every five minutes.  (Tr. Vol. II, p.  347).  According to RMP, 

there are three parts of the EIM that have potential for generating savings for customers: [i] 

interregional dispatch which enables intra-hour transfers between CAISO and PacifiCorp, [ii]  

reserve savings; that is, by allowing the Company and the CAISO to operate together, the 

Company can save on the reserve requirements that it would need in the future, and [iii] 

intraregional benefit, which would occur within the PacifiCorp system taking advantage of 

automated five minute dispatch.  This optimal dispatch of PacifiCorp’s resources has the potential 

of generating benefits independent of the interconnection with CAISO.  (Id.).   

 

103. The Company proposed in its rebuttal case to match EIM benefits in NPC to the 

EIM costs in rates and allow any realized benefits in excess of the predetermined amount to flow 

through the Energy Cost Adjustment Mechanism (ECAM) wherein retail customers will realize 

70 percent of those benefits.  The corresponding EIM benefits proposed in base NPC are in an 

equal amount of $4.9 million on a company basis which results in a reduction of $0.8 million in 

base NPC on a Wyoming-allocated basis.  (Id. at 349; Ex. 7, Duvall Rebuttal, p. 7). 

 

104. The Company pointed out it does not have a good forecast of EIM benefits based 

on known and measurable data comparable to other inputs in the Generation and Regulation 

Integrated Decision model (GRID), used to forecast NPC and base rates.  Rather, the Company 

will be gathering such data during the first year of EIM operation so that future forecasts can be 

based upon better data.  The GRID model does not include the costs of within-hour re-dispatch, 

and therefore within-hour savings are not applicable to GRID.  (Tr. Vol. II, p. 350). 
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105. The Company also addressed the fact that the report prepared by Energy and 

Environmental Economics of March 2013, referred to as the E3 Report, is not suitable for setting 

base NPC.  Specifically, the intraregional benefits addressed within the E3 Report were estimated 

based upon a 2009 study of CAISO’s first year of operation of its real-time market in California.  

These 2009 “California results” were then transposed to PacifiCorp with a simple load ratio and 

then discounted to show a low to high range of potential benefits given obvious differences 

between the two systems and prevailing market conditions.  Furthermore the 2009 gas prices used 

to determine intraregional benefits in the E3 Report were much higher than current forward prices 

for natural gas in the test period.  (Id. at 349-350).  Further discrepancies between the E3 Report 

assumptions and traditional rate making concepts were pointed out by the Company in that the 

interregional and flexibility reserve benefits were based on estimates made in March 2013 of what 

potential benefits might be in 2017.  Thus benefits are not based on current assumptions for the 

test period which ends June 2015.  (Id.).   

 

106. WIEC recommended in its direct case that $27.6 million of total company EIM 

benefits be included in base NPC, of which Wyoming’s allocation is $4.8 million.  In Sur-Rebuttal 

testimony, WIEC accepted certain recommendations made by RMP, and updated its 

recommendation to include $25.6 million in EIM benefits.  Based on WIEC’s calculations with 

respect to EIM benefits, on a Wyoming-allocated basis the base NPC should be reduced by $1.3 

million to account for inter-regional dispatch benefits, $2.0 million to account for intra-regional 

dispatch benefits, $0.5 million to account for flexibility reserve benefits, and $0.6 million to 

account for within-hour dispatch benefits.  (Ex. 309, p. 6).  In total, the base NPC should be reduced 

by $4.4 million to account for EIM benefits expected to accrue to ratepayers in the test period.  

(Tr. Vol. VI, p. 1215). 

 

107. The OCA supported a Wyoming allocated base net power cost (NPC) total of 

$249,675,289 (Tr., Vol. IV, p. 835) incorporating the June 2014 update RMP provided to the NPC. 

The OCA recommended an Energy Imbalance Market (EIM) benefit adjustment of $4.969 million 

to NPC on a Wyoming allocated basis.  (Tr., Vol. IV, p. 840).  The OCA utilized the E3 study (Ex. 

303.2) to come up with a benefit calculation that captures a mid-range value for expected EIM 

benefits.  (Tr., Vol. IV, p. 842).  The Company used this same study to develop its business case 

(Tr., Vol. II, p. 383) for going forward on the project, and the OCA argues that it should be relied 

upon in this area as well.  (Tr., Vol. IV, p. 841). 

 

Should two swap gas contracts with J. Aron & Company be removed from NPC on the theory 

that Goldman Sachs is an “Affiliate” of RMP’s parent Company? 

 

 108. RMP explained that Goldman Sachs is not an affiliate of Berkshire Hathaway 

because it never held five percent, or more, of voting stock in Goldman Sachs.  (Tr. Vol. II, pp. 

453-454).  WIEC acknowledged during cross examination that Berkshire Hathaway did not hold 

five percent, or more, of the voting stock of Goldman Sachs.  It simply held non-voting warrants.  

(Tr. Vol. VI, p. 1233).  WIEC further conceded upon examination by Chairman Minier that it 

would agree it had not discovered any evidence of impropriety or the like [regarding any dealings 

between Berkshire Hathaway and Goldman Sachs].  (Tr. Vol. VII, p. 1303). 

 

 109. WIEC argues for the removal of the two swap contracts with J. Aron Company, a 

wholly-owned subsidiary of Goldman Sachs, on the theory that Goldman Sachs is an affiliate of 
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Berkshire Hathaway. In support of its position it made broad references to “heavily integrated” 

corporations in the 1930s, implying impropriety. Id.  

 

Should the Commission approve the wind and load integration charges within NPC? 

 

110. RMP points out that the load integration charge and the wind integration charge 

have been included in base NPC in prior cases.  The inter-hour integration charge included in NPC 

outside of the GRID model is representative of costs associated with committing resources on a 

day-ahead basis based on a wind generation forecast.  (Ex. 7, Duvall Rebuttal, p. 26).  WIEC 

argues that these charges are already reflected in GRID and therefore should not be allowed.  (Ex. 

303, pp. 24-25). 

 

Should the Commission set new criteria for inclusion of QFs in NPC in this GRC docket? 

 

111. RMP is required under Federal law to enter into Power Purchase Agreements (PPA) 

with Qualifying Facilities (QF).  The Company stated there is no need to impose new standards 

regarding which QFs can be included in NPC.  (Tr. Vol. II, p. 362). 

 

112. WIEC supports a “more holistic approach” to determine whether a QF resource 

should be included in NPC.  (Tr. Vol. VI, p. 1224).  WIEC suggests that in addition to a signed 

PPA, the Company should also have a signed interconnection agreement and should further inquire 

or document that construction has been commenced.  (Id. at 1224). 

 

113. Associated with this issue is the Latigo Wind Park project which is a 60 MW wind 

facility planned in San Juan County, Utah.  (Ex. 303, Mullins Dir., p. 32).  It is unlikely, however, 

that the Latigo Wind Park will achieve commercial operation during the test period used in this 

proceeding.  (Tr. Vol. VII, pp. 1288 and 1293-1294).  This results in a $107,609 reduction to base 

NPC on a Wyoming-allocated basis. 

 

114. To begin, WIEC recommends that when examining whether QFs should be 

included in base NPC, the Commission should require the QF to: (i) have an executed power 

purchase agreement, (ii) have an executed interconnection agreement, and (iii) have started 

construction of the plant.  (Ex. 303, Mullins Dir., p. 31).  WIEC recommends the Commission 

adopt this three part test for including QFs in base NPC because, in previous general rate cases, 

the Company included certain QFs in base NPC that never achieved commercial operation.  (Tr. 

Vol. II, p. 392).  For example, the Pioneer Wind Park II project was included in the 2011 general 

rate case, but it never achieved commercial operation and was ultimately terminated.  (Ex. 303, 

Mullins Dir., pp. 31-32).  Though this project never became used and useful, its costs were 

included in base NPC.  There is no reason to include these types of projects in NPC when 

unconstructed company-owned generation is not included in NPC.  (Tr. Vol. II, p. 392).   

 

115. Even if the Commission elects not to establish such a test in this proceeding, WIEC 

suggests the Commission should still exclude the Latigo Wind Park project in base NPC because 

the project is highly unlikely to come online during the test period.  (Tr. Vol. VII, p. 1285).  This 

is so because the Company stated that it is not aware of any construction activities for the Latigo 

Wind Park.  (Exs. 303, p. 32 and 303.6).  Accordingly, and given the timing, there is no real 
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expectation that the NPC the Company attributes to the Latigo Wind Park in its Application will 

come to pass within the test period.  (Tr. Vol. VII, pp. 1293-1294). 

 

Should the Commission adopt WIEC’s proposed heat rate/minimum capacity adjustment? 

 

 116. WIEC proposed a modeling adjustment to adjust modeled forced outages. WIEC 

contends that, because the GRID model de-rates generating units to below their maximum 

capacity, it does not allow them to achieve maximum efficiency in GRID.  (Tr. Vol. VI, p. 1135).  

WIEC further contends that there should be a shift of the entire heat rate curve for each unit in the 

model so that the maximum capacity under the modeled heat rate curve is equal to the de-rated 

maximum capacity in GRID.  (Id. at 1135). 

 

 117. According to RMP, WIEC contends that the heat rate at one point on the heat rate 

curve is incorrect.  That creates errors in the entire remainder of the heat rate curve under its false 

assumption that the Company’s de-rated generation capacity is improperly modeled in these 

circumstances.  (Id. at 1137). 

 

 118. RMP points out that the majority of WIEC’s proposed reduction to net power costs 

is a result of the errors WIEC creates in the heat rate curve and in minimum generation levels.  (Tr. 

Vol. II, p. 353). 

 

 119. To address WIEC's concern about the impact of de-rating each unit's maximum 

capacity, RMP presented evidence that showed when the de-rating method was replaced with the 

use of four years of actual forced outage history without de-rating, NPC would increase. (Id. at 

405-406 and Ex. 168).   

 

 120. WIEC suggests that without its proposed adjustment, GRID would overstate the 

amount of generation that the unit would produce.  (Tr. Vol. VI, p. 1122). 

 

Should the Commission remove three outages from the averaging of historical outages in 

setting base NPC, because they were longer than other outages? 

 

121. Outages occurred at Colstrip 4, Lakeside 1 and Gadsby 4 during the base period of 

this rate case.  WIEC argues that these three outages were exceptionally long, are unlikely to recur 

in the future, and should, therefore, be excluded.  (Tr. Vol. VI, p. 1120; Ex. 308, p. 2).  Collectively, 

these three outages reduce base NPC by $526,447 on a Wyoming-allocated basis.  The individual 

components of this adjustment, on a Wyoming-allocated basis, are as follows: (i) Colstrip 4 

extended outage: $163,003 adjustment; (ii) Lake Side 1 extended outage: $340,456 adjustment; 

and (iii) Gadsby 4 extended outage: $22,988.  (Ex. 302, p. 3, Table PH-1). 

 

122. RMP’s fleet of thermal generation resources is acknowledged as outperforming the 

industry’s averages for length of outages.  (Tr. Vol. II, p. 353).  Outages will inevitably vary in 

length and can never be predicted with certainty.  The purpose of averaging the outages over the 

four years used in the forced outage rate calculation is to set this NPC expense based upon 

historical experience.  The removal of these outages from the calculation will unfairly skew the 

historical averaging of forced outages.  In addition, as the Company has explained, if these costs 
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are removed from the forced outage rate, the Company has no way to recover the prudently 

incurred costs associated with the outages.  (Id.). 

 

Should gas start-up energy be included in NPC? 

 

123. Combined cycle natural gas units take 2-3 hours to ramp up to their minimum 

generating level.  Because a unit as modeled in GRID begins generating its full output immediately 

without any ramp time, any adjustment including start-up energy would also need to include 2-3 

hours of start-up time which would increase NPC.  (Tr. Vol. II, p. 355). 

 

124. WIEC contends this adjustment represents a reasonable amount of energy produced 

during start -up of a gas fired generation resource and thus NPC should be reduced based upon the 

value of this energy.  (Tr. Vol. VI, p. 1124).   

 

125. The Company increases its base NPC using an adjustment after GRID has been run 

in order to account for the cost of starting up units.  WIEC claims this increase is unjust and 

unreasonable because it adds a cost without also considering the associated benefit that occurs 

when the units start up – the generation of energy.  (Ex. 302, p. 27).   

 

126. The Company argues that start-up costs are not limited to fuel, and that in order to 

accommodate the start-up of a 500-600 MW gas unit, the Company will incur costs as a result of 

re-dispatching the system.  (Ex. 7, Duvall Rebuttal, p. 41).   

 

Should the Commission remove costs related to non-owned wind integration, even though 

the case includes revenue from a FERC-approved tariff? 

 

127. RMP collects tariffed rates set by FERC for the non-owned wind integration 

services it provides wholesale transmission customers.  Like rates for RMP's retail customers, 

FERC rates are based on the embedded cost of service.  The transmission customers, subject to 

these FERC rates, are paying the full costs of the generation facilities used to provide Schedule 

3A services.  (Tr. Vol. II, pp. 354 and 355). 

 

128. WIEC contends that FERC regulated customer rates are too low because the 

revenue received by RMP for FERC transmission customers under the open access transmission 

tariff (OATT) Schedules 3 and 3A only collects fixed costs associated with non-owned wind 

integration rather than all related costs incurred to integrate the non-owned resources.  (Tr. Vol. 

VI, p. 1128).   

 

129. The Company argues that OATT Schedules 3 and 3A recover the fixed costs 

associated with integrating wind from wholesale ratepayers.  (Ex. 7, Duvall Rebuttal, p. 49).  

However, during hearing, RMP argued for the first time that OATT Schedule 9 recovers some 

variable costs associated with integrating wind.  (Tr. Vol. II, pp. 409-410).   

 

Should the Commission adjust the short-term non-firm transmission modeled in GRID? 
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130. Short term wheeling is frequently used to serve load and to facilitate wholesale sale 

and purchases.  (Tr. Vol. II, p. 358).  The Company has input an historical average of the Short 

Term Non-Firm (STNF) transmission expense which is captured in GRID.  (Id.).  
 

131. WIEC proposes an adjustment to correct alleged modeling flaws, and after 

accounting for a correction to WIEC’s proposed adjustment raised by RMP in its rebuttal case, the 

Company’s base NPC should be reduced by $259,934 on a Wyoming-allocated basis.  (Exs. 7, 

Duvall Rebuttal, p. 47; 308, pp. 13-14).  Under WIEC’s modeling approach, new cost related 

inputs are entered into GRID on a dollars per MWh basis, such that STNF transmission cost results 

are derived dynamically based on transmission flows that actually occur in GRID.  (Ex. 302, p. 

33). 

 

Should the Commission adjust the modeling assumptions in GRID for either, or both, of the 

Black Hills Power or UMPA II Contracts? 

 

132. The Company points out that a significant provision in both the BHP and UMPA 

II contracts is optionality.  That is, both of these contracting parties can shape these contracts to 

meet their needs by purchasing power at high cost hours.  GRID properly reflects the optimization 

that both BHP and UMPA have in their agreements.  (Tr. Vol. II, pp. 362 and 363).   

 

133. WIEC argues that GRID overstates NPC associated with these contracts because 

all power is not purchased at high cost hours.  The adjustment for both contracts would reduce 

NPC on a Wyoming allocated basis by $110,639.  (Ex. 308 pp. 10-11). 

 

134. According to WIEC, the Company models the Utah Municipal Power Agency II 

(“UMPA II”) contract in GRID as a “call option sale” contract, the same as it models the Black 

Hills Power contract.  (Ex. 302, p. 29).  Just like the Black Hills Power contract, the Company 

allows GRID to schedule the contract primarily during the high load hours, which are the costliest 

hours for the Company to meet the requirements of a sales contract.  (Id. at 29).  The fact that most 

of the sales energy is scheduled in GRID during the high load hours is not consistent with the four-

year historic data.  (Id. at 30). 

 

Should the Commission approve the agreed upon adjustment to GRID, which assumes 

Naughton Unit 3 will continue to operate as coal facility throughout the test period? 

 

135. The Company and WIEC have agreed to the adjustment to GRID.  This agreed 

upon adjustment reduces NPC on a Wyoming allocated basis by $2.7 million.  (Tr. Vol. VI, pp. 

1115-1116; Ex. 7, Duvall Rebuttal, p. 39).  The OCA did not take a position on this adjustment.  

 

COST OF SERVICE/RATE SPREAD 

 

Should the Commission approve RMP’s revised class cost of service study using the 

classification and allocation methodologies adopted for prior cases? 

 

136. The Company’s class cost of service (COS) study is based on forecast results of 

operations for the state of Wyoming for the 12 months ending June 30, 2015.  The study employs 

a three-step process generally referred to as functionalization, classification, and allocation.  These 
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three steps recognize the way a utility provides electrical service and assigns cost responsibility to 

the customer groups for whom those costs are incurred.  (Ex. 17, Steward Dir., p. 4).   

 

137. Functionalization is the process of separating expenses and rate base items 

according to five utility functions -- production, transmission, distribution, retail and 

miscellaneous.  (Id.).  Classification identifies the component of utility service being provided as 

either demand-related, energy-related, or customer-related.  Demand-related costs are incurred by 

the Company to meet the maximum demand imposed on generating units, transmission lines, and 

distribution facilities.  Energy-related costs vary with the output of a kilowatt-hour (kWh) of 

electricity.  Customer-related costs are driven by the number of customers served.  (Id. at 5). 

 

138. After the costs have been functionalized and classified, they are allocated among 

the customer classes using allocation factors, which specify each class’s share of a particular cost 

driver such as system peak demand, energy consumed, or number of customers.  The appropriate 

allocation factor is then applied to the respective cost element to determine each class’s share of 

cost.  (Id. at 6). 

 

139. Production and transmission plant and non-fuel related expenses are classified as 

75 percent demand related and 25 percent energy related.  The demand-related portion is allocated 

using 12 monthly peaks coincident with the Company’s total system firm peak.  The energy related 

portion is allocated using annual class megawatt-hours (MWh) adjusted for losses to generation 

level.  (Id. at 6).  WIEC challenges the Company’s allocation of production and transmission plant 

and the energy allocator.  No party challenges the remainder of the Company’s allocations, 

including for distribution costs, customer accounting, customer service and sales expenses, 

administrative and general expenses, general plant, intangible plant, or the treatment of partial 

requirements customers.   

 

140. WIEC argues that the transmission line loss factors used in the COS study overstate 

losses to Schedule 48T customers, recommends further disaggregation of the loss factors at 

different transmission voltage levels, and recommends using a composite factor of 1.035 for 

Schedule 48T.  (Exs. 304, p. 21 and 310, p. 2).  

 

141. WIEC’s provides evidence regarding several areas where the methodologies 

employed by RMP could be improved to better align rates with costs and eliminate or reduce inter-

class subsidies.  Specifically, WIEC recommends: (i) allocating 100% of the fixed demand-related 

costs of production based on  the contribution of each customer class to peak demands; (Ex. 310, 

pp. 9-10) (ii) using a six coincident peak (“6CP”) rather than twelve coincident peak (“12CP”) 

methodology to allocate fixed demand-related costs of production; (Ex. 304, p. 32) (iii) using an 

energy allocator that captures the actual seasonal and time-of-day differences in energy costs; (Exs. 

304, pp. 32-33; 304.10 and 304.11) and (iv) using a disaggregated loss factor for Schedule 48T.  

(Ex. 304, p. 20). 

 

142. Finally, WIEC requests that RMP be ordered to prepare a new loss study that 

includes the development of specific disaggregated transmission loss factors to more accurately 

reflect the different varying voltage levels on which Schedule 48T customers are served.  Further, 

the updated loss study should address the inconsistencies between the demand and energy loss 

factors.  (Ex. 304, pp. 20-21).  
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143. The OCA does not raise any concerns relating to class cost of service.  The OCA 

contends the Commission should not restudy the current methodology until after the 

recommendations regarding changes to interjurisdictional allocations are examined.  (Ex. 202, p. 

28). 

 

Should the Commission approve RMP’s proposed rate spread and rate design? 

 

144. The Company prepared a rate spread that collects between 99 percent and 101 

percent of the class target revenue requirement from the COS study.  This rate spread methodology 

has been utilized in prior general rate cases including the Company’s 2011 general rate case, 

Docket No. 20000-405-ER-11.  (Ex. 17, Steward Dir., p. 9).  According to RMP, the proposed 

rates cover costs in a way that closely resembles the way individual components of cost are 

incurred.  Rates are proposed based on grouping costs into customer related, demand-related and 

energy-related categories.  (Id. at 11). 

 

Should the Commission increase the residential basic service charge from $20.00 to $22.00 

in order to better reflect cost of service? 

 

145. The basic residential customer charge has not changed since 2009.  (Tr. Vol.  IV, 

pp. 754-755).    (Ex. 17, Steward Dir., pp. 11-12).     

 

146. NLRA argues that because residential energy consumption is declining, residential 

costs remain flat, so the Commission should deny the Company’s requested increase in the 

residential class basic charge and consider a different allocation of costs between residential and 

industrial customers.  (Ex. 500, p. 2).  OCA stated that keeping the $20 customer charge would be 

preferable, but that raising the rate would not be harmful or detrimental.  (Ex. 202, p. 33). 

 

TARIFF CHANGES 

 

Should the Commission approve RMP’s proposed changes to Rule 12 of its tariff dealing 

with line extensions? 

 

147. RMP has proposed changes to Rule 12 which addresses line extensions. (Ex. 18, 

Stewart Dir., p. 3).  According to the Company, the proposed changes to the line extension policy 

are intended to increase consistency in the treatment of similar customers and balance the 

allowances and other company investment with risk to ratepayers.  (Tr. Vol. III, p. 665). 

 

148. The Company has proposed three primary changes to Rule 12.  The first addresses 

when a customer will receive an extension.  Language has been added to Rule 12 stating that the 

Company will not provide an extension allowance to a customer with expected limited revenues 

unless a special contract is entered into.  (Id. at 676-677).   

 

149. A second change in Rule 12 removes the option of a customer selecting a Company 

built and owned substation to serve customer loads that require transmission delivery. (Id. at 666). 
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150. A third area of change in Rule 12 deals with “network upgrades” which are 

necessary when a capacity request comes in and it would require adding capacity to existing shared 

facilities.  (Id.).  Currently customers share in the cost of upgrades of facilities below 46 kV.  The 

proposed change would require customers to share in the cost of facilities below 230 kV.  

Additionally, customers of 1.0 MVA would share in these upgrades rather than the current higher 

load threshold of 2.5 MVA.  (Id. at 667).  According to RMP, these two changes will bring the 

thresholds in Wyoming in alignment with the network upgrade thresholds used in the other five 

states that are served by PacifiCorp.  (Ex. 18, Stewart Rebuttal, p. 3). 

 

151. Lastly, the network upgrade modification also requires that if it is later determined 

a network upgrade was not necessary because the customer overstated its load, the customer would 

be responsible for the full cost of the upgrade.  (Id. at 1). 

 

152. WIEC opposes the proposed changes to Rule 12.  It contends that the amendments 

place too much burden and risk on industrial customers in obtaining electricity services.  As 

alternatives to the Company’s Rule 12 modifications WIEC proposes: [i] the definition of 

extension allowance eliminate the Company’s discretion, [ii] the Company notify a customer of 

the cost of required line extensions within a reasonable time of the submission of all necessary 

information, [iii] the Commission reject the provisions addressing network upgrade, and [iv] the 

Commission consider modifications to the refund provisions of Rule 12.  (Tr. Vol. VII, pp. 1321-

1324). 

 

153. OCA recommended that the residential line extension allowance remain unchanged 

at $1,300.  RMP agrees that the residential allowance should remain at $1,300.  (Tr. Vol. IV, p. 

807). 

 

154. OCA also proposes that the non-residential allowance be lowered from 1.0 times 

the estimated annual revenues to .80 times the estimated annual revenues.  RMP does not propose 

to lower the current allowance of 1.0 times estimated annual revenues.  WIEC opposes OCA 

recommendation to lower the non-residential allowance to .80 times estimated annual revenues. It 

contends this will impact economic development.  (Tr. Vol. IV, p. 808). 

 

155. OCA contends that the Company should be responsible for the cost of upgrades at 

such facilities at or above 115 kilowatts rather than the 230 kilowatts proposed by RMP.  (Id. at 

812).  However, the OCA generally supports RMP’s Rule 12 changes addressing network upgrades 

with the exception of the voltage threshold of eligible substation and transmission facilities. 

 

Should the Commission approve the unchallenged “housekeeping” changes proposed by 

RMP to Rule 7, metering, Rule 10, disconnection of service? 

  

156. The Company proposed "housekeeping" changes to Rule 7, metering, Rule 10, 

disconnection of service, and Schedule 300 to clarify the rules and make them easier for customers 

to understand.  (Ex. 18, FRS 2).   

 

157. The proposed changes to Rule 7 allow a customer who does not wish to have a 

meter that is capable of being read by automated meter reading have a non-standard meter installed.  
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The corresponding change to Schedule 300 sets forth the costs for the non-standard meter.  (Ex. 

18, Stewart Dir., pp. 15-17). 

 

Should the Commission approve the unchallenged changes to schedule 300, reflecting prices 

associated with Rules 7, 10, and 12? 

 

158. Schedule 300 implements the proposed changes above, including: (i) reducing the 

disconnection visit charge from $20 to $16; (ii) reducing the reconnection fee from $20 to $18; 

(iii) increasing the temporary service charge for service drop and meter to $170 for both single-

phase and three-phase power; and (iv) adjusting the line extension facilities charges.  (Id. at 18- 

23). 

  

159. The OCA supports all filed RMP changes to Rules 7, 10, 12, Tariff – Schedule 300, 

and the associated Cost Allocation Policy, provided that any changes are reflected in all areas of 

these documents as required to make them consistent.  (Ex. 204, p. 22).   

  

Principles of Law 

 

 160. Wyo. Stat. § 37-3-101 requires that: 

 

 All rates shall be just and reasonable, and all unjust and unreasonable rates are prohibited. 

A rate shall not be considered unjust or unreasonable on the basis that it is innovative in 

form or in substance, that it takes into consideration competitive marketplace elements or 

that it provides for incentives to a public utility. *  *  *  The commission may determine 

that rates for the same service may vary depending on cost, the competitive marketplace, 

the need for universally available and affordable service, the need for contribution to the 

joint and common costs of the public utility, volume and other discounts, and other 

reasonable business practices. 

 

161. Wyo. Stat. § 37-3-106(a) sets the burden of proof in a rate case before the 

Commission:   

 

At any hearing as provided in this act involving an increase in rates or charges sought by a 

public utility, the burden of proof to show that the increased rate or charge is just and 

reasonable shall be upon the utility.   

 

162. Wyo. Stat. § 37-3-106(b) and (c) allow the Commission to suspend rates for a total 

of ten months: 

 

(b)  Unless the commission otherwise orders, no public utility shall make any 

change in any rate which has been duly established except after thirty (30) days notice to 

the commission, which notice shall plainly state the changes proposed to be made in the 

rates then in force, and the time when the changed rates will go into effect. . . . 

 

(c)  Whenever there is filed with the commission by any public utility any 

application or tariff proposing a new rate or rates, the commission may, either upon 

complaint or upon its own initiative, initiate an investigation, hearing, or both, concerning 
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the lawfulness of such rate or rates.  Pending its decision thereon, the commission may 

suspend such rate or rates, before they become effective but not for a longer initial period 

than six (6) months beyond the time when such rate or rates would otherwise go into effect.  

If the commission shall thereafter find that a longer time will be required, the commission 

may extend the period of suspension for an additional period or periods not exceeding in 

the aggregate, three (3) months. 

 

163. Wyo. Stat. § 37-3-112 requires that: 

 

The service and facilities of every public utility shall be adequate and safe and every service 

regulation shall be just and reasonable. *  *  *  It shall be unlawful for any public utility to 

make or permit to exist any unjust discrimination or undue preference with respect to its 

service, facilities or service regulations. 

 

164. The Commission has broad powers to inquire into the facts surrounding the 

determination of rates.  They include Wyo. Stat. § 37-2-119, which states that: 

 

In conducting any investigation pursuant to the provisions of this act the commission may 

investigate, consider and determine such matters as the cost or value, or both, of the 

property and business of any public utility, used and useful for the convenience of the 

public, and all matters affecting or influencing such cost or value, the operating statistics 

for any public utility both as to revenues and expenses and as to the physical features of 

operation in such detail as the commission may deem advisable; the earnings, investment 

and expenditures of any such corporation as a whole within this state, and as to rates in 

plants of any water, electric, or gas corporations, the geographical location thereof shall be 

considered as well as the population of the municipality in which such plant is located. 

 

165. Wyo. Stat. § 37-2-120 prohibits the Commission from making any order “which 

requires the change of any rate or service. . . unless or until all parties are afforded an opportunity 

for a hearing in accordance with the Wyoming Administrative Procedure Act.”  The Act 

establishes general procedures for Commission cases, including the giving of reasonable notice.  

Wyo. Stat. § 16-3-107; in accord are Wyo. Stat. §§ 37-2-201, 37-2-202, and 37-3-106.  See also, 

Sections 106 and 115 of the Commission’s Rules. 

 

 166. Wyo. Stat. § 37-2-121 gives the Commission latitude to determine the actual rates 

to be charged by a utility and allows public utilities to present innovative regulatory forms, 

policies, and rate making methods, stating that: 

 

If upon hearing and investigation, any rate shall be found by the commission to be 

inadequate or unremunerative, or to be unjust, or unreasonable, or unjustly discriminatory, 

or unduly preferential or otherwise in any respect in violation of any provision of this act, 

the commission . . . may fix and order substituted therefor a rate as it shall determine to be 

just and reasonable and in compliance with the provisions of this act.  The rate so 

ascertained, determined and fixed by the commission shall be charged, enforced, collected 

and observed by the public utility for the period of time fixed by the commission.  The 

rates may contain provisions for incentives for improvement of the public utility’s 

performance or efficiency, lowering of operating costs, control of expenses or 
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improvement and upgrading or modernization of its services or facilities.  Any public 

utility may apply to the commission for its consent to use innovative, incentive or 

nontraditional rate making methods.  In conducting any investigation and holding any 

hearing in response thereto, the commission may consider and approve proposals which 

include any rate, service regulation, rate setting concept, economic development rate, 

service concept, nondiscriminatory revenue sharing or profit-sharing form of regulation 

and policy, including policies for the encouragement of the development of public utility 

infrastructure, services, facilities or plant within the state, which can be shown by 

substantial evidence to support and be consistent with the public interest. 

 

167. Wyo. Stat. § 37-2-122(a) provides further direction: 

 

In determining what are just and reasonable rates the commission may take into 

consideration availability or reliability of service, depreciation of plant, technological 

obsolescence of equipment, expense of operation, physical and other values of the plant, 

system, business and properties of the public utility whose rates are under consideration.   

 

 168. The public interest must come first in Commission decisions; and, as the Wyoming 

Supreme Court has stated, the desires of the utility are secondary to it.  Mountain Fuel Supply 

Company v. Public Service Comm‘n, 662 P.2d 878 (Wyo. 1983).  Construing Wyo. Stat. § 37-3-

101, which requires rates to be reasonable, the Court in Mountain Fuel, supra, at 883, commented 

that: 

 

This court cannot usurp the legislative functions delegated to the PSC in setting appropriate 

rates, but will defer to the agency discretion so long as the results are fair, reasonable, 

uniform and not unduly discriminatory. 

 

Later, 662 P.2d at 885, the Court in Mountain Fuel observed that: 

 

We agree that if the end result complies with the ‘just and reasonable’ standard announced 

in the statute, the methodology used by the PSC is not a concern of this court, but is a 

matter encompassed within the prerogatives of the PSC. 

 

In accord are Great Western Sugar Co. v. Wyo. Public Service Comm‘n and MDU, 624 P.2d 1184 

(Wyo. 1981); and Union Tel Co. v. Public Service Comm‘n, 821 P.2d 550 (Wyo. 1991), wherein 

the Supreme Court stated, 821 P.2d at 563, that it “. . . has recognized that discretion is vested in 

the PSC in establishing rate-making methodology so long as the result reached is reasonable.”  

Read in pari materia, these statutes articulate the basic mechanism of the public interest standard 

which the Commission is to follow in its decisions. 

  

Conclusions of Law 

 

 169. RMP is duly authorized by the Commission to provide retail electric public utility 

service in its Wyoming service territory under certificates of public convenience and necessity as 

issued and amended by the Commission.  RMP is an electric public utility as defined in Wyo. Stat. 

§ 37-1-101(a)(vi)(C), subject to the Commission’s general and exclusive jurisdiction to regulate it 

as a public utility in Wyoming pursuant to Wyo. Stat. § 37-2-112. 
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170. Proper public notice of these proceedings was given in accordance with the APA, 

Wyo. Stat. § 37-2-203 and the Commission’s Rules, specifically Section 106.  The public hearings 

were held and conducted pursuant to Wyo. Stat. §§ 16-3-107, 16-3-108, 37-2-203, and applicable 

sections of the Commission’s Rules.  The interventions of the Parties were properly granted, and 

the entities that intervened became parties to the case for all purposes. 

 

 171. RMP’s current retail electric utility service rates in Wyoming are inadequate, 

unrenumerative, and should be increased, but only to the extent provided for in this Order.  In that 

regard, the Commission makes its conclusions in the public interest based in the Findings of Fact 

set forth in paragraphs 29 through 159 above. 

 

Decision 

 

 172. Based on our conclusions and findings, we have determined RMP’s capital 

structure should be: 

 

Component       Percent of Total              % Cost   Weighted Average 

Long Term Debt   48.551%     5.20%    2.525% 

Preferred Stock     0.016%     6.75%   0.001% 

Common Equity Stock  51.433%     9.50%    4.886% 

          100.000%         7.412% 

 

This capital structure is based on a five quarter average methodology.  It is consistent with the 

Company’s application of the five quarter average in prior rate cases and facilitates comparisons 

over time.  The parties have agreed to the percentage costs for Long Term Debt and Preferred 

Stock. 

 

 173. To determine Return on Equity, we find the heavier reliance of OCA and WIEC on 

technical models to adequately account for risk generally to be more persuasive than the 

Company’s approach of tempering the technical inputs and results with other factors.  Specifically, 

we are not persuaded there is an imminent risk of inflation.  We place no reliance on the recently 

approved settlement returns on equity for Cheyenne Light Fuel & Power and Black Hills Power 

because these companies present a different risk profile from RMP, and the settlements were 

considered reasonable as a whole, without regard to a determination of the accuracy of individual 

elements of the settlements.  We similarly place no significant reliance on previously approved 

RMP settlements, which were also but one element of an overall package, although we have taken 

into account the magnitude of the movement from the previously approved settlement return on 

equity.  We place no reliance on returns on equity determined by other jurisdictions, which are the 

result of specific considerations unknown to us, facts not included in our record, and policy 

judgments which may not be the same as our own.  We were not persuaded by Hadaway’s general 

assertion of an inverse relationship between equity risk premiums and interest rate levels, in part 

for reasons offered by Gorman.  We did note, and find significant, the substantial downward 

reduction in technical modeling results disclosed in RMP’s rebuttal case.  Taking all of these 

factors into account, and taking into account all of the results of the technical models of both 

parties, we find and conclude 9.5% to be a just and reasonable return on equity. 
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 174. The Commission finds and concludes the Company has not carried its burden of 

persuasion for the adoption of the IHS-Global Insights operations and maintenance escalation 

factor.  Whether or not utility sector cost inflation is real, the Company has not shown that the 

prospective inflation is fairly captured by the IHS-Global Insights factor.  WIEC, in particular, 

raised significant questions about the factor’s accuracy viewed from the standpoint of what we had 

approved in previous proceedings, and how actual costs proved to be materially lower than the 

factor had projected.  WIEC’s factual critique was not adequately rebutted by the Company’s 

argument that the lower actual costs were the result of the Company’s own actions to control costs.  

In reaching this conclusion in this case, we note that OCA and WIEC agreed to some specific 

adjustments to cost items which could fairly be characterized as operations and maintenance costs.  

Further, we do not foreclose a future showing by the Company that accuracy of the factor has 

improved, or some other factor should be used.  Finally, by making this finding, we conclude the 

Company’s request for a productivity offset is moot. 

 

175. With regard to the issue of placing RMP’s pre-paid pension asset in rate base, we 

found RMP’s position persuasive and conclude the pre-paid pension is an asset that is appropriate 

to place in rate base.  We reach this conclusion subject to the OCA’s recommended offset, accepted 

by Stuver on behalf of the Company as an “equitable alternative” to the Company’s proposal, and 

in the nature of a “transitional item.” 

 

176. Where RMP’s proposed level of legal expenses is consistent with the experience of 

previous years, we decline to remove selected litigation expenses from a calculation resting on 

consistent past practice.  We acknowledge that in any specific case, expenses may be difficult to 

control and adverse results can and will occur from time to time.  Further, we note that the adverse 

result in one case is subject to a pending appeal.  Overall, we conclude that the Company’s legal 

expenses, as requested, should be included in this case. 

 

 177. We have been asked to reduce the labor expenses requested by RMP due to a 

substantial number of open positions, and decline to do so.  This is generally in the domain of 

Company management’s authority, and we found the testimony on this subject to be credible and 

reasonable. There has been no evidence of a prolonged or intentional pattern of failure to take 

initiative to fill the open positions. 

 

 178. With regard to RMP’s estimated overhaul expenses for the Lake Side 2 and Carbon 

Plant, we consider the two plants to present separate issues.  For Lake Side 2, we find and conclude 

the forecast of overhaul expenses is reasonable and should be included.  For the Carbon Plant, we 

are not persuaded by the Company’s argument that the Carbon Plant expenses will never be 

recovered, because the four year average used to determine the expense allowance is forward 

looking.  The Company’s argument is not made more compelling by its proposal to only ask for a 

portion of the actual past Carbon overhaul expenses in its four year average, particularly since the 

Carbon plant is to be shut down in the near future.  Therefore, we conclude the overhaul expenses 

of the Carbon Plant should be excluded from the four year average calculated in this rate case. 

 

 179. The Company requested a one-time recovery of the Carbon Plant labor and non-

labor operations and maintenance expense required to operate the Carbon Plant until its April 2015 

retirement, subject to an agreement between RMP and WIEC to net that expense against the 
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prospective Carbon Removal Costs.  We approve this one-time recovery. However, since this is 

not a normal calculation, as part of the Company’s reporting of Removal Costs, the Commission 

directs the Company to provide an accounting which clearly shows what the labor and non-labor 

O & M expenses were, and how they were applied to Carbon Removal Costs. 

 

 180. In considering including Allowance for Funds Used During Construction costs 

associated with the Blundell Well Installation and Well Integration Project in rate base, we 

conclude the Company’s explanation is reasonable and the costs are prudent.  As such, these costs 

should be treated as the Company has proposed. 

 

 181. We conclude the following unchallenged RMP capital projects should be included 

in rate base: 

 

  (1) the Company’s investment in Lake Side 2 in the amount of $105,000,000; 

 

  (2) the Company’s investments in the Mona-to-Oquirrh and Sigurd-to-Red 

Butte transmission resources in the amounts of $59,000,000 and $58,100,000 respectively; 

 

  (3) the Company’s investments in the Carbon Plant Replacement Project and 

the Standpipe Substation Project in the amounts of $7,400,000 and $4,300,000 respectively; 

 

  (4) the non-main grid transmission investments and distribution investments in 

the amounts of $32,100,000 and $50,100,000 respectively;  

 

  (5) the expense of the Merwin fish collector project in the amount of 

$9,400,000; and 

 

  (6) the expense of the Hunter Unit I environmental compliance project in the 

amount of $13,900,000. 

 

 182. We find the testimony of Tepley persuasive and conclude RMP’s investment in 

Hayden Unit 1 environmental compliance project is prudent and appropriate.  

 

 183. In deciding the issues in rebuttal, we conclude the ten items agreed to between 

WIEC and RMP should be accepted as reasonable and prudent.  Additionally, we accept WIEC’s 

position on the remaining two items as being reasonable and prudent as well.  All twelve items are 

presented in paragraphs 84 through 97 in the Findings of Fact above and will not be further 

addressed here. 

 

 184. As a part of setting base net power costs (NPC), we have been asked to determine 

benefits associated with the establishment of an Energy Imbalance Market (EIM) in conjunction 

with the California Independent System Operator (CAISO).  Costs of approximately $800,000 are 

not in dispute.   While we agree with the Company that [i] the E3 Report was not intended to 

measure specific benefits in this context and [ii] there are substantial uncertainties about how the 

EIM market will evolve, we also find that (a) E3 is a reasonable starting point, one that was 

adjusted by Mullins; (b) RMP didn’t offer a better starting point, or any alternative other than to 

set benefits equal to costs; and (c) RMP provided little comfort that it would be able to calculate 
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benefits as the EIM progresses.  Coupled with RMP’s interest in having at least a year’s worth of 

data, probably delaying an analysis into 2016, ratepayers have a legitimate concern that the 

determination of benefits could be subject to considerable delay.  Further, whatever assessment is 

ultimately done may well have to be a stand-alone effort like the E3 study, rather than flowing 

readily from data generated by the operation of the EIM.  We conclude the just and reasonable 

solution is to shade RMP’s number upward toward WIEC’s evaluation.  We accordingly conclude 

the benefit amount should be set at $2,600,000, or the approximate midpoint between RMP’s 

proposed benefits, about $800,000 and the $4,400,000 resulting from Mullins’ revised version of 

the E3 approach, which accounts for some of Duvall’s criticisms and adjusts for the forecast test 

period.  Our decision in this issue renders moot the question of whether any market caps currently 

in GRID should be removed, since this WIEC proposal assumed the Commission would not set 

EIM benefits. 

 

 185. We conclude the two swap gas contracts with J. Aron & Company should not be 

removed from NPC as we are persuaded by the Company’s position that Goldman Sachs is not an 

“Affiliate” of Berkshire Hathaway.  We also rest our conclusion on the fact that WIEC offered no 

evidence of impropriety. 

 

 186. On the question of whether wind and load integration charges should be excluded 

from NPC, we accept the Company’s explanation and position. 

 

 187. We decline to establish new and additional criteria for inclusion of Qualifying 

Facilities (QFs) in NPC, in part because such criteria may ultimately be deemed to add burdens 

above those required by the Federal Energy Regulatory Commission.  However, we think it 

appropriate to exclude specific QFs from NPC when they are not used and useful during the test 

period.  Where, as here, that question has been fairly raised during a proceeding before this 

Commission, through testimony that the project is not yet under construction and is not expected 

to achieve commercial operation during RMP’s test period, the burden of responding to such 

specific concerns must rest with the Company.  We find that the Company has not so responded 

with respect to the Latigo Wind Park, which should therefore be excluded from NPC. 

 

 188. We conclude WIEC’s proposed heat rate/minimum capacity adjustment should not 

be adopted, and further conclude WIEC has identified a problem that should be addressed by RMP 

through improved modeling.  We direct the Company to include appropriate improvements when 

filing its next general rate case. 

 

 189. Based on the Company’s testimony, we accept the Company’s position, and 

conclude the three lengthy outages to which WIEC has objected, Colstrip 4, Lakeside 1 and 

Gadsby 4, should not be removed from the averaging of historical outages used to set NPC. 

 

 190. We find and conclude that RMP’s explanation regarding start-up energy costs is 

reasonable and decline the changes proposed by WIEC.  However, we request the Company to 

provide a more precise accounting of start-up energy costs when filing its next general rate case.  

 

 191. With regard to WIEC’s request to remove costs related to non-owned wind 

integration, we conclude that all such costs are not presently recovered under OATT Schedules 3, 

3A, and 9, and find the Company should continue to pursue that objective.  We direct the Company 
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to report to this Commission on its progress with changes to the FERC tariff no later than the filing 

of the next general rate case.  

 

 192. We accept RMP’s explanation regarding possible adjustments of its short-term non-

firm transmission modeled in GRID.  Therefore we decline to make any adjustments to RMP’s 

short-term non-firm transmission included in the Company’s NPC. 

 

 193. We accept RMP’s explanation regarding possible adjustments to the Company’s 

modeling assumptions in GRID for the Black Hills Power and UMPA II Contracts.  Therefore, we 

decline to make WIEC’s adjustments on this issue. 

 

 194. We accept the adjustment to GRID regarding the continued operation of Naughton 

3 as a coal-fired unit, as agreed to by the Parties, and accept the testimony that Naughton Unit 3 

will continue to operate as coal facility throughout the test period. 

 

 195. We conclude RMP’s revised class cost of service study using the classification and 

allocation methodologies adopted for prior cases should be approved.  However, with a concern 

for the pending multi-state protocol process, we direct RMP to prepare a system-wide loss study 

that includes the development of specific disaggregated transmission loss factors to more 

accurately reflect the different varying voltage levels on which Schedule 48T customers are served. 

This updated loss study should address the inconsistencies between the demand and energy loss 

factors.  The Company should prepare a schedule for this study in consultation with Commission 

staff.  

 

 196. We approve RMP’s proposed rate spread and rate design, which is based on 

methods approved in prior rate cases and which continues to collect between 99 and 101 percent 

of class target revenues derived from the class cost of service study. 

 

 197. Based on testimony offered by OCA and NLRA, we conclude RMP’s request to 

increase the residential basic service charge from $20.00 to $22.00 should be denied. 

 

 198. We conclude that approval of RMP’s proposed changes to Rule 12 of its tariff 

dealing with line extensions is appropriate with the following adjustments: (1) the Company’s 

$1,300 residential line extension allowance should remain unchanged, and (2) the Company should 

be responsible for the cost of upgrades at such facilities at or above 115 kilowatts rather than 230 

kilowatts.  We accept the Company’s proposal to maintain the standard of 1.0 times estimated 

annual revenues.  Customers that are currently pursuing projects under the previous standards, as 

determined by reference to a pending application or documented negotiations as of December 10, 

2014,  may, at the option of the customer, remain subject to the standards of Rule 12 as it existed 

prior to the filing of this rate case. 

 

 199. We conclude the unchallenged “housekeeping” changes proposed by RMP to Rule 

7, metering, and Rule 10, disconnection of service, should be approved. 

 

 200. Lastly, we conclude the unchallenged changes to schedule 300, reflecting prices 

associated with Rules 7, 10, and 12 should be approved. 
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 201. The Commission’s conclusions set forth hereinabove are supported by a 

preponderance of the evidence. 

 

NOW THEREFORE, IT IS ORDERED: 

 

1. Pursuant to the Commission’s deliberations held on December 10, 2014, Rocky 

Mountain Power is hereby authorized to increase its rates to Wyoming customers in an amount 

consistent with the terms of this Order.  The increases in rates approved herein, in the amount of 

$20,188,227 are to be effective with all usage on and after January 1, 2015. 

 

2. Rocky Mountain Power shall provide to the Commission an accounting which 

clearly shows what the labor and non-labor O&M expenses were, and how they were applied to 

Carbon Removal Costs. 

 

3. Rocky Mountain Power shall provide a precise accounting of its start-up energy 

costs when filing its next general rate case. 

 

4. For all non-owned wind integration costs not presently recovered by Rocky 

Mountain Power under OATT Schedules 3, 3A, and 9, the Company shall continue to pursue the 

removal of those costs.  We direct to Company to report to this Commission on its progress with 

changes to the FERC tariff no later than the filing of the next general rate case. 

 

5. RMP shall prepare a system-wide loss study that includes the development of 

specific disaggregated transmission loss factors to more accurately reflect the different varying 

voltage levels on which Schedule 48T customers are served. This updated loss study shall address 

the inconsistencies between the demand and energy loss factors.  The Company shall prepare a 

schedule for this study in consultation with Commission staff. 

 

6. The Parties shall promptly hereinafter handle all confidential information in their 

possession in accordance with and at the time specified in paragraph 8(e) of the Protective Order 

issued May 1, 2014. 

 

7. Any revised tariffs or rate schedules not already approved by the Commission shall 

be filed with the Commission for approval, consistent with the terms of this Order, within two 

weeks of its issuance. 

 

8. This Order is effective immediately. 
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MADE and ENTERED at Cheyenne, Wyoming, on December 30, 2014. 

 

     PUBLIC SERVICE COMMISSION OF WYOMING 

 

 

             

     ALAN B. MINIER, Chairman 

 

 

             

     WILLIAM F. RUSSELL, Deputy Chairman 

 

 

             

(SEAL)    KARA BRIGHTON, Commissioner 

 

Attest: 

 

 

        

JOHN S. BURBRIDGE, Assistant Secretary 
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BEFORE THE PUBLIC UTILITIES COMMISSION 

OF THE STATE OF CALIFORNIA 

In the Matter of the Application of PACIFICORP (U 
901 E), an Oregon Company, for an Order Authorizing a 
General Rate Increase Effective January 1, 2019. 

Application No. 18-04-002 
(Filed April 12, 2018) 

And Related Matter 
I.17-04-019

REPLY BRIEF OF PACIFICORP (U 901 E) 

[PUBLIC VERSION] 

In accordance with the schedule specified in the Assigned Commissioner’s 

Scoping Memo and Ruling, as subsequently modified by the January 22, 2019 Email Ruling 

Extending Briefing Schedule issued by Administrative Law Judge Eric Wildgrube, PacifiCorp 

d/b/a Pacific Power (PacifiCorp) hereby submits its Reply Brief in the above-captioned docket. 

I. EXECUTIVE SUMMARY 

In this Reply Brief, PacifiCorp responds to the Opening Briefs of the Public 

Advocates Office (Cal PA), Sierra Club, and TURN.  As indicated in PacifiCorp’s Opening 

Brief, there are a substantial number of issues in the consolidated General Rate Case (GRC) and 

Order Instituting Investigation (OII) that are uncontested, and those issues should be resolved as 

proposed in PacifiCorp’s Application and prepared testimony.1

1 Opening Brief of PacifiCorp, pp. 2–3. 
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A. Public Advocates Office 

Notably, Cal PA’s opening brief makes no mention whatsoever of any of 

PacifiCorp’s rebuttal testimony or the company’s revised rate request and fails to respond to the 

substantive arguments in the rebuttal testimony that contradict Cal PA’s positions.  Cal PA 

simply duplicates the content of its direct testimony and assembles it into a brief.  Because Cal 

PA failed to address any of PacifiCorp’s rebuttal testimony, the few contested issues between 

PacifiCorp and Cal PA should be decided in favor of PacifiCorp.  PacifiCorp responded to each 

of Cal PA’s arguments with extensive rebuttal testimony.  In particular, these issues involve the 

Return on Equity (ROE) setting the Cost of Capital in the rate effective period, and an 

adjustment to PacifiCorp’s incentive compensation program costs.  On all other issues, 

PacifiCorp and Cal PA are in agreement. 

B. TURN

TURN’s opening brief makes only three recommendations:  First, that the 

Commission should reject PacifiCorp’s proposal for accelerated depreciation of its coal-fired 

generation units, and delay consideration until a “future request to alter depreciation schedules 

for its California customers.”2  But TURN’s suggestion to simply delay consideration of coal 

unit depreciation lives is not supported by its testimony.  Indeed, TURN submitted no testimony 

on the subject whatsoever.  TURN’s cross-examination of PacifiCorp witnesses did reveal that 

there are significant reasons to accelerate the depreciation of the coal units now,3 reasons that 

were endorsed by Cal PA.4  TURN’s assertion that there is no connection between accelerated 

depreciation and resource planning choices is disproved by the prepared testimony of PacifiCorp 

and Cal PA, as well as by testimony elicited in cross-examination.  PacifiCorp’s accelerated 

2 Opening Brief of The Utility Reform Network (TURN), p. 1. 
3 RT Vol. 3, pp. 155 (line 4)–56 (line 5) (Lockey/PacifiCorp). 
4 Exh. Cal Advocates-07, pp. 8 (line 3)–9 (line 9). 
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depreciation proposal should be adopted precisely because it provides additional flexibility to 

respond to resource planning issues that may arise in relation to the coal units. 

Second, TURN recommends that PacifiCorp submit extensive additional 

information regarding the dispatch of its coal units in future Energy Cost Adjustment Clause 

(ECAC) proceedings.5  Again, this recommendation was not addressed in TURN’s testimony and 

it is procedurally improper to introduce it in its post-hearing brief.  There is no record evidence 

to support TURN’s suggestion, and PacifiCorp was denied any opportunity for its witnesses to 

address this proposal on the record.6  In addition, in future ECAC proceedings, TURN has the 

ability to propound discovery questions on these issues.  Thus, there is no reason for the 

Commission to mandate extensive information disclosures by PacifiCorp until and unless TURN 

raises such issues in the next ECAC.  TURN has not raised any such issues in past PacifiCorp 

ECAC proceedings. 

TURN’s final recommendation in its opening brief is to sunset the alternative 

compliance mechanism by which PacifiCorp complies with the California Emissions 

Performance Standard (EPS).  As detailed below, PacifiCorp qualifies for the alternative 

compliance standard created by the Legislature and adopted by the Commission, and its 

expenditures for maintenance and emissions control equipment at its coal units do not violate 

either the EPS or the alternative compliance standard.  TURN’s contention that such 

5 Opening Brief of TURN, pp. 1, 12. 
6 See, e.g., Application of California-American Water Company for Authorization to Increase its 
Revenues, etc., D.18-12-021, p. 59 (“This issue was raised for the first time in ORA’s opening 
brief, and therefore, the record does not contain information regarding the impact of [ORA’s 
proposals].”); Go Printing, Inc. v. PG&E, D.18-11-030, p. 10 (“Complainant is raising these 
issues for the first time in its Opening Brief and there is insufficient evidence to support these 
allegations.”); Application of PG&E Proposing a Market Structure and Rules for the Northern 
California Natural Gas Industry, etc., D.03-12-061, p. 129 (“The transmission capacity to obtain 
fuel for the DWR contracts was not raised in the testimony of any of the parties in this 
proceeding.  Accordingly, that issue does not need to be addressed in this proceeding.”). 
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expenditures must be considered long-term financial commitments fails to acknowledge the 

Commission’s contrary view stated in the decision implementing the alternative compliance 

mechanism.7

C. Sierra Club 

Sierra Club has made several recommendations in the consolidated proceedings, 

many of which differ substantially from those presented in its testimony.8  The Commission 

should reject Sierra Club’s revised proposals because they are unsupported by the evidence and 

legally deficient. 

Sierra Club urges the Commission to find that PacifiCorp has failed to engage in 

least-cost planning.  This notion is disproved by the extensive direct and rebuttal testimony of 

PacifiCorp explaining its comprehensive integrated resource plan (IRP) process and how the IRP 

supports least-cost, least-risk planning and operation of PacifiCorp’s system.9  Sierra Club’s 

claim also disregards the biennial IRPs themselves, voluminous planning documents which 

PacifiCorp has filed with the Commission for many years.10

Based on the faulty premise that PacifiCorp does not conduct least-cost planning, 

Sierra Club proposes that PacifiCorp be required to submit detailed resource planning testimony 

in every ECAC application to prove whether specific generation units provide benefits to 

customers.  Because this recommendation was not made in Sierra Club’s testimony, PacifiCorp 

7 TURN’s witness recommended in his OII testimony that the Commission disallow the costs of 
“long term financial commitments” that extend the lives of PacifiCorp’s coal units.  (Exh. 
TURN-1, p. 3 (lines 3–6).)  However, TURN did not discuss or advocate for its witness’ 
recommendation in its Opening Brief.  PacifiCorp opposes this recommendation for the same 
reasons cited in response to the Sierra Club’s assertion that such commitments violate the 
Emission Performance Standard.  (See Section XII.A., infra.)
8 Sierra Club’s Opening Brief, pp. 5–7.  As noted in fn. 6 infra, it is procedurally improper for 
Sierra Club to raise claims for the first time in its post-hearing brief. 
9 Opening Brief of PacifiCorp, pp. 54–65. 
10 Exh. PAC/1800, p. 6 (lines 4–7). 
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was unable to respond to it in rebuttal or during the hearing.  It is clear, however, that such a 

requirement would result in wasteful duplication of information provided in the IRP and ECAC 

proceedings and impose unnecessary burdens on the Commission and all of the parties to these 

proceedings. 

In another new claim, Sierra Club contends that PacifiCorp failed to establish the 

reasonableness of the capital investments and maintenance costs at all of its coal units between 

2011 through 2018 and seeks to disallow all such past expenditures whether reflected in this case 

or past ECAC or Post Test-year Adjustment Mechanism (PTAM) filings.11  This new claim is 

unsupported by the evidence, procedurally improper, and barred by retroactive ratemaking 

principles.

Sierra Club has also improperly expanded its challenge to the reasonableness of 

capital costs for PacifiCorp’s coal units for the test year 2019, from ten specific units to all of 

PacifiCorp’s coal units.  Relatedly, Sierra Club recommends that the Commission find that 

retirement of some coal units by 2022 would benefit customers (without specifically defining 

which units), and prospectively prohibit any spending at those coal units beyond 2022 without

specific justification.12

PacifiCorp’s evidence supports the relatively modest capital costs associated with 

continued operation and maintenance of its coal units for the test period.  Contrary to Sierra 

Club’s claims, there is no evidence that the capital expenditures in the test year or beyond are 

11 Originally, Sierra Club sought to disallow past expenditures related only to the specific 
emissions control expenditures it challenged at the Jim Bridger, Hayden, Craig and Naughton 
plants.  (See PacifiCorp Opening Brief, pp. 52–53.) 
12 Sierra Club’s Opening Brief, pp. 21–22. 
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imprudent or unnecessary, or that PacifiCorp’s coal units are not cost-effective.13  Sierra Club 

points to studies being developed in the company’s ongoing 2019 IRP process to support its 

claims, but the record is clear that these studies are preliminary, do not yet reflect the full costs 

and reliability impacts of combined plant retirements by 2023, and do not indicated which units, 

if any, could be cost-effectively retired by 2023.14  It should also be noted that Sierra Club 

avoided cross-examining the PacifiCorp witness most qualified to discuss the IRP process and 

analysis of coal-related expenditures, Mr. Rick T. Link.  PacifiCorp’s other witnesses referred 

Sierra Club to Mr. Link or his testimony approximately 40 times, while Serra Club only asked 

Mr. Link a handful of questions that largely failed to address the information Sierra Club sought 

from the other witnesses.15

Sierra Club reiterates its past recommendations to deny recovery of the emissions 

control equipment installed at Jim Bridger Units 3 and 4 and at Naughton Unit 1 (which has been 

reflected in California rates since 2012).  Sierra Club has not addressed any of the evidentiary 

and legal deficiencies of these claims.16  In addition, Sierra Club appears to have dropped its 

challenge to emissions control equipment installed at the Craig and Hayden plants, because 

Sierra Club failed to include these plants in its summary of recommendations in its Opening 

Brief.

13 RT Vol. 3, pp. 112 (line 22)–113 (line 1), pp. 116 (line 24)–117 (line 3), pp. 172 (line 1)–173 
(line 16) (Lockey/PacifiCorp); see id. at p. 105 (lines 10–26), pp. 131 (line 20)–132 (line 3). 
14 RT Vol. 3, p. 105 (lines 10–26), p. 111 (lines 6–11), p. 113 (lines 7–8), pp. 116 (line 24) –117 
(line 3), p. 130 (lines 6–15); Exh. PAC/1800, pp. 26 (line 19)–27 (line 14), p. 28 (lines 8–19); 
see id. at p. 30 (lines 10–13). 
15 RT Vol. 4, pp. 392 (line 15)–398 (line 17). 
16 Exh. PAC/400, pp. 3 (line 15)–16 (line 2); Exh. PAC/500, pp. 15 (line 1)–25 (line 15); Exh. 
PAC/1600, pp. 9 (line 10)–25 (line 20), pp. 26 (line 5)–27 (line 7); Exh. PAC/1700, pp. 2 (line 
8)–12 (line 13); Exh. PAC/1800, pp. 31 (line 5)–43 (line 2). 
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Like TURN, Sierra Club recommends that the Commission should no longer 

permit PacifiCorp to use the alternative compliance mechanism for EPS compliance.  As stated 

in response to TURN’s argument, PacifiCorp has provided record evidence that establishes its 

compliance with the alternative compliance standard adopted by the Commission.17  Sierra Club 

also mischaracterizes PacifiCorp’s expenditures for maintenance and emissions control 

equipment at its coal units as “long term financial commitments” that are not in compliance with 

either the EPS or the alternative compliance standard.  However, Sierra Club, like TURN, fails to 

explain why its assertion is not undermined by the Commission’s determination when 

implementing SB 1368 that not all maintenance costs or additions of pollution control equipment 

trigger the EPS.18

Finally, Sierra Club recommends that the Commission reject the accelerated 

depreciation lives proposed by PacifiCorp.  As explained in detail below, PacifiCorp’s 

accelerated depreciation proposal provides additional flexibility to respond to economic or 

environmental regulatory issues that may affect the operational lives of PacifiCorp’s coal units.

Cal PA’s testimony supports PacifiCorp’s recommendation and concludes that the depreciation 

proposal is a reasonable means of reducing risk for utility customers.19

II. POLICY TESTIMONY 

Only two issues in the category of Policy Testimony are contested by the parties.  

PacifiCorp recommends adoption of its proposals for the ECAC and PTAM mechanisms, and a 

reduction to Cal PA’s proposed adjustment for the company’s incentive compensation program 

to exclude only those cost elements related to factors the Commission has excluded in past 

decisions.

17 Opening Brief of PacifiCorp, pp. 112–115. 
18 D.07-01-039, p. 52; Opening Brief of PacifiCorp, pp. 114–115; See also pp. 42–45, infra.
19 See Section V., pp. 17–23, infra.
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A. ECAC and PTAM Mechanisms 

PacifiCorp requests that it be permitted to retain the PTAM attrition factor and 

make minor adjustments to its ECAC mechanism to properly address Production Tax Credits 

(PTC) and Start Up Fuel Costs.20  PacifiCorp’s position is not opposed by Cal PA.21  Nor has any 

party objected to the proposed adjustments for PTC and Start Up Fuel Costs.

1. Sierra Club Proposes to Require Resource Planning in ECAC Proceedings 

Sierra Club claims that “it takes no position on the Commission’s decision to 

retain the ECAC and PTAM mechanisms.”22  However, Sierra Club goes on to present a new 

recommendation in its Opening Brief, unsupported by any testimony, that no net power costs 

from coal-fired units be permitted rate recovery by means of the ECAC mechanism unless 

supported by resource planning testimony to establish that the generation units in question have 

“been proved to be valuable to customers.”23  This suggestion would improperly inject a full IRP 

analysis into ECAC proceedings, and should be rejected by the Commission as duplicative and 

unwieldy.  In complete contradiction to its own proposal, Sierra Club admits that the ECAC 

mechanism is not designed for a “rigorous resource planning review.”24

PacifiCorp submitted substantial testimony in this case detailing its IRP process, 

and stated that it is now in the process of developing its 2019 IRP.  PacifiCorp has been 

continually modeling its coal fleet since the 2011 IRP,25 and the 2019 IRP will provide an even 

more detailed review of the cost effectiveness of the company’s generation units.26  Sierra Club 

and other parties are participating in the 2019 IRP process now underway and will have the 

20 Opening Brief of PacifiCorp, pp. 12, 17–19. 
21 Opening Brief of the Public Advocates Office, p. 3. 
22 Sierra Club’s Opening Brief, p. 9. 
23 Id. at pp.8–9. 
24 Id. at p. 9. 
25 See pp. 24–30, infra.
26 Opening Brief of PacifiCorp, p. 60. 
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opportunity to respond to the final 2019 IRP, once it is filed with PacifiCorp’s state commissions 

later this year.27  Given the robust, multi-state IRP process already in place for PacifiCorp, it is 

unnecessary to add a new resource planning process to annual ECAC proceedings.  Sierra Club’s 

recommendation would frustrate and confuse the entire ECAC mechanism and waste the 

resources of the Commission and the parties by duplicating complex resource planning analyses 

in multiple cases. 

ECAC proceedings are the appropriate place to examine the prudency of a 

particular element of net power costs, or to challenge the dispatch decisions of the utility to see if 

they comply with least-cost, least risk principles.28   In addition, significant capital investments 

in plants incurred between rates cases can be examined through the PTAM major capital 

additions procedure, usually through an advice letter filing by the utility.  Sierra Club has had the 

opportunity in previous ECAC proceedings to challenge PacifiCorp’s net power costs, but has 

not intervened in these cases.  In addition, Sierra Club could have contested the regional haze 

compliance investments at Naughton Unit 1 when such costs were first put into rates in 

California through an advice letter.29  However, Sierra Club did not protest the advice letter.

Before the Commission adopts Sierra Club’s recommendation to drastically alter resource 

planning and ECAC proceedings at the Commission, Sierra Club should be forced to establish 

that the existing processes are not adequate.  Sierra Club has clearly not met this standard.  

27 See In the Matter of PacifiCorp d/b/a Pacific Power, 2019 Integrated Resource Plan, Or. Pub. 
Util. Comm’n, Docket No. LC 70, Petition to Intervene of Sierra Club (June 26, 2018). 
28 Scoping Memo and Ruling of Assigned Commissioner and Joint Ruling with Administrative 
Law Judge, I.17-04-019, September 14, 2017, p. 11 (“We also find Sierra Club’s suggested 
question about least-cost dispatch of coal plants to be outside the scope of this proceeding; that 
and related questions are more appropriately addressed in a future review of PacifiCorp’s ECAC 
mechanism.”)  See also Assigned Commissioner’s Scoping Memo and Ruling, A.18-04-
002/I.17-04-019 (July 19, 2018) p. 5. 
29 Opening Brief of PacifiCorp, p. 86; Exh. PAC/1600, p. 4 (lines 7–15). 
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2. TURN Proposes Burdensome Disclosures in ECAC Applications 

TURN makes equally resource-intensive and unnecessary recommendations for 

modifying PacifiCorp’s ECAC mechanism.  TURN suggests that: 

[T]he Commission should direct PacifiCorp to submit, in its next 
ECAC, a quantification of total incremental dispatch of its 
generating units into wholesale markets to serve non-PacifiCorp 
loads both within California and across the West. This submission 
should include its general activities in Western bilateral markets 
and specific activities in the EIM. For purposes of presentation to 
the Commission, data for California and other Western loads 
should be separately displayed. The presentation should identify 
incremental generation, incremental operating and fuel costs, 
incremental market revenues, and incremental GHG emissions. 
PacifiCorp should provide this information separately for its 
bidding into the EIM, and also include bids submitted into the EIM 
and accepted by the EIM, both to serve California load and non-
California load.30

TURN’s proposal seeks a combination of information that can be routinely 

provided through a data request in an ECAC proceeding, and information that is impractical to 

produce or just unavailable.  In the first instance, TURN should make a data request in the next 

ECAC proceeding for much of the information it seeks.  Information such as bi-lateral 

transactions in other western markets, information about resources bid into the EIM, savings 

generated by the EIM, and California-specific loads vs. western loads, are all types of 

information that PacifiCorp has provided to other parties in other net power cost proceedings.  

TURN is also requesting information that is simply not possible for PacifiCorp to 

provide.  Tracking and disclosure of incremental dispatch of PacifiCorp generating units used to 

serve non-PacifiCorp loads is currently not possible.   PacifiCorp’s witnesses could have 

addressed this if it were a proposal contained in TURN’s testimony, but TURN did not raise the 

issue in its OII testimony and submitted no testimony regarding this proposal in the GRC.  This 

30 Opening Brief of TURN, p. 12. 
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highlights the procedural problem caused by parties who create new proposals that are revealed 

for the first time in briefs.  This does not permit other parties a reasonable opportunity to respond 

with record evidence, and such proposals should not be adopted by the Commission. 

PacifiCorp’s primary objection to TURN’s proposal is that it is unnecessary and 

burdensome to require PacifiCorp to provide such information with every ECAC filing, when 

there is no assurance that any party, let alone TURN, will actually seek to obtain and use the data 

in such a case.  Notably, TURN has not intervened in the last two PacifiCorp ECAC 

proceedings.31  Just as with Sierra Club’s recommendation for adding IRP analyses to each 

ECAC proceeding, PacifiCorp urges the Commission to reject TURN’s suggestion to require a 

mandatory data dump with each ECAC. 

PacifiCorp wishes to emphasize that the introduction of new recommendations, 

unsupported by testimony, for the first time in briefs denies other parties the opportunity to 

respond to such proposals via record testimony, and violates due process.  A GRC is not a 

rulemaking limited to notice and comment procedures, it is a ratemaking proceeding in which 

testimony is to be served on other parties and subjected to cross examination.  The Commission 

should reject the newly minted proposals of TURN and Sierra Club as untimely and improper.32

B. Incentive Compensation 

In both its rebuttal testimony and its Opening Brief PacifiCorp explained in detail 

why Cal PA’s proposed disallowance regarding incentive compensation is excessive.  The Cal 

PA recommendation does not take into account the fact that the incentive methodology is based 

on six factors, not three.33  In addition, the specific components of the methodology that Cal PA 

objected to as having no direct customer benefit—customer satisfaction surveys and the financial 

31 A.17-08-005, A.18-08-001. 
32 See the authorities cited in fn. 6, supra.
33 Opening Brief of PacifiCorp, p. 13; Exh. PAC/1400, p. 18 (lines 8–18). 

                            16 / 57

Exhibit PAC/2612 
Ralston/16



 - 12 -  

strength of the utility—comprised a much smaller proportion of the incentive compensation 

calculation than the two-thirds that Cal PA assumed.34  However, Cal PA’s opening brief ignored 

PacifiCorp’s rebuttal testimony on this issue, simply reiterated Cal PA’s direct testimony, and 

offered no further support for their proposed disallowance.35  Therefore, PacifiCorp’s rebuttal 

testimony is uncontradicted and should form the basis for the Commission’s decision on this 

issue.  The Cal PA disallowance should be reduced to just that portion related to customer survey 

activity and financial strength benchmarks, as calculated in the PacifiCorp rebuttal testimony.36

C. 2018 Income Tax Adjustment 

The Cal PA opening brief accurately recites the steps that PacifiCorp has taken to 

book tax savings in a memorandum account to be returned to customers at a later date.37  Both 

Cal PA and PacifiCorp agree that the tax savings should be returned to customers. 

III. INTER-JURISDICTIONAL COST ALLOCATION METHODOLOGY 

A. Issues from OII—Reasonableness of Rates 

No party submitted any testimony or raised issues on brief related to the existing 

cost allocation methodology used by PacifiCorp in California. The reasonableness of rates from 

the existing Revised Allocation protocol should be verified in the decision 

B. Issues from GRC—2017 Protocol 

No party submitted any testimony or raised issues on brief related to the new cost 

allocation methodology proposed by PacifiCorp in this Application.  Accordingly, the 2017 

Protocol Allocation Methodology should be adopted going forward 

34 Opening Brief of PacifiCorp, p. 16; Exh. Cal Advocates-04, pp. 9 (line 24)–10 (line 3). 
35 Opening Brief of the Public Advocates Office, pp. 58–61. 
36 Opening Brief of PacifiCorp, p. 16. 
37 Opening Brief of the Public Advocates Office, p. 3. 
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IV. COST OF CAPITAL 

A. Capital Structure 

As indicated in PacifiCorp’s opening brief, there is no dispute between Cal PA 

and PacifiCorp on the proposed capital structure for the rate effective period. 

B. Cost of Debt and Preferred Stock 

No party disputes the cost of debt and cost of preferred stock proposed in 

PacifiCorp’s Application.38  Accordingly, PacifiCorp’s proposals on these matters should be 

adopted by the Commission. 

C. Return on Equity 

The Commission should set the ROE for PacifiCorp at 10.6 percent.  This level of 

return is appropriate and supported by substantial evidence in the record.  The range of 

reasonable equity returns based upon the financial models and comparable earnings and allowed 

returns extends from 9.38 percent (the average of the Discounted Cash Flow (DCF), Capital 

Asset Pricing Model (CAPM) and Risk Premium model results using the updated data in 

PacifiCorp witness Mr. Kurt Strunk’s rebuttal testimony) to 10.48 percent (the average of all 

methods considered by Mr. Strunk as set forth in Exhibit PAC/1504).39  While the Cal PA 

focuses exclusively on the DCF, CAPM and the Risk Premium models, the data used by Mr. 

Strunk to derive a fair return--yielding an overall average of 10.48 percent--is more 

comprehensive and informative than the narrow approach employed by Cal PA.  In addition, as 

Mr. Strunk has pointed out, there are several important factors that warrant a return set at or 

38 Opening Brief of PacifiCorp, pp. 28–29. 
39 Exhibit PAC/1504. 
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above the higher end of the range of reasonable returns, factors that with one exception were not 

considered or even addressed by Cal PA.40

Cal PA did not review or consider the more recent data used by PacifiCorp’s 

witness to update his financial model analysis.  Cal PA’s opening brief describes the proxy group 

selected by PacifiCorp for the ROE analysis by referring only to the proxy group included in Mr. 

Strunk’s direct testimony.41  Nowhere does Cal PA acknowledge that Mr. Strunk made changes 

to the proxy group in his rebuttal testimony to account for changes in some of the listed 

companies.42  Cal PA refers to Mr. Strunk’s analyses as having been performed in February 

2018,43 when the updated financial models described in his rebuttal testimony were based on 

data from October 2018.44  It is important for the Commission to understand that PacifiCorp’s 

witness relied on more recent data than the data considered by Cal PA, and that is a primary 

reason that Mr. Strunk’s financial model results produced an average return of 9.38 percent 

rather than the 8.94 percent recommended by Cal PA.45  As Cal PA’s cost of capital analysis is 

simply a recitation of their direct testimony, all of Mr. Strunk’s criticisms of Cal PA’s analysis as 

set forth in his rebuttal testimony still hold true, and have not been contradicted by any record 

evidence.46

Beyond its reliance on an overly narrow set of indicators of a fair return, perhaps 

the greatest weakness in the Cal PA cost of capital analysis is its complete failure to consider 

additional risk issues that can affect the return required by a utility’s investors.  These factors 

40 Exhibit PAC/1500, pp. 2 (line 9)–4 (line 5). 
41 Opening Brief of the Public Advocates Office, pp. 10–11. 
42 Exhibit PAC/1500, pp. 16–18. 
43 Opening Brief of the Public Advocates Office, pp. 12, 15, 16, and 20. 
44 Exhibits PAC/1506, 1507, 1508, 1509, 1510. 
45 Exhibit PAC/1504; Opening Brief of the Public Advocates Office, p. 10. 
46 Exhibit PAC/1500, pp. 2 (line 9)–4 (line 5).
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include current economic conditions, where the trend of rising interest rates and increase 

volatility in equity markets will drive investors to require higher returns.47   Nor does Cal PA 

discuss or take into account the need to adjust the DCF financial model to account for 

unrealistically low returns the model provides under current market conditions48

PacifiCorp has identified other risk factors applicable to PacifiCorp that are not 

accounted for in the allowed returns of other utilities across the nation, most of which were 

completely ignored in Cal PA’s cost of capital analysis.  One such risk factor is PacifiCorp’s 

strategic plan to transition away from its current level of reliance on coal-fired generation and to 

add substantial renewable generation resources to its portfolio.  This effort will require 

substantial additional capital investment, which in turn increases overall investment risk for the 

company.49   PacifiCorp also faces additional business and regulatory risk due to factors that 

lower customer demand, including energy efficiency, net metering, and the potential for stranded 

costs due to departing load in the event that community choice aggregation (CCA) is offered to 

customers in PacifiCorp’s service territory.50  Cal PA does comment on the risk of load loss due 

to community choice aggregation in its opening brief.51  However, Cal PA has understated the 

risk of CCA development, both in terms of how quickly a CCA could enter PacifiCorp’s service 

territory, and the risk perceived by investors even before a CCA begins operation.52  Cal PA does 

make one new argument in its opening brief with regard to CCA risk, stating, “the California 

allotted portion of PacifiCorp’s generation assets are included in rate base for TY 2019, and 

PacifiCorp will earn a full return on these assets. Thus, there is no risk to PacifiCorp from the 

47 Exh. PAC/200, p. 4 (lines 1–6); Exh. PAC/1500, pp. 6 (line 19)–9 (line 2). 
48 Opening Brief of PacifiCorp, pp. 35–36. 
49 Exh. PAC/200, p. 30 (lines 1–15). 
50 Opening Brief of PacifiCorp, pp. 39–41. 
51 Opening Brief of the Public Advocates Office, pp. 21–23. 
52 Opening Brief of PacifiCorp, pp. 40–41. 
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CCA program.”53  This statement does not address the full range of risks from load departing to 

CCA service.  Even though PacifiCorp’s capital investment in generation plant may be in rate 

base, the company can still face stranded costs due to load lost for other net power costs, such as 

the cost of power purchased under a PPA or a long-term import contract.  Such costs may also be 

shifted to the remaining bundled customers to their detriment.  Neither result is healthy for the 

utility and its customers.  As indicated in PacifiCorp’s opening brief, there is no comparable 

PCIA mechanism in place for PacifiCorp at this time.54  If a CCA were to commence operation it 

is difficult to predict what regulatory mechanism would address potentially stranded power costs.

This uncertainty creates a tangible risk that is well understood by investors.  The Commission 

should take note of the testimony of Mr. Strunk regarding investor concerns about potential 

stranded cost issues in provider of last resort situations.55

Finally, PacifiCorp, like all California utilities, faces increased risk from 

wildfires, and this risk has been determined by ratings agencies and investors to increase 

investment risk in California utilities.56  The recent bankruptcy filing by Pacific Gas and Electric 

Company is compelling proof that California wildfires create significant risk for electric utilities 

operating in the state.57

In summary, Cal PA ignored PacifiCorp’s cost of capital rebuttal testimony, failed 

to address the need for adjustments to a standard DCF analysis, did not analyze additional 

business risk even though the Commission has adjusted ROE for such risks in the past,58 failed to 

53 Opening Brief of the Public Advocates Office, p. 23. 
54 Opening Brief of PacifiCorp, pp.39–40.
55 Exh. PAC/200, pp. 35 (line 19)–47 (line 14). 
56 Id. at pp. 9 (line 16)–11 (line 10). 
57 United States Bankruptcy Court in the Northern District of California, In re PG&E 
Corporation, Debtor, Case Nos. 19-30088 and 19-30089, filed January 29, 2019. 
58 Opening Brief of PacifiCorp, pp. 44–45. 
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take into consideration a substantial number of such additional risks applicable to PacifiCorp, did 

not consider comparable returns in its analysis, and failed to consider the impact of current and 

expected economic conditions on required returns. 

When all these issues are properly considered by the Commission, it lends strong 

support for the conclusion that a reasonable return for PacifiCorp must be set at or just above the 

upper end of the range of reasonable returns for comparable electric utilities.  The 

recommendation of PacifiCorp to retain its current level of ROE at 10.6 percent is both 

reasonable and conservative in light of the significant increase in risk factors it now faces, 

relative to the conditions present during its previous GRC when the ROE of 10.6 percent was 

originally approved by the Commission. 

V. ACCELERATED DEPRECIATION FOR COAL UNITS 

PacifiCorp, supported by the testimony of Cal PA,59 urges the Commission to 

approve its recommendation for accelerating the depreciation of its coal-fired generation units, 

by returning them to the depreciable lives in place prior to 2007.  This will permit all of the coal 

units to be fully depreciated between 2023 and 2029.  Accelerating the depreciation on these 

units will increase the company’s ability to respond to changing economic conditions and 

environmental requirements for the coal units, while reducing the risk of increased costs in the 

future for its customers should the coal plants be retired before all their costs are recovered in 

rates.60  The prospect of full or even partial recovery of the remaining book value of these coal 

plants, combined with the need to purchase replacement power or generation capacity could 

impose a significant burden on ratepayers.  Cal PA agreed that accelerating depreciation is an 

59 Opening Brief of Public Advocates Office, pp. 25–26. 
60 Opening Brief of PacifiCorp, pp. 49–52. 
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appropriate step to mitigate such risks.61  Now is the appropriate time to undertake the 

accelerated depreciation, while other factors mitigate the increase in depreciation costs, with the 

net result being just a small increase in PacifiCorp’s retail rates.62  The proposed accelerated 

depreciation will not adversely affect PacifiCorp’s customers.  In fact, it will reduce risk for both 

customers and the utility. 

A. Sierra Club 

Sierra Club asserts without authority that PacifiCorp’s accelerated depreciation 

proposal produces no customer benefits.  This is not accurate.  Both PacifiCorp and Cal PA 

identified such benefits in their testimony, including testimony in the hearing room.63  Equally 

inaccurate is the assertion of Sierra Club that the bulk of PacifiCorp’s coal fleet is already 

uneconomic.64  As PacifiCorp witnesses explained, there are no IRP studies that conclude that 

the bulk of PacifiCorp’s coal fleet is uneconomic.65  In particular, the December 2018 coal 

analysis, upon which Sierra Club so heavily relies, is only a preliminary study66 that does not 

purport to address all of the elements of a complete IRP analysis, including consideration of 

costs, operational impacts, and reliability issues related to multiple plant retirements.  These 

issues will be considered in PacifiCorp’s ongoing 2019 IRP process.67

Sierra Club also severely mischaracterizes PacifiCorp’s witness’ testimony on the 

recovery of retired or abandoned plant, and how such an event affects shareholders and 

customers.  Sierra Club states that the “stranding” of an asset is a risk borne by shareholders 

61 Opening Brief of Public Advocates Office, p. 26. 
62 Opening Brief of PacifiCorp, pp. 49–50. 
63 Exh. PAC/1400, pp. 9 (line 9)–10 (line 7); RT Vol. 3, p. 176 (lines 6–25) (Lockey/PacifiCorp); 
Exh. Cal Advocates-07, p. 8 (lines 3–21). 
64 Sierra Club’s Opening Brief, pp. 10–11; RT. Vol. 3, p. 112 (lines 24–28) (Lockey/PacifiCorp). 
65 RT. Vol. 3, p. 110 (lines 17–25) (Lockey/PacifiCorp). 
66 RT. Vol. 3, p. 105 (lines 5–28) (Lockey/PacifiCorp); RT. Vol. 3, p. 109 (lines 9–21) 
(Lockey/PacifiCorp).
67 RT. Vol. 3, p. 111 (lines 3–11) (Lockey/PacifiCorp). 
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alone.68  Yet the testimony cited in footnote 18 on page 11 of Sierra Club’s opening brief reveals 

no such statement.  PacifiCorp witness Ms. Lockey did testify that accelerating depreciation 

reduces risk for the company, but she did not say the company always bears 100 percent of the 

risk.  In fact, she testified that a variety of different outcomes are possible in a retired plant 

situation, and in many cases, the company can recover all or a portion of net book costs in rates, 

which customers will pay.69

B. TURN

TURN proposes in its opening brief a $5.24 million reduction in revenue 

requirement for PacifiCorp by eliminating the company’s proposed accelerated depreciation for 

its coal units.  This issue was not addressed by TURN’s witness in the OII, and TURN served no 

testimony in the GRC.  Once again, as in the case of TURN’s recommendations related to the 

ECAC mechanism, TURN unfairly seeks to introduce a new recommendation without providing 

PacifiCorp the opportunity to address TURN’s proposal through the testimony of its witnesses or 

other record evidence.  Such last minute “testimony by attorney” should be disregarded by the 

Commission.70

The substantive arguments that TURN offers in opposition to PacifiCorp’s 

accelerated depreciation proposal are unpersuasive and speculative.  TURN engages in 

unreasonable speculation about significant additional capital spending in the future at coal units, 

arguing that recovering the costs of new capital investments on an accelerated schedule could 

increase rates significantly.71  However, there is no record evidence of any significant new 

capital investments planned for the coal units under discussion in this case.  PacifiCorp is simply 

68 Sierra Club’s Opening Brief, p. 11. 
69 RT Vol. 3, pp. 156 (line 20)–157 (line 12) (Lockey/PacifiCorp). 
70 See fn. 6, supra.
71 Opening Brief of TURN, p. 4.
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proposing to continue to inspect, maintain, and service its coal fleet.72  Indeed, as all parties are 

aware, the focus of the intervenors’ efforts in this proceeding is to argue that a number of the 

coal units should be retired, and PacifiCorp is studying whether it would be cost effective and 

operationally prudent to retire any coal plants in its 2019 IRP.73

TURN also misconstrues the relationship between depreciation lives and the 

operational lives of PacifiCorp’s plant.  The depreciable life for any asset is often based on an 

estimate of the number of years over which the asset will be used.  The purpose of the 

depreciable life is to determine the time period over which the company recovers its investment.  

However, the depreciable life does not determine a date certain for the asset’s retirement.  Over 

the life of the asset, both the depreciable life and the operational life can be adjusted depending 

on multiple variables.  PacifiCorp’s proposal to accelerate the depreciable lives of the coal units 

is in response to changing circumstances, including environmental policies, regulations, and 

legislation.74

TURN mistakenly asserts that there must be a “nexus between the timing of sunk 

cost recovery and decisions to operate or retire the plant.”75  TURN misses the point.  PacifiCorp 

is not proposing to accelerate the depreciation of its coal units to match some predetermined 

retirement date.  It is taking advantage of a favorable overall cost environment that will allow 

accelerated recovery of the net book value of the coal units without raising customer rates 

significantly.76  This is valuable to both the company and its customers, and is strategically 

sound given the increasing uncertainty related to the operational future of the coal units—due to 

72 Opening Brief of PacifiCorp, p. 66, fn. 254. 
73 Id. at p. 60, fn. 224. 
74 Id. at p. 50; Exh. Cal Advocates 07, p. 8 (lines 3–21). 
75 Opening Brief of TURN, pp. 4–5. 
76 Opening Brief of PacifiCorp, p. 49, fns. 174 and 176. 
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potential environmental regulations as well as economic competition from other sources of 

generation, including renewable assets.

The ability to reduce the possibility of stranded costs for the coal units during the 

transition to renewable resources without excessive rate increases is what PacifiCorp means by 

“flexibility,” a term that TURN had difficulty understanding in the context of the accelerated 

depreciation proposal.77  Another way to measure the value of the flexibility that PacifiCorp 

seeks is to recall the testimony of Cal PA, which agreed with PacifiCorp that the coal units do 

face “stranding risks from future changes to state compliance plans with the federal EPA’s 

Regional Haze Program and from the future possibility of stronger federal regulation of 

greenhouse gas emissions.”78  Cal PA also noted that market pressures contribute risk to the coal 

units in the form of possible economic obsolescence, as natural gas and renewables will continue 

to exert market pressure on coal-fired power plants.79  Indeed, Cal PA agrees with PacifiCorp 

that the accelerated depreciation proposal is “a reasonable risk mitigation measure.”80

TURN prematurely focuses on a scenario in which PacifiCorp’s coal units are 

retired with unrecovered stranded costs, even though it concedes that “the ultimate fate of these 

plants remains unclear.”81 This is not a stranded cost or abandoned plant situation.  Yet TURN 

cites cases regarding the ratemaking treatment for abandoned plant, suggesting that the 

accelerated depreciation proposal benefits only PacifiCorp shareholders by recovering the net 

book value of the plants before they are retired.82  However, it is not true that the only outcome 

of a plant retirement is for shareholders to bear all of the unrecovered costs.  The Commission 

77 RT Vol. 3, pp. 182 (line 4)–183 (line 25) (Lockey/PacifiCorp). 
78 Exh. Cal Advocates-07, p. 8 (lines 3–21). 
79 Ibid.
80 Id. at p. 9 (lines 2–9). 
81 Opening Brief of TURN, p. 7. 
82 Opening Brief of TURN, p. 6, fns. 14–16. 
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may deny a return on abandoned plant, but the net book costs may still be recovered in 

customers’ rates.83  As PacifiCorp’s witness testified, there is a range of outcomes that can result 

from the early retirement of a plant, including recovery of book value with a return, or a reduced 

return, or no return.84  But in many of these outcomes, customers will still pay most, if not all, of 

the unrecovered plant costs.  Thus, accelerated depreciation provides tangible benefits to 

customers (as well as shareholders) by recovering the net book value before the plant’s 

retirement, so that customers do not face the worst-case scenario of paying some portion of the 

retired plant’s costs while also paying for the generation needed to replace that plant’s 

generation.85

TURN attempts to suggest that the fact that a coal unit may remain in service after 

it is depreciated would conflict with the provisions of recently enacted SB 100, which contains 

language stating that the “achievement of this [100 percent zero-carbon resource] policy for 

California shall not increase carbon emissions elsewhere in the western grid and shall not allow 

resource shuffling.”86  However, TURN cannot substantiate this claim.  First, SB 100 was 

enacted in late August 2018, and became effective Jan. 1, 2019.  The statute calls for the 

Commission, with the California Energy Commission and the California Air Resources Board, to 

“take steps to ensure that a transition to a zero-carbon electric system does not cause or 

83 See cases cited in Opening Brief of TURN, p. 6, fn. 14:  D.85-08-046, 1985 Cal. PUC LEXIS 
687, where the Commission allowed recovery in rates of the remaining plant investment for the 
Humboldt nuclear power plant, but denied a rate of return on the remaining plant balance; and D. 
85-12-108, 1985 Cal. PUC LEXIS 1112,  in which SDG&E was allowed to collect the 
unrecovered book value of power plants “in storage” over a 5 year period, but was not allowed to 
earn a return on the remaining plant balance. 
84 RT Vol. 3, pp. 156 (line 20)–157 (line 12) (Lockey/PacifiCorp). 
85 RT Vol. 3, p. 176 (lines 6-25) (Lockey/PacifiCorp). 
86 Cal. Pub. Util. Code § 454.53(a). 
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contribute to greenhouse gas emissions increases elsewhere in the western grid.”87  The 

Commission and its sister agencies have not yet enacted regulations or orders to implement SB 

100, and as the target for completing a zero-carbon electric system is 2045, it may be some time 

before such regulations are forthcoming.  Thus, it is impossible to say whether a future action by 

a PacifiCorp coal unit may conflict with future regulations not yet drafted by the Commission.

There are equally significant factual flaws in TURN’s contention, as well.  The 

PacifiCorp coal units that are under discussion in this proceeding already provide power to states 

other than California.  PacifiCorp’s generation fleet is dispatched to serve its entire system.  That 

was clearly established in PacifiCorp’s testimony.88  Whether a particular coal unit’s net book 

value has been fully recovered (the issue related to the accelerated depreciation proposal) has no 

bearing on whether the plant is creating increased greenhouse gas (GHG) emissions in another 

state.    TURN has offered no record evidence to establish that a continuation of existing dispatch 

protocols will create a change in emissions among the states PacifiCorp serves.  Neither do the 

cost allocation proposals being discussed in the Multi-State Process Broad Review Working 

Group (MSP) support TURN’s contention.  The proposals being discussed in the MSP may 

adjust which states pay for coal units in the future, but those proposals are still under negotiation 

and in development.89  TURN’s attempt to suggest a violation of SB 100 is not supported by any 

record evidence, and is premature at best, perhaps by as much as 26 years. 

C. Cal PA Recommendations re Future GRC Depreciation Studies 

Cal PA recommends that PacifiCorp include specific information as part of any 

future GRC proceeding to substantiate its depreciation showing.90  PacifiCorp agrees to provide 

87 Cal. Pub. Util. Code § 454.53(a).  
88 Exh. PAC/200-I, pp. 2-5 (line 19)–2-6 (line 1). 
89 Opening Brief of PacifiCorp, p. 26; RT Vol. 3, p. 178 (lines 9–20) (Lockey/PacifiCorp). 
90 Opening Brief of Public Advocates Office, p. 27–29. 
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depreciation studies and other supporting information related to any depreciation proposals, as 

well as projections related to pre-funded removal costs for California distribution assets, as part 

of the application and testimony in its next GRC.   

VI. RECOVERY OF CAPITAL EXPENDITURES ON COAL GENERATION UNITS 

A. Coal Generation Modeling in PacifiCorp’s IRP Process 

1. There is No Evidence to Support Sierra Club’s Claims that Most of 
PacifiCorp’s Coal Plants are Uneconomic Today. 

Sierra Club’s Opening Brief contains several entirely new recommendations, 

including disallowance of all capital expenditures in PacifiCorp’s coal plants since 2011, and 

disallowance of all capital for PacifiCorp’s coal plants in the 2019 test period.  Sierra Club bases 

these recommendations on the allegation that “many” or “the bulk” of PacifiCorp’s coal plants 

are uneconomic and should be retired in the near term to save customers money, as well as the 

patently false statement that this allegation is “undisputed.”91  There is no evidence that 

PacifiCorp’s coal plants are uneconomic now or at the time the company made past investments 

in these plants.   

Sierra Club relies heavily on the company’s coal study information from its 

ongoing 2019 IRP process, presented at a public input meeting in December 2018.  This 

information study, which is preliminary and incomplete, does not reflect the full costs and 

reliability impacts of combined plant retirements by 2023, nor does it indicate which units, if 

any, could be cost-effectively retired in 2023 taking into account system reliability 

91 Sierra Club’s Opening Brief, pp. 1, 3, 10-11, 12, 17–18. 
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requirements.92   Until on-going reliability studies are finalized and additional portfolio modeling 

is completed, no valid conclusions can be drawn from this preliminary, incomplete analysis.93

Sierra Club also relies on unit-by-unit studies performed by its contractor, 

Synapse, as well as unit-by-unit analyses conducted by PacifiCorp in June 2018, and again in 

December 2018 as part of the company’s most recent coal study.94  None of these studies show 

that any generating unit is uneconomic today, or in the 2019 test period—a fact Sierra Club 

ignores.  Moreover, each study’s unit-by-unit analysis is of limited utility because it involves 

simplified assumptions and modeling, in particular, assuming that the coal unit being studied is 

viewed in isolation. Unit-by-unit studies do not consider the economic impact of retiring more 

than one unit, let alone nearly half of PacifiCorp’s coal fleet, and therefore do not take into 

account the system-wide effects of cumulative retirements.95  While unit-by-unit studies are 

useful for purposes of prioritizing which coal units merit closer examination using more 

sophisticated modeling tools in the resource planning process, it is inappropriate to draw 

conclusions from such studies about potential economic benefits or costs associated with early 

retirement of specific coal units.96

92 RT Vol. 3, p. 105 (lines 10–26), pp. 112 (line 22)–113 (line 1), p. 113 (lines 7–8), pp. 116 (line 
24)–117 (line 3), pp. 123 (line 23)–124 (line 2), p. 130 (lines 6–15), pp. 131 (line 20)–132 (line 
3) (Lockey/PacifiCorp); Exh. OII-GRC-SC-Cross Exhibit-1, pp. 58–62, 99. 
93 RT Vol. 3, p. 111 (lines 6–11) (Lockey/PacifiCorp). 
94 Sierra Club’s Opening Brief, p. 18.  As explained in PacifiCorp’s opening brief, the Synapse 
study suffers from multiple deficiencies, including excluding key factors from consideration and 
reaching conclusions untethered from the limitations of the analysis.  (Opening Brief of 
PacifiCorp, p. 67; see also Exh. PAC/1800, p. 30 (lines 4–19); Exh. PAC/1600-I, p. 15 (lines 3–
10).)
95 Exh. PAC/1800, pp. 26 (line 15)–28 (line 11), p. 30 (lines 4–13); Exh. PAC/1600-I, p. 6 (lines 
11–14).
96 Exh. PAC/1800, pp. 26 (line 19)–27 (line 11), p. 30 (lines 9–13); RT Vol. 3, pp. 172 (line 1)–
173 (line 16) (Lockey/PacifiCorp); see also Exh. PAC/1800, p. 9 (lines 3–10).
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PacifiCorp witness Mr. Rick T. Link clearly explained the limitations of unit-by-

unit studies in his rebuttal testimony, as did PacifiCorp witness Ms. Etta Lockey at hearing.97

Sierra Club disregards these cautions in its Opening Brief, continuing without explanation to 

draw overbroad and misleading conclusions from these studies.  Specifically, Sierra Club 

improperly treats the individual unit results in PacifiCorp’s December 2018 unit-by-unit analysis 

as cumulative, claiming these results confirm that “most” of PacifiCorp’s coal fleet should be 

retired, when these unit-by-unit results only reflect the study of individual units in isolation.98

Sierra Club also inappropriately sums together the present-value customer benefits for multiple 

units at the Naughton and Jim Bridger plants, when these figures are not additive for the same 

reason.99  Most egregiously, however, Sierra Club continues to mischaracterize these results as 

depicting economic benefits from retiring a particular unit, effectively ignoring the limitations of 

the study,100 which, as PacifiCorp’s witnesses have repeatedly explained, does not account for 

system-wide economic and reliability impacts.101

PacifiCorp’s most recent December 2018 coal analysis included a preliminary 

“stacking” analysis to review how multiple, concurrent coal unit retirements interact system-

wide.102  Sierra Club also points to this analysis to support its claims.  As noted above, and as 

stated expressly on the face of the December 2018 public meeting presentation for PacifiCorp’s 

97 Exh. PAC/1800, pp. 27 (line 19)–28 (line 11), p. 30 (lines 7–13); Exh. PAC/1600-I, p. 6 (lines 
11–14), p. 14 (lines 2–9); RT Vol. 3, pp. 172 (line 1)–173 (line 16) (Lockey/PacifiCorp).
98 Sierra Club’s Opening Brief, pp. 19–20 (presumably summing figures from PVRR(d) columns 
in Exh. OII-GRC-SC-Cross Exhibit-1, pp. 9–12). 
99 Id. at pp. 19–20. 
100 Id. at pp. 18–20. 
101 Exh. PAC/1800, p. 27 (lines 7–11), pp. 27 (line 19)–28 (line 11), p. 30 (lines 7–13); Exh. 
PAC/1600-I, p. 6 (lines 11–14), p. 14 (lines 2–9); RT Vol. 3, pp. 172 (line 1)–173 (line 16) 
(Lockey/PacifiCorp).
102 Exh. OII-GRC-SC-Cross Exhibit-1, pp. 58–62, 99; RT Vol. 3, pp. 172 (line 26)–173 (line 16); 
Exh. PAC/1800, p. 28 (lines 15–17). 
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2019 IRP process, this analysis does not yet include reliability analysis, including the 

incremental costs to address potential reliability issues.103 In fact, none of the studies 

summarized in the December 2018 public meeting presentation meet minimum reliability 

requirements.  Furthermore, additional analysis will be required to layer in consideration of 

regional haze compliance alternatives in order to complete this study for the 2019 IRP. 104  Sierra 

Club disregards these caveats to draw sweeping and inappropriate conclusions from the 

preliminary stacking study results, much as it did with the unit-by-unit studies.105

2. PacifiCorp’s Coal Analyses Have Evolved Over the Years in Response to 
Stakeholder Feedback, and the Company is Evaluating Early Retirement 
Carefully in its 2019 IRP Cycle 

To support its new and revised recommendations, Sierra Club continues to offer 

unwarranted critiques of the coal analyses PacifiCorp has performed in its resource planning 

processes, taking particular aim at the 2015 and 2017 IRPs.106  As described in PacifiCorp’s 

Opening Brief, the company’s approach to analyzing its coal resources has evolved and become 

more sophisticated over time, with many of the methodological changes driven by stakeholder 

feedback.107  PacifiCorp began developing coal fleet modeling scenarios during the 2011 IRP 

cycle.  Following the 2011 IRP, PacifiCorp worked with stakeholders, including Sierra Club, to 

develop a unit-by-unit screening model to prioritize specific units to analyze further in the 2011 

IRP Update.108

103 RT Vol. 3, p. 105 (lines 10–16), pp. 121 (lines 19–26), p. 130 (lines 6–15); Exh. OII-GRC-
SC-Cross Exhibit-1, pp. 59–61, 99. 
104 Exh. PAC/1800, p. 28 (lines 14–19). 
105 Sierra Club’s Opening Brief, pp. 18–20; cf. RT Vol. 3, p. 111 (lines 3–11), pp. 112 (line 22)–
113 (line 1) (Lockey/PacifiCorp). 
106 Sierra Club’s Opening Brief, p. 12. 
107 Opening Brief of PacifiCorp, pp. 56–60; Link 1800, p. 7 (lines 10–19). 
108 Exh. PAC/1800, p. 8 (line 20)–9 (line 10). 
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In the 2013 IRP, PacifiCorp advanced from performing standalone coal studies to 

considering coal unit retirements and gas-conversion alternatives on a system-wide basis within 

the portfolio-development process of the IRP.  This allowed for expanded modeling of retirement 

and conversion alternatives over a wide range of coal units.  In addition, PacifiCorp analyzed 

specific coal units with near-term environmental compliance timelines, with more detailed unit-

specific analysis (hypothetical intertemporal tradeoff analysis) for Jim Bridger Units 3 and 4.109

The 2013 IRP thus included studies analyzing whether early retirement of individual coal units 

was more cost-effective than continued operation.110

The company performed comparable analyses in the 2015 and 2017 IRPs.111

These subsequent IRPs also included further refinements developed specifically in response to 

contemporaneous stakeholder requests and feedback, such as expanded intertemporal tradeoff 

analysis and fleet tradeoff analysis for specific units in response to recommendations from  

Oregon commission staff in the 2015 IRP, and incorporating an endogenous-retirement case 

specifically in response to a request from Sierra Club in the 2017 IRP.112  In each IRP, therefore, 

PacifiCorp’s analysis has evolved based on lessons learned and in direct response to feedback 

received during the preceding cycle.113

As part of the 2019 IRP cycle, the company developed a simplified unit-by-unit 

analysis in June 2018 in response to a request from the Oregon commission staff, and then a far 

109 Exh. PAC/1800, pp. 10 (line 19)–11 (line 21). 
110 Id. at p. 18 (lines 10–16). 
111 Id. at p. 18 (lines 10–16). 
112 Id. at p. 13 (lines 1–17), p. 14 (lines 3–6), p. 16 (lines 9–11), pp. 21 (line 9)–22 (line 8), p. 23 
(lines 18–21), p. 24 (lines 4–10, 16–22).
113 Ibid.
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more complex preliminary stacked analysis in December 2018.114  The company’s preliminary 

analysis suggests that the economics of some coal units may be changing, but it is premature to 

draw conclusions until further reliability and other analyses are completed.115  As demonstrated 

by the evolution of PacifiCorp’s coal analysis in its IRP process over the last eight years, 

PacifiCorp has regularly evaluated the cost-effectiveness of continued operation of its coal fleet 

and remains committed to taking a hard look at its coal-fired plants going forward.116

Accordingly, the company is continuing to study these results as part of its comprehensive 

system-wide analysis in the 2019 IRP to determine whether specific coal units may be candidates 

for early retirement, taking into account economic and reliability concerns.117

The preliminary results of the December 2018 coal study do not support Sierra 

Club’s recommended disallowances, which rely on the premise that early retirement of 

114 Exh. PAC/1800, pp. 26 (line 15)–28 (line 19); RT Vol. 3, p. 103 (lines 11–23), p. 113 (lines 
5–8), p. 116 (lines 24–26), pp. 131 (line 20)–132 (line 3), pp. 172 (line 1)–173 (line 16) 
(Lockey/PacifiCorp).  PacifiCorp cautioned about the limitations of such a study, but it agreed to 
perform the study and worked with Oregon staff to develop a feasible implementation schedule.  
(Exh. PAC/1800, pp. 26 (line 10)–27 (line 15).)  Sierra Club’s assertion that PacifiCorp “resisted 
calls” by the Oregon staff to “assess the value of its coal fleet” mischaracterize the exchange 
entirely.  (Sierra Club’s Opening Brief, pp. 12, 16.)
115 RT Vol. 3, p. 111 (lines 3–10), pp. 123 (line 23)–124 (line 2), p. 131 (lines 20–24), pp. 172 
(line 1)–173 (line 16) (Lockey/PacifiCorp).  For all of the reasons described above regarding the 
limitations of these preliminary studies, (see supra pp. 25–27,) it is both factually inaccurate and 
misleading for Sierra Club to claim the most recent preliminary study “belatedly confirm[s]” its 
position over the last several IRP cycles that “most of PacifiCorp’s coal units should be retired to 
save customers money.”  (Sierra Club’s Opening Brief, pp. 13, 18.) 
116 Exh. PAC/1400, p. 6 (lines 17–19, 21–22); Exh. PAC/1800, p. 7 (lines 5–9).  In its opening 
brief, PacifiCorp fully rebutted Sierra Club’s false assertion that the company only evaluates its 
existing coal fleet when faced with significant capital investments at those facilities.  (Compare 
Opening Brief of PacifiCorp, pp. 61–64, with Sierra Club’s Opening Brief, pp. 14, 16.)  
Therefore, PacifiCorp does not address this further here.
117 RT Vol. 3, p. 105 (lines 10–26), p. 111 (lines 6–11), pp. 112 (line 22)–113 (line 1), p. 113 
(lines 7–8), pp. 113 (line 12)–115 (line 9), pp. 116 (line 24)–117 (line 3), pp. 121 (line 19)–122 
(line 3), pp. 123 (line 23)–124 (line 2), p. 130 (lines 6–15), pp. 131 (line 20)–132 (line 3), pp. 
172 (line 1)–173 (line 16) (Lockey/PacifiCorp); Exh. OII-GRC-SC-Cross Exhibit-1, pp. 4, 5, 62, 
99.
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PacifiCorp’s coal units is cost-effective now, and would have been cost-effective as far back as 

2011.118   PacifiCorp’s previous IRP analysis consistently demonstrated that early retirement of 

multiple units was not the best option and that these units continued to provide benefits to 

California customers through lower net power costs.119

B. Recovery of Capital Costs in Coal Units 

Relying entirely on its faulty assessment of the unit-by-unit studies and 

preliminary stacking analysis described above, Sierra Club’s new recommendations propose to 

disallow all capital spending at PacifiCorp’s coal plants since 2011, in the 2019 test period, or 

beginning in 2022.120  In addition to the evidentiary deficiencies just outlined, Sierra Club raised 

these recommendations for the first time in its Opening Brief, which is procedurally improper, 

and denies PacifiCorp any opportunity to respond to the proposals with record evidence.121

Moreover, the capital spending Sierra Club now seeks to disallow includes costs already in 

rates.122  Therefore, Sierra Club’s recommendation violates the rule against retroactive 

ratemaking—“one of the most ‘cardinal principles’ in the ratemaking process.”123

118 Exh. PAC/1800, p. 2 (lines 16–18), pp. 19 (line 17)–20 (line 2). 
119 Exh. PAC/1400, p. 6 (lines 12–20); Exh. PAC/1800, p. 20 (lines 10–12). 
120 Sierra Club’s Opening Brief, pp. 16–22. 
121 See fn. 6, supra.
122 Sierra Club argues the company has failed to meet its burden of establishing prudence for 
nearly $1.7 billion in coal capital spending since 2011, in total disregard for the rebuttal 
testimony of PacifiCorp witness Ms. Etta Lockey. Ms. Lockey explained that Sierra Club’s 
figure encompasses spending for both coal and non-coal resources and, even more importantly, 
that most of the spending embedded in this figure is already incorporated in California rates and 
therefore not included in this filing.  Specifically, since PacifiCorp’s 2011 general rate case, the 
company has included California’s allocated share of approximately $1.9 billion in total-
company capital investments (including but not limited to investments in coal plants) in 
California rates through its PTAM mechanism.  This is approximately $4.8 million on a 
California revenue requirement basis. Exh. PAC/1400, p. 8 (lines 1-8). 
123 Pacific Southcoast Freight Bureau, Decision No. 92317, 1980 Cal. PUC LEXIS 844, p. *3 
(“The rule against retroactive ratemaking is very broad in its application, as it is one of the most 
‘cardinal principles’ in the ratemaking process.”). 
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All three categories of capital costs that Sierra Club recommends the Commission 

disallow—past capital expenditures, ongoing capital costs, and future capital costs—are 

necessary to ensure PacifiCorp’s generation fleet is well-maintained, safe, and reliable.  It is 

therefore reasonable and prudent for PacifiCorp to make such expenditures unless and until 

particular plants are deemed uneconomic and scheduled for shutdown.124

C. Recovery of Emissions Control Equipment and Related Expenditures 

1. Jim Bridger Units 3 and 4 

a. Sierra Club Ignores the Evidentiary Deficiencies in its Bridger 
SCR Adjustment. 

Sierra Club’s recommendation to disallow the costs of the selective catalytic 

reduction equipment (SCRs) install at Jim Bridger Units 3 and 4 improperly relies on evidence 

presented in another case to another commission which Sierra Club never submitted in this 

case.125  Failing to produce evidence in the record is no mere technicality.  Sierra Club’s entire 

case for its proposed adjustment turns on its competing economic calculations for the Jim 

Bridger SCR investment.  To arrive at these numbers, however, Dr. Fisher recites and relies on 

economic analysis that he previously acknowledged was erroneous in proceedings before the 

Washington Utilities and Transportation Commission (WUTC), and to which the WUTC 

afforded no weight.126

124 Exh. PAC/1400, p. 7 (lines 8–11); Exh. PAC/1600, pp. 5 (line 20)–6 (line 1); see also 
Opening Brief of PacifiCorp, p. 66. 
125 See Sierra Club Opening Brief, pp. 22–26; Exh. PAC/1800, p. 31 (lines 22–24), 32 (lines 11-
17); Exh. PAC/1600, p. 3 (lines 16–17); Exh. PAC/1700, p. 2 (lines 8–15); see also Opening 
Brief of PacifiCorp, pp. 75–77.
126 Exh. PAC/1600, pp. 22 (line 12)–23 (Line 2); Wash. Utils. and Transp. Comm’n v. 
PacifiCorp, Docket No. UE-152253, Order 12 ¶¶ 80 n. 116, 82, 102 n. 158, 111, 298 (Sept. 1, 
2016); Exh. GRC-SC-JIF-200-C, p. 26 (lines 5–8), p. 31 (lines 9–14); Exh. PAC/1700, p. 2 (lines 
8–15), 7 (lines 13)–8 (line 3); Exh. PAC/1800, p. 32 (line 18)–33 (line 2). 
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b. Sierra Club Fails to Show SCRs were No Longer Cost-Effective 
When the Investment Decision Was Made. 

Sierra Club argues that changes in both natural gas and coal prices rendered SCRs 

less economic than natural gas conversion, claiming that “the value of the Bridger projects had 

turned negative” in “December 2013 or January 2014[.]”127  There are numerous flaws with this 

argument.  

(1) Sierra Club Improperly Relies on Hindsight Data.  

Sierra Club improperly relies on hindsight data unavailable in late May 2013, 

when PacifiCorp decided to install SCRs at Jim Bridger, and also unavailable on December 1, 

2013, the date the company executed the Full Notice to Proceed (FNTP) to its contractor.128  This 

is inconsistent with Commission precedent, which seeks to “avoid the application of hindsight in 

reviewing the reasonableness of a utility decision.”129  Specifically, Sierra Club relies on data 

points with respect to the price of natural gas and the cost of coal, both of which are necessary in 

Sierra Club’s calculations to reduce PacifiCorp’s estimated benefits to a negative value.130  Sierra 

Club’s natural gas price derives from an official forward price curve generated on December 31, 

2013, post-dating even the FNTP by 30 days.131  Even more problematic, Sierra Club’s coal cost 

adjustment purports to come from an updated fueling forecast developed for the 2015 IRP in 

127 Sierra Club’s Opening Brief, p. 25 (citing Exh. GRC-SC-JIF-200-C, pp. 26, 31).
128 Exh. GRC-SC-JIF-200-C, p. 26 (lines 3-14); Exh. PAC/1600, p. 3 (lines 14–20). It is for this 
very reason that the Washington commission disregarded Sierra Club’s data.  (Wash. Utils. and 
Transp. Comm’n v. PacifiCorp, Docket No. UE-152253, Order 12 ¶¶ 80 n. 116, 102 n. 158, 111, 
298 (Sept. 1, 2016); see also Exh. PAC/1600, p. 22 (line 12–19), Exh. PAC/1800, p. 33 (lines 3–
8).)
129 In re Southern California Edison Company, D.90-09-088, 37 CPUC 2d 488, 499; In re 
Southern California Edison Company, D.94-03-039, 53 CPUC 2d 362.
130 Exh. GRC-SC-JIF-200-C, p. 26 (lines 3–8). 
131 Exh. PAC/1800, p. 37 (lines 4–14). 
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November 2014, nearly one year after the FNTP, using data generated in July 2014.132

Therefore, even taking Sierra Club’s natural gas and coal decrements at face value, it is 

insupportable to state that the value of the Jim Bridger SCRs had turned negative in December 

2013, or even January 2014.133

(2) Sierra Club Improperly Revives an Erroneous Figure for its 
Coal Cost Adjustment. 

Sierra Club’s coal decrement cannot be taken at face value.  To reach this 

“negative” value calculation, Sierra Club resuscitates a figure (an alleged $143 million increase 

in coal costs) that Dr. Fisher himself previously conceded was erroneous in proceedings before 

the WUTC.134  Before the WUTC, Sierra Club admitted that it failed to account for capital 

savings associated with shuttering the underground mine earlier than had previously been 

planned, among other flaws.135  Here, Sierra Club failed to rebut the company’s evidence on 

these points or explain why it continues to rely on figures that it conceded are wrong, that it 

abandoned in the Washington case, and that it did not support with actual evidence in this 

record.

132 See Exh. PAC/1700, p. 5 (lines 11–13), pp. 7 (line 13)–8 (line 12), pp. 11 (line 22)–12 (line 
4); Exh. PAC/1800, p. 34 (line 9)–35 (line 7); GRC-SC-JIF-200-C, p. 26 (lines 5-8). 
133 Of course, January 2014 also post-dates both the decision to install SCRs and the FNTP 
issuance. It is not clear why Sierra Club references this date other than due to the fact that EPA 
confirmed Wyoming’s SIP in January 2014.  (See Sierra Club’s Opening Brief, pp. 23–26 
(referencing January 2014).) 
134 Exh. GRC-SC-JIF-200-C, p. 26 (lines 5–8), p. 31 (lines 9–14); Exh. PAC/1700, pp. 7 (line 
13)–8 (line 3); Wash. Utils. and Transp. Comm’n v. PacifiCorp, Docket No. UE-152253, Order 
12 ¶ 82 (Sept. 1, 2016). 
135 Exh. PAC/1700, pp. 6 (line 13)–8 (line 12), pp. 9 (line 14)–11 (line 19); Exh. PAC/1600, p. 3 
(lines 20–21); Exh. PAC/1800, p. 33 (line 18–22), p. 35 (lines 8–20).  In fact, even over the two 
year period between the January 2013 long-term fueling plan and the long-term fueling plan used 
in the 2015 IRP, the present value revenue requirement (PVVR) differential for coal costs only 
increased by $31 million, a 2.4 percent increase in coal costs, instead of the $143 million as 
Sierra Club claims. Even had this information been known in the fall of 2013, this minor 
fluctuation in long-term coal costs was not material enough to have caused the company to 
modify its decision to move forward with the SCR system installations.  (Exh. PAC/1700, pp. 2 
(line 22)–3 (line 5), p. 5 (lines 14–19), p. 12 (lines 4–10).)
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(3) There was No Material Increase in Coal Costs. 

Sierra Club does not refute the evidence establishing that, notwithstanding some 

changes in operational plans at the Bridger Coal Company in the fall of 2013, an increase in the 

mine’s cash costs was substantially offset by capital savings and reduced third-party coal costs, 

such that the net increase in coal costs was minimal.136  Furthermore, the modest net increase in 

coal costs as a result of these changes was nearly offset in its entirety by engineering, 

procurement, and construction (EPC) contract savings for the SCRs.137

c. PacifiCorp’s Schedule was Necessary and Appropriate to Ensure 
Compliance with Legal Requirements. 

Contrary to Sierra Club’s insinuations, PacifiCorp did not “rush[] forward” to 

undertake major capital investments for environmental compliance at the Jim Bridger plant “in 

the absence of any binding regulatory requirement.”138  The record is clear that PacifiCorp 

presented the Jim Bridger SCR investment for review in the 2013 IRP and in fully litigated state 

regulatory processes before the company made its investment decision.  Sierra Club’s narrative 

that PacifiCorp acted hastily to approve the Bridger SCRs is false.   

Sierra Club also ignores uncontroverted evidence that Wyoming deemed its 

regional haze restrictions at Jim Bridger binding irrespective of EPA’s actions.139  As part of this 

regulatory process, PacifiCorp responsibly negotiated an implementation schedule to align with 

136 Exh. PAC/1700, p. 6 (lines 1–12), pp. 8 (line 13)–9 (line 13); Exh. PAC/1800, pp. 42 (line 7)–
43 (line 2). Sierra Club asserts that PacifiCorp’s decision to install SCRs at Bridger was 
motivated by a conflict of interest to keep the Bridger Mine operational solely to further the 
interest of PacifiCorp shareholders.  (Sierra Club’s Opening Brief, pp. 23, 25–26.)  For 
ratemaking purposes, Bridger Mine is consolidated with the Jim Bridger coal plant in a manner 
that ensures no cross-subsidization. Through its IRP process, PacifiCorp decides whether to 
continue operating a plant based on comprehensive economic analysis (which in the case of 
Bridger, includes both the coal plant and the mine), not shareholder return.  
137 Exh. PAC/1600, pp. 13 (line 22)–14 (line 5); see also Exh. PAC/1800, p. 39 (lines 4–11). 
138 Sierra Club Opening Brief, pp. 22, 23. 
139 Exh. PAC/400, p. 4 (lines 17–23), pp. 10 (line 1)–11 (line 5); Exh. PAC/1600, pp. 18 (line 1)–
19 (line 17); Exh. PAC/402; Exh. PAC/403. 
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established four-year major maintenance overhaul cycles for the individual units.140  PacifiCorp 

then developed the timeline in the EPC contract to account for complex multi-jurisdictional 

regulatory processes, while retaining as much flexibility as possible to accommodate market 

changes and still meet the environmental compliance deadlines.141  December 1, 2013 was the 

last feasible date for a decision to begin installation while still meeting these compliance 

deadlines.142

d. In December 2013, Installing SCRs at Jim Bridger Remained the 
Most Cost-Effective Environmental Compliance Option 

The evidence in this case demonstrates that the Jim Bridger SCRs were the most 

cost-effective compliance option for customers.143  In fact, it would have been difficult for 

PacifiCorp to justify the prudence of any decision other than installing the Jim Bridger SCRs, 

because the economic analysis favored this investment over other options at all points relevant to 

this prudence review.144  The company’s analysis continued to show substantial benefits as of 

December 1, 2013, based on a September 2013 official forward price curve for natural gas and 

the EPC contract savings. Reducing this to account for changes in coal costs based on the 

October 2013 mine plan decreases the SCR benefits modestly, but substantial benefits remain.  

Given this information, coupled with the company’s additional risk and scenario analysis, a 

reasonable utility would not have terminated the contract for the SCRs and switched to natural 

gas conversion at that late date.145

140 Exh. PAC/400, p.14 (lines 1–8). 
141 Exh. PAC/1600, p. 17 (lines 9–23); see Exh. PAC/400, p. 11 (lines 14–15). 
142 Exh. PAC/1600, p. 3 (lines 8–13). 
143 Id. at p. 4 (lines 3–6), p. 13 (lines 17–20). 
144 Id. at p. 9 (lines 13–17). 
145 Id. at pp. 14 (line 20)–15 (line 6).  Even if hindsight data were considered, based on the 
December 31 OFPC, as Sierra Club improperly recommends, the analysis would still have 
shown $29 million in favor of the SCRs.  (Ibid.) And the following spring, forecast proxy costs 
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Cancelling a major environmental compliance project mid-stream is much more 

than just a paper exercise, as Sierra Club would lead the Commission to believe.  Prudent 

management of a complex multi-year, multi-jurisdictional project like the Jim Bridger SCRs 

includes parallel path environmental agency permitting, regulatory reviews, and major 

commercial negotiations.  For these reasons, cancelling the SCRs in December 2013 would have 

been imprudent absent an undisputable reversal of project economics, new or changed 

environmental compliance requirements, changes to legislative policies impacting the resource 

for all customers, or similar major events.  None of those things occurred.146

Furthermore, the costs of natural gas conversion would have been higher than 

previously assumed in the company’s SCR analysis if the company had cancelled the EPC 

contract on December 1, 2013, for several reasons.  First, a change at this late date would have 

resulted in a highly compressed schedule.  Such a timeline would necessarily increase the 

analyzed costs of the gas conversion scenario, either because the project would need to be 

expedited or because the unit would need to be shuttered for noncompliance pending completion 

of the retrofit, or both.  Losing these units for six-to-eighteen months would cause the company 

to incur significant replacement power costs and reduced system reliability, increasing the costs 

of natural gas conversion.  Second, based on information from the competitive market bids for 

the Naughton Unit 3 natural gas conversion contract, by December 2013 the company knew that 

implementation costs for that project were significantly higher than originally anticipated.  This 

for carbon regulations and natural gas in the 2013 IRP Update still remained within the ranges 
initially assessed.  Exh. PAC/400, p. 13 (lines 1–6). 
146 Exh. PAC/1600, p. 14 (lines 11–19). 
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meant that original cost projections for the natural gas alternative at Jim Bridger were 

understated in the SCR analysis.147

2. Naughton Unit 1 

As Sierra Club concedes, capital improvements for emissions control equipment 

at Naughton Unit 1 have been included in California rates since 2012 through Commission 

approval of the company’s 2012 PTAM advice letter filing.148  Sierra Club has not alleged 

procedural deficiencies with this filing, which was filed, noticed, and available for review.

Sierra Club had the opportunity through the PTAM process to intervene but did not.  Nearly 

seven years after the fact, Sierra Club now urges this Commission to take Naughton Unit 1 out of 

rates.149  As with Sierra Club’s general recommendation to disallow past capital expenditures in 

PacifiCorp’s coal units, this recommendation constitutes impermissible retroactive 

ratemaking.150  Sierra Club does not address or defend the legality of this recommendation, or its 

other backward-looking adjustments, in its opening brief.

Even if the prudence of PacifiCorp’s investment at Naughton Unit 1 were a 

legitimate issue in this general rate case, Sierra Club’s allegations regarding Naughton suffer 

from evidentiary deficiencies similar to Sierra Club’s challenge to the Jim Bridger SCRs.  To 

support its assertion that Naughton Unit 1 was not the least cost environmental compliance 

option at the time the decision was made, Sierra Club relies entirely on testimony it filed in 

147 Exh. PAC/1600, p. 14 (6–10), pp. 15 (line 7)–17 (line 6). 
148 Sierra Club’s Opening Brief, p. 9; Exh. GRC-SC-JIF-200-C, p. 13 (lines 8–9); see also 
PacifiCorp Opening Brief, p. 86; Exh. PAC/1600, p. 4 (lines 7–15), p. 26 (lines 5–8); OII-GRC-
SC-Cross Exhibit-7, pp. 2–3; RT Vol. 4, p. 351 (lines 11–18), p. 352 (lines 16–20) 
(Teply/PacifiCorp). 
149 Sierra Club’s Opening Brief, p. 29. 
150 Decision No. 92317 (“The rule against retroactive ratemaking is very broad in its application, 
as it is one of the most ‘cardinal principles’ in the ratemaking process.”); see also Decision 16-
09-046, p. 5 (declining to revisit approval of advice letters for PacifiCorp’s major capital 
additions when “any objections to these advice letters should have been raised in a protest to the 
advice letter during the advice letter process”). 
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another case to another commission (the Oregon commission).151  While Sierra Club did file this 

testimony as an exhibit in this case, it failed to explain how that testimony supports its position 

before this Commission.  This is particularly true because, as PacifiCorp explained in its opening 

brief, Naughton Unit 1 parallels Naughton Unit 2 in all relevant respects, with similar 

investments required by the same environmental regulations and relying on the same business 

case, and this Commission approved the prudency of the Naughton Unit 2 investments in the last 

general rate case in 2011.152

3. Craig Unit 2 and Hayden Units 1 and 2 

Sierra Club appears to have abandoned its proposed adjustments for the emissions 

control equipment at the Craig and Hayden plants, as it does not address these adjustments in its 

Opening Brief, nor does it include the Craig and Hayden adjustments in its summary of 

recommendations.  

VII. CAPITAL EXPENDITURES FOR WIND REPOWERING, WIND 
GENERATION, AND TRANSMISSION/DISTRIBUTION UPGRADES 

No party opposes PacifiCorp’s proposals regarding expenditures for wind 

repowering, wind generation, and transmission and distribution upgrades.  Thus PacifiCorp’s 

proposed capital expenditures should be approved in the decision in this case. 

VIII. ADVANCED METERING INFRASTRUCTURE 

No party opposes PacifiCorp’s proposed Advanced Metering Infrastructure 

Project which should be approved in the final decision in this case. 

151 See Sierra Club’s Opening Brief, p. 27 n.78 (citing to the Dr. Fisher’s testimony before the 
Oregon Public Utilities Commission); Exh. GRC-SC-JIF-200-C, pp. 14 (line 25)–15 (line 4), pp. 
15 (line 23)–16 (line 5), pp. 16 (line 18)–17 (line 2). 
152 Exh. PAC/1600, p. 26 (lines 5–10); Exh. GRC-SC-JIF-200-C, p. 13 (lines 3–7).  See also 
D.10-09-010 (2011 test period encompassed Naughton Unit 2).
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A. Connection and Reconnection Fees for Customers with Smart Meters 

No party opposes PacifiCorp’s proposed connection and reconnection fees for 

customers with smart meters.  The proposed fees should be approved in the final decision in this 

case. 

IX. IMPLEMENTATION OF RISK-BASED DECISION MAKING FRAMEWORK 

PacifiCorp does not oppose Cal PA’s recommendations for additional information 

and analysis to be included in future showings on this issue.  PacifiCorp believes, however, that 

Cal PA’s recommendations are consistent with the ongoing process that is occurring through the 

voluntary agreement with the Safety and Enforcement Division in Docket A.15-05-002, and 

PacifiCorp requests that the Commission defer the creation of any additional obligations for the 

company until the conclusion of that process.   

X. REVENUE REQUIREMENT 

In its opening brief Cal PA did not object to the adjustments proposed by 

PacifiCorp related to revenue requirements in its rebuttal testimony.  Cal PA simply repeated the 

adjustments it identified in its direct testimony.  The outstanding issues that impact revenue 

requirements (the ROE and incentive compensation adjustments) are addressed elsewhere in this 

brief.  Subject to the impact of the Commission’s decision on those two issues, the Commission 

should adopt the revenue requirement proposed by PacifiCorp in its rebuttal testimony.153

XI. COST OF SERVICE, RATE SPREAD, AND RATE DESIGN 

The majority of PacifiCorp’s requests relating to cost of service, rate spread, and 

rate design are unopposed.  No party objects to PacifiCorp’s Marginal Cost of Service Study.

153 Opening Brief of PacifiCorp, pp. 99-103. 
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Cal PA’s recommendation that the Commission deny PacifiCorp’s request to 

increase the non-CARE residential customer basic charge from $7.20 to $7.35 is moot154—the

overall reduction in PacifiCorp’s requested revenue requirement, which is reflected in 

PacifiCorp’s rebuttal testimony, allows PacifiCorp to maintain the residential basic charge at 

$7.20.155

Cal PA’s opening brief also addresses PacifiCorp’s original rate spread 

proposal—not PacifiCorp’s current proposed rate spread.156  As PacifiCorp explained in its 

rebuttal testimony and its opening brief, PacifiCorp responded to Cal PA’s preference to mitigate 

significant changes in rates to any one class of service by limiting the residential rate increase to 

1.4 percent and reducing the rate decrease for its lighting rate schedule to 4.4 percent.157

PacifiCorp’s revised rate spread brings rates for each customer category closer to reflecting the 

cost of service for those rate schedules, while mitigating rate impacts to customers. 

XII. REMAINING OII ISSUES 

The Emissions Performance Standard does a number of things.  It is intended to 

reduce the state’s financial risk exposure to the compliance costs associated with future GHG 

emissions and associated future reliability problems in electricity supplies.158  It sets a CO2

emissions limit of 1,100 lbs/MW for new long-term financial investments in baseload generation 

intended to extend the life of the plant by five or more years, or that result in a net increase in the 

plant’s rated capacity.  It sets the same emissions limit for new contracts for baseload generation 

with a term of five or more years.  The EPS requires the large investor-owned utilities to submit 

their long-term power purchase contracts for Commission review and approval by advice letter 

154 Opening Brief of Public Advocates Office, pp. 5, 62, 67. 
155 Exh. PAC/2000, p. 3 (lines 6–11); Opening Brief of PacifiCorp, p. 105. 
156 Opening Brief of Public Advocates Office, p. 64. 
157 Exh. PAC/2000, p. 1 (lines 15–24); Opening Brief of PacifiCorp, p. 105. 
158 D.07-01-039, p. 3.
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(for RPS contracts) or application (for non-RPS contracts); to submit documentation to 

demonstrate their procurement contracts comply with the EPS; and to demonstrate that their 

long-term financial commitments also comply with the statute.159  The EPS requires Electric 

Service Providers, Community Choice Aggregators, and small electrical corporations to provide 

after-the-fact proof of compliance by means of an Attestation Letter; these non-IOU entities may 

also seek pre-approval of long-term financial commitments.160  And the EPS allows multi-

jurisdictional utilities to demonstrate compliance through a Commission-approved alternative 

compliance mechanism, which is done through an annual advice letter filing.161

There are also a number of things that the EPS does not do.  The EPS does not 

regulate annual emissions for electric utilities.  It does not require divestment of generating 

resources or dictate the content of a utility’s generating portfolio.  It does not address whether a 

generating plant is economic to operate.  The EPS does not automatically prohibit the installation 

of emissions control equipment at a generating plant.  It does not apply to fuel supply contracts.

PacifiCorp has been in compliance with California’s EPS since it was 

implemented by the Commission in 2007.  PacifiCorp continues to meet the statutory 

requirements for a multi-jurisdictional utility entitled to the option of alternative compliance and 

the Commission should leave PacifiCorp’s existing compliance requirements undisturbed.  The 

utility commissions of Oregon and Washington undertake a thorough review of PacifiCorp’s 

GHG emissions under EPS standards that are similar to California’s.  None of the arguments put 

forth by TURN or Sierra Club successfully demonstrate that PacifiCorp should no longer be 

allowed to use the Commission-approved alternative EPS compliance mechanism. 

159 Id. at pp. 154–157, 173–174.
160 Id. at pp. 160–163. 
161 Id. at p. 164–168.
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A. Emissions Performance Standard 

PacifiCorp has not spent the last decade making long-term financial investments 

in its coal-fired generating units that are incompatible with its EPS compliance requirements.162

TURN’s and Sierra Club’s arguments to the contrary are primarily based on the flawed premise 

that the environmental regulations to which PacifiCorp is subject impose a binary choice: either 

install emissions control equipment or shut down the plant.163  That is not the case.164  Failure to 

comply with environmental regulations that require installation of emissions control 

equipment—which PacifiCorp has never done—would only mean operating out of compliance 

with the regulations.165  The premise of Sierra Club’s argument that PacifiCorp’s fuel supply 

contracts also extend the lives of generating plants is even more strained.166  The life of a car is 

not extended when the owner stops to buy gas.

PacifiCorp is in compliance with its EPS requirements in California, as it has been 

continuously since SB 1368 was adopted.  The Legislature created an alternative compliance 

mechanism for multi-jurisdictional utilities, and the Commission determined that PacifiCorp met 

the statutory criteria and approved alternative compliance for PacifiCorp.  The record supports 

PacifiCorp’s continued use of the alternative compliance mechanism.   

1. Emissions Control Equipment and Turbine Upgrades Do Not Trigger the 
EPS

a. Emissions Control Equipment 

In addition to the lack of conceptual support, TURN’s and Sierra Club’s claims 

regarding PacifiCorp’s EPS compliance also lack a factual or legal basis.  PacifiCorp’s 

162 Cf. Opening Brief of TURN, pp. 14–15; Sierra Club’s Opening Brief, pp. 32–33.
163 Opening Brief of TURN, pp. 14–15; Sierra Club’s Opening Brief, pp. 32–33; RT Vol. 3, p. 
257 (lines 15–21) (Ramsey/Sierra Club).   
164 RT Vol. 3, pp. 257 (line 22)–258 (line 6) (Wiencke/PacifiCorp).   
165 Ibid.
166 Sierra Club’s Opening Brief, pp. 32–33.   
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investments in emissions control equipment were not intended to extend the lives of the 

plants167—nor did the operational lives change as a result of any of the capital expenditures in 

the record of this proceeding.168  TURN’s claim that these investments “undoubtedly” extended 

the operational lives of the plants is proven false by the record.169  TURN’s claim that the Dave 

Johnston generating plant may have been forced to retire absent emissions control upgrades also 

disintegrates on a plain reading of the portion of the transcript cited by TURN in purported 

support of this notion.170  What PacifiCorp’s witness Ms. Wiencke actually said was that 

retirement would have been one of the options considered when evaluating the decision to install 

the emissions control equipment,171 an option PacifiCorp routinely evaluates when 

contemplating a large capital expenditure.172  Ms. Wiencke also stated that the service life of the 

plant did not change as a result of the emissions control upgrades, and that PacifiCorp’s decision 

to extend the depreciable lives of many of its generating resources in 2008 was not connected to 

the installation of the emissions control equipment.173  That PacifiCorp chose to extend the 

167 See D.07-01-039, p. 5.
168 Exh. PAC/1402-I-C; RT Vol. 3, p. 268 (lines 2–15) (Wiencke/PacifiCorp); Opening Brief of 
PacifiCorp, p. 115.
169 Exh. PAC/1402-I-C; RT Vol. 3, p. 268 (lines 2–15) (Wiencke/PacifiCorp); Opening Brief of 
PacifiCorp, p. 115.  TURN cites to confidential Attachment E of its OII testimony, which is the 
same information contained in PacifiCorp’s Exhibit PAC/1402-I-C, though PacifiCorp’s exhibit 
contains significantly more information.  (Opening Brief of TURN, p. 16 fn. 65)
170 Opening Brief of TURN, p. 16.
171 RT Vol. 3, p. 235 (lines 21–22) (Wiencke/PacifiCorp).  
172 Exh. PAC/500, p. 2 (lines 2–5), pp. 24 (line 15)–25 (line 2); Exh. PAC/1800, p. 7 (lines 3–9), 
p. 17 (lines 8–11).
173 RT Vol. 3, p. 236 (lines 4–9, 22–28) (Wiencke/PacifiCorp).  TURN fares no better with its 
convoluted semantic argument that PacifiCorp’s use of interchangeable terms to discuss a 
generating plant’s operational life creates a loophole in the EPS to PacifiCorp’s benefit.
(Opening Brief of TURN, p. 15.) 
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depreciable lives of these plants to relieve rate pressure on customers is well documented in the 

record.174

TURN also overstates the significance of the difference between Oregon’s EPS 

statute, which contains an express exemption for emissions control equipment, and California’s 

statute, which does not.175  When it enacted Senate Bill 1368, the Commission determined that it 

would not achieve the “best and most workable approach” to identifying changes to an existing 

power plant that would increase the expected level of GHG emissions from the facility over the 

long term if “every replacement of equipment or addition of pollution control equipment should 

trigger the EPS.”176  While this is not an absolute exception for all emissions control equipment, 

the Commission made it clear that its intention is to identify expenditures that will increase GHG 

emissions from generating facilities in the long term.  None of the emissions control equipment 

that PacifiCorp installed at its generating plants to meet environmental requirements increased 

GHG emissions from those facilities.  Moreover, TURN’s assertion that the Commission 

nevertheless found that “any pollution control investment that extends the life of the facility at 

least [five] years would be subject to [EPS] compliance” is a misreading of D.07-01-039.177

That condition was proposed by TURN and was not adopted by the Commission.178

b. Turbine Upgrades 

The turbine upgrades that PacifiCorp has performed at certain generating plants 

since 2007 do not trigger PacifiCorp’s EPS compliance obligations in California.179  Under the 

alternative compliance mechanism created by the Legislature and approved by the Commission, 

174 See Exh. PAC/1400-I, p. 8 (lines 5–7).
175 Opening Brief of TURN, p. 17.
176 D.07-01-039, p. 52. 
177 Opening Brief of TURN, p. 17 (citing D.07-01-039, p. 52).
178 D.07-01-039, p. 52.
179 Cf. Opening Brief of TURN, p. 14; Sierra Club’s Opening Brief, p. 32.   
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PacifiCorp’s emissions and expenditures are reviewed substantively by the utility commissions 

of Oregon and Washington.180  The turbine upgrades, which did not increase emissions,181 are 

allowed under the Oregon and Washington EPS statutes; the turbine upgrades are also allowed 

under PacifiCorp’s Commission-approved alternative compliance in California.   

2. Fuel Contracts Do Not Trigger the EPS 

PacifiCorp’s fuel contracts are not long-term financial commitments that extend 

the lives of its generating plants in contravention of the EPS. Fuel contracts are not investments 

in baseload generation or purchases of baseload power under the EPS statute.182  Sierra Club 

concedes that the Commission has never found fuel supply contracts to be financial 

commitments for baseload generation,183 but still urges the Commission to find that PacifiCorp’s 

fuel purchases constitute noncompliance with the EPS.184  Sierra Club provides no legal or 

factual basis for this argument.  To the contrary, Sierra Club’s “facts” bear no relation to the 

record of this proceeding.  Sierra Club claims that, since 2007, PacifiCorp has entered into 

“many new contracts” for coal supplies that would extend the lives of its coal-fired plants.185

PacifiCorp has entered into  fuel supply contracts with terms over five years since 2007.186

Sierra Club states that these contracts often include substantial liquidated damages provisions for 

early termination, which can cause PacifiCorp to continue operating non-economic coal 

plants.187 —which is 

180 RT Vol. 3, p. 245 (lines 4–14) (Wiencke/PacifiCorp). 
181 RT Vol. 3, pp. 243 (line 26)–244 (line 2) (Wiencke/PacifiCorp).  
182 Exh. PAC/1300-I, pp. 5 (line 16)–6 (line 11).
183 Exh. OII SC-JIF-100-C, p. 14 (lines 18–20).  
184 Sierra Club’s Opening Brief, pp. 32–33. 
185 Id. at p. 32.
186 Exh. OII-SC-JIF-9-C. 
187 Sierra Club’s Opening Brief, p. 32.  
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shown in the Sierra Club exhibit that lists the contracts188—and PacifiCorp has stated on the 

record that it does not enter into fuel supply contracts with terms longer than the operating lives 

of the generating plants.189  And Sierra Club’s claims about the amount of coal burned and CO2 

emitted under these contracts are its own witnesses’ figures,190 which have not been vetted for 

accuracy.

There is no statutory, factual, or logical basis for a conclusion that PacifiCorp’s 

fuel supply contracts should trigger the EPS.  The Commission should reject Sierra Club’s 

invitation to make such a determination.   

B. Alternative Compliance Mechanism 

Continued use of the alternative compliance mechanism in California is 

appropriate for PacifiCorp.  Alternative compliance is not, as Sierra Club claims, the “do-

nothing” option.191  To the contrary, approximately 98 percent of PacifiCorp’s operations are 

overseen by the regulatory commissions of the five other states in which PacifiCorp provides 

service.  This oversight includes review by Oregon, Washington, and Utah of PacifiCorp’s GHG 

emissions, and substantive review of PacifiCorp’s long-term financial commitments for baseload 

electricity under the Oregon and Washington EPS statutes.  The facts that prompted the 

Legislature to create the alternative compliance option, and that supported the Commission’s 

decision to approve alternative compliance for PacifiCorp, have not changed since 2007.  There 

is nothing in the record of this proceeding that would justify changing PacifiCorp’s EPS 

compliance mechanism. 

188 Exh. OII-SC-JIF-9-C. 
189 Exh. PAC/1300-I, p. 7 (lines 6–10).
190 Sierra Club’s Opening Brief, p. 32. 
191 Id. at p. 33.
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1. Directing PacifiCorp to Stop Using Alternative EPS Compliance Would 
Not Further Sierra Club and TURN’s Goals 

Because the purpose and scope of the EPS is limited, revoking PacifiCorp’s 

alternative compliance mechanism will not produce the changes to PacifiCorp’s operations that 

Sierra Club and TURN claim.192  Sierra Club and TURN both posit that non-alternative 

compliance would have prevented PacifiCorp from installing emissions control equipment, 

would have precluded PacifiCorp from entering into fuel supply contracts, would result in 

PacifiCorp divesting certain generating plants, and would reduce PacifiCorp’s system-wide 

emissions factor.  Sierra Club and TURN are incorrect.  The EPS sets an emissions limit of 1,100 

lbs. CO2/MWh for new long-term financial commitments for baseload electric generation.  The 

EPS does not regulate annual emissions, nor does it dictate divestment of generating assets or the 

makeup of a utility’s generating portfolio.  Had PacifiCorp demonstrated compliance with the 

EPS using the non-alternative mechanisms, the aspects of its operations to which Sierra Club and 

TURN object would likely be the same as they are today. 

In its decision implementing the EPS and approving alternative compliance for 

PacifiCorp, the Commission stated that its goal of identifying changes to existing power plants 

that would increase those facilities’ GHG emissions in the long term would not be accomplished 

“by requiring that every replacement of equipment or addition of pollution control equipment 

should trigger the EPS.”193  While this is not the black-letter exception for emissions control 

equipment and related equipment upgrades found in the Oregon and Washington EPS statutes, it 

is an indication that the Commission, had it reviewed PacifiCorp’s emissions control 

installations, would likely have found that the projects did not trigger the EPS.  At a minimum, it 

is not a foregone conclusion that the Commission would have determined that the emissions 

192 See Sierra Club’s Opening Brief, p. 33; Opening Brief of TURN, pp. 22–23.
193 D.07-01-039, p. 52.
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control equipment was an improper expenditure under the EPS.  There is likewise no certainty 

that any future emissions reduction expenditures at PacifiCorp’s generating plants would be 

viewed by the Commission as a violation of the EPS.

PacifiCorp’s annual system emissions are regulated by the California Air 

Resources Board (ARB), and PacifiCorp is in compliance with its ARB regulatory obligations.194

Because the EPS does not regulate electric utilities’ annual system emissions, if PacifiCorp had 

not been authorized by the Commission to use the alternative compliance methodology, 

PacifiCorp’s system emissions factor would be unchanged from what it is today.195  Moreover, 

TURN’s argument that alternative EPS compliance is incompatible with the 100 percent 

renewable resource requirement of Senate Bill 100 conflates the two statutory schemes.196  SB 

100 imposes requirements on the long-term generating portfolios of load-serving entities in 

California; the EPS imposes discrete requirements on a narrow set of utility expenditures.

TURN’s concerns regarding the compatibility of PacifiCorp’s alternative 

compliance mechanism and Oregon’s Senate Bill 1547, which requires PacifiCorp to eliminate 

capital costs from coal generation from retail rates by 2030, are equally misplaced.197  As 

PacifiCorp explained in its testimony, California’s EPS and Oregon’s SB 1547 do not conflict 

with each other.198  PacifiCorp’s baseload generation-related expenditures are subject to review 

under the Oregon and Washington EPS statutes.199

Finally, TURN’s arguments regarding the potential effects of PacifiCorp’s Coal 

Life Evaluation Allocation and Realignment (CLEAR) proposal, which has been discussed as 

194 Opening Brief of PacifiCorp, pp. 108–109.
195 Id. at p. 108.
196 Opening Brief of TURN, pp. 21–22.
197 Id. at p. 22.
198 Exh. PAC/1300-I, p. 7 (lines 13–20).
199 Ibid.
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part of PacifiCorp’s ongoing MSP, are speculative.200  While PacifiCorp believes that its CLEAR 

proposal will provide its customers with a rational way to align their state energy and climate 

policies with their utility rates, the proposal has not yet been adopted and is in fact still being 

negotiated and developed by the company and various stakeholders.  If a new cost allocation 

methodology is adopted in the future, and if it changes PacifiCorp’s ability to meet the statutory 

requirements for alternative EPS compliance, the Commission will have the opportunity to 

evaluate the facts and determine the method of EPS compliance most appropriate for PacifiCorp 

at that time.   

There is no basis in the record of this proceeding to support a determination that 

the remedies requested by TURN and Sierra Club would achieve the outcomes they seek.  The 

Commission should allow PacifiCorp to continue to meet California’s EPS under the alternative 

compliance mechanism. 

2. Sierra Club’s Alternative Remedies are Unworkable and Unnecessary 

Sierra Club’s suggested alternative remedies extend far beyond the limits of the 

EPS.  Fashioning a new alternative compliance proposal that requires PacifiCorp to commit to 

relying on “rational unit-by-unit economic planning for its coal-burning units” is incompatible 

with the purpose and terms of SB 1368.201  PacifiCorp’s IRP analyzes—in great detail—the 

economic implications of PacifiCorp’s generating assets under a number of scenarios.  To that 

end, PacifiCorp is already committed to performing rational economic planning for its coal units, 

on both an individual and combined basis.  PacifiCorp has already proposed a plan to transition 

California customers off of coal generation by 2030; if the Commission approves PacifiCorp’s 

accelerated depreciation proposal, that transition will be underway.  And PacifiCorp has made a 

200 Opening Brief of TURN, p. 22.
201 Sierra Club’s Opening Brief, p. 33.  
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significant commitment to carbon-free capacity additions to serve its customers—the EV 2020 

program.  None of Sierra Club’s remedies fall within the ambit of the EPS, and PacifiCorp is 

already in the process of doing everything Sierra Club suggests.

The Commission should reject Sierra Club’s alternative remedies. 

XIII. CONCLUSION AND SUMMARY OF RECOMMENDATIONS 

PacifiCorp has refuted all of the arguments of Sierra Club and TURN with 

substantial direct and rebuttal testimony.  Sierra Club, in particular, failed to meaningfully 

engage in this case by substantively cross examining PacifiCorp witness Rick Link, and resorted 

to repeating failed, unsubstantiated, or inapplicable arguments from earlier proceedings before 

other state commissions.  Sierra Club simply cannot rebut the voluminous and detailed testimony 

that documents the prudent decisions made by PacifiCorp to invest in legally-mandated, cost-

effective emission control equipment. TURN’s brief concentrates on GRC issues (accelerated 

depreciation and the ECAC mechanism) that were not discussed by its sole witness in the OII, 

and creates new recommendations that have no record support.  Sierra Club and TURN were 

both unsuccessful in attempting to modify the statutory definition of “a long term financial 

commitment for baseload power” to include fuel contracts and emission control expenditures.  

PacifiCorp has provided substantial evidence to support the conclusion that it is in compliance 

with California’s EPS and should be permitted to continue to use the alternative compliance 

mechanism. 

PacifiCorp and Cal PA differed on very few issues, and those important elements 

of this case which were not in dispute, including revenue requirement, cost of service, rate 

spread, rate design, and cost allocation methodology, should be decided as recommended in 

PacifiCorp’s direct and rebuttal testimony.  PacifiCorp’s cost of capital testimony included a 

significant amount of important evidence that Cal PA chose not to address at all, either in its 
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testimony or in its opening brief.  As a result, the record clearly supports adoption of the ROE 

recommendation of PacifiCorp, as the Cal PA recommendation is demonstrably below a 

reasonable range based on an extensive review of comparable returns of similar electric utilities, 

and a proper assessment of additional risk factors recognized by the Commission.  The other 

minor issue where Cal PA and PacifiCorp differed, incentive compensation costs, should be 

resolved as proposed by PacifiCorp, which has demonstrated that Cal PA’s recommended 

disallowance was not properly calculated. 

In light of the entire record in this proceeding, including the arguments contained 

herein, PacifiCorp respectfully requests that the Commission grant the General Rate Case 

Application of PacifiCorp, and issue findings of fact, conclusions of law, and ordering 

paragraphs consistent with the relief sought by PacifiCorp.202

202 Opening Brief of PacifiCorp, pp. 117–119. 
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Respectfully submitted February 8, 2019, at San Francisco, California. 
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DECISION ON TEST YEAR 2019 GENERAL RATE CASE FOR PACIFICORP 

 

Summary 

This decision approves a revenue requirement of $71,951,494 for 

PacifiCorp pursuant to its 2019 General Rate Case Application, 18-04-002.  The 

adopted amount is $6,640,203 lower than PacifiCorp’s request and reflects our 

careful assessment and determination of the operating expenses and capital 

expenditures that are necessary for PacifiCorp to provide safe and reliable 

service at just and reasonable rates.  The adopted revenue requirement shall 

become effective upon adoption of this decision and shall be implemented upon 

filing of tariffs pursuant to the directives of this decision.  

This decision also authorizes a post-test year adjustment mechanism.  The 

adjustment mechanism provides funds necessary for PacifiCorp to continue to 

provide safe and reliable service to customers beyond the test year, while 

providing PacifiCorp a reasonable opportunity to earn the rate of return 

authorized by this decision.  The post-test year adjustment mechanism is 

substantially unchanged from a previously adopted mechanism.  The revenue 

requirement authorized in this decision does not include commodity costs of 

electricity procured for customers or costs of fuel used in generating electricity; 

these are addressed in a separate proceeding, the Energy Cost Adjustment 

Clause proceeding. 

The authorized amounts are less than PacifiCorp requested.  PacifiCorp’s 

final updated 2019 revenue requirement request is $78,591,697, representing a 

$0.8 million increase relative to present rates.  

A significant component of PacifiCorp’s request in this application is for 

accelerated depreciation of its coal generation facilities.  PacifiCorp requests 
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approximately $5.24 million during 2019 alone for accelerated depreciation.  We 

do not approve this request, reflecting our judgement that PacifiCorp has not 

adequately established benefits to its California Ratepayers of these accelerated 

costs.   

This Commission supports the retirement of PacifiCorp’s coal generation 

facilities.  PacifiCorp has informally stated in other venues that it intends to retire 

these facilities.  It is time for the company to present California with a plan for 

these retirements.  PacifiCorp is ordered to file its next General Rate Case for Test 

Year 2022 and shall include in that application or an earlier application its plan 

for coal facility retirements and any associated request for accelerated 

depreciation.   

Appendix A to this decision contains the detailed results of operations 

tables that summarize the annual General Rate Case revenue requirements 

approved in this decision, based on our decisions regarding the forecasted costs 

we find to be reasonable, and which are adopted in today’s decision. 

These consolidated proceedings are closed. 

1. Background 

On April 27, 2017, the California Public Utilities Commission 

(Commission) issued Order Instituting Investigation (OII. or I.) 17-04-019 to 

determine whether PacifiCorp engages in least-cost planning on a control area 

basis, whether PacifiCorp's Inter-Jurisdictional Cost Allocation Protocol results in 

just and reasonable rates in California, and whether the Commission should 

continue to allow PacifiCorp to demonstrate alternative compliance with the 

Emissions Performance Standard.  A Scoping Memo and Ruling was issued in 

I.17-04-019 on September 14, 2017. 
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On April 12, 2018, PacifiCorp filed Application (A.) 18-04-002 for authority 

to increase its authorized revenue, electric rates, and charges effective January 1, 

2019.  A.18-04-002 is the General Rate Case (GRC) application of PacifiCorp. 

A prehearing conference was held on June 5, 2018 to discuss the issues of 

law and fact, including whether these proceedings should be consolidated and to 

determine the need for hearing and schedule for resolving these matters.  Rule 

7.4 of the Commission Rules of Practice and Procedure1 provides, “[p]roceedings 

involving related questions of law or fact may be consolidated.”  A primary issue 

in both proceedings is consideration of just and reasonable rates for California 

customers.  After considering pleadings filed in both proceedings and discussion 

at the prehearing conference, consolidation was found to improve efficiency and 

avoid the duplication of testimony and consideration of similar issues in separate 

proceedings, without prejudicing any party and therefore, A.18-04-002 and 

I.17-04-019 were consolidated for all purposes. 

The scope of the consolidated proceeding includes all issues identified by 

the Scoping Memo and Ruling issued on September 14, 2017 in I.17-04-019 and as 

identified by the by the Scoping Memo and Ruling issued on July 19, 2018 in the 

consolidated actions. 

2. Policy Testimony 

 Three issues encompass the “policy testimony” in these proceedings.  

These are:  the Energy Cost Adjustment Clause (ECAC) and Post-Test Year 

Adjustment Mechanism (PTAM), Executive and Incentive Compensation, and 

the treatment of adjustments due to the Tax Cuts and Jobs Act (TCJA) of 2018. 

                                              
1 All references herein to “Rule” or “Rules” are to the Commission’s Rules of Practice and 
Procedure, California Code of Regulations, Title 20, Division 1, Chapter 1.   
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2.1. Retention of ECAC Mechanism - including PTAM  
mechanism for attrition and major capital additions 

Continuing use of the ECAC and PTAM are not explicitly opposed by any 

party.  Sierra Club, however, contends approval of these mechanisms should be 

limited by prohibiting PacifiCorp from charging California customers for any 

cost associated with the operation of coal units beyond December 31, 2022 absent 

certain conditions.2  Curiously, Sierra Club argues for this limitation while 

simultaneously taking “no position on the Commission’s decision to retain the 

ECAC and PTAM mechanisms.”3  PacifiCorp notes this recommendation is 

“unsupported by any testimony” and would “inject a full IRP [Integrated 

Resource Plan] analysis into ECAC proceedings.”4  We agree, Sierra Club’s “no 

position” recommendation is contradictory and unsupported, and we do not 

adopt it.  We also recognize, and discuss elsewhere, that the IRP proceeding, and 

not the ECAC or PTAM, is the appropriate proceeding for consideration of the 

continued operation of PacifiCorp’s coal plants. 

2.1.1. ECAC 

The ECAC mechanism was initially adopted by Decision (D.) 06-12-011 to 

provide a means for PacifiCorp to recover its volatile energy costs in a timely and 

efficient manner.  PacifiCorp files its ECAC application annually on August 1, 

setting a balancing rate (a true-up of actual net power costs) and an offset rate 

(the forecasted net power costs for the following year).5  The ECAC currently also 

includes fuel stock carrying charges, costs for implementation and reporting 

verification under the California Air Resources Board Mandatory Reporting Rule 

                                              
2 Sierra Club Opening Brief, § III, at 8. 

3 Id., at 9. 

4 PacifiCorp Reply Brief, § II A, at 8. 

5 PacifiCorp Opening Brief, § II D, at 17. 

Exhibit PAC/2613 
Ralston/7



A.18-04-002, I.17-04-019  ALJ/EW2/lil 
 
 

- 6 - 

and Cap-and-Trade Program, net metering surplus costs, and purchases of 

renewable energy credits for RPS compliance.6  Forecast Production Tax Credits 

and start-up fuel costs for 2019 were included in A.18-08-001, the ECAC filed 

August 1, 2018; PacifiCorp proposes these items continue to be included in future 

ECAC applications.7  The proposal is not opposed.  We approve it. 

2.1.2. PTAM 

In D.06-12-011 we authorized an annual PTAM allowing PacifiCorp to 

adjust base rates for changes in inflation with an off-setting productivity factor of 

0.5 percent for 2008 and 2009.  Use of the PTAM was then extended and 

reauthorized for 2010 by D.09-04-017, for 2012 and 2013 by D.10-09-010, for 2014 

by D.12-10-006, for 2015 by D.13-07-026, for 2016 by D.14-06-018, for 2017 by 

D.15-12-018, and for 2018 by D.16-09-046.  

In this proceeding, PacifiCorp proposes the PTAM continue to be used to 

set rates in years between GRCs using the same formula and elements as were 

previously approved.8  The Public Advocate’s Office of the California Public 

Utilities Commission (Cal Advocates) agrees with PacifiCorp’s proposal for 

continuing use of the PTAM.9  Sierra Club again states it “takes no position.”10  

We find the ECAC and PTAM are an efficient means for setting fair and 

reasonable rates and authorize continuing use.  

The PTAM will be authorized for use in 2021 and calculated as the greater 

of:  (i) the September Global Insight U.S.  Economic Outlook forecast of 

                                              
6 Id., at 17-18. 

7 Id., at 18. 

8 PAC/100, at 11:2-6. 

9 Cal Advocates-01, at 4:3-4. 

10 Sierra Club Opening Brief §III, at 9. 
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Consumer Price Index for the following calendar year with an offsetting 

productivity factor of 0.5 percent; or (ii) zero.  The PTAM factor may continue to 

be filed on October 15 (or as soon thereafter as is reasonable) as a Tier 2 Advice 

Letter, with rates effective January 1.  Given the effective date of this decision, a 

PTAM factor based on the Consumer Price Index is not found to be reasonable 

for 2020.   

PacifiCorp may use the PTAM for Major Capital Additions for 2020 and 

2021 based on California allocated costs relying on actual cost data and in-service 

dates.  A PTAM for Major Capital Additions may be filed for 2020 as soon as 

reasonably feasible following the effective date of this decision.  A PTAM for 

Major Capital Additions for 2021 may be filed consistent with the schedule stated 

above.  

2.2. Executive Compensation - Incentive Compensation 

PacifiCorp proposes $609,868 for its Incentive Compensation plan.  The 

incentive compensation is available to all non-union employees based on 

evaluation of six factors:  (1) customer service; (2) employee commitment; 

(3) environmental respect; (4) regulatory integrity; (5) operational excellence; and 

(6) financial strength.11  

Cal Advocates recommends disallowing two-thirds of this funding, 

$406,599, arguing PacifiCorp has “failed to show … a direct benefit to 

ratepayers.”12  We do not agree.  PacifiCorp has established the customer benefits 

of the incentive compensation program related to employee commitment, 

environmental respect, regulatory integrity, and operational excellence.  

PacifiCorp concedes costs related to the customer satisfaction survey in the 

                                              
11 PAC/1400, at 18:8–15. 

12 Cal Advocates-04, at 10:6–18. 
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customer service category may be disallowed, as well as the costs of the financial 

strength element.  This results in a reduction of incentive compensation costs of 

$149,601, or approximately 23 percent.13  We approve the remaining $460,267. 

2.3. Treatment of 2018 Income Tax Adjustment 

The Commission, by D.18-05-030, authorized PacifiCorp to establish a Tax 

Reform Memorandum Account to track the full income tax impacts of the TCJA 

Act of 2017.  That decision anticipated “PacifiCorp’s Tax Reform Memorandum 

Account will be subject to review and inspection in its future general rate case.”14 

PacifiCorp and Cal Advocates agree that all tax savings from the TCJA of 

2017 should be returned to ratepayers.15  PacifiCorp’s rebuttal testimony stated it 

expected to have calculated the “full effects” of the tax reform “to be finalized in 

early 2019 and then requests it be authorized in this decision to file an Advice 

Letter to return those tax savings.16 

We did not consider an Advice Letter to provide the appropriate level of 

review and required supplemental testimony.  PacifiCorp was the only party to 

provide supplemental testimony.    

2.3.1. The Tax Cuts and Jobs Act 

On December 22, 2017, Public Law 115 97, the TCJA, was signed into law.  

This legislation includes changes that directly affect the computation of 

regulatory tax expense and rate base in PacifiCorp’s Test Year 2019 GRC.  

Significant changes include the following:  

1. Change in the federal income tax rate from 35% to 21%; 

                                              
13 PacifiCorp Opening Brief, §II.B., at 16. 

14 D.18-05-030, § 2.2, at 4.  

15 PacifiCorp Opening Brief, § II, C, at 17; Cal Advocates Opening Brief, § I, B, at 3. 

16 PAC/1400, at 22:3-12; PacifiCorp Opening Brief, § II, C, at 17. 
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2. Loss of Internal Revenue Code (IRC) Section 199 manufacturing 
deduction; 

3. New IRC Section 168(k) Bonus Depreciation rules do not apply 
to public utility property;  

4. The return of excess deferred income taxes (EDIT) on historical 
normalized tax differences using the average rate assumption 
method (ARAM) or the Reverse South Georgia Method 
(RSGM); 17  

5. The repeal of the exclusion from income of contributions in aid 
of construction received from governments for public 
purposes; and  

6. The repeal of the deduction and imposition of certain 
limitations with respect to certain expenditures.18 

PacifiCorp asserts the change in the Federal corporate income tax rate from 

35% to 21% affects the revenue requirement in three ways:  

1. It reduces current income taxes.  

2. It reduces the Accumulated Deferred Income Taxes (ADIT) 
liability.  

3. It reduces the company’s Federal Energy Regulatory 
Commission (FERC) Open Access Transmission Tariff rates, 
which reduces third party wheeling revenues.19 

2.3.2. Testimony:  Impact of the Tax Cuts and Jobs Act 

PacifiCorp served the only supplemental testimony addressing the impact 

of the TCJA on August 2, 2019.  

                                              
17 The Reverse South Georgia Method may be used if property records do not contain the 
specific data necessary for the Average Rate Assumption Method. 

18 PAC/2200, at 3:4-18. 

19 Id., at 3:19-4:2. 

Exhibit PAC/2613 
Ralston/11



A.18-04-002, I.17-04-019  ALJ/EW2/lil 
 
 

- 10 - 

2.3.3. Revenue Requirement 

With its updated testimony, PacifiCorp calculates a 2018 GRC revenue 

requirement decrease of $4.6 million.  The proposed revenue change is due to a 

reduction in current taxes of $3.531 million, 2018 Protected property EDIT 

amortization of $0.906 million, and 2018 Non-Protected property EDIT 

amortization of $0.192 million.20  These sums have been tracked in the Tax 

Reform Memorandum Account.21  PacifiCorp projects it will have additional 

savings through the effective date of this decision due to the tax savings impact 

on the current revenue requirement.22 We acknowledge PacifiCorp, by its 

comments states, it now has four balances tracked in the tax memorandum 

account: 1) the current tax benefit of tax reform occurring before the rate effective 

date; 2) deferred amortization of protected property-related EDIT; 3) non-

protected property-related EDIT; and, 4) non-property EDIT.23  

PacifiCorp intends to amortize to customers over a three-year amortization 

period the deferred current tax savings and property-related EDIT amortization 

for the period January 1, 2018 through the rate effective date of the final decision 

in this GRC.24 

2.3.4. ADIT 

The reduction in the corporate income tax rate also results in a reduction in 

the amounts which need to be held for ADIT.  ADIT results from PacifiCorp 

normalizing the benefit of accelerated depreciation, as required by the Internal 

                                              
20 Id., at 5:14-18 and Table 1. 

21 Id., at 5:5-8. 

22 Id., at 6:9-17. 

23 PacifiCorp Opening Comments, at 15. 

24 Id., at 9:4-12. 
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Revenue Service (IRS).  When PacifiCorp takes accelerated depreciation, it 

receives a current tax benefit.  For ratemaking purposes however, PacifiCorp’s 

capital expenditures for its plant is depreciated on a straight line, or “book” 

basis, over the life of the asset, in accordance with IRS normalization 

requirements.  This means the ratepayers receiving the benefit of an asset share 

equally in the cost of that asset over the life of the asset.  Included in book 

depreciation is the initial cost of the asset and the “cost of removal” of the asset 

or “negative net salvage.”  The difference between the accelerated “tax 

depreciation” and the “book depreciation” multiplied by the tax rate is the ADIT 

balance.  

Under IRS normalization rules, while the utility is allowed to claim the 

benefit of accelerated depreciation in its tax filings, thereby lowering its taxable 

income, the utility is not allowed to flow through these tax benefits to ratepayers.  

Instead, the IRS requires the creation of the ADIT balance which reduces rate 

base.  The ADIT ensures the ratepayers share in the tax benefit of accelerated 

depreciation through the ADIT reduction from rate base, while tracking the 

annual changes between tax and book depreciation.   

The ADIT, by not allowing the flow through of the tax benefits of 

accelerated depreciation, ensures in another way that the ratepayers share 

equally in the tax benefit of accelerated depreciation.  Under “normalization” 

rules all ratepayers over the life of an asset receive the tax benefits of accelerated 

depreciation; the money saved now due to accelerated depreciation (the income 

taxes) is deferred for payment of the taxes later so that today’s ratepayers share 

equally with tomorrow’s ratepayers in the payment of taxes relating to the assets 

which generated the accelerated depreciation.  
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ADIT was formerly calculated based on a payment of deferred income 

taxes at the rate of 35%.  Due to the reduction in the tax rate to 21%, the amount 

of ADIT needed to pay the deferred tax is reduced.  The EDIT which result from 

the reduced income tax rate will be returned to customers; however, this return 

will not be immediate.  The IRS requires these EDIT be “normalized” pursuant to 

the ARAM or RSGM.  When the EDIT are returned, ARAM (or RSGM) ensures 

the excess is returned to ratepayers over the remaining life of the underlying 

asset.  Since the deferred income taxes are offset against ratebase, when the EDIT 

are returned, there is a corresponding increase in ratebase.   

PacifiCorp anticipates additional returns to customers of EDIT for 2019 for 

protected property of $0.770 million and $0.147 million for non-protected 

property, before gross-up.25  PacifiCorp also proposes the amortization period be 

set in the next filed GRC.26 

PacifiCorp reports California EDIT balances for protected property of 

$29.721 million, for non-protected property of $3.153; and non-property of 

$0.837 million, for a total of $33.711 million.27  The IRS normalization rules 

require protected property EDIT be amortized using the ARAM or RSGM.  

PacifiCorp acknowledges non-protected property EDIT is not subject to these 

normalization rules.  Consequently, PacifiCorp will amortize it “over an 

alternative period as agreed with and approved by its regulatory 

Commissions.”28 

                                              
25 Id., at 7:7-18. 

26 Id., at 7:19-21. 

27 Id., at 8:1-5 and Table 2. 

28 Id., at 8:6-15. 
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We find that EDIT balances are excess funds now and if not subject to 

other limitations, should be returned to ratepayers now.  Unlike requiring all 

ratepayers share equally in the expense of an asset over its life, returning excess 

funds to current ratepayers does not impose a greater burden on future 

ratepayers.  Rather, repayment now returns the excess funds to ratepayers who 

are the closest in time to the recent ratepayers who contributed those funds to 

these accounts.  Therefore, we require the net excess deferrals relating to the 

non-protected assets be returned to ratepayers on an amortized basis over 

three years consistent with the balance of the Tax Reform Memorandum 

Account. 

3. Inter-jurisdictional Cost Allocation Methodology 

PacifiCorp has historically apportioned costs between customers in the 

separate states of its territory by using an inter-jurisdictional cost allocation 

protocol.  The Revised PacifiCorp Inter-Jurisdictional Cost Allocation Protocol 

(Revised Protocol) was proposed by PacifiCorp’s 2007 test year GRC, A.05-11-022 

and was approved by D.06-12-011, the decision adopting the settlement of that 

proceeding.29  The Commission approved continuing use of the Revised Protocol 

in D.10-09-010, PacifiCorp’s 2011 test year GRC, A.09-11-015.30 

3.1. Issues from OII - Reasonableness of Rates  
from existing Cost Allocation  

Under the Revised Protocol,  

PacifiCorp’s California customers pay a proportionate share of 
PacifiCorp’s system costs based on the relative usage of 
PacifiCorp’s assets used to serve its California service area.  
PacifiCorp allocates system-wide costs, primarily generation 
and transmission costs, based on contribution to system peak 

                                              
29 PAC/300-I, at 3-5:15-23. 

30 Id., at 3-6:1-5. 
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(demand-related) and annual energy usage to determine the 
state’s cost causation on the system.31   

A weighted load-based allocation factor called the System Generation (SG) 

factor is used to allocate the capital and Operations and Maintenance (O&M) 

costs of Company owned generation and transmission assets.32  Fuel costs are 

allocated based on a System Energy factor which is based on the percentage of 

each states’ total energy use during the year.33 

The Revised Protocol “allocated costs among PacifiCorp’s jurisdictions and 

ensured that the company operated its generation and transmission system on an 

integrated basis to achieve a least cost-least risk resource portfolio….”34  Based 

on historical loads for calendar year 2016, PacifiCorp’s system allocated costs for 

California, including coal generation costs, were approximately 1.6 percent.  Coal 

costs are regarded as part of SG costs and are not separately allocated.35  

Since the 2011 GRC, PacifiCorp has added only one generation resource:  

Lake Side 2, a 631 megawatt (MW) natural gas-fired, combined cycle power plant 

for a total investment of approximately $671 million.36  Since the 2011 GRC, 

PacifiCorp added two transmission resources in 2013, the Clover Transmission 

Substation for an investment of $63.7 million and the Mona-to-Oquirrh 

Transmission Project for an investment of $347.5 million.  One additional 

transmission facility was added in 2015, Sigurd-to-Red Butte for an investment of 

                                              
31 Id., at 3-6:6-10. 

32 Id., at 3-2:18-23 and 3-6:20-22. 

33 Id., at 3-7:1-2. 

34 Id., at 3-2:11-14. 

35 I.17-04-109, Scoping Memo, September 14, 2017, Issue 2, Q. 3) a., at 7. 

36 PAC/300-I, at 3-7:3-5. 
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$338.0 million.37  There have been no other additional generation or transmission 

investments since the 2011 GRC.38  

The cost allocation protocol is intended to fairly allocate costs among the 

jurisdictions served by PacifiCorp.  It does not impact compliance with California 

Greenhouse Gas (GHG) policies.39  Costs incurred to comply with California 

policies to reduce GHG emissions are assigned to California.40  Additionally, 

other mechanisms exist for implementing California policies, such as the 

Emissions Performance Standard and the Integrated Resource Plan. 

PacifiCorp contends the Revised Protocol produces reasonable rates.  The 

intervenors do not disagree.41  The system average rates for each jurisdiction is 

immaterial to determining whether California ratepayers are paying a reasonable 

share of costs.42  Rates are significantly impacted by the weighting of customer 

classes and state policy decisions and do not provide a meaningful basis for 

comparison.43  We agree, the existing Revised PacifiCorp Inter-Jurisdictional Cost 

Allocation Protocol results in California ratepayers paying an appropriate share 

of system-wide costs and just and reasonable rates. 44  

                                              
37 Id., at 3-7:5-7 and Table 2. 

38 I.17-04-109, Scoping Memo, September 14, 2017, Issue 2, Q. 5), at 9. 

39 Id., Q. 3) b., at 8. 

40 PAC/300-I, at 3-16:5-18. 

41 PacifiCorp Opening Brief, § III, at 20. 

42 I.17-04-109, Scoping Memo, September 14, 2017, Issue 2, Q. 4) a. ii), at 8. 

43 PAC/300-I, at 3-15:9-14. 

44 I.17-04-109, Scoping Memo, September 14, 2017, Issue 2, at 7. 
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3.2. Issues from GRC and OII - Adoption of 2017  
Allocation Methodology 

PacifiCorp contends the 2017 Protocol modifies and streamlines the 

Revised Protocol to update and improve it while continuing to ensure just and 

reasonable rates for PacifiCorp’s California customers.45  The 2017 Protocol, like 

the Revised Protocol, continues to be intended to fairly allocate costs among 

PacifiCorp’s jurisdictions.  The intervenors do not oppose the 2017 Protocol. 

We consider PacifiCorp’s generation resources pursuant to the OII.  

Question 7 of the OII seeks information concerning uses and apportionment of 

costs and revenues for generation resources.  PacifiCorp characterizes its 

generation resources according to the 2017 Protocol as System resources, 

Regional resources, Seasonal resources, State resources, and Administrative and 

general costs.46  Under the 2017 Protocol, the SG factor will be calculated in the 

same manner as the Revised Protocol.47  A state’s twelve monthly system peaks 

are weighted 75 percent and a state’s annual energy use is weighted 25 percent in 

calculating each state’s allocation of generation and transmission costs.48  

There are no Regional resources under the 2017 Protocol.49 

There are also no Seasonal resources under the 2017 Protocol.50  Seasonal 

factors which were used for the Revised Protocol have been eliminated because 

                                              
45 PacifiCorp Opening Brief, § III, B, 1, at 22. 

46 I.17-04-109, Scoping Memo, September 14, 2017, Issue 2, Q. 7), at 9. 

47 Id., Issue 2, Q. 3), at 7. 

48 PAC/300-I, at 3-8:7-14. 

49 Id., at 3-8:15-16. 

50 Id., at 3-9:2. 

Exhibit PAC/2613 
Ralston/18



A.18-04-002, I.17-04-019  ALJ/EW2/lil 
 
 

- 17 - 

they were considered immaterial (three one-hundredths of a percent for a limited 

set of assets for California).51  

The 2017 Protocol changes the consideration of State resources by 

allocating to the individual states the costs of demand-side management 

programs and compliance with portfolio standards based on where the costs 

arise or the investment is made.52  The characterization by the OII of qualifying 

facility contracts as similar to regional resources is incorrect.  Qualifying facility 

contracts are system allocated, similar to other generation resources.  If a portion 

exceeds costs PacifiCorp would otherwise have incurred in obtaining 

comparable resources, that portion would be assigned to the state that approved 

the contract.53  

The administrative and general costs are allocated using a System 

Overhead factor based on a ratio of gross plant allocated to each state.54 

Lastly, the 2017 Protocol adjusted the Embedded Cost Differential (ECD), 

including an equalization adjustment.  The ECD quantifies embedded costs of 

western hydro generation resources, Mid-Columbia contracts, [and, in the 

Revised Protocol but not the 2017 Protocol, historic Qualifying Facility contracts] 

compared to embedded costs of all other generation.  Seeking to eliminate future 

volatility in the ECD, the 2017 Protocol set a fixed amount for the equalization 

adjustment (in California it is a credit of $324,000).55  The equalization adjustment 

addresses PacifiCorp’s undercollection of costs (but does not allow PacifiCorp 

                                              
51 PacifiCorp Opening Brief, § III, B, 1, at 24. 

52 PAC/300-I, at 3-9:11-19. 

53 Id., at 3-9:20-3-10:2. 

54 Id., at 3-10:3-6. 

55 Id., at 3-10:7-3-10:20. 
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full recovery).  The 2017 protocol adjustment (ECD credit and equalization 

adjustment debit) for California is zero.56  

No party contends the 2017 Protocol shifts the cost burden of Eastern 

control area resources to customers in California without a commensurate 

sharing of benefits to California customers.57  California ratepayers continue to 

pay a reasonable share of PacifiCorp’s system-wide costs.58 

We agree the 2017 Protocol provides for just and reasonable rates for 

California ratepayers and approve its use. 

3.3. Allocation Methodologies Across Jurisdictions 

At present, the 2017 Protocol is used in Idaho, Oregon, Utah, and 

Wyoming.59  Washington uses the West Control Area Inter-Jurisdictional 

Allocation Methodology (WCA).60  The WCA isolates costs and revenues of 

assets in PacifiCorp’s west (PACW) balancing area authority and allocates a 

proportionate share to Washington based on Washington’s relative contribution 

to demand and energy requirements.61  The WCA includes facilities in California, 

Oregon, and Washington and transmission and generation assets outside of 

those states but which are electrically located in PACW.  The WCA does not 

include loads and assets in the PacifiCorp’s east balancing authority area 

(PACE).62 

                                              
56 Id., at 3-10:21-3-11:6. 

57 I.17-04-109, Scoping Memo, September 14, 2017, Issue 2, Q. 3) c., at 7. 

58 Id., Issue 2, Q. 4) a., at 8. 

59 PAC/300-I, at 3-8:2; I.17-04-109, Scoping Memo, September 14, 2017, Issue 2, Q. 4) b., at 8. 

60 PAC/300-I, at 3-11:11-12; I.17-04-109, Scoping Memo, September 14, 2017, Issue 2, Q. 4), at 8. 

61 PAC/300-I, at 3-11:12-3-12:1. 

62 Id., at 3-12:1-5. 
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PacifiCorp contends the WCA does not reflect the actual operations or 

finances of the company since it operates as an integrated system and finances its 

operations on a total company basis.63  PacifiCorp further contends applying the 

WCA to California “would not result in more just and reasonable electric rates to 

PacifiCorp’s California customers than either the Revised Protocol or 2017 

Protocol.”64  Furthermore, it “does not reflect the way the company operates on a 

system basis nor does it comply with cost causation principles.”65  The 

intervenors did not dispute or address these contentions.  We find it has not been 

established that implementation of the WCA would result in electric rates for 

PacifiCorp customers in California that are more just and reasonable than electric 

rates based on PacifiCorp’s 2017 Protocol.66 

PacifiCorp system costs in 2016 were allocated approximately 1.6 percent 

to California, 26.6 percent to Oregon, 8.2 percent to Washington, 5.9 percent to 

Idaho, 42.7 percent to Utah, and 15.0 percent to Wyoming.67  Distribution costs 

are assigned entirely to the state where the facilities are located.68 

The Multi-State Process (MSP) is a collaborative effort to develop solutions 

to PacifiCorp’s multi-state challenges.  In the past, the MSP has developed the 

protocols for fair allocation of costs based on relative load which we have found 

have resulted in just and reasonable rates for California.  

                                              
63 Id., at 3-12:6-17. 

64 Id., at 3-13:8-10. 

65 Id., at 3-13:10-11. 

66 I.17-04-109, Scoping Memo, September 14, 2017, Issue 2, Q. 4) d., at 8. 

67 Id., Issue 2, Q. 4) a., at 8. 

68 PAC/300-I, at 3-7:8-11. 
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The 2017 Protocol will expire at the end of 2019.69  Recently, the MSP 

Workgroup has been meeting monthly to discuss new approaches to address 

diverging state energy policies and other factors.70  This forum is endeavoring to 

negotiate a “long-term, fair, and balanced inter-jurisdictional allocation 

methodology for PacifiCorp’s system assets.”71  Challenges requiring a new 

methodology are:  “differing state policies; qualifying facilities policies; 

community solar programs; private generation options; retail choice policies; 

renewable portfolio standards; and clean energy goals.”72  

In 2016 PacifiCorp considered an alternative corporate structure, 

separating into a utility serving California, Oregon, and Washington and a utility 

serving Idaho, Utah, and Wyoming.73  PacifiCorp reports its analysis found costs 

would likely increase for all customers due to increases in financing costs, 

property and income tax expense, and administrative and general costs.  

Additionally, the transition would take decades if PacifiCorp were to avoid 

additional costs and penalties.74  Due to the expectation that a division of 

PacifiCorp’s corporate structure would increase costs for all customers, it has not 

been advanced as an alternative which would result in just and reasonable rates 

in California. 

PacifiCorp has since developed a new inter-jurisdictional cost allocation 

proposal to address its multi-jurisdictional challenges.  The new proposal 

                                              
69 PAC/100-I, at 1-5:19-20. 

70 PAC/300-I, at 3-1:1-20. 

71 PAC/100-I, at 1-6:1-4. 

72 Id., at 1-6:12-14. 

73 I.17-04-109, Scoping Memo, September 14, 2017, Issue 2, Q. 8), at 9. 

74 PAC/300-I, at 3-15:17-25. 
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realigns existing generation and moves to a subscription model for new 

resources.  The realignment is intended to allow states to align their policies, 

including coal generation policies, with the cost allocation of these resources.75  

PacifiCorp has proposed the Coal Life Evaluation Allocation and 

Realignment (CLEAR) to realign coal plants and fix allocations of existing 

generation based on current SG allocation factors.  CLEAR is intended to allow 

accelerated depreciation of specific coal units for states seeking divestment from 

coal.  For example, Oregon, rather than being responsible for 25% of 24 units, 

would be responsible for 100% of six units and thereby its divestment from coal 

would be associated with specific units.  PacifiCorp contends this policy would 

allow states to pursue their policies without shifting costs of those policies to 

other states.  Additionally, PacifiCorp will be able to continue to plan on a “least-

cost, least-risk system basis” while the net power costs to each state would be 

based on each state’s unique resource portfolio.76  The CLEAR proposal and the 

MSP appear intended to ensure continuing just and reasonable rates for 

California ratepayers; however, we defer our analysis for consideration of the 

MSP.77     

4. Cost of Capital 

PacifiCorp asserts the weighted average cost of capital and the capital 

structure are among “the most important elements of a GRC” and “the largest 

single difference in revenue impact between PacifiCorp’s Application and the 

recommendations of [Cal Advocates].”78  PacifiCorp proposes a weighted 

                                              
75 Id., at 1-6:15-20. 

76 PAC/600-I. 

77 I.17-04-109, Scoping Memo, September 14, 2017, Issue 2, Q. 8), at 9. 

78 PacifiCorp Opening Brief, § IV, at 27. 
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average cost of capital of 7.94 percent; Cal Advocates proposes 7.08 percent.  

PacifiCorp’s recommendation is based on a 10.60 percent return on equity, 

consistent with its current return on equity which was adopted following 

settlement by D.10-09-010.  Cal Advocates’ proposal is based on a return on 

equity of 8.94 percent.   

We adopt a cost of capital of 7.622 percent, as discussed below.79 

4.1. Capital Structure 

PacifiCorp proposes a capital structure which is consistent with the capital 

structure adopted in the previous GRC.80 

Capital Structure Overview 
 

  
2019 GRC Proposal 

Adopted in 
Last GRC (A.09-11-015) 

Long-Term Debt 48.02% 47.50% 
Preferred Stock 0.02% 0.30% 
Common Equity 51.96% 52.20% 

The proposed capital structure is reasonable and unopposed.  We adopt it. 

4.2. Cost of Debt and Preferred Stock 

PacifiCorp presented testimony establishing the cost of Long-Term Debt at 

5.05 percent for the 2019 Test Year and fixing the cost of Preferred Stock for the 

same period at 6.75 percent.  Again, the application is undisputed and 

reasonable, and we adopt it.  

                                              
79 Note, PacifiCorp is not a party to A.19-04-014, et al. the consolidated cost of capital 
applications for 2020 of Southern California Edison Company, Pacific Gas and Electric 
Company (PG&E), San Diego Gas & Electric Company (SDG&E), and Southern California Gas 
Company (SoCalGas); this decision is rendered based on the unique status of PacifiCorp and 
the record herein.  

80 Id., at 28 and PAC/300, Table 3, at 13. 
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4.3. Return on Equity 

PacifiCorp contends the difference between the 10.6 percent return on 

equity it proposes, and the 8.94 percent proposed by Cal Advocates “is the 

largest single revenue requirement adjustment proposed by [Cal Advocates].”81  

Cal Advocates’ recommendation of 8.94 percent is based on models 

historically used by the Commission:  Discounted Cash Flow, a historical risk 

premium and a capital asset pricing.82  PacifiCorp’s result from these traditional 

models, in rebuttal testimony, indicated a return of equity of 9.38 percent.83 

PacifiCorp then augmented its testimony, reviewing additional financial 

models and other benchmarks, producing a significantly higher result of 

10.48 percent.84  Ultimately, following consideration of additional factors:  rising 

interest rates,85 heightened volatility of equity markets,86 capital demands as 

PacifiCorp shifts from coal to renewable resources,87 business and regulatory 

risk,88 and PacifiCorp’s status as a multi-jurisdictional utility which does not file 

in California on a regular three-year cycle,89 PacifiCorp contends it should 

receive a return of equity of 10.60 percent. 

The weight of the evidence tends to favor PacifiCorp while Cal Advocates 

chose to rest on its more limited analysis without contesting PacifiCorp’s.  We 

                                              
81 PacifiCorp Opening Brief, §IV, C, at 29. 

82 Cal Advocates-09, at 5:18–21. 

83 PacifiCorp Opening Brief, §IV, C, 1, at 31. 

84 PAC/1504. 

85 PAC/200, at 4:1–4. 

86 Id. at 4:5–6. 

87 Id., at 4:7-11. 

88 Id., at 4:12–16; at 30:16–19; at 32:3–14. 

89 Id., at 31:8-32:2. 
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find however, in comparison to PacifiCorp’s proposed return of equity, the 

comparable earnings for Dow Jones Utilities Index companies are lower at 

9.44 percent; earnings for Dow Jones Industrial Average companies are 

significantly higher at 16.62 percent, but not comparable; allowed returns for 

electric utilities were lower from 2015 through 2017, averaging from 9.74 percent 

to 9.85 percent; allowed returns for vertically integrated electric utilities were 

lower from 2015 through 2017, averaging from 9.74 percent to 9.81 percent; 

allowed returns for California vertically integrated electric utilities were lower 

averaging 10.25 percent; and allowed FERC returns average 10.09 percent for 

electric transmission companies and 14.09 percent for gas pipeline companies 

(which are not comparable).90  

Excluding returns which are not comparable, and recognizing that some 

risks, such as the impact of the interest rate environment, have not been 

established, and other risks, such as PacifiCorp’s regulatory status, are 

unchanged, and in consideration of PacifiCorp’s rebuttal testimony supporting a 

range of 9.7 percent to 10.5 percent,91 we find a the return on equity of 10 percent 

is reasonable.    

                                              
90 PacifiCorp Opening Brief at 43; PAC/1504. 

91 PAC/1500, at 18:6-7. 
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Adopted Capital Structure and Return 

 Capital Structure Return 

Long-Term Debt 48.02% 5.05% 
Preferred Stock 0.02% 6.75% 
Common Equity 51.96% 10.0% 

 

5. Accelerated Depreciation for Coal Units  

The purpose of depreciation is to allow a utility to recover the original cost 

of the asset, as well as the net salvage value (salvage minus cost of removal), over 

the life of the asset.  This ensures assets are paid for by the customers who benefit 

from the use of the asset and the shareholders who provided the capital invested 

in the assets are repaid for their investment.  To meet these objectives, the 

Commission uses the Straight-line Remaining Life depreciation method 

described by Standard Practice U-4. 

Under the straight-line remaining life depreciation method, the 

undepreciated asset amount (original cost less accumulated depreciation plus the 

estimated net salvage) is depreciated over the remaining life of the asset.  The net 

salvage includes the cost of removal of the asset at the end of its useful life as 

well as any salvage value the asset may have at that time.   

Currently, for California (and Utah, Idaho, and Wyoming) the asset lives 

of PacifiCorp’s coal burning power plants are based on a 2007 depreciation study 

establishing the lives of these plants to end between 2027 and 2046.  PacifiCorp 

proposes to accelerate the depreciation for these plants by California ratepayers 

to complete depreciation between 2023 and 2029.92  The proposed accelerated 

depreciation would be consistent with depreciation rates used for Oregon and  

                                              
92 PAC/100, at 11:6-17, 11:21-12:1; PAC/101. 
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Washington.  (Oregon did not adopt the longer depreciable lives proposed by the 

2007 study.93  Washington recently adopted lives ending between 2023 and 

2029.94) 

PacifiCorp contends the differing depreciable lives used for Oregon and 

Washington compared to the other states in PacifiCorp’s territory do not impact 

California ratepayers.  Differing depreciation rates do not impact other states 

under the Revised Protocol or 2017 Protocol.  At this time, coal assets have not 

been fully depreciated in any state and all states continue to pay their share of 

costs associated with the coal assets.95 

There, however, is a potential cost impact to California customers of 

Oregon’s statute requiring accelerated depreciation of PacifiCorp’s coal assets.96  

Typically a customer in a state with shorter depreciable asset lives would 

continue to pay their share of costs related to capital improvements or 

environmental compliance after all of the depreciation expense has been paid.  

Oregon’s Senate Bill 1547 however, precludes any costs from coal generation in 

electric rates as of January 1, 2030.  After that date, the costs of coal generation 

presumably may no longer be shared by Oregon; the costs may be shared by five 

states, rather than the six states in PacifiCorp’s territory.97  This could increase 

the costs on the remaining five states. 

PacifiCorp acknowledges the accelerated depreciation “proposal is not 

based on a change in technical depreciation assumptions, methodologies, or 

                                              
93 PAC/300-I, at 3-13:17-22.  

94 PAC/300-I, at 3-13:22-3-14:3. 

95 PAC/300-I, at 3-14:6-10. 

96 I.17-04-109, Scoping Memo, September 14, 2017, Issue 2, Q. 6), at 9. 

97 PAC/300-I, at 3-14:11-3-15:1-6. 
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calculations.”98  Rather, it is “a policy-based change in the depreciable lives….”99  

PacifiCorp advocates returning its “coal-fired resources to their pre-2008 

depreciable lives” aligning “the depreciable lives for those resources in 

PacifiCorp’s California, Oregon, and Washington service territories.”100  This 

change would adopt depreciation schedules used before the 2007 depreciation 

study; PacifiCorp contends it “will provide greater resource planning flexibility 

for PacifiCorp and its customers as California implements state environmental 

policies…”101 Furthermore, PacifiCorp contends aligning the coal plant 

depreciation rates in California, Oregon, and Washington will make it easier to 

implement policies adopted by the three states in PacifiCorp’s western service 

territory and advance the states’ long history of cooperation. 

The immediate impact of the accelerated depreciation is that when it is 

combined with other mitigating factors, PacifiCorp proposes an increase of 

$800,000 in the revenue requirement attributed to California ratepayers.102  

PacifiCorp, in advancing this proposal, obscures the true impact of accelerating 

depreciation.  The Utility Reform Network (TURN) contends the “workpapers 

reveal that the accelerated depreciation proposal adds $5.24 million to the annual 

revenue requirement.”103  Thus, the proposal increases the electricity bill to each 

California ratepayer by nearly $10 per month.104  

                                              
98 PAC/100, at 12:14-15. 

99 Id., at 12:15-16. 

100 Id., at 11:9-12. 

101 Id., at 12:12-17. 

102 PacifiCorp Opening Brief, § V, at 50. 

103 TURN Reply Brief, § V, at 3; PAC/1101, at 6.0.2.  

104 See, I.17-04-019, Scoping Memo, September 14, 2017, Issue 2, Q. 4) c., at 8. 
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We recognize, as PacifiCorp argues, accelerated depreciation now can 

mitigate later increases in ratepayer rates due to early retirement of coal plants in 

the future and avoid the potential that ratepayers pay costs of early retirement 

and costs of replacement power at the same time.105  We also recognize 

PacifiCorp’s continuing burning of coal to produce electricity is inconsistent with 

California’s goal of reducing GHG emissions associated with electrical 

generation.  

The costs of PacifiCorp’s early retirement of its coal plants, however, are 

speculative until a record is more fully developed as to whom should be assessed 

these costs and absent any commitment by PacifiCorp to retire its coal burning 

plants.  At present, PacifiCorp only promises “flexibility.”  The only readily 

recognizable benefit of this flexibility would be to the shareholders receiving the 

return of their capital despite the asset remaining in service (accelerated 

depreciation resulting in increased payments by ratepayers to shareholders for 

coal plants now, even though those plants remain in operation).  There is no 

current benefit to ratepayers or the environment of using accelerated 

depreciation to remove these plants from California ratebase while the plants 

continue to burn coal to generate electricity for PacifiCorp.  Furthermore, 

removing PacifiCorp’s coal plants from California ratebase while the plants 

continue to operate may violate the proscription of Public Utilities (Pub. Util.) 

Code § 454.53(a) against resource shuffling.106 

                                              
105 PacifiCorp Opening Brief, §V, at 50. 

106 Pub. Util. Code § 454.53(a) in pronouncing the policy of 100% of retail electric sales from 
eligible renewable energy and zero-carbon resources by 2045, states in part, “[t]he achievement 
of this policy for California shall not increase carbon emissions elsewhere in the western grid 
and shall not allow resource shuffling.” 
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We do not approve accelerated depreciation for PacifiCorp’s coal burning 

plants.  PacifiCorp has not met its burden to establish “flexibility” results in just 

and reasonable rates for PacifiCorp’s California ratepayers.  The existing 

depreciation schedules should be maintained. This Commission supports the 

retirement of PacifiCorp’s coal generation facilities.  PacifiCorp has informally 

stated in other venues that it intends to retire these facilities.  It is time for the 

company to present California with a plan for these retirements.  PacifiCorp is 

ordered to file its next GRC for Test Year 2022 and shall include in that 

application or an earlier application its plan for coal facility retirements and any 

associated request for accelerated depreciation. 

6. Recovery of Capital Expenditures on Coal Generation Units 

6.1. Issues from OII and GRC-Least Cost Planning by 
System/Balancing Area and IRP Modeling of Coal  
Generation Units 

6.1.1. Least Cost Planning 

The first issue of the OII is, “Does PacifiCorp engage in least-cost planning 

and dispatch on a system-wide basis or a control area basis?”107  PacifiCorp 

operates its system on an integrated basis across its entire six-state territory108 

and engages in least-cost planning on a system-wide basis.109  This means 

PacifiCorp does not operate differing transmission control areas and does not 

suffer transmission constraints limiting it from functioning on a fully integrated 

basis.  PacifiCorp has over 200 interconnections with other balancing authority 

areas and transmission operators.  It is able to rely on regional market hubs:  the 

Mid-Columbia and California-Oregon Border market hubs for the PACW and 

                                              
107 I.17-04-109, Scoping Memo, September 14, 2017, Issue 1, at 7.  

108 PAC/200-I, at 2-2:2. 

109 Id., 2-5:19–21. 
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the Mona, Four-Corners, and Palo Verde market hubs for the PACE.  PacifiCorp 

is also a member of the Energy Imbalance Market (EIM).  PacifiCorp reports it 

has 1,600 MWs of transmission rights east to west, connecting the PACE and 

PACW.  This allows PacifiCorp to serve load in PACW without building 

additional resources in that BAA and gives PacifiCorp the ability to maintain 

reserves for PACE generation without duplicating reserves in both BAAs.110 

A related question of the OII asked:  which currently in-service PacifiCorp 

transmission and generation resources in the Western and Eastern control areas 

pre-date PacifiCorp’s merger with Utah Power, and which have been added to 

service since then?111 Given the confirmation that PacifiCorp’s operations are not 

divided into control areas, we no longer consider the question to be relevant. 

PacifiCorp acknowledges it may have had transmission constraints in the 

past.  Now, however, with the EIM and the capability to wheel power from 

California Independent System Operator through the PACE, PacifiCorp contends 

it has the ability to improve energy delivery from east to west.112 

6.1.2. IRP Assessment of System Generation Mix  

PacifiCorp represents that its IRP presents “the company’s plan to provide 

reliable and reasonably priced service to its customers across its multi-

jurisdictional service territory.”113  PacifiCorp states the Preferred Portfolio is the 

“least-cost, least-risk resource portfolio” which “can be delivered through 

specific action items at a reasonable cost and with manageable risks, while 

                                              
110 Id., at 2-2:8–2-3:1. 

111 I.17-04-109, Scoping Memo, September 14, 2017, Issue 1, Q. 2, at 7. 

112 PAC/200-I, at 2-4:22–28. 

113 Id., at 2-5:21–2-6:1. 
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considering customer demand for clean energy and ensuring compliance with 

state and federal regulatory obligations.”114   

Sierra Club asserts PacifiCorp fails to engage in least-cost planning because 

it has not properly assessed the continuing value and operation of its coal fleet 

and PacifiCorp assumes the coal fleet should continue to operate.115  The scope of 

least-cost planning in this proceeding extends however, only to whether 

PacifiCorp has engaged in least-cost planning on a system-wide or control area 

basis and not an assessment of the continuing operation of coal plants.116  

TURN contends, “Based on the record of this proceeding, TURN believes 

that more information is needed to assess the economic and environmental 

reasonableness of PacifiCorp’s systemwide dispatch of its coal-fired 

generation.”117  

We stated in the initial scoping memo:  

We also find Sierra Club’s suggested question about least-cost 
dispatch of coal plants to be outside the scope of this proceeding; 
that and related questions are more appropriately addressed in a 
future review of PacifiCorp’s ECAC mechanism.118 

We repeated that determination in the July 19, 2018 scoping memo. 

Although TURN’s discussion of these issues reflects recognition that the 

dispatch of coal plants is outside the scope of this proceeding, TURN then seeks 

to have us define the scope of the ECAC proceeding and the record to be 

                                              
114 Id., at 2-6:8–11. 

115 Sierra Club Opening Brief, § V, at 12-16. 

116 I.17-04-109, Scoping Memo, September 14, 2017, Issue 1. 

117 TURN Opening Brief, § VI.A., at 8. 

118 I.17-04-109, Scoping Memo, September 14, 2017, § 2.2, at 11. 
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required.119  It is appropriate during that proceeding, not here, for the assigned 

Commissioner and Administrative Law Judge (ALJ) to determine the scope and 

the record to be developed.  Additionally, the IRP process sets forth the optimal 

mix of system resources to meet state planning requirements including GHG 

emission targets.120 

6.2. Recovery of Ongoing Capital Costs and Expenses  

PacifiCorp has ongoing capital costs associated with maintaining safe and 

reliable operations of its coal plants.121  Cal Advocates does not oppose 

PacifiCorp’s proposal to increase its Electric Plant in Service (EPIS) for California, 

including capital expenditures for coal plants, by $33 million, to $650 million.  

These amounts reflect the 1.58% California share of PacifiCorp’s total increase in 

EPIS of $1.004 billion.122 

Sierra Club attacks PacifiCorp’s IRP, asserting the spending is imprudent 

and uneconomic; it seeks to exclude capital spending for coal plants beginning in 

2011 through 2018 and moving forward.123  

PacifiCorp is currently participating in California’s IRP proceeding, 

R.16-02-007, as is the Sierra Club.  It has also filed its IRP in the renewable 

portfolio standard proceeding R.15-02-020.  In its IRP, PacifiCorp considers its 

customer loads and resources over a twenty-year planning period.  The 

continued investment in and operation of its coal generation units versus the 

                                              
119 TURN Opening Brief, § VI.A., at 11-12. 

120 See, D.18-12-018. 

121 PacifiCorp Opening Brief, § VI., at 52. 

122 Cal Advocates Opening Brief, § VI., at 29. 

123 Sierra Club Opening Brief, § V, at 12-16. 
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alternative of early retirement is analyzed.124  In the IRP proceeding, the 

Commission considers the best mix of generation resources for the system. 

Meanwhile, we find, PacifiCorp’s changing analysis over time of its coal 

plants during the IRP process cannot support hindsight reconsideration of its 

capital expenditures (as recommended by Sierra Club).  Expenditures outside of 

PacifiCorp’s application which are already in rate base are not properly before 

us; we will not engage in a retroactive review.  

6.3. Rate Base Adjustments 

We note a related capital adjustment proposed by PacifiCorp to add 

investments in coal mines to rate base.  These capital additions would allow 

PacifiCorp to earn a return for its investors on these investments.  The 

investments are a 21.4 percent share in the Trapper Mine which provides coal to 

the Craig generating plant and a two-thirds interest in the Bridger Coal 

Company which provides coal to the Jim Bridger generating plant.  The 

California allocation of the proposed rate base adjustment for the Trapper Mine 

is $110,653 and for the Bridger Mine is $1,741,256.125  

PacifiCorp must establish these investments, like other capital investments, 

are prudent.  PacifiCorp simply states, “[t]his adjustment adds PacifiCorp’s 

portion of the Trapper Mine net plant investment to rate base in order for 

PacifiCorp to earn a return on its investment”126 and “[t]his adjustment is 

necessary to properly reflect the Bridger Coal Company investment in rate base 

in order for PacifiCorp to earn a return on its investment.”127  These justifications 

                                              
124 PacifiCorp Opening Brief, § VI., A., 1., at 54-56. 

125 PAC/1100, at 27:13-20, 27:21-28:6; PAC/1101, at 8.2 and 8.3, 173 and 176 of 374, respectively.  

126 PAC/1100, at 27:18-20. 

127 Id., at 28:2-4. 
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fail to meet PacifiCorp’s burden to establish the prudency of these investments; 

we do not allow these adjustments to rate base. We note, we are not revisiting 

previous decisions in disallowing these adjustments.128  

Similarly, PacifiCorp seeks $1,854,828 for Pro Forma Plant Additions and 

Retirements, Mining Plant, Coal Mine, Account 399.129  Likewise, the adjustment 

is not allowed. Again, we are not reversing or revisiting prior decisions in 

making this disallowance.130 Contrary to PacifiCorp’s Comments, we are not 

engaged in hindsight reconsideration of these expenditures; these adjustments 

are only effective prospectively. 

6.4. Recovery of Emissions Control Equipment  
and Related Expenditures 

PacifiCorp seeks recovery for investments in selective catalytic reduction 

equipment (SCRs) at the Jim Bridger, Hayden, and Craig coal plants.131  The 

projects were placed in service from 2015 through 2017 and were installed to 

reduce emissions in compliance with state and federal environmental 

requirements.132  Opposition to these investments appears limited to Jim 

Bridger.133 

PacifiCorp’s decisions to install SCRs at Jim Bridger were made during 

2012 and 2013.134  PacifiCorp has established these decisions were reasonable and 

should be approved. Although Sierra Club questions the rationale for these 

                                              
128 See, PacifiCorp Opening Comments, § VI., at 12.  

129 PAC/1101, at 8.5.3, 183 of 374, and at 8.5.4-8.5.23, 184-203 of 374.  

130 See, PacifiCorp Opening Comments, § VI., at 12. 

131 PacifiCorp Opening Brief, § VI., at 52. 

132 PAC/400, 1:18-2:8. 

133 PacifiCorp Reply Brief, § VI., C., 2., at 37. 

134 PacifiCorp Opening Brief, § VI., C., at 70. 
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decisions, Sierra Club’s lack of support from pricing changes and forecasting 

data which could have impacted these decisions raises Sierra Club’s questions to 

nothing more than speculation.135  

Capital expenditures for emissions control equipment at the Naughton 

Unit 1 have been included in California rates since 2012 following Commission 

approval of PacifiCorp’s PTAM.136  The Sierra Club testimony raises interesting 

questions concerning PacifiCorp’s investment but that evidence is insufficient to 

question the prudence of these expenditures for Naughton Unit 1,137 particularly 

given our acceptance in a prior General Rate Case of a similar investment at 

Naughton Unit 2.138  We will not reconsider this expenditure now. 

PacifiCorp’s expenditures for emissions control equipment are reasonable 

and necessary.  We allow them. 

7. Capital Expenditures for Wind Repowering,  
Wind Generation and Transmission/ 
Distribution Upgrades 

PacifiCorp proposes to repower a significant portion of its wind resources, 

acquire new wind resources, and upgrade its transmission and distribution 

infrastructure during this rate case period.  No party opposes these expenditures.   

7.1. Energy Vision 2020 Projects 

PacifiCorp’s Energy Vision (EV) 2020 Program includes repowering 

999 MW of existing wind power,139 constructing 1,150 MW of new wind power, 

and constructing 140 miles of 500 kilovolt (kV) transmission lines to improve 

                                              
135 See, GRC-SC-JIF-200-C, at 23:19-32:3; PacifiCorp OB, § VI., C., 1., e., (i)., at 76-78. 

136 PacifiCorp Reply Brief, § VI., C., 3., at 39. 

137 GRC-SC-JIF-200-C, at 12-18. 

138 PacifiCorp Opening Brief, § VI., C., 4., at 87-88. 

139 PAC/600, at 4:22–23.  
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access to the grid for wind generation resources.140  The cost of EV 2020 is 

expected be $3.1 billion on a total-company basis.141  Although Sierra Club 

questioned the IRP process in which these expenditures were proposed,142 no 

party opposed the program.  These expenditures are reasonable and we approve 

them.   

7.2. Other Substation and Transmission Projects 

The projected total-company cost for projects to upgrade existing 

substation and transmission facilities to increase the reliability of PacifiCorp’s 

multi-state electric system is $172.5 million combined; the California-allocated 

share is less than two percent of the total-company costs.143  

The projects are: 

 Lassen 69/12.5 kV New Substation Project consists of 
constructing a new distribution substation to replace the 
existing Mt. Shasta substation and upgrade associated 
transmission and distribution lines to provide capacity.144   

 The Sams Valley project involves construction of a new 
500/230 kV substation with one 650 Megavolt-ampere (MVA) 
transformer bank and related improvements to comply with 
North American Electric Reliability Corporation reliability 
standards, north of Medford, Oregon.145   

 The Snow Goose project includes a 500/230 kV substation, 
650 MVA transformer bank and associated switchgear, and 
new 230 kV and 500 kV transmission lines to integrate the 

                                              
140 See PAC/1400, 2:8–11 and fn. 2; see also PAC/500, 25:19–28:2.  

141 PAC/1400, at 2, fn. 2.  

142 SC-JIF-100-C, at 23:1–22. 

143 PAC/700, at 6:3–5 and fn. 3.  The exception to this allocation is the distribution portion of the 
Lassen substation, which is assigned 100 percent to California. 

144 PAC/700, at 7:4–9:7. 

145 Id., at. 9:11–13:18.  
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substation into the area’s existing 230 kV and 500 kV 
systems.146 

 The Vantage to Pomona transmission project consists of a 
41-mile, 230 kV transmission line between the BPA Vantage 
Substation near Vantage, Washington, and the PacifiCorp 
Pomona Heights substation in Yakima, Washington.147   

 The Wallula-McNary transmission project consists of a 
30-mile, 230 kV transmission line between Wallula, 
Washington, and McNary, Oregon.148   

PacifiCorp contends these transmission and substation upgrade projects 

are necessary to ensure continued system reliability.  No party objects to the 

projects.  We approve them. 

8. Advanced Metering Infrastructure 

PacifiCorp’s California Advanced Metering Infrastructure (AMI) Project 

has four primary components:  

 Installation of smart meters.149   

 Installation of field area networks.150   

 Development, installation, and configuration of the head-end 
(information technology infrastructure), and software 
configuration.  The head-end allows PacifiCorp to use and 
analyze data captured by the smart meters and enables 
PacifiCorp to send commands to the smart meters.151   

                                              
146 PAC/700, at 13:22–16:14.  

147 Id., at 16:18–19-17.  

148 Id., at 16:18–19:17.  

149 PAC/800, at 4:13–5:2.  

150 Id., at 5:4–10.  

151 Id., at 5:13–19.  
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 Development of PacifiCorp’s energy usage website to include 
customer access to historic, hourly consumption based on data 
from smart meters.152 

PacifiCorp began installing smart meters in its California service territory 

in spring 2018 and the installation was completed December 31, 2018.153 

The total cost of the AMI Project in California is $11.5 million in capital 

costs and $162,000 in operation and maintenance costs.154  No party has opposed 

PacifiCorp’s AMI Project or its associated costs.155  We approve the AMI Project.   

Two public participation hearings were conducted in PacifiCorp’s 

California service territory.  Advanced, or Smart, Meters generated the most 

public comment.  The public was especially concerned with their ability to opt 

out of this service and whether they would be double billed for meter reading if 

they retained their analog meter. 

Decision 18-08-01 established opt-out rates and procedures for AMI 

deployment.  Following public comment, the Assigned Commissioner amended 

the scope of this proceeding and required PacifiCorp to 

supplement its testimony to explain the application of any meter 
reading fees, including any meter reading costs that may be 
incorporated into bundled fees, and explain the conjunction of any 
such fees or costs with the opt out fee for customers who have 
chosen to opt not to have a Smart Meter.156 

                                              
152 Id., at 5:21–6:9.  

153 PAC/2100, at 2:2–3:4; see also PAC/800, at 6:11–17.   

154 PAC/800, at 9:13–14.   

155 See Cal Advocates-06, at 4:4–5:3.  

156 Assigned Commissioner’s Ruling Amending Scope of the Proceeding, 
A.18-04-002/I.17-04-019, November 20, 2018.  
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PacifiCorp’s supplemental testimony clarifies:  meter reading costs are not 

funded through rates or incorporated into bundled fees; monthly meter reading 

fees are collected from customers that have opted out of smart meter service 

pursuant to D.18-08-018.157   

8.1. Connection and Reconnection Fees for Customers  
with Smart Meters 

The Assigned Commissioner’s November 20, 2018 Ruling Amending 

Scope of the Proceeding addressed a second issue:  whether the Commission 

should authorize tariff changes updating PacifiCorp’s service connection and 

reconnection fees as originally proposed in Advice Letter 570-E.  PacifiCorp 

sought, by Advice Letter 570-E, authorization to establish a lower Remote 

Reconnection Charge of $7.00 for customers with smart meters who are 

disconnected for non-payment.158  Customers with smart meters may be 

reconnected remotely; the reduced fee of $7.00 reflects the average cost of 

handling the customer’s call for reconnection.159  PacifiCorp also proposed no 

charge for new service connections for customers with smart meters.160  We 

approve these fees.   

9. Implementation of Risk-Based Investment  
Decision Making Framework 

In compliance with D.14-12-025, PacifiCorp included a chapter in its GRC 

testimony on its Risk-Based Decision-Making Framework.161  Following review, 

Cal Advocates made recommendations for additions and improvements to the 

                                              
157 Id., at 8:24–9:1; D.18-08-018, Ordering Paragraph (OP) 3, at 12.   

158 PacifiCorp withdrew Advice Letter 570-E on November 19, 2018. 

159 PAC/2100, at 3:6–19; 5:8–6:16.  

160 Id. at 7:8–9.  

161 PAC/1000; see, Cal Advocates-11, at 1:8-18. 
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PacifiCorp risk-based decision-making framework to be included in the 

company’s next GRC.162  PacifiCorp found the recommendations consistent with 

the ongoing process which was occurring in A.15-05-002 and advocated we defer 

to the conclusion of that process.163 

Section 591 of the Pub. Util. Code states: 

(a) The Commission shall require an electrical or gas 
corporation to annually notify the Commission, as part of an 
ongoing proceeding or in a report otherwise required to be 
submitted to the Commission, of each time since that 
notification was last provided that capital or expense revenue 
authorized by the Commission for maintenance, safety, or 
reliability was redirected by the electrical or gas corporation to 
other purposes. 

(b) The Commission shall ensure that the notification 
provided by each electrical or gas corporation is also made 
available in a timely fashion to the Office of the Safety 
Advocate, Public Advocate’s Office of the Public Utilities 
Commission, and parties on the service list of any relevant 
proceeding. 

In D.19-04-020 of A.15-05-002 the Commission implemented Section 591 by 

approving a “Voluntary Risk-Based Decision-Making Framework” for use by the 

Small and Multi-Jurisdictional Utilities (SMJU), including PacifiCorp, in their 

GRCs.  OP 13 of D.19-04-020 requires PacifiCorp file annual Risk Spending 

Accountability Reports (RSARs) beginning on June 30, 2020 for the 2019 record 

year and at OPs 14 and 15 establishes further requirements for review and 

consideration of RSARs and risk-based decision making.  We defer to 

D.19-04-020. 

                                              
162 Cal Advocates-11, at 14:12–22. 

163 PacifiCorp Opening Brief, § IX., at 100. 
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10. Revenue Requirement  

The majority of adjustments proposed by PacifiCorp to the revenue 

requirement are not disputed.  Issues contested by Cal Advocates – Return on 

Equity and Incentive Compensation – are resolved elsewhere by this decision.  

PacifiCorp’s Jurisdictional Allocation Model for modeling its results of 

operations and determining its revenue requirement and its use of the 2017 

Protocol for allocating costs are not contested and are approved.  

The following elements of PacifiCorp’s revenue requirement are not 

contested: 

 Labor (based on actual contracts and budgeting) and Nonlabor (based 
on Global Insight indices) escalation;164 

 Establishing an insurance reserve account;165 

 Annualizing wind repowering capital additions;166 

 Closing the Carbon Power Plant Cost Memorandum Account, Joy 
Longwall Memorandum Account, Bonus Tax Depreciation 
Memorandum Account and the Repairs Deduction Memorandum 
Account;167  

 Methodologies for computing and forecasting taxes;168 

 Sales and customers forecasts;169 

 Revenue calculations and adjustments for Test Year 2019;170 

 Plant additions for Test Year 2019;171 

                                              
164 Cal Advocates-05, at 2:22–23. 

165 Cal. Advocates-04, at 8:21–22 and fn. 4. 

166 Cal Advocates-08, at 5:1–4.  

167 See, Cal Advocates-08, at 4:19–21, 10:19–24. 

168 Cal Advocates-05, at 2:26–27. 

169 Cal Advocates-03, at 1:18–20. 

170 Id. at 2:3–5. 

171 Cal Advocates-06, at 1:19–22. 
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 Depreciation parameters172 excepting acceleration of coal unit 
depreciation;173 

 Rate base components for Test Year 2019 excepting the 
Weatherization Loan Programs;174 and 

 Based on the Results of Examination, Cal Advocates has no 
adjustments to recommend related to O&M Expenses, 
Administrative and General (A&G) Expenses, or Plant 
Expenditures.175  

We adopt each of these adjustments, except, as discussed, accelerated 

depreciation of coal units.  

Cal Advocates proposed additional adjustments to the PacifiCorp revenue 

requirement as follows: 

 Adjustment to O&M and A&G expense to reflect Cal Advocates 
recommendation for a disallowance of certain incentive 
compensation costs, and a global adjustment to reflect that such 
costs are included in various accounts.176   

 Removing $20,971 from rate base for Weatherization Loan 
Programs.   

PacifiCorp proposed to modify the disallowance for incentive 

compensation, and we adopted it, as we discussed in § 2.2, supra.  Cal Advocates 

did not oppose the remainder of the PacifiCorp proposed costs for O&M and 

A&G.177  We approve them.  PacifiCorp accepts and we approve the removal 

from rate base of $20,971 for Weatherization Loan Programs.178 

                                              
172 Cal Advocates-07, at 7:6–8:2. 

173 § 5. Accelerated Depreciation for Coal Units, supra. 

174 Cal Advocates-08, at 3:3–10. 

175 Cal Advocates-10, at 1:28–2:2. 

176 Cal Advocates-04, at 1:17–24. 

177 Id. at 8:22–25. 

178 PacifiCorp Opening Brief, § X., at 102-104. 
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Based on the foregoing we make several adjustments to the Revenue 

Requirement, partly to reflect Cal Advocates’ recommendations, partly to reflect 

PacifiCorp’s own modification, and partly to account for other changes.  The 

Table below reflects PacifiCorp’s proposed increase at the time of briefing:179 

TABLE—Revenue Requirement Increase 

Revenue Requirement Impact ($) 
Requested Revenue Requirement Change – As 
Filed 

1,060,522 

Rebuttal Updates and Revisions  
Exclude Executive Compensation 
Reduction to Incentive Compensation 
Remove Glenrock III Wind Upgrades 
Remove Weatherization Loan Balances 

(39,561) 
(149,601) 
(63,202) 

(2,083) 
Total, Rebuttal Updates and Revisions (254,446) 

Requested Revenue Requirement Change - 
Rebuttal 

806,076 

 

Executive Compensation costs were removed to comply with Senate Bill 

(SB) 901, enacted in 2018.180  Incentive compensation costs are reduced, as we 

discussed in § 2.2, infra.  PacifiCorp removed the Glenrock III Wind Upgrade 

costs as it anticipates the upgrades would not be in service by the end of 2019.181  

We agree with PacifiCorp’s request to use the PTAM to add the Glenrock III 

wind repowering project into rates after it is placed into service.182  Finally, 

PacifiCorp agrees to remove the Weatherization Loan Program balances that 

were discontinued and should be removed from rate base.183  Incidentally, 

                                              
179 Ibid. 

180 PAC/1900, at 3:14–4:23. 

181 PAC/1900, at 6:2–20. 

182 Id. at 7:1–7.  

183 Id. at 7:9–23. 
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PacifiCorp notes that it recalibrated  interest expense and working cash balances 

to account for the impacts of the other adjustments noted above.184 

Following the adjustments accepted by PacifiCorp and noted in the Table 

above, the Revenue Requirement is further adjusted and adopted by the 

Commission as discussed herein and reflected below: 

TABLE—Revenue Requirement Decrease 

Revenue Requirement Impact ($) 

Requested Revenue Requirement Change - 

Rebuttal 

806,076 

Additional adjustments  

 Remove Accelerated Depreciation for Coal (5,250,718) 

 Authorized ROE of 10% (1,224,917) 

 Additional Adjustments185  (164,568) 

Total Adjustments (6,640,203) 

Authorized Change to Revenue Requirement (5,834,127) 

 

11. Cost of Service, Rate Spread and Rate Design 

PacifiCorp’s cost of service study is not disputed.186   

PacifiCorp’s marginal cost of service study shows:  the company’s 

functionalized class revenue requirement results based on the proposed revenue 

requirement change, as well as normalized present revenues by function for the 

                                              
184 Id. at 8:2–14. 

185 Removal of Bridger Mine and Trapper Mine from rate base; removal of historical total 
company balance in FERC Account 399. 

186 Cal Advocates-05, 7:2–8.  
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Test Period;187 the summarized Results of Operations underlying the 

functionalized revenue requirement;188 the normalized forecast revenues and 

functional class revenue requirement for the Test Period;189 the functionalized 

revenue requirement results in cents per kilowatt hour;190 and summaries from 

PacifiCorp’s State of California 2019 Marginal Cost Study, which shows the full 

functionalized marginal cost for each customer class and each class’s percent 

contribution to the total functionalized marginal cost191 as well as the State of 

California 2019 Marginal Cost Study.192  PacifiCorp’s marginal cost of service 

study supports the company’s proposed rate spread and rate design.   

We approve the marginal cost of service study.   

PacifiCorp’s proposed rate spread brings PacifiCorp’s rates for each 

customer category closer to reflecting the cost of service for those rate schedules, 

while mitigating rate impacts and recovering the proposed total revenue 

requirement.193  In its application and direct testimony, PacifiCorp originally 

proposed a 1.9 percent price change for residential rates and an 8.8 percent 

overall decrease for its Lighting rate schedule, associated with the proposed 

$1.06 million revenue requirement increase.194  PacifiCorp also proposed 

increasing the residential basic charge $0.15 to $7.35.195   

                                              
187 PAC/1201, Table 1.  

188 Id. at Table 2.  

189 Id., at Table 3.   

190 Id., at Table 4.  

191 Id., at Table 5 and Table 6.   

192 PAC/1200, Section IV; PAC/1202-C.   

193 PAC/1300, at 3:7–9; PAC/2000, at 2:3–8 and 3:13–14:1. 

194 PAC/1300, at 2:7–16.   

195 Id., at 5:4–10.  
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After reviewing intervenor testimony, PacifiCorp revised its total 

proposed revenue requirement to an increase of $0.8 million.196  Following our 

review of testimony, as discussed in § 10, infra., we reduced the proposed 

revenue requirement further, resulting in a decrease.  

Regarding rate spread and rate design issues, PacifiCorp responded to Cal 

Advocates’ concerns over the increase to the residential basic charge and its 

preference for an equal percentage rate spread to all rate schedules.197  PacifiCorp 

also addressed concerns raised by the California Farm Bureau Federation (Farm 

Bureau) that no structural changes to irrigation rates be implemented and that 

the cost of service study resulted in shifting some revenue recovery toward 

demand charges.198  Responding to Cal Advocates’ preference to mitigate 

significant changes in rates, PacifiCorp limited the residential rate increase to 

1.4 percent and reduced the rate decrease for its lighting rate schedule to 

4.4 percent.199  We find PacifiCorp’s revised rate spread brings rates for each 

customer category closer to reflecting the cost of service for those rate schedules, 

while mitigating rate impacts to customers. 

These changes are further mitigated by the revenue requirement adopted 

herein.  The reduced overall revenue requirement allows PacifiCorp to maintain 

the current $7.20 residential basic charge.200   

We find PacifiCorp’s revised proposal for rate spread and rate design are 

reasonable and approve them.    

                                              
196 PAC/2000, at 2:2–3.  

197 Id., at 2:21–3:5.   

198 Id., at 4:9–16.   

199 Id., at 1:15–24. 

200 Id., at 3:6–11.  
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Pursuant to Pub. Util. Code Section 718, the impact of the proposed 

increase in rates on disconnections for nonpayment was identified as an issue 

within the scope of this proceeding.  This decision orders a decrease in rates.  

Consequently, we do not consider the impact of the initially proposed increase in 

rates on disconnections. 

12. Remaining OII Issues 

12.1. Emissions Performance Standard 

California’s Greenhouse Gas Emission Performance Standard (EPS) directs 

the Commission to prohibit electrical corporations’ long-term financial 

commitments to baseload electricity generating facilities that have an emissions 

rate exceeding 1,100 pounds (lbs.) CO2/megawatt-hours (MWh).201  The EPS 

states the Commission may accept multi-jurisdictional utilities’ proposal for 

alternative compliance.202  In D.07-01-039, the Commission held that PacifiCorp 

may comply with the EPS under alternative compliance.203  

In this proceeding, Sierra Club and TURN recommend the Commission 

disallow PacifiCorp from filing under alternative compliance.204  PacifiCorp 

seeks to continue alternative compliance.205 

12.1.1. Other States’ Review  

PacifiCorp states their GHG emissions are reviewed in Integrated Resource 

Planning Processes (IRPs) by the regulatory commissions of Oregon, 

                                              
201 Pub. Util. Code § 8341. 

202 Pub. Util. Code § 8341(d)(9). 

203 D.07-01-039, Conclusion of Law 49. 

204 TURN Opening Brief, at 23; Sierra Club Opening Brief, at 33. 

205 PacifiCorp Opening Brief, at 116. 
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Washington, and Utah.206  PacifiCorp further states these IRPs include evaluating 

regulatory compliance costs and potential risk associated with CO2 emissions. 

PacifiCorp states that Oregon and Washington both have EPS statutes 

similar to California’s.207  Oregon’s EPS statute requires that the utility not make 

long-term financial commitments to electricity generation facilities that emit 

above 1,100 lbs. CO2/MWh.208  Washington’s EPS statute requires that the utility 

not make long-term financial commitments to electricity generation facilities that 

emit above 970 lbs/MWh.209  

Sierra Club asserts both Oregon and Washington merely require reporting 

of GHG emissions.210 Consequently, it argues, PacifiCorp is not subject to 

meaningful review and while PacifiCorp must report on the potential impact of 

carbon policies in IRPs, there is no evidence any resource planning has been 

adjusted to comply with GHG emissions regulations.211  

TURN attests that although other states conduct various reviews of GHG 

emissions, these reviews vary and no other state has a review of GHG emissions 

as ambitious as California’s.212 

12.1.2. PacifiCorp’s Compliance with EPS 

12.1.2.1. Emissions Factor 

The OII scoping memo raised questions as to PacifiCorp’s system 

emissions factor, what portion of PacifiCorp’s system serves California, and the 

                                              
206 Id., at 110-111. 

207 Id., at 113. 

208 Id., at 114. 

209 Id., at 115. 

210 Sierra Club Reply Brief, at 12. 

211 Sierra Club Opening Brief, at 31. 

212 TURN Opening Brief, at 21. 
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length of the depreciable life of PacifiCorp’s plants, among other questions 

regarding PacifiCorp’s plants. 

In response, PacifiCorp states their system-wide 2016 emissions factor was 

0.6871 metric tons (MT) CO2/MWh.213  This is equivalent to 1,515 lb. (pounds) 

CO2/MWh.  TURN does not refute PacifiCorp, stating that between 2011 and 

2016, PacifiCorp’s system emissions factor ranged from just below 1,500 lbs. 

CO2/MWh to just over 1,600 lbs. CO2/MWh.214  

PacifiCorp states its entire system serves California load.215  California 

retail rates are determined by allocating the costs of a portion of the entire system 

of generation, transmission and distribution to California ratepayers, instead of 

California paying for the portion that specifically serves California.216  As 

PacifiCorp operates on a system-wide basis, the emissions factor for PacifiCorp’s 

resources serving California is equivalent to PacifiCorp’s total emissions factor. 

12.1.2.2. Depreciable Life, Capacity Factor, Contract Terms 

The average depreciable life of PacifiCorp’s 16 utility owned generation 

plants is approximately 18 years.217  The baseload utility owned electricity 

generation plant with the longest depreciable life is Lake Side at 28 years, until 

2047.218  

As to the other questions presented in the OII regarding each facilities’ 

capacity factor and contract terms and amendments, given PacifiCorp’s system-

                                              
213 PAC/400-I, at 4-7 (line 1-3). 

214 TURN 1-C, at 6:1-9. 

215 PAC/400-I, at 4-6 to 4-7. 

216 Id. 

217 Exhibit PAC/1200. 

218 Id. 
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wide service to California, further inquiry concerning specific facilities is not 

warranted.  

12.1.2.3. Long-term Financial Investments 

Finally, the parties dispute whether in the past 12 years PacifiCorp has 

entered into any long-term financial investments at applicable baseload 

generating facilities that would have been disallowed in regular review under 

the EPS. 

PacifiCorp contends that since the establishment of California’s EPS, it has 

not made any long-term financial commitments in baseload generators that have 

emissions in excess of 1,100 lb. CO2/MWh.219  Sierra Club and TURN both 

disagree.220 

PacifiCorp states it has made significant capital investments in emissions 

control equipment and turbine upgrades, but contends these are not violations of 

the EPS.221  Sierra Club argues however that PacifiCorp’s installation of air 

pollution control equipment and turbine upgrades at coal plants are long-term 

financial investments under California’s EPS.222  TURN asserts these investments 

appear to have extended the life of these plants and the turbine upgrades 

increased their net rated capacity.  TURN contends these investments would 

have been prohibited under the EPS.223  

                                              
219 PAC/400, at 4-7:16-19. 

220 TURN Opening Brief, at 16; Sierra Club Opening Brief, at 32. 

221 PacifiCorp Opening Brief, at 114; PacifiCorp Reply Brief, at 43. 

222 Sierra Club Opening Brief, at 32-33. 

223 TURN Opening Brief, at 14; TURN Reply Brief, at 9. 
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Sierra Club also contends coal plant fuel contracts extending five years are 

long-term financial commitments under the EPS.224  PacifiCorp does not agree.225  

Finally, Sierra Club asserts PacifiCorp’s failure to divest from Bridger Mine 

and other coal mines are all long-term financial investments under EPS.226 

The Commission authorized alternative compliance in the past and has 

accepted PacifiCorp’s attestations.  We will not review now whether or not past 

investments would have been allowed had PacifiCorp not been granted 

alternative compliance.  

12.1.3. Alternative Compliance Mechanism 

The Commission has the discretion to require alternative or actual 

compliance by a multi-jurisdictional utility with EPS.227  Since authorizing 

alternative compliance with EPS for PacifiCorp in 2007,228 California has made a 

commitment to achieve 100% carbon-free electricity for retail sales by 2045, 

which requires that the zero GHG emissions target be incorporated into all 

relevant planning and programs, and which prohibits “resource shuffling”, e.g. 

shifting emissions to other states.229  Furthermore, in the past 12 years PacifiCorp 

has invested in baseload energy generation facilities that exceed the 1,100 lbs. 

CO2/MWh EPS limit,230 and it is disputed whether those expenditures violate 

                                              
224 Sierra Club Opening Brief, at 32-33. 

225 PacifiCorp Opening Brief, at 115, Reply Brief, at 45. 

226 Sierra Club Opening Brief, at 32-33. 

227 Cal. Pub. Util. Code § 8341(d)(9). 

228 D.07-01-039, § 5.3 at 164-168. 

229 SB 100 (DeLeon). 

230 PAC/1200-I-C. 
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EPS.231  Therefore, we consider review of PacifiCorp’s investments in baseload 

generation necessary going forward and will no longer allow PacifiCorp 

alternative compliance.  Beginning in 2020 we require PacifiCorp to comply with 

D.07-01-039, Section 5.2 “Compliance Process for Small Electrical Corporations, 

Electric Service Providers and Community Choice Aggregators.” We note, any 

filing required by that section shall be “as an advice letter, subject to the 

Commission procedures governing advice letter filings, which include 

opportunity for protests and responses.”232 

13. Future GRC Testimony and Other Issues 

13.1. Depreciation Testimony 

Cal Advocates recommends PacifiCorp be required to provide additional 

backup information in its depreciation proposals, including pre-funded salvage 

costs.233  

PacifiCorp agrees to provide depreciation studies and other supporting 

information related to any depreciation proposals included in future rate cases.  

Further the company agrees it will provide data related to pre-funded removal 

costs for California distribution assets in future rate cases.234  We agree the 

additional information is consistent with prior decisions and reiterate the 

requirement stated by D.10-09-010 in adopting a settlement agreement: 

In the Settlement Agreement, the Joint Parties agree that 
PacifiCorp will provide the following information in 

                                              
231 Sierra Club Opening Brief, at 32-33; Sierra Club Reply Brief, at 12; PacifiCorp Opening Brief, 
at 114-116; PacifiCorp Reply Brief, at 42-46; TURN Opening Brief, at 14-18; TURN Reply Brief, 
at 9-13. 

232 D.07-01-039, at 162. 

233 Cal Advocates-07, at 3:22–15. 

234 PacifiCorp Opening Brief, § X., at 102-103. 
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subsequent rate case filings, with California distribution pre-
funded removal costs shown separately: 

• The most current balance of pre-funded removal costs; 

• A year-by-year projection of:  (1) when the then-existing balance of 
prefunded removal costs will be consumed; and (2) the implicit 
inflation rate for future asset removal costs; and 

• A five-year projection of the year-end balance of pre-funded 
removal costs that shows for each year:  (1) the gross additions to the 
balance; (2) the gross expenditures for removal costs; and (3) the net 
change in the balance of pre-funded removal costs.235  

We further agree PacifiCorp should produce the historical spending and 

accrual data, including the aggregate historical data of the most recent 

depreciation study and additional data for any of the elapsed years between the 

study year and the GRC base year.236 

Cal Advocates also recommends PacifiCorp record pre-funded removal 

costs in regulatory liabilities, stating the use of a “regulatory liability formalizes 

PacifiCorp’s responsibility to use its net salvage collections for actual net salvage 

expenditures.”237  PacifiCorp contends it takes seriously its responsibility to use 

removal cost collections for their intended purpose and the existing regulatory 

accounting for removal costs is used for all six of the company’s state 

jurisdictions and for FERC reporting and rate making.  We agree a departure in 

the accounting for California would be inconsistent and unnecessary.238 

                                              
235 D.10-09-010, at 13. 

236 Cal Advocates-07, at 11:21-12:7. 

237 Cal Advocates-07, at 12:11-13. 

238 PacifiCorp Opening Brief, § X., at 103. 
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13.2. Forecast Testimony 

Cal Advocates further recommends PacifiCorp provide in its next GRC 

testimony a chapter explaining its sales and customer forecasts.  Cal Advocates 

notes PacifiCorp did not provide written testimony explaining sales forecasts 

and that information had to be gathered through data requests.239  Cal Advocates 

recommends PacifiCorp provide “a description of their econometric forecasting 

equations, results of statistical analysis for each equation and include recorded 

data for each equation in Excel format.”240  We agree the additional testimony is 

consistent with meeting PacifiCorp’s burden of proof and should be required. 

13.3. Tax Memorandum Account 

Consistent with our treatment of other investor owned utilities, we require 

a broadened Tax Memorandum Account. 

Commission precedent supports a policy of requiring the utilities subject 

to our jurisdiction to establish memorandum accounts to track the various costs 

and benefits of newly enacted tax law.  In 2011, following passage of the federal 

Tax Relief Act, the Commission adopted Resolution L-411A in order to  

… preserve the opportunity for the Commission to decide at a future 
date whether some of the impacts of the Tax Relief Act, not 
otherwise reflected in rates, ought to be reflected in future rates, 
without having to be concerned with issues of retroactive 
ratemaking.241  

The Tax Relief Act created the likelihood of large and unexpected 

decreases in tax expense for the utilities which, due to the timing of Commission 

rate cases, created the possibility that benefits of the tax decrease might not 

                                              
239 Cal Advocates-03, at 1:21-2:2, 4:13-16. 

240 Id., at 1:24-2:2. 

241 Resolution L-411A, at 3. 
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accrue to ratepayers in the same way they would if the tax decrease had been 

expected.  The Commission’s solution to this challenge was to direct certain 

utilities to establish memorandum accounts in order to allow the Commission to 

determine at a future date whether rates should be changed, without the 

impediment of claims of retroactive ratemaking. 

Based on that precedent, and consistent with our identical orders in the 

SDG&E and SoCalGas Test Year 2016 proceeding and the Liberty Utilities Test 

Year 2016 GRC,242 in D.17-05-013, we created a memorandum account to track all 

differences between forecast and recorded tax expenses so that we could more 

closely examine revenue impacts caused by PG&E’s implementation of various 

tax laws, tax policies, tax accounting changes, or tax procedure changes.  This 

was intended to help the Commission review the reasonableness of PG&E’s 

election of various tax options, such as various tax policies, tax procedures, or tax 

accounting changes.  The memorandum account has separate line items detailing 

the differences between tax expenses forecasted and tax expenses incurred, 

specifically resulting from (1) net revenue changes, (2) mandatory tax law 

changes, tax accounting changes, tax procedural changes, or tax policy changes, 

and (3) elective tax law changes, tax accounting changes, tax procedural changes, 

or tax policy changes.  The account remains open and the balance in the account 

shall be reviewed in every subsequent GRC proceeding until a Commission 

decision closes the account.243 

Similarly, PacifiCorp shall notify the Commission of any tax-related 

changes, any tax-related accounting changes, or any tax-related procedural 

changes that materially affect, or may materially affect, revenues.  Our reference 

                                              
242  D.16-12-024, OP 6. 

243  See, D.17-05-013, at 115-118. 

Exhibit PAC/2613 
Ralston/57



A.18-04-002, I.17-04-019  ALJ/EW2/lil 
 
 

- 56 - 

to “materially affect” means a potential increase or decrease of $150,000 or more 

of California revenue.  The failure to disclose such changes in a timely fashion 

undermines the integrity of the regulatory process and may amount to a 

violation of Rule 1.1.  

Finally, we find that the establishment of a memorandum account is 

consistent with Resolution L-411A at 13 in which the Commission stated:  

We believe that an even-handed approach to regulation 
requires us to consider, when there has been a large and 
unexpected decrease in expenses between rate cases, whether 
it is appropriate to establish a memorandum account to allow 
for a future decrease in rates. 

13.4. Motions 

All previous rulings made during this proceeding are confirmed. 

All other outstanding motions for which rulings have not issued, are 

deemed denied. 

14. Categorization and Need for Hearing 

This proceeding was preliminarily determined to be a ratesetting 

proceeding and that determination was confirmed by the Assigned 

Commissioner’s Scoping Memo and Ruling.  

Evidentiary Hearing was held December 12 and 13, 2018. 

15. Comments on Proposed Decision 

The proposed decision of ALJ Eric Wildgrube in this matter was mailed to 

the parties in accordance with Section 311 of the Public Utilities Code and 

comments were allowed under Rule 14.3.  Comments were filed on January 2, 

2020 by PacifiCorp, Cal Advocates, Sierra Club, and TURN, and reply comments 

were filed on January 6, 2020 by PacifiCorp and January 7, 2020 by Sierra Club 

and TURN.  Revisions responsive to comments have been made.  Comments 
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which continued to argue positions that have previously been presented during 

the course of the proceedings have not received further discussion. 

16. Assignment of Proceeding 

Lianne M. Randolph is the assigned Commissioner and Eric Wildgrube is 

the assigned ALJ in this proceeding. 

Findings of Fact 

1. With respect to individual uncontested issues in this proceeding, we find 

that PacifiCorp has made a prima facie just and reasonable showing, unless 

otherwise stated in this decision. 

2. It is reasonable to include consideration of Forecast Production Tax Credits 

and start-up fuel costs in ECAC proceedings.  

3. The PTAM allows PacifiCorp to adjust base rates for changes in inflation 

calculated as the greater of:  (i) the September Global Insight U.S. Economic 

Outlook forecast of Consumer Price Index for the following calendar year with 

an offsetting productivity factor of 0.5 percent; or (ii) zero.  

4. The ECAC and PTAM are an efficient means for setting fair and reasonable 

rates.   

5. PacifiCorp has established the customer benefits of the incentive 

compensation program related to employee commitment, environmental respect, 

regulatory integrity, and operational excellence. 

6. PacifiCorp concedes costs related to the customer satisfaction survey in the 

customer service category may be disallowed, as well as the costs of the financial 

strength element.  This results in a reduction of incentive compensation costs of 

$149,601, or approximately 23 percent. 

7. The remaining incentive compensation costs of $460,267 are reasonable. 

8. Public Law 115-97, the TCJA, was signed into law on December 22, 2017.  
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9. PacifiCorp and Public Advocate’s Office of the Commission agree that all 

tax savings from the TCJA of 2017 should be returned to ratepayers. 

10. It is reasonable for PacifiCorp to amortize to customers over a three-year 

amortization period the deferred current tax savings and protected excess 

deferred income tax and non-protected excess deferred income tax amortization 

for the period January 1, 2018 through the rate effective date of the final order in 

this GRC. 

11. We find that excess deferred income tax balances are excess funds now 

and if not subject to other limitations, should be returned to ratepayers now.   

12. Based on historical loads for calendar year 2016, PacifiCorp’s system 

allocated costs for California, including coal generation costs, were 

approximately 1.6 percent. 

13. Coal costs for PacifiCorp are regarded as part of SG costs and are not 

separately allocated. 

14. Since the 2011 GRC, PacifiCorp added two transmission resources in 2013, 

the Clover Transmission Substation for an investment of $63.7 million and the 

Mona-to-Oquirrh Transmission Project for an investment of $347.5 million.  

One additional transmission facility was added in 2015, Sigurd-to-Red Butte for 

an investment of $338.0 million. 

15. The existing Revised PacifiCorp Inter-Jurisdictional Cost Allocation 

Protocol results in California ratepayers paying an appropriate share of system-

wide costs and just and reasonable rates. 

16. The 2017 Protocol provides for just and reasonable rates for California 

ratepayers. 

17. The 2017 Protocol is used in Idaho, Oregon, Utah, and Wyoming. 
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18. Washington uses the West Control Area Inter-Jurisdictional Allocation 

Methodology (WCA). 

19. It has not been established that implementation of the WCA would result 

in electric rates for PacifiCorp customers in California that are more just and 

reasonable than electric rates based on PacifiCorp’s 2017 Protocol. 

20. In 2016 PacifiCorp considered an alternative corporate structure separating 

into a utility serving California, Oregon, and Washington and a utility serving 

Idaho, Utah, and Wyoming. 

21. Due to the expectation that a division of PacifiCorp’s corporate structure 

would increase costs for all customers, it has not been advanced as an alternative 

which would result in just and reasonable rates in California. 

22. The Multi-State Protocol Workgroup has been meeting monthly to discuss 

new approaches to address diverging state energy policies and other factors. 

23. A new MSP has not been finalized. 

24. PacifiCorp proposes a capital structure which is consistent with the capital 

structure adopted in the previous GRC: 

 

 2019 GRC Proposal Adopted in Last GRC 

(A.09-11-015) 

Long-Term Debt 48.02% 47.50% 

Preferred Stock 0.02% 0.30% 

Common Equity 51.96% 52.20% 

 

25. The proposed capital structure is reasonable.  
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26. PacifiCorp’s proposed cost of Long-Term Debt of 5.05 percent for the 2019 

Test Year and fixing the cost of Preferred Stock for the same period at 

6.75 percent are reasonable.  

27. Excluding returns which are not comparable and recognizing some risks, 

such as the impact of the interest rate environment, are not established, and other 

risks, such as PacifiCorp’s regulatory status, are unchanged, and in consideration 

of PacifiCorp’s rebuttal testimony supporting a range of 9.7 percent to 

10.5 percent, we a find a return on equity of 10 percent is reasonable. 

28. The Commission uses the Straight-line Remaining Life depreciation 

method described by Standard Practice U-4. 

29. Currently the asset lives for California (and Utah, Idaho, and Wyoming) of 

PacifiCorp’s coal burning power plants are based on a 2007 depreciation study 

establishing the lives of these plants will end between 2027 and 2046. 

30. PacifiCorp acknowledges its accelerated depreciation “proposal is not 

based on a change in technical depreciation assumptions, methodologies, or 

calculations.”  Rather, it is “a policy-based change in the depreciable lives…” 

31. The costs of early retirement are speculative until a record is more fully 

developed as to whom should be assessed these costs and absent any 

commitment by PacifiCorp to retire its coal burning plants.  

32. There is no benefit to ratepayers or the environment of removing coal 

burning plants from California ratebase while the plants continue to generate 

electricity for PacifiCorp. 

33. PacifiCorp operates its system on an integrated basis across its entire 

six-state territory and engages in least-cost planning on a system-wide basis.  

34. The California allocation of the proposed rate base adjustment for the 

Trapper Mine is $110,653 and for the Bridger Mine is $1,741,256. 
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35. PacifiCorp fails to meet its burden to establish the prudency of 

investments in the Trapper and Bridger Mines.  

36. $1,854,828 for Pro Forma Plant Additions and Retirements, Mining Plant, 

Coal Plant, Account 399, is not prudent.  

37. PacifiCorp’s expenditures for emissions control equipment are reasonable 

and necessary.  

38. PacifiCorp’s Energy Vision 2020 Program includes repowering 999 MW of 

existing wind power, constructing 1,150 MW of new wind power, and 

constructing 140 miles of 500 kV transmission lines to improve access to the grid 

for wind generation resources at a cost expected be $3.1 billion on a 

total-company basis.   

39. PacifiCorp contends these transmission and substation upgrade projects 

are necessary to ensure continued system reliability.  We find these expenditures 

are reasonable.   

40. The total cost of the AMI Project in California of $11.5 million in capital 

costs and $162,000 in operation and maintenance costs is reasonable.  

41. Two public participation hearings were conducted in PacifiCorp’s 

California service territory.  Advanced, or Smart, Meters generated the most 

public comment.  The public was especially concerned with their ability to opt 

out of this service and whether they would be double billed for meter reading if 

they retained their analog meter. 

42. Meter reading costs are not funded through rates or incorporated into 

bundled fees; monthly meter reading fees are collected from customers that have 

opted out of smart meter service pursuant to D.18-08-018. 

43. Tariff changes updating PacifiCorp’s service connection and reconnection 

fees as originally proposed in Advice Letter 570-E to establish a lower Remote 
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Reconnection Charge of $7.00 for customers with smart meters who are 

disconnected for non-payment are reasonable.  Customers with smart meters 

may be reconnected remotely; the reduced fee of $7.00 reflects the average cost of 

handling the customer’s call for reconnection.  PacifiCorp reasonably proposed 

no charge for new service connections for customers with smart meters.   

44. Decision 19-04-020 in A.15-05-002 approved a voluntary agreement 

between the Commission’s Safety Enforcement Division and the SMJU, including 

PacifiCorp.  The agreement provides a framework for the risk-based decision-

making components of PacifiCorp’s next GRC filing.  

45. The following elements of PacifiCorp’s revenue requirement are not 

contested: 

 Labor (based on actual contracts and budgeting) and Nonlabor 
(based on Global Insight indices) escalation;  

 Establishing an insurance reserve account;  

 Annualizing wind repowering capital additions;  

 Closing the Carbon Power Plant Cost Memorandum Account, Joy 
Longwall Memorandum Account, Bonus Tax Depreciation 
Memorandum Account and the Repairs Deduction 
Memorandum Account;   

 Methodologies for computing and forecasting taxes;  

 Sales and customers forecasts;  

 Revenue calculations and adjustments for Test Year 2019;  

 Plant additions for Test Year 2019;  

 Depreciation parameters excepting acceleration of coal unit 
depreciation;  

 Rate base components for Test Year 2019 excepting the 
Weatherization Loan Programs; and, 
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 Based on the Results of Examination, Public Advocates has no 
adjustments to recommend related to O&M Expenses, A&G 
Expenses, or Plant Expenditures.   

46. It is reasonable to remove $20,971 from rate base for Weatherization Loan 

Programs.   

47. Executive Compensation costs were removed to comply with SB 901, 

enacted in 2018. 

48. PacifiCorp removed the Glenrock III Wind Upgrade costs as it anticipates 

the upgrades would not be in service by the end of 2019. 

49. We agree with PacifiCorp’s request to use the PTAM to add the 

Glenrock III wind repowering project into rates after it is placed into service. 

50. PacifiCorp’s marginal cost of service study supports the company’s 

proposed rate spread and rate design.   

51. We find PacifiCorp’s revised rate spread brings rates for each customer 

category closer to reflecting the cost of service for those rate schedules, while 

mitigating rate impacts to customers. 

52. The reduced overall revenue requirement allows PacifiCorp to maintain 

the current $7.20 residential basic charge. 

53. We find PacifiCorp’s revised proposals for rate spread and rate design are 

reasonable.    

54. Pursuant to Pub. Util. Code § 718, the impact of the proposed increase in 

rates on disconnections for nonpayment was identified as an issue within the 

scope of this proceeding.  This decision orders a decrease in rates.  Consequently, 

we do not consider the impact of the initially proposed increase in rates on 

disconnections. 
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55. PacifiCorp states their system-wide 2016 emissions factor was 

0.6871 metric tons (MT) CO2/MWh.  This is equivalent to 1,515 lb. CO2/MWh.  

56. As PacifiCorp operates on a system-wide basis, the emissions factor for 

PacifiCorp’s resources serving California is equivalent to PacifiCorp’s total 

emissions factor. 

57. We will not review now whether or not investments would have been 

allowed had PacifiCorp not been granted alternative GHG emissions compliance 

in the past. 

58. Review of PacifiCorp’s investments in baseload generation is necessary 

going forward.  

59. PacifiCorp agrees to provide depreciation studies and other supporting 

information related to any depreciation proposals included in future rate cases.  

Further the company agrees it will provide data related to pre-funded removal 

costs for California distribution assets in future rate cases.  The additional 

information is consistent with prior decisions. 

60. PacifiCorp should produce the historical spending and accrual data, 

including the aggregate historical data of the most recent depreciation study and 

additional data for any of the elapsed years between the study year and the GRC 

base year. 

61. PacifiCorp should provide in its next GRC testimony a chapter explaining 

its sales and customer forecasts including a description of their econometric 

forecasting equations, results of statistical analysis for each equation and include 

recorded data for each equation in Excel format. 

62. PacifiCorp should provide its retirement plans for all coal facilities serving 

California customers consistent with its IRP, and any associated request for 
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accelerated depreciation, in an application submitted, in, or no later than, its next 

General Rate Case for test year 2022.   

Conclusions of Law 

1. PacifiCorp bears the burden to establish that its requests are just and 

reasonable. 

2. Pub. Util. Code § 451 provides, in part, “all charges demanded or received 

by any public utility … shall be just and reasonable.” 

3. PacifiCorp must establish its requests are just and reasonable by the 

preponderance of the evidence.  

4. Pub. Util. Code § 454.8 requires, in part, “the commission shall consider a 

method for the recovery of these costs which would be constant in real economic 

terms over the life of the facilities, so that ratepayers in a given year will not pay 

for the benefits received in other years.” 

5. We should approve including Forecast Production Tax Credits and start-

up fuel costs in ECAC proceedings and continuing use of the ECAC should be 

authorized. 

6. The PTAM for use in 2021 should be authorized. 

7. The PTAM factor may continue to be filed on October 15  as a Tier 2 

Advice Letter, with rates effective January 1. 

8. PacifiCorp should be authorized to continue to use for 2020 and 2021 the 

PTAM for Major Capital Additions based on California allocated costs relying on 

actual cost data and in-service dates.  

9. The PTAM for Major Capital Additions may continue to be filed on 

October 15 as a Tier 2 Advice Letter, with rates effective January 1.  It may be 

filed as soon as reasonably feasible for 2020 with rates effective within 30 days 

thereafter. 
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10. Incentive compensation costs of $460,267 should be authorized. 

11. A three-year amortization period for the deferred current tax savings and 

protected and all non-protected excess deferred income tax for the period 

January 1, 2018 through the rate effective date of the final order in this general 

rate case should be authorized and implemented by the filing of a Tier 1 advice 

letter rather than incorporating the amortization into the test-year revenue 

requirement. 

12. Return of the net EDIT relating to the non-protected assets to ratepayers on 

an amortized basis over three years consistent with the balance of the Tax 

Reform Memorandum Account should be authorized. 

13. We should approve use of the 2017 Protocol. 

14. We defer our analysis for consideration of the Multi-State Protocol to after 

a new protocol is proposed. 

15. We should adopt a cost of capital of 7.622 percent. 

16. The proposed capital structure should be adopted. 

17. PacifiCorp’s proposed cost of Long-Term Debt of 5.05 percent for the 2019 

Test Year and fixing the cost of Preferred Stock for the same period at 

6.75 percent should be adopted.  

18. We should authorize a return on equity of 10 percent. 

19. We should not approve accelerated depreciation for PacifiCorp’s coal 

burning plants. 

20. Existing depreciation schedules should be maintained. 

21. We should defer to the Integrated Resource Planning proceeding to 

consider the best mix of generation resources for PacifiCorp. 

22. Expenditures outside of PacifiCorp’s application which are already in rate 

base are not properly before us; we will not engage in a retroactive review. 
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23. We should not allow adjustments to rate base for investments in the 

Trapper and Bridger Mines.  

24. We should not allow $1,854,828 for Pro Forma Plant Additions and 

Retirements, Mining Plant, Coal Plant, Account 399.  

25. PacifiCorp’s expenditures for emissions control equipment are reasonable 

and necessary and should be authorized.  

26 PacifiCorp’s Energy Vision 2020 Program at a cost expected to be 

$3.1 billion on a total-company basis should be approved.   

27. The total cost of the AMI Project in California, $11.5 million in capital costs 

and $162,000 in operation and maintenance costs, should be approved.   

28. Decision 18-08-01 established opt-out rates and procedures for AMI 

deployment. 

29. Tariff changes updating PacifiCorp’s service connection and reconnection 

fees as originally proposed in Advice Letter 570-E to establish a lower Remote 

Reconnection Charge of $7.00 for customers with smart meters who are 

disconnected for non-payment and no charge for new service connections for 

customers with smart meters should be approved.   

30. Decision 19-04-020 in A.15-05-002 approved a voluntary agreement 

between the Commission’s Safety Enforcement Division and the SMJU, including 

PacifiCorp. The agreement provides a framework for the risk-based 

decision-making components of PacifiCorp’s next GRC filing. We should defer to 

it. 

31. The following elements of PacifiCorp’s revenue requirement are not 

contested, except accelerated depreciation of coal units, and should be approved: 

• Labor (based on actual contracts and budgeting) and Nonlabor 
(based on Global Insight indices) escalation;  
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• Establishing an insurance reserve account;  

• Annualizing wind repowering capital additions;  

• Closing the Carbon Power Plant Cost Memorandum Account, Joy 
Longwall Memorandum Account, Bonus Tax Depreciation 
Memorandum Account and the Repairs Deduction 
Memorandum Account;   

• Methodologies for computing and forecasting taxes;  

• Sales and customers forecasts;  

• Revenue calculations and adjustments for Test Year 2019;  

• Plant additions for Test Year 2019;  

• Depreciation parameters excepting acceleration of coal unit 
depreciation;  

• Rate base components for Test Year 2019 excepting the 
Weatherization Loan Programs; and 

• Based on the Results of Examination, Public Advocates has no 
adjustments to recommend related to O&M Expenses, A&G 
Expenses, or Plant Expenditures.   

32. We should approve removal of $20,971 from rate base for Weatherization 

Loan Programs.   

33. Removal of Executive Compensation costs complies with SB 901, enacted 

in 2018. 

34. We should approve the marginal cost of service study. 

35. We should approve PacifiCorp’s revised proposal for rate spread and rate 

design. 

36. We should review PacifiCorp’s investments in baseload generation as 

necessary going forward and should no longer allow PacifiCorp alternative 

compliance. Beginning 2020 we should require PacifiCorp to comply with 

D.07-01-039, Section 5.2 “Compliance Process for Small Electrical Corporations, 

Electric Service Providers and Community Choice Aggregators” by filing an 
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annual Attestation Letter as an advice letter subject to the Commission 

procedures governing advice letter filings, which include opportunity for 

protests and responses. 

37. Providing depreciation studies and other supporting information related 

to any depreciation proposals in future rate cases including data related to 

pre-funded removal costs for California distribution assets, is consistent with 

prior decisions and the requirement stated by D.10-09-010 in adopting a 

settlement agreement. 

38. PacifiCorp should provide, in its next GRC testimony, a chapter explaining 

its sales and customer forecasts including a description of their econometric 

forecasting equations, results of statistical analysis for each equation and include 

recorded data for each equation in Excel format. Additional testimony is 

consistent with meeting PacifiCorp’s burden of proof and should be required. 

39. PacifiCorp should notify the Commission of any tax related changes, any 

tax related accounting changes, or any tax related procedural changes that 

materially affect, or may materially affect, California revenues of $150,000 or  
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more.  We should require a broadened Tax Memorandum Account. 

 

O R D E R  

 

IT IS ORDERED that: 

1. Application 18-04-002 is granted to the extent set forth in this Decision.  

PacifiCorp is authorized to collect, through rates and through authorized 

ratemaking accounting mechanisms, the base revenue requirement set forth in 

Appendix A, effective as of the date of this decision. 

2. PacifiCorp shall file a Tier 1 Advice Letter within 30 days of issuance of 

this decision to implement the revenue requirement and ratemaking adopted 

herein.  The revenue requirement and revised tariff sheets will be effective as of 

the date of this decision.   

3. PacifiCorp shall file a Tier 2 Advice Letter within 30 days of the effective 

date of this decision to establish a two way tax memorandum account to record 

any revenue differences resulting from the income tax expenses forecasted in its 

General Rate Case (GRC) proceedings, and the tax expenses incurred by 

PacifiCorp in this 2019 GRC period and continuing. 

a. This tax memorandum account shall remain open and the 
balance in the account shall be reviewed in every subsequent 
GRC until a Commission decision closes the account. 

b. The account shall have separate line items detailing the 
differences between tax expenses forecasted and tax expenses 
incurred, specifically resulting from 1) net revenue changes, 
2) mandatory tax law changes, tax accounting changes, tax 
procedural changes, or tax policy changes, and 3) elective tax law 
changes, tax accounting changes, tax procedural changes or tax 
policy changes. 
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c. PacifiCorp may track changes in revenue resulting from the 
application of the Average Rate Assumption Method or Reverse 
South Georgia Method in accordance with this decision in the 
Tax Memorandum Account. 

4. PacifiCorp shall notify the Energy Division of the California Public 

Utilities Commission of any tax related changes, tax related accounting changes 

or any tax related procedural changes that materially affect or may materially 

affect revenues. “Materially affect” is defined as a potential increase or decrease 

of $150,000 or more of California revenue.  

5. PacifiCorp shall provide, in its next General Rate Case testimony, a chapter 

explaining its sales and customer forecasts including a description of its 

econometric forecasting equations, results of statistical analysis for each equation 

and include recorded data for each equation in Excel format.  

6. PacifiCorp shall provide depreciation studies and other supporting 

information related to any depreciation proposals in future rate cases, including 

data related to pre-funded removal costs for California distribution assets and as 

consistent with prior decisions including Decision 10-09-010. 

7. Beginning in 2020 PacifiCorp shall comply with Decision 07-01-039, 

Section 5.2 “Compliance Process for Small Electrical Corporations, Electric 

Service Providers and Community Choice Aggregators” by filing an annual 

Attestation Letter as a Tier 2 advice letter subject to the Commission procedures 

governing advice letter filings, which include the opportunity for protests and 

responses.   

8. Tariff changes updating PacifiCorp’s service connection and reconnection 

fees as originally proposed in Advice Letter 570-E to establish a lower Remote 

Reconnection Charge of $7.00 for customers with smart meters who are 
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disconnected for non-payment and no charge for new service connections for 

customers with smart meters are approved.   

9. PacifiCorp must return the net Excess Deferred Income Tax relating to the 

non-protected assets to ratepayers on an amortized basis over three years 

consistent with the balance of the Tax Reform Memorandum Account. 

10. PacifiCorp shall file a Tier 1 Advice Letter within 30 days of issuance of 

this decision to amortize to customers over a three-year period the deferred 

current tax savings and protected and all non-protected excess deferred income 

tax for the period January 1, 2018 through the rate effective date of the final order 

in this General Rate Case. 

11. PacifiCorp is authorized to continue to use the Post-Test Year Adjustment 

Mechanism (PTAM) for use in 2021 and calculated as the greater of:  (i) the 

September Global Insight U.S.  Economic Outlook forecast of Consumer Price 

Index for the following calendar year with an offsetting productivity factor of 

0.5 percent; or (ii) zero.  The PTAM factor may continue to be filed on October 15 

(or as soon thereafter as is reasonable) as a Tier 2 Advice Letter, with rates 

effective January 1.   

12. PacifiCorp is authorized to continue to use the Post-Test Year Adjustment 

Mechanism for Major Capital Additions based on California allocated costs 

relying on actual cost data and in-service dates in 2020 and 2021.  

13. PacifiCorp may file its Post-Test Year Adjustment Mechanism for Major 

Capital Additions factor as a Tier 2 Advice Letter, as soon as reasonably feasible 

for 2020, with rates effective within 30 days of filing, and otherwise, on 

October 15, with rates effective January 1. 

14. Continuing use of the Energy Cost Adjustment Clause is authorized. 
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15. Forecast Production Tax Credits and start-up fuel costs shall be included in 

Energy Cost Adjustment Clause proceedings.  

16. PacifiCorp shall include in its annual Integrated Resource Planning filing, 

its least-cost planning analysis for continued operation of each coal unit serving 

California customers. 

17. PacifiCorp shall file its next General Rate Case for test year 2022 pursuant 

to the applicable Rate Case Plan adopted in Decision 89-01-040, as modified.   

18. PacifiCorp shall include in its next General Rate Case for test year 2022 or 

an earlier application its retirement plans for all coal facilities serving California 

customers, and any associated request for accelerated depreciation, consistent 

with its Integrated Resource Plan filings.   

19. Application 18-04-002 and Investigation 17-04-019 are closed. 

This order is effective today. 

Dated February 6, 2020, at Bakersfield, California. 

 

LIANE M. RANDOLPH 
MARTHA GUZMAN ACEVES 
CLIFFORD RECHTSCHAFFEN 
GENEVIEVE SHIROMA 
                             Commissioners 
 

 
President Marybel Batjer, 
being necessarily absent,  
did not participate. 
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